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HISTORY
OF THE
AMERICAN SCHOOL OF
GAS MEASUREMENT TECHNOLOGY

The First Annual Gulf Coast Measurement Short
Course (GCMSC) was held in Houston, Texas in
October, 1966, under the sponsorship of the Gulf
Coast Measurement Society and the University of
Houston. Following the 1973 Short Course, the
relationship with the University of Houston was
terminated and the Short Course became affiliated
with Texas A&I University. In 1974, the Executive
Committee voted to accept participation by other
affiliated organizations to enhance the growth of
the Short Course. The Corpus Christi Area
Measurement Society became affiliated in 1975, the
Southern Gas Association (SGA) and the Victoria
Area Measurement Society followed in 1976, the
Texas Gas Association in 1978, and the Northeast
Texas Measurement Society in 1981. In 1989,
several changes were made. The Victoria Area
Measurement Society was discontinued as an
affiliate and the Permian Basin Measurement
Society was added as a new affiliate to the Short
Course. One affiliate had a name change. The
Northeast Texas Measurement Society is now
known as the North Texas Measurement Association. The Southern Gas Association has since
discontinued their affiliation with the School.

In 1980, the Gulf Coast Measurement Short Course
was incorporated and reorganized to further the
growth of the School. The Gulf Coast Measurement
Short Course was operated by a Board of Directors
comprised of the then present and past General
Chairmen of the Short Course, the President and
Vice President of the Gulf Coast Gas Measurement
Society, and a representative from Texas A&I
University.
In 1991, the Board of Directors voted to change
the name of the School from the Gulf Coast
Measurement Short Course to the American School
of Gas Measurement Technology (ASGMT). With a
vision for international participation, continued
growth, and a broader industry recognition, the
Board of Directors set a course for future expansion
by adopting a more comprehensive school format
while expanding upon the tradition and quality of
the “Short Course.” The School is planned and
operated by the General Committee which is
comprised of approximately 55 members from
various operating and manufacturing companies in
the natural gas industry.
In 1994, while maintaining its co-sponsorship with
the Gulf Coast Measurement Society, Texas A&I
University became Texas A&M University-Kingsville.
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GENERAL INFORMATION
OF THE
AMERICAN SCHOOL OF
GAS MEASUREMENT TECHNOLOGY
The School is believed to be the largest gas
measurement school in the United States devoted
to natural gas measurement, pressure regulation,
flow control, and other measurement related
subjects. The School is structured to focus on seven
main subject groups: Fundamental Measurement,
Gas Quality, Distribution, General and Advanced
Measurement, Transmission, Office Procedures and
Accounting, and Hands-on Training. Since 1966,
the School has been held annually during the month
of September in Houston, Texas, the energy capital
of the world.
The philosophy of the School and those conducting
it is intended to be an educational offering to
industrial and technical people. The primary
undertaking of the School is the responsibility of
the General Committee and its members, who are
selected by and serve under a Board of Directors.
The School is comprised of a two and one-half day
series of 80 lecture classes, 55 hands-on periods,
three plant tours, and exhibits by more than 97
supplier companies. Suppliers are requested to
teach the application and performance capabilities
of their equipment/services, and refrain from sales
activities during the School.
At the time of registration, the registrants receive a
copy of the “Proceedings” (hardbound/CDRom) of
the American School of Gas Measurement
Technology containing the technical papers to be
presented in the various lectures that comprise the
current program. The registrants also receive a
“Pocket Program” to assist them with their
schedules.
Each registrant should plan their schedule carefully
and adhere to it in order to derive maximum benefit
from the School.

PAGE ii
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PURPOSE
The purpose of the School, the sponsoring
associations, and the operating companies within
the petroleum and natural gas industry, is to provide
instruction on technical subjects for people in the
industry. In this way, proper facility design,
installation, operation, and maintenance of
measurement and regulation equipment, and the
handling of natural gas is presented and studied.
Accurate and useful information is also developed
and published for the benefit of the industry and
the general public.
ORGANIZATION
(1) Board of Directors
The School is governed by a Board of Directors
comprised of the present and past General
Chairmen, the President and Vice President of the
Gulf Coast Gas Measurement Society, and one
appointed representative from the sponsoring
educational institution.
The Board of Directors elects from its members
a President, Vice President(s), Secretary, and
Treasurer.
The Board of Directors also elects the General
Chairman of the School and approves the Chairman
and Vice Chairman for each of the Subcommittees.
(2) General Committee
The General Committee consists of approximately
55 members selected from the industry’s operating
and supplier companies.

To accomplish the large amount of work involved,
the School is supported by the General Chairman,
Secretary, Treasurer, and six Subcommittees:
Arrangements, Exhibits, Program, Publications,
Publicity, and Registration. The Subcommittees are
responsible for planning and conducting the School
each year.

(5) Publications

(1) Registration

The formal “Proceedings” are comprised of the
technical papers presented at the School and are
published by the General Committee. The
“Proceedings” also contain opening remarks
presented by the General Chairman during the
General Assembly and a biography of the Principal
Speaker. Other useful information is included in the
“Proceedings”. A copy (CDRom) is furnished
without additional cost to each paid registrant.

Each person attending the School is required to
register. Payment of a modest enrollment fee is
required of all registrants. Visitor passes are
available for those who desire to view the exhibits
only.

The “Pocket Program” contains a multitude of
general information, schedules, classes, maps,
exhibitor information, and other School related
activities. A copy is furnished without additional cost
to each paid registrant.

(2) Program and Instruction

(6) Class Rooms

The General Chairman selects the Principal Speaker
for the General Assembly. The instructors for the
specialized classes of the School are a diversified
group. The group is comprised of members of the
faculty of major universities who offer engineering
instructions pertinent to the School’s theme,
representatives from the petroleum industry and of
supplier companies, and others directly interested
in the science of gas measurement. The Program
Subcommittee, from the available candidates
recommended by the General Committee, selects
these speakers and instructors.

Lecture classrooms are Sections A through F in the
salons of the Adam’s Mark Hotel, Houston, Texas.
Hands-on classrooms are sections G through K and
are also in the salons. Please check the “Pocket
Program” that you received when you registered,
for the correct class date, time, and location.

OPERATION

(3) Educational Exhibits
The supplier companies assist the School by presenting educational exhibits and class instruction.
They recognize the impropriety of competitive
selling during the School and at the request of the
General Committee have observed such. Exhibit
preparation and supplier cooperation is appreciated
by the School and is necessary for our continued
success.
(4) Finance
The American School of Gas Measurement Technology is a non-profit organization, which has
always been self-supporting. The expenditures of
the School are paid entirely from the proceeds of
the School.

Admission to hands-on sessions requires coupons
available only at the Program Booth. Hands-on
classes are limited to 20 students. You will receive
a coupon for each hands-on class that you desire
to attend. You must present that coupon at the
classroom door. Coupons will only be distributed
on the day of the class. To ensure availability, obtain
coupons early in the day.
(7) Information
There will be several staffed locations near the
Exhibit Hall where information can be obtained as
necessary: Registration Booths, Arrangements
Booth, Program Booth, Exhibits Booth, and the
General Chairman’s Lounge. Members of the Board
of Directors and the General Committee will be there
to assist you in every way possible with any
information that you need while attending the
School.
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Henry Dedek
Puffer-Sweiven L.P.

2003 General Chairman
American School of Gas Measurement Technology
Opening Remarks

Good Morning!
On behalf of our Board of Directors and General Committee, it is my pleasure
to welcome you to the 38th Annual American School of Gas Measurement Technology. My name is Henry Dedek. I am employed by Puffer-Sweiven as VicePresident of Sales for Central & SW Texas and I am based out of Corpus Christi.
I am honored to serve as General Chairman of the ASGMT for 2003.
The ASGMT is proud to be sponsored by the Gulf Coast Gas Measurement
Society and Texas A&M University – Kingsville; as well as its affiliation with the
Corpus Christi Area Measurement Society, North Texas Measurement Association, Permian Basin Measurement Society and Texas Gas Association. The
ASGMT is all about the natural gas industry and its people. The School is a
non-profit organization comprised of 85 volunteers, some retired yet still giving
back to the industry. In addition, we enlist numerous industry professionals
that volunteer their time and expertise to help deliver a quality educational experience to our students.
Although the natural gas industry has contributed to my livelihood for almost
30 years, I was not exposed to the ASGMT until the early 1980’s. As I recall, the
opening remarks of many past General Chairmen included comments on
“change” and our need to “accept change.” In keeping with tradition, I will also
mention change. My message, however, is not about accepting change. Rather,
it is about embracing change. Change is an integral part of life, but for most
does not come easily. It seems we have the natural tendency to resist before
we accept, and then finally settle in. However, in the midst of change, you will
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notice that some few rise to the top and new frontrunners are born. This is
because those “early adopters” embraced change, while others were still busy
complaining about it or trying to decide how they would be inconvenienced by
it. As an employee, embracing change provides both you and your company
with a competitive edge.
Our industry is embroiled in change. As such, the ASGMT is in a constant state
of change focused on the goal of helping you meet the challenges and technical
demands that are placed on you by technology advances and industry trends.
This year the School implemented a number of changes. First we expanded
from 76 to 80 lecture classes and from 50 to 53 hands-on classes. We increased
our exhibitors from 97 to 108 and our booth spaces from 129 to 134. We changed
our School format to include Vendor Bus Tours during normal class periods,
enabling us to extend our School hours on Wednesday afternoon. Not only did
this allow us to offer additional classes, but also to repeat certain high demand
classes that were previously unavailable to some because they historically
exceeded capacity. Finally, one of the most emotional and difficult changes we
implemented this year was the discontinuation of our printed Proceedings in
favor of furnishing only a CD. Although this may not be a popular decision by
all, please trust that it was necessary and helps the ASGMT offer our attendees
the very best educational value in our industry.
Our individual Subcommittee Chairmen will discuss our School changes in more
detail, will provide information on School logistics, and will update you on any
last minute changes that are not included in the Pocket Program.
In closing, I would like to thank you for your attention, and particularly for your
attendance at the School. In these challenging economic times, your company’s
decision to support our School is a reflection of their confidence in the longterm health of the natural gas industry and of their commitment to the professional growth of their employees. I congratulate you on being chosen to attend
our School. Your willingness to enhance your value as an employee through
education is one step in embracing changes that will pay dividends for you and
your company. I challenge you to maximize the opportunities that are available
to you this week and sincerely hope that your ASGMT experience is rewarding
and memorable.
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Jeryl Mohn
Principal Speaker
Panhandle Energy
Jeryl Mohn is senior vice president for Panhandle Energy, a Southern Union company. His responsibilities include operations and
engineering, gas control, gas measurement, and LNG operations.
Mohn was named to the position in December 2000 after serving as vice president of operations and engineering since March
1999. A career employee, Mohn joined Panhandle Eastern in 1974 as a transmission engineer at Newton, Kansas, and later
served as a division engineer at Overland Park, Kansas. He then became an environmental engineer in the company’s energy
conversion development department in Houston before being named superintendent of safety and security for the Trunkline LNG
Company liquefied natural gas receiving, storage and regasification terminal at Lake Charles, Louisiana, in 1978. He was promoted to operations superintendent at Lake Charles in 1982 and became region superintendent of transmission for Trunkline Gas
Company at Lake Charles the following year. Mohn was made division manager for Trunkline in Houston in 1988 before moving
to Liberal, Kansas, as division manager for Panhandle Eastern in 1989. He became general manager of operations for Algonquin
Gas Transmission Company, based in Boston, in 1992 and in 1997 was named general manager of transmission for the company’s
Northeast natural gas pipelines.
Mohn is a 1974 magna cum laude graduate of Wichita State University, where he received a bachelor’s degree in mechanical
engineering. He completed the general management program at the Harvard Business School in 1998.
Mohn serves on the board of directors of Boys and Girls Country of Houston, a residential care facility for children from families
in crisis.
He was born November 25, 1951.
Panhandle Energy, a Southern Union Company, is comprised of Panhandle Eastern Pipe Line Company, Trunkline Gas Company,
Trunkline LNG Company, Sea Robin Pipeline Company and Southwest Gas Storage Company. Panhandle Energy operates more
than 10,000 miles of mainline natural gas pipeline extending from the Gulf of Mexico to the Midwest and Canada. These pipelines
access the major natural gas supply regions of the Louisiana and Texas Gulf Coasts as well as the Midcontinent and Rocky
Mountains. The pipelines have a combined peak day delivery capacity of 5.3 billion cubic feet per day, 88 billion cubic feet of
underground storage facilities and 6.3 billion cubic feet of above ground liquid storage facilities.
Southern Union Company (NYSE:SUG) is engaged primarily in the transportation and distribution of natural gas. Through its local
distribution companies, Southern Union serves approximately 1 million natural gas end users in Missouri, Pennsylvania, Massachusetts and Rhode Island.
For more information on Panhandle Energy, please visit our website at www.panhandleenergy.com
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C. Van Mooney
ASGMT Memorial Scholarship
Texas A&M University – Kingsville
The American School of Gas Measurement Technology (ASGMT) was founded on the belief that education in gas
measurement and control was of prime importance to the gas industry. Education is the basis on which the school
was founded and is recognized as one of the leading schools in providing information to the students and gas
industry personnel.
As a co-sponsor of the school, Texas A&M University – Kingsville has played an active role in guiding and supporting
our school since its inception. Faculty and staff have participated as lecturers, General Committee members, and
served on the ASGMT Board of Directors. One long-time representative was Dr. C. Van Mooney. As a faculty member
and department head of the Chemical and Natural Gas Engineering Department, and Professor Emeritus at Texas
A&M University – Kingsville (then Texas A&I University), Dr. Mooney made many contributions to the gas industry
and to ASGMT.
In 1999, to further the educational focus and to honor the long commitment with Texas A&M University – Kingsville,
ASGMT established a memorial scholarship fund in honor of Dr. C. Van Mooney. The scholarship is in recognition to
his long time meritorious service to ASGMT and with appreciation to Texas A&M University – Kingsville for its longterm support of ASGMT.
Two scholarships are funded each year by ASGMT. The scholarship is regulated by Texas A&M University – Kingsville
and granted to worthy undergraduates within the Chemical and Natural Gas Engineering Department.

Recipient Name
Audrey Hooks
A graduate of Harlingen High School in 2001, Audrey entered Texas A&M University - Kingsville having already earned 23 hours of college credit at Texas
State Technical College while in High School. She is majoring in Chemical
Engineering and currently has a 3.654 GPA. In 2002, as an intern at NASA
Ames Research Center, she participated in a project that involves using nonintrusive infrared imaging techniques to examine exhaust plumes.
Extracurricular Activities
* Treasurer - Resident’s House Council - Lynch Hall
* Historian - American Chemical Society - participating in the Black Heritage
Festival and Chemistry Olympics
* Secretary - Society of Women Engineers
* Society of Hispanic Professional Engineers and Mexican American Engineers
and Scientists
* American Red Cross - assisted in teaching a Lifeguard Training course

Recipient Name
Aimee Almarez
Aimee Almarez is the most recent recipient of the Van Mooney Memorial
Scholarship funded by the American School of Gas Measurement Technology.
Born in Laredo, Aimee is a graduate of Hebbronville High School and is entering
into her Junior Year in the Chemical Engineering Program at Texas A&M
University – Kingsville. She is on the Dean’s List because of her fine academic
performance while remaining active in the Student Professional Organizations.
Her goal is to work in Texas in the Chemical or Petroleum Industries.
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BOARD OF DIRECTORS

WAYNE BURRELL

WALLY PECKHAM

President

Vice President

Secretary

Mercury Instruments

YZ Systems, Inc.

El Paso Pipeline Group

KEN BLACKBURN

DON BACHLE

JERRY BLANKENSHIP

Treasurer

Enron
(Retired)

Emerson – Daniel Division

Hanover Measurement Services
Company, L.P.
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E.D. (RUSTY) WOOMER, JR.

MAURICE CALAWAY

CRAIG CHESTER

JOHN CHISHOLM

Natural Gas Odorizing, Inc.
(Retired)

Williams Gas PPL Transco

Texas A&M University – Kingsville
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BOARD OF DIRECTORS

Not Pictured
PATRICK CUMMINGS

HENRY DEDEK

2003 GCGMS Vice-President

2003 General Chairman

Publicity Liaison

Amerada Hess

Puffer-Sweiven

Union Texas Petroleum
(Retired)

LONNIE R. GRADY

GARY HANSON

BILL LIGON

El Paso Field Services

Consultant

The Measurement Company

WINSTON C. MEYER

Not Pictured
DON SALYARDS

JOHN STARCK

2003 GCGMS President

Daniel Valve Company

CenterPoint Energy

ROBERT A. (BOB) FOGLE

Totalflow Measurement and Controls
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BOARD OF DIRECTORS

ROGERS THOMPSON

GLENN TOLLERENE

GEORGE F. WHITE, JR.

Texas Eastern Gas PPL
(Retired)

Columbia Gulf Transmission
(Retired)

Tenneco Gas (Retired)

SENIOR ADVISORS
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DALE DONEGAN

BRUCE SHRAKE

Columbia Gas Transmission
(Retired)

Daniel Valve Company
(Retired)

JOHN B. TALLEY

DAN TENNANT

Coastal Oil & Gas Corporation
(Retired)

Tennessee Gas Pipeline
(Retired)
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AFFILIATE REPRESENTATIVES

Not Pictured

Not Pictured

Not Pictured

GULF COAST MEASUREMENT
SOCIETY (SPONSOR)

GULF COAST MEASUREMENT
SOCIETY (SPONSOR)

NORTH TEXAS MEASUREMENT
ASSOCIATION

Don Salyards, 2003 GCMS President
Totalflow Measurement and Controls

Patrick Cummings, 2003 GCMS Vice-President
Amerada Hess

Kenneth Smith, 2003 NTMA President
ONCOR

NORTH TEXAS MEASUREMENT
ASSOCIATION

CORPUS CHRISTI AREA
MEASUREMENT SOCIETY

David Pulley, 2003 NTMA Liaison
J.W. Measurement Company

Jim Lee, 2003 CCAMS President
Koch Pipelines

Not Pictured
PERMIAN BASIN MEASUREMENT
ASSOCIATION

TEXAS GAS ASSOCIATION

TEXAS GAS ASSOCIATION

Mike McCorstin, President

Shoshanna Solomon, 2003 Liaison

Robert Quattlebaum
Emerson Process Management – Daniel Div.
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GENERAL COMMITTEE
OFFICERS

DUANE HARRIS

HENRY DEDEK
General Chairman

Secretary

Puffer-Sweiven L.P.

Panhandle Energy

BILL BRANTLEY, JR.

MATT LIGON

Treasurer

Assistant Treasurer

University of Texas – Petex

The Measurement Company

WILLIAM (BILL) WEBER
Advisor to Treasurer
(Retired)
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GENERAL COMMITTEE
ARRANGEMENTS SUBCOMMITTEE

BURT REED

MIKE MCKAY

Chairman

Vice Chairman

Instromet, Inc.

Odor Eyes Technologies

JIM MICKLOS

LARRY QUICK

Instromet, Inc.

Thermo Electron Corporation

JERRY BLANKENSHIP

CRAIG CHESTER

Liaison

Liaison

Emerson – Daniel Division

Williams Gas Pipeline–Transco
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GENERAL COMMITTEE
EXHIBITS SUBCOMMITTEE

DANNIE MERCER

Not Pictured
DARRELL CHERRY

Chairman

Vice Chairman

Gajeske, Inc.

Del Mar Scientific, Ltd.

ONCOR Measurement Services

JEFF GOETZMAN

CARVEL JASMIN

PHIL LOCKWOOD

CenterPoint Energy

Thermo Electron

El Paso Field Services

TOM TRAMEL

MAURICE CALAWAY
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GEORGE F. WHITE, JR.

Liaison

Liaison

Natural Gas Odorizing, Inc.
(Retired)

Tenneco Gas (Retired)
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GENERAL COMMITTEE
PROGRAM SUBCOMMITTEE

TOM CHENEY

CHARLES LAME

ED BOWLES

Chairman
Anadarko Petroleum Corporation

Vice Chairman
El Paso Production Co.

GTI MRF

Not Pictured

Not Pictured

Not Pictured
TOM CATHEY

LEE BURKETT

CLIFF BURTON

J.W. Measurement Company
To Come

Gulf South Pipeline Co.
To Come

J.W. Measurement Company

BECKY CHAMBERS

JOEL CLANCY

Not Pictured
WAYNE HANER

Reynolds Equipment Company

CEESI

TransCanada Calibrations
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GENERAL COMMITTEE
PROGRAM SUBCOMMITTEE

PAGE xx

Not Pictured
STEVE HARLESS

Not Pictured
DEE HUMMEL

PAULA LANOUX

Duke Energy Field Services

Oneok Field Services

A+ Corporation

SHARON MAYES

BRIAN McCLURE

JOHN McDANIEL

Energy Transfer Co.

Emerson Process Management
Rosemount Division

Hanover Measurement Services

ROYCE MILLER

WES PARTAIN

GREG PHILLIPS

Precision General, Inc.

Puffer-Sweiven

Bristol Babcock, Inc.
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GENERAL COMMITTEE
PROGRAM SUBCOMMITTEE

MARSHALL SCHREVE

JOHN SCHWEITZER

SHOSHANNA SOLOMON

Del Mar Scientific, Ltd.

Red Man Measurement

Texas Gas Association

CHARLES STARTZ

Not Pictured
JAMES TABOR

TOM TAUER

Duke Energy

El Paso Production

Southern Flow Companies

RUSSELL TERRY

ERIC THOMPSON

Not Pictured
MADELINE S. VECELLIO

El Paso Production Company

Chandler Engineering

Dresser Measurement

Not Pictured
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GENERAL COMMITTEE
PROGRAM SUBCOMMITTEE

Not Pictured
LANCE WITT
Welker Engineering Company
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DON BACHLE

JOHN CHISHOLM

Liaison

Liaison

Liaison

Enron
(Retired)

Texas A&M University – Kingsville

El Paso Field Services
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LONNIE R. GRADY

GENERAL COMMITTEE
PUBLICATIONS SUBCOMMITTEE

DEAN GRAVES

KENNETH REED

JIM GRIFFETH

Chairman

Oncor Gas Metering Services

Bristol Babcock

Devon Energy

PETER GRIMES

DAVID PULLEY

ED ROBERSON

C. H. Fenstermaker & Assoc.

J.W. Measurement Company

Natural Gas Odorizing, Inc.

GARY HANSON

GLENN TOLLERENE

Liaison

Liaison

Consultant

Columbia Gulf Transmission
(Retired)
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GENERAL COMMITTEE
PUBLICITY COMMITTEE

PAGE xxiv

KRIS KIMMEL

GEORGE BROWN

ACE ASTALA

Chairman

Vice Chairman

REPTEC

YZ Systems

CenterPoint Energy Houston

STEVE CREE

GREG METOYER

DON MORLEY

ABB Totalflow

American Electric Power Company

El Paso Production Co.

BILL LIGON

ROBERT A. (BOB) FOGLE

Liaison

Liaison

Liaison

The Measurement Company

Union Texas Petroleum
(Retired)

CenterPoint Energy
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WINSTON MEYER

GENERAL COMMITTEE
REGISTRATION SUBCOMMITTEE

JUDY PAWLIK

MIKE SQUYRES

DAVID BEASLEY

Chairperson

Vice Chairman

CenterPoint Energy

Devon Energy

Flow-Cal, Inc.

Not Pictured
JERRY CADRIN

JIM KEATING

STEVE RHODEN

Texas Eastern Gas Pipeline
(Retired)

Duke Energy

Thermo Electron

WALLY PECKHAM

JOHN STARCK

ROGERS THOMPSON

Liaison

Liaison

Liaison

YZ Systems

Daniel Valve Company

Texas Eastern Gas PPL
(Retired)
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PAST GENERAL CHAIRMEN
of the
AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY
2002
2001
2000
1999
1998
1997
1996
1995
1994
1993
1992
1991
1990
1989
1988
1987
1986
1985
1984
1983
1982
1981
1980
1979
1978
1977
1976
1975
1974
1973
1972
1971
1970
1969
1968
1967

KEN BLACKBURN
E. D. (RUSTY) WOOMER
WALLY PECKHAM
WAYNE BURRELL
CRAIG E. CHESTER
WINSTON C. MEYER
LONNIE R. GRADY
JOHN E. STARCK
ROBERT A. FOGLE
CHARLES W. McBRYDE
JOHN B. TALLEY
JERRY BLANKENSHIP
W. LEON CLAXTON
GLENN L. TOLLERENE
GEORGE F. WHITE, JR.
WAYNE C. MELLOR
DON BACHLE
FRED PITTS
DALE DONEGAN
GARY HANSON
ROGERS THOMPSON
BILL LIGON
GEORGE NORMAN
MAURICE CALAWAY
M. L. WILLIAMS
LLOYD PETTICREW
HENRY J. (HANK) HENDRIX
BRUCE SHRAKE
R. VAN KERREBROOK
DAN TENNANT
ROBERT WATSON
THOMAS JACOBS
LEE BOYTER
HOWARD GRAY
ROBERT UTTER
EDWIN L. JONES

Hanover Measurement Services
El Paso Pipeline Group
YZ Systems
Mercury Instruments, Inc.
Williams Pipeline — Transco
Entex
Valero Energy Corporation
Daniel Valve Company
Union Texas Petroleum (Retired)
El Paso Natural Gas Company (Retired)
Coastal Oil & Gas Corporation
Daniel Flow Products, Inc.
Lone Star Gas Company (Retired)
Columbia Gulf Transmission Company (Retired)
Tenneco Gas (Retired)
Houston Flow Measurement, Inc.
Houston Pipeline Company (Retired)
Houston Pipeline Company (Retired)
Columbia Gulf Transmission Company (Retired)
Dresser Measurement Division
Texas Eastern Gas Pipeline Company (Retired)
Daniel Industries, Inc.
Tennessee Gas Pipeline (Retired)
Natural Gas Odorizing (Retired)
Amoco Production Company
Southern Flow Measurement
Transwestern Pipeline Company
Daniel Industries, Inc.
Natural Gas Pipeline
Tennessee Gas Pipeline (Retired)
Transcontinental Gas Pipeline
Tennessee Gas Pipeline
Trunkline Gas Pipeline (Retired)
Tennessee Gas Pipeline (Retired)
Union Texas Petroleum
Houston Pipeline Company

1966

HUBERT PRINGLE

Amoco Production Company

IN MEMORIAM
George Armstrong
Edwin L. Jones

Gordon Cook
R. Van Kerrebrook

Henry J. (Hank) Hendrix
Allan Owens

Thomas Jacobs
Lloyd Petticrew

Hubert Pringle

Robert J. Utter

Robert M. Watson

Howard Gray
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EXHIBITORS INFORMATION

EXHIBITOR
A+ CORPORATION
ABB, INC.
ACTARIS METERING SYSTEMS
ALLIGATOR COMMUNICATIONS
AMERICAN INNOVATIONS
AMERICAN METER COMPANY
AMETEK PROCESS INSTRUMENTS
AMETEK TCI
ANALYTICAL SYSTEMS INTL.
ARCCO INSTRUMENT COMPANY, INC.
ATOFINA CHEMICALS
BALON CORPORATION
BARTON INSTRUMENTS SYSTEMS
BRISTOL BABCOCK
BRUEST CATALYTIC HEATERS
CANADA PIPELINE ACCESSORIES
CATALYTIC HEATER COMPANY
CEESI IOWA
CHANDLER ENGINEERING
CHECKPOINT
CHEVRON PHILLIPS CHEMICAL COMPANY LP
CONTROL MICROSYSTEMS
DANIEL MEASUREMENT & CONTROL
DCG PARTNERSHIP 1, LTD.
DEL MAR SCIENTIFIC, LTD.
DETCON, INC.
DIA NIELSEN USA
DIXIE PRODUCTS, INC.
DRESSER - BECKER PRECISION
DRESSER - GROVE
DRESSER INSTRUMENTS
DRESSER MOONEY CONTROLS
DRESSER ROOTS METERS & INSTRUMENTS
DUKE CONTROLS, INC.
DYNAMIC FLUID MEASUREMENT
EAGLE RESEARCH
ELYNX TECHNOLOGIES, L.L.C.
EMC SERVICES, INC.
ENERGY METER SYSTEMS, INC.
ENERSYS CORPORATION
FISHER CONTROLS
FLOW-CAL, INC.
FMC MEASUREMENT SOLUTIONS
FREEWAVE TECHNOLOGIES, INC.
GALVANIC APPLIED SCIENCE, INC.
HANOVER MEASUREMENT
HEATH CONSULTANTS, INC.
HONEYWELL
HOUSTON CENTER VALVE & FITTING
INSTROMET, INC.
INTEGRATED INFORMATION TECHNOLOGIES, INC.
INTEGRATOR SERVICE, INC.
INVENSYS METERING SYSTEMS
JM TEST SYSTEMS, INC.

EXHIBITOR
JW MEASUREMENT
LOCUS, INC.
LOMIC, INC.
M&M INSTRUMENTS, LLC
MARSHALL J. BROWN COMPANY, INC.
MEECO, INC.
MERCURY INSTRUMENTS
METCO SYSTEMS, INC.
MICROWAVE DATA SYSTEMS, INC.
MNM ENTERPRISES
MTL, INC.
NATIONAL METER, INC.
NATURAL GAS ODORIZING
NORTH STAR FLOW PRODUCTS
NORTHSTAR INDUSTRIES, INC.
NUFLO TECHNOLOGIES, INC.
ODOREYES TECHNOLOGIES
OMNI FLOW COMPUTERS, INC.
PGAS SYSTEMS
PGI INTERNATIONAL
PMC GLOBAL INDUSTRIES
PSA, INC.
PUFFER SWEIVEN
QUORUM BUSINESS SOLUTIONS, INC.
RAWSON, L.P.
RED MAN MEASUREMENT
RED RIVER INSTRUMENTS, INC.
REFINERY SUPPLY CO., INC.
REYNOLDS EQUIPMENT COMPANY
ROSEMOUNT
SAVANT MEASUREMENT CORP.
SCOTT SPECIALTY GASES, INC.
SOFTWARE PERFORMANCE, INC.
SOLARCRAFT, INC.
SOUTHERN FLOW COMPANY
SOUTHWEST PV SYSTEMS, INC.
SPL, INC.
STEP-KO PRODUCTS, LLC
TEXAS ANALYTICAL CONTROLS
TEXAS ENERGY CONTROL PRODUCTS, INC.
THERMO ELECTRON CORPORATION
TRACE TECHNOLOGY, INC.
TWIN CITIES TECHNOLOGIES, INC. (TCT)
TYCO VALVES & CONTROLS
TYCO/FIRE&SECURITY/GRAPHIC CONTROLS
UNIVERSAL VORTEX, INC.
VAL-TEX
VERIS, INC.
VORTAB
W. L. WALKER
WELKER ENGINEERING COMPANY
YOKOGAWA SOUTHWEST
YZ SYSTEMS, INC.
ZSYSTEMS / MRR
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FUNDAMENTALS OF GAS LAWS
John Chisholm
Texas A&M University — Kingsville
Chemical & Natural Gas Engineering
Kingsville, TX 78363

INTRODUCTION
In the gas industry a standard unit of measure is required.
In the English system it is the standard cubic foot. In the
metric, it is the standard cubic meter. This standard unit
is the basis of all exchange in the gas industry. When the
unit of purchase is the energy content (BTU) we achieve
it by multiplying the BTU content of a standard cubic foot
times the number of cubic feet delivered to the customer.
So we must obtain standard cubic feet or meters.
A standard cubic foot is defined as one cubic foot of gas
at a pressure and temperature agreed upon by the buyer
and seller. Common standard conditions are 14.73 psia
and 60° Fahrenheit. The gas passing through a meter is
rarely at standard conditions. It is necessary to convert
the gas in the meter from the metered conditions to
standard cubic feet. The tools we have for relating volume
to pressure and temperature are Equations of State or,
simply, the Gas Laws.
The Gas Laws serve two purposes. They allow the
conversion of a gas stream from metered conditions to
standard conditions. They also provide an understanding
of what the gas is doing and why. This paper will briefly
present the Gas Laws and the physical properties of gas
which the Gas Laws describe.
ABSOLUTE UNITS
The very first thing you need to know is that all calculations
using the Gas Laws are in Absolute Units. Absolute
pressure starts at zero psia, an absolute vacuum. Absolute
temperature starts at zero degrees Rankine, approximately -460°F, where theoretically no molecular motion
exists. It is an error to perform calculations using psig
or °F.
COMPOSITION OF NATURAL GAS
Matter can exist in three phases, solid, liquid, and vapor.
The phase of a pure substance such as water is controlled
by the energy of the molecules. For example, water at
low energy forms a crystalline solid, ice. At higher energy,
it is liquid water. The molecules have too much energy to
remain bound in a crystalline structure, but the attractive
forces between the molecules cause them to assume a
minimum volume. Liquids will conform to the shape of the
lowest parts of a vessel, but maintain the same volume.
As the energy increases the vibration of the molecules
overcomes the attractive forces and the water boils. The

steam molecules completely fill the confining vessel. In
normal measurement conditions natural gas is always in
the vapor phase.
The phase of a pure substance is determined by the
temperature and pressure. Figure 1 is a phase diagram
of a pure substance such as ethane. At low temperatures
the material exists as a liquid and will occupy a specific
volume at the base of its container. As a pure substance
changes from liquid to vapor there is a sudden change of
volume as the liquid changes from its minimum volume
to the volume of the confining vessel. As the temperature
increased across the line on Figure 1 the material changes
from liquid to vapor and this sudden change of volume
can be observed. However, there is a pressure above
which no sudden change of volume is observed. The
“liquid” completely filled the vessel and then the “vapor”
completely filled the vessel. So, an observer cannot tell
whether the material is a liquid or a vapor. However, as
the material completely fills the vessel, we can treat it as
a vapor either way. This critical pressure, Pc, is specific to
a given material. There also exists a critical temperature,
Tc, above which only one phase can exist. The critical
temperature and pressure become important in the
determination of the compressibility factor, z, which will
be discussed later.
Natural gas is not a pure substance. Figures 2 and 3 are
phase diagrams for hydrocarbon mixtures. Whenever a
mixture of gases exists at intermediate energy levels, two
phases, liquid and vapor, can exist at the same
temperature and pressure. The shape of the two phase
region depends on the composition of the mixture. If the
confining vessel is transparent, an obvious liquid phase
will occupy the bottom of the vessel and the remainder of
the vessel will be filled with the vapor phase. As the energy
is increased, the mixture eventually goes to pure vapor
completely filling the vessel as a single phase. There exists
a temperature and pressure at which an observer
watching as the mixture reaches that point would report
that the mixture went to a single phase occupying the
entire volume of the containing vessel. The unique aspect
of that temperature and pressure is that the moment
before, any combination of liquid and vapor may have
existed in the chamber. This is the point where all the
lines in the two phase region come together. For example,
if the mixture were 75% liquid and 25% vapor, the observer
would announce that the mixture suddenly became single
phase occupying the entire volume. Whether the material
is now 100% liquid or 100% vapor, the observer would
be unable to tell. (Given which side of the two phase region
this point is on, one might hazard a guess.) However, as
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the single phase fills the entire volume of the vessel it
can be treated as a gas. These values of temperature
and pressure are called the pseudo-critical temperature
and pressure, pTc and p Pc. The word pseudo is from the
Greek and means false, counterfeit, or lie. However it has
the property that it resembles the genuine. The pseudocritical point is the point where all combinations of phases
can exist simultaneously. The pseudo-critical properties
can be determined for any mixture of gases and are used
to determine the compressibility factor.
Natural gas consists of molecules of hydrocarbons.
Usually this is predominantly methane. Other gases may
be present as contaminants such as water, oxygen,
nitrogen, carbon dioxide, and hydrogen sulfide.
THE IDEAL AND REAL GAS LAWS
The ideal gas law is given as
PV = nRT
and the real gas law as
PV = znRT
where P = pressure, psia
V = volume, cubic feet
z = compressibility factor, dimensionless
n = number of moles of gas, lb mol
T = temperature °R
R = 10.732 psia ft3/(lb mol °R) for this system of
units. (The value of R will change depending
on the system of units.)
The difference between the ideal and the real gas law is
the compressibility factor, z. The ideal gas law assumes
that the molecules of gas have no volume and there are
no attractive or repulsive forces acting between the
~ 1.0 and gases
molecules. At very low pressures z =
behave as if they are ideal gases. At higher pressures
the attractive and repulsive forces (often called the
dynamic pressure) are significant and the behavior of
gases deviates from the ideal. The compressibility factor
is often called the gas deviation factor or, simply, the
z-factor.
Early experiments were conducted at low pressures and
the gases tested acted as ideal gases. Boyle’s Law states
that at a constant temperature the product of the pressure
and the volume is a constant, so any two conditions, 1
and 2, of a gas were related by
P1V1 - P2V2
Charles’ Law states the ratio of volume to temperature
is constant at constant pressure,
V1
V
= 2
T1
T2
These can be combined into one of the most common
expressions of the ideal gas law.
P1V1 P2V2
=
T1
T2
PAGE 2
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The real gas law simply includes the compressibility
factors.
P1V1 P2V2
=
z1T1 z2T2
Solving this equation for V2 yields
V2 = V1 P1 T2 z2
P2 T1 z1
This equation is widely used to convert between two
conditions as in the calculation of line pack, for example,
and to convert flowing conditions to standard conditions.
PRESSURE AND THE KINETIC THEORY OF GASES
Pressure is the force per unit area. The force on the wall
of a container containing gas is the number of impacts of
gas molecules on the wall. So, anything that increases
the number of impacts or the velocity of the impacts will
increase the force, and, hence, the pressure.
The Kinetic Theory of Gases states that the kinetic energy
(KE) of a molecule is directly proportional to its
temperature.
KE(T) = 1 mv 2 = cT
2
Where m is the mass of the molecule, v is the molecule’s
velocity, and c is a constant.
The Ideal Gas Law can be derived using the Kinetic
Theory. And the derivation explains a great deal about
what pressure is and how gases react.
Consider a cubic container with sides of length L,

L
L
L
In a container of fixed volume, the velocity controls how
long it will take a molecule to travel from one side of the
container to the other and back again.
Length of a round trip = 2L
The number of impacts on a given wall is then:
v
Number of impacts per unit time =
2L
where v is the average velocity of the molecule. Each
molecule of gas hits the wall at v and rebounds at –v. The

momentum of a molecule is its mass times its velocity,
so the change of momentum at the wall is given by:

∆ momentum = m’v - m’(-v) = 2m’v
where m’ is the mass of each molecule and the ∆ stands
for “change”. Consider a ball thrown at a wall. The wall
must first stop the bal’s momentum (m’v) and then send
it away again with momentum m’v. So from the point of
view of the wall it had to impart to the ball 2m’v, half just
to stop it and half to send it away.
The change in momentum of a molecule per unit time is
given by:
’ 2
2m’v * v = m v
2L
L
n’
Only a third of the molecules, 3 in the box are hitting
each wall.
The force acting on a wall is the number of molecules
times the change in momentum per unit time.
n’ m’v 2
3 L
And pressure is the force per unit area.
F =

P = n’ m’ v 12 = n’ m3’ v
3 L L
3L
2

2

Now, L3 = V, the volume of the cube, so:
2
2
P = n’ m’ v or PV = n’ m’ v
3V
3
The beginning assumption was that the kinetic energy
was a function of temperature alone.

Then,

m’ v 2 = 2cT and PV = n’ 2cT
3
where c is a constant.
Before completing the derivation, consider some
consequences of the equation above. If the temperature
is held constant, then PV = a constant, which is Boyle’s
Law. If pressure is held constant, then V = a constant,
T
which is Charles’ Law.
If we set A = Avogadro’s number, the number of molecules
in one mole, then

( )

PV = n’ 2 cA T
A 3
Now
n’ = n
A

and we set

Then,
PV = nRT
which is the ideal gas law.

2 cA = R
3

The Kinetic Theory shows that each impact contributes
to the pressure. If the temperature increases, the velocity
increases, the round trip time goes down, and the number
impacts goes up, hence, more pressure. If the number of
molecules in the container increases, the number of
impacts increase and the pressure increases. Finally, if
the volume of the container is reduced, it takes less time
for the molecules to travel back and forth, so each
molecule makes more impacts in a unit of time. More
impacts produced more pressure. The reverse of each of
these events produces less pressure.
Both Charles’ and Boyle’s Laws have been derived from
the Kinetic Theory. Some other very useful laws can be
derived from the Kinetic Theory. (For the record, the Laws
were determined experimentally before the Kinetic Theory
was developed.) Avogadro’s Law states that, at the same
temperature and pressure, equal volumes of an ideal gas
contains the same number of molecules. Also the volume
containing one molecular weight of a given gas will be
equivalent to the volume containing one molecular weight
of another gas at the same temperature and pressure.
There are 2.73 x 1026 molecules per pound mole of an
ideal gas.
When the Kinetic Theory is extended to mixtures of gases,
Dalton’s Law of Partial Pressures can be found. Dalton’s
Law states that the pressure on a surface by a gas is the
sum of the pressures that would be exerted by each
component in the gas if it were alone,
Ptotal = PA + PB + PC + ...
and that the partial pressures are proportional to the mole
fractions of each component. The partial pressures
become especially important if liquid water is in contact
with the gas. The partial pressures can be used to
determine what fraction of each gas is in solution in the
liquid. If significant quantities of CO2 or H2S are present,
they will produce corrosive acids in solution with water.
THE DYNAMIC PRESSURE AND THE Z-FACTOR
The Kinetic Theory assumes no attractive or repulsive
forces are acting in the gas. This allows the Kinetic Theory
to derive the ideal gas law. However, these forces do exist
and at higher pressures cause gases to deviate from ideal
behavior significantly. These forces are called the dynamic
pressure. The gas deviation factor is just the ratio of the
actual volume of a gas to that which would be predicted
by the ideal gas law.

z =

VACTUAL
VIDEAL

As the pressure increases from near atmospheric, the
molecules are pushed closer together. Both gravitational
and electrical attractions cause the molecules to pull
towards one another with the result that the volume
occupied by the gas is less than that predicated by the
gas law. The z-factor becomes less than one.
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As the pressure continues to increase, the molecules,
which have a real volume and velocity, begin to interfere
with the other molecules in the gas. Personifying the gas,
one can think of each molecule fighting for its own space.
This results in repulsive forces. So the z-factor begins to
increase and returns to and then exceeds 1.0, so that at
high pressures the gas will occupy more volume than
that predicted by the ideal gas law.
As many pure gases and mixtures of gases were tested
it was observed that their behavior matched that
described above. Although the z-factors for methane
followed the same trends as that of ethane, the z-factors
were by no means identical. To unify these relations all
the tests were related to the reduced temperature and
pressure.

and molecular weights of the individual gases are
available from any gas handbook.
EXAMPLE 1 – A turbine meter indicates that 4,000 macf
of gas passed through it in one day. The line pressure
and temperature were 500 psia and 122°F. The gas
stream was 85% methane, 9% ethane, 4% propane, and
2% butane+. What volume of gas in mscf was delivered
that day?
The calculation of the critical properties of this gas is given
in Table 1.
122°F + 460 = 582°R
Tr = 582°R / 384.5°R = 1.51

p

Pr = 500 psia / 664.2 psia = 0.75

Tr = T and Pr = P
Pc
Tc

p

z = 0.925

For mixtures, the pseudo-critical properties can be used
in these calculations. When plotted for each and every
hydrocarbon gas the z-factor lines now tracked together.
This discovery is commonly called the Law of
Corresponding States. This allowed a generalized
compressibility factor chart to be developed.
Many mathematical correlations have been developed
to calculate z-factors. The current methodology in AGA 8
should be used unless another method is specified in a
gas contract.
The pseudo-critical properties can be calculated using
T = Σ yj Tcj and pPc = Σ yj Pcj

P c

where yj is the mass fraction of each component of the
mixture. Values of yj are obtained from gas
chromatograph readings.
The density and specific gravity of a gas can be
calculated using

ρ
ρg = ρ MWg and SGg = g = MWg
ρair
MWair
zRT
where MWg is the molecular weight of the gas and ρg is
the density of the gas. Values of the critical properties

Vsc = Vline Pline Tsc zsc
Psc Tline zline
Vsc = 4,000 macf

500psia 520°R 1.0
14.7psia 582°R 0.925

Vsc = 131,417 mscf
EXAMPLE 2 – LINE PACK
Each day a pipeline must be balanced as to reciepts and
deliveries. A pipeline also represents a large storage unit
for gas. At a constant temperature, if the pressure of the
pipeline is different at the end of the day than at the
beginning, then the reciepts and deliveries will not balance
because the amount of gas stored in the pipeline has
changed. Determining the amount of that change is often
called a line pack calculation.
Consider the gas of Example 1. The pipeline runs 39 miles
of 8 inch pipe with a total enclosed volume of 70,000
cubic feet. If we start the day with an average pressure of
500 psia and 122EF and end it at 600 psia and 122EF,
how much additional gas is in the pipeline?
Initial gas in the pipeline:
Ppipe Tsc zsc
Vsc = Vpipe
Psc Tpipe zpipe

Table 1. Pseudo-Property Calculation for Example 1.
Component
C1
C2
C3
C4+

PAGE 4

Mole Fraction
yj
0.85
0.09
0.04
0.02
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Tc

°Rankine
343.3
549.9
666.1
830.0
384.5

yjTcj

°Rankine
291.8
49.5
26.6
16.6

Pc
psia
666.4
706.5
616
482

yjPcj
psia
566.4
63.6
24.6
9.6
664.2

Vsc = 70,000 acf

500psia 520°R 1.0
14.7psia 582°R 0.925

Vsc = 2,127,311 cubic ft = 2,127mscf
At 600 psia, pPr = 0.903 and z = 0.905. So,
600psia 520°R 1.0
14.7psia 582°R 0.905
Vsc = 2,820,744 cubic ft = 2,821 mscf

Vsc = 70,000 acf

So, 2,821 – 2127 = 694 mscf more gas is stored in the
pipeline at days end than at the beginning.
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FUNDAMENTALS OF ORIFICE METERING
Bill Buckley
Daniel Measurement and Control
P.O. Box 19097, Houston, Texas 77224

INTRODUCTION
The purpose to this paper is to discuss the fundamental
components used in orifice measurement
BACKGROUND
The general concepts of head meters, which include the
orifice, have been known for centuries. The orifice has
been in commercial use since the early 1900’s. The
device is used to create a differential pressure that relates
to the velocity of the gas from which a flow rate can be
calculated. As the following gas passes through the
restriction in the line caused by the orifice plate, the
difference in the upstream and downstream pressure can
be measured at set points, called taps, and a flow rate
at the point can be determined

circular, flat device, which is held in the flowing stream
by a holding device. Typically, it is made of a durable
metal such as stainless steel. Orifice plates come in
basically two types, the paddle plate and the universal
plate. The paddle plate is held in place by flanges, while
the universal plates fit into the various types of holding
devices. AGA #3 standards spell out specific
requirements for the orifice plates, including the
concentricity of the orifice bore, the surface finish,
flatness of the plate, and edge thickness. While the orifice
plate is the least expensive of the components in orifice
measurement, its importance should not be overlooked.

FIGURE 2. Orifice Plates
ORIFICE DEVICES

FIGURE 1. Head Meter

STANDARDS AND IMPORTANCE
Orifice measurement is guided by the standards of
several organizations. Primary among these is the
American Gas Association and the American Petroleum
Institute. The AGA #3 report is the standard that provides
guidelines for the construction and installation of orifice
meters. All orifice plates, holding devices and meter tubes
should be manufactured adhering to this standard in
order to help insure that the end product is an accurate
measurement device.
ORIFICE PLATES
The most fundamental component of orifice
measurement is the orifice plate. This is typically a
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There are primarily three different types of devices used
to help center an orifice plate in the flowing medium.
The first and least expensive is the orifice flange union.
This is a pair of flanges, which has been tapped to provide
a differential reading. While it is the least expensive to
purchase, it requires a higher maintenance level since
the line must be bled down and the flanges spread apart
in order to remove the plate.
The next device type is the single chamber orifice fitting.
The single chamber device has an advantage over
flanges in that it makes removal of the plate easier and
safer due to the prevention of spillage that occurs when
flanges are spread apart. Like flanges, however, the
simplex device requires that the line pressure be bled
off before the plate may be removed. The simplex device
utilizes universal type orifice plates.

STRAIGHTENING VANES AND FLOW CONDITIONERS
Straightening vanes are bundles of small diameter tubing,
which are placed inside the upstream section of a meter
tube. They are commonly of two types, flanged and inline. The flanged types are held in the line between a
pair of flanges in the upstream. The in-line vane is held
in place inside the tubing by setscrews. Their purpose is
to facilitate the smoothing of flow going into the orifice
plate while allowing for shorter upstream tubing lengths.
FIGURE 3.
Orifice Flange Union

FIGURE 4.
Single Chamber Fitting

The third device is the dual chamber orifice fitting. This
fitting allows for the removal of the universal orifice plate
without first bleeding down line pressure. This is
accomplished through the use of internal valves, which
isolate the upper (non-pressure) chamber from the
bottom (pressured) chamber. The senior type is the most
expensive of the plate holding devices to purchase, but
could be the most economical when compared to the
overall cost of the installation since isolation valving is
not required to allow plate removal.

FIGURE 7. Straightening Vanes

FIGURE 8. Flow Conditioner

FIGURE 5. Dual Chamber Fitting

METER TUBES
A meter tube basically consists of upstream tubing, the
orifice fitting or flanges and downstream tubing. The
purpose of tubing is to insure as smooth a flow profile,
going into the orifice plate, as possible. The AGA #3
standard has very specific requirements for meter tube
pipe, including the smoothness of the inside surface of
the tubing and minimum lengths required under particular
installations. If these standards are not met in the
manufacture of the meter tube, then degradation in
measurement could result.

FIGURE 6. Three-Section Meter Tube

The flow conditioners eliminate swirl like a straightening
vane and also generates a near fully developed flow profile.
The conditioner also reduces the amount of required
upstream tubing needed to meet AGA #3 requirements.
SECONDARY DEVICES
The orifice fitting with its orifice plate is known as the
primary devices in the orifice measurement package.
There are other devices known as secondary devices,
which translate the raw information from primary devices
into more useable information. The most common of
these are pneumatic chart recorders and flow computers.

FIGURE 9. Secondary Devices
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The pneumatic chart recorder presents the information
from the differential pressure, static pressure and
temperature transmitters in a graphical form, usually
circular charts. The chart usually represents a 24-hour
or 8 day time period, which can be integrated later to
provide volume figures.

are usually AC or DC powered and provide not only the
same calculations capability as the solar –powered units,
but also have advanced flow control and alarm
capabilities.

Flow computers have increased in use in recent years
due to the requirements for measurements information
on a more “real time” basis. Flow computers, like the
pneumatic chart, take the flow information from the
differential pressure, static pressure and the temperature
transmitter and calculates flow volumes. Unlike the chart,
flow computers do not have to go through an integration
step to come up with these figures. There are several
levels of sophistication available in flow computers. The
battery-powered, solar charged devices have the best
utility as field devices, which can store the flow
information on site, do the volume calculations and then
send that information on to a higher device such as a
mainframe computer. The higher-level flow computers

The new AGA #3/API 14.3 measurement standard has
greatly tightened the tolerances for the manufacture of
orifice devices and meter tubes. It is very much in the
best interest of the users of these devices to have sound
maintenance programs in place to insure that the likenew quality of the tubes be maintained for as long as
possible. The primary device, whether a fitting or flange,
cannot be expected to provide accurate, reliable flow
information if the orifice plate is bowed or otherwise
degraded in some way. The vast body of data supporting
orifice measurement over the years becomes
meaningless if the guidelines for the design, manufacture,
installation and maintenance of these devices are not
followed.

CONCLUSION

Bill Buckley
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FUNDAMENTALS OF ORIFICE RECORDERS
David E. Pulley
J-W Measurement Company
P.O. Box 2029, Tyler, TX

What is an orifice recorder? The answer usually depends
upon whom you are talking to. The term orifice meter is
used to mean every thing from the orifice meter chart
recorder to the entire meter station. American Gas
Association defines the “orifice meter” as the complete
measuring unit comprised of primary and secondary
elements.

comparison to meter tube pressure taps is a not a defined
requirement but a requirement of the gas condition.

The “primary element” consists of an orifice meter tube
constructed to meet the minimum recommended
specifications of the measurement authority contractually
agreed upon by two or more parties. The “secondary
element” consists of equipment that will receive values
produced at the primary element. The values may be
measured and recorded onto circular charts or received
by electronic flow computers that calculate a volume
onsite, to be retrieved as desired.
In this paper I will address the “Orifice Meter Chart
Recorder” and endeavor to explain its fundamental
workings.
American Gas Association does not specify a
manufacture or type of recording instrument to be
employed. The instruments installed at the metering
station should answer the following questions:
1. Does it have adequate initial accuracy?
2. Will it sustain adequate accuracy under
expected operating conditions?
A. Range of ambient temperatures.
B. Corrosion.
C. Accumulation of dirt or foreign material.
D. Vibration.
3. Will it require excessive maintenance?
4. Are the available facilities adequate for proper
maintenance?
5. Is it adequately flexible as to range, damping,
etc.?
6. Does it adequately perform all of the required
functions?
7. Is it adequately portable?
INSTALLATION
When locating the recorder at metering station attention
is required for placement and distance from the pressure
taps. Pressure values at the recorder must be the exact
same pressure values as pressure values at the meter
tube pressure taps. By this I am saying the distance
between pressure taps and recorder is not limited if
pressures are the same values for the same moment in
time. The location of recorder relating to elevation

When the gas is pipeline quality (separated and
dehydrated for removal of free liquids and water vapor)
location of the recorder varies, the orifice recorder may
be installed in a walk in house. The piping of manifold
lead lines may be of a configuration not considering
drainage of free liquids into meter tube. But it must be
noted gas of pipeline quality should not have free liquids,
which accumulate in the lead lines.
The orifice meter chart recorder is an instrument that
measures the difference in pressure between a point one
inch upstream from the face of the orifice plate to a point
one inch downstream from the face of the orifice plate.
This measurement is converted to inches of water column
and recorded onto a chart.
DIFFERENTIAL PRESSURE MEASUREMENT
The industry today uses two types of orifice meter chart
recorders. One is referred to as a bellows and the other is
a diaphragm. Both are liquid filled and meet all the
conditions required to measure and record the differential
pressure across an orifice plate. The differential shaft
rotates in the bellows unit as an increase or decrease in
differential pressure causes the liquid to travel from one
side of the bellows to the other while the differential shaft
of a diaphragm travels from side to side. A damping valve
can control the speed at which liquid travels from side to
side, closing of the valve to restrict liquid movement when
the flow characteristics are of a varying or fluxing nature
and will result in a false recording of differential pressures
onto a chart. Generally this damping of liquid movement
will result in a false recording as the differential pressure
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variations will record at the highest value and not reflect
the low values. This will result in a computed volume
greater or less than the chart would normally record.
Today the industry generally uses the bellows type unit.
Located on the downstream or low side of the bellows is
a calibration spring that can be of various ranges. The
most used range is 0 to 100 inches of water column. As
the liquid is pushed from the upstream side of bellows
into the low side a differential range spring, located on
the bellows, can be calibrated to restrict the liquid
movement. This calibration span is equal to the chart span
in inches of water column. If the bellows unit is damaged
and loses part of its liquid fill movement of the bellows is
reduced resulting in a false differential recording onto the
chart. Also if the range spring is damaged the liquid will
not have a restriction in its movement and can result in a
greater or false differential recording.
Other conditions that effect or causes false differential
recording is free liquid or freezing of liquids in the manifold
lead lines. A pressure leak in the manifold lead lines does
not allow a static pressure condition and will cause liquid
to travel up into the lines. Plus a leaking tubing connection
ferrule will cause a refrigerating condition at the fitting with
an ice accumulation inside of the lines resulting in a loss
of pressure downstream of the block. This results in the
recording differential pressure to travel to one extreme or
the other on the chart depending on the freeze location.
Free liquid and freezing can be minimized by installing
the manifold lead lines to allow drainage of liquid back
into the meter tube and assuring that no pressure leaks
are present in the lines at operating condition.
FLOWING PRESSURE MEASUREMENT
The measurement of flowing pressure is normally by a
pressure measuring device (static element) installed in
the orifice recorder so that the flowing pressure and
orifice differential pressure is recorded onto the same
chart. The flowing pressure is normally measured in
pounds per square inch. Pressure can be measured at
either side of the orifice plate but normally it is measured
on the downstream side. The pressure measuring device
(static element) consists of a hollow tube closed at one
end and twisted in the form of a spiral. A pen or pen
mechanism is connected to the closed end. An increase
in pressure will cause the spiral to unwind and position
a pen recording onto a chart equal to a value within its
calibration range. The range of an element can vary with
flowing pressures. Element range should allow recording
of flow pressures that allows a separation in the recording
of differential and flowing pressures.

Located within the orifice chart recorder the chart is
placed on a clock that can be adjusted to make a 360degree rotation in the time desired. The orifice recorder
is a real time instrument that measures the orifice
differential pressure continually. Rotation of clock and
recording chart reduces ratio of real time to recording
time by the rotation speed. By this I am saying that a
varying pressure recorded onto a one day rotation chart
may allow the accurate tracing of a value by the integrator
operator where a multiple day chart rotation results in a
integrator operator subjective tracing to produce a
integrator count for volume calculation.
The accountability of volume computations is greatly
effected by damping of the fluid movement in a bellows
unit and by chart rotation where the flow rates vary. I
recommend a valuation of flowing conditions at the
metering station and adjustments made to the recorder
for accountability in measurement.
FLOWING TEMPERATURE MEASUREMENT
When desired a recorder can have a third measurement
device that is measuring the flowing temperature onto the
chart. Again it is desirable that the recording of flowing
temperature not distort the value of other recordings and
be of a range required by the flowing temperature. The
calibration of recording accuracy is important to recording
the flowing temperature onto the chart for volume
computation. The degree of travel from 0 to 100 of chart
range and degree of travel at zero chart range between
differential pressure pen is set by the manufacture to agree
with the integrator pen movements for correct averaging
of temperature to flow values at the same moment in time.
If the temperature recording is not correctly calibrated for
chart recording the volume computation may be in error.
The continued accuracy of he orifice meter chart recording
depends on keeping the recorder in proper operating
condition and establishing and maintaining a schedule of
inspections. The inspection schedule may depend on
company policy, importance of the station, size in terms
of daily flow volume, type of equipment, etc.
CONCLUSION
In closing it is important to remember that the recorder
records historic information from which volumes are
computed and money is
exchanged between companies.
The accountability of volumes are
only as good as the accuracy of
recordings.

The degree of chart travel between the two recording pens
at zero pressure and degree of travel from zero to 100% of
chart range is set to match the same degree of travel as
the chart integrator pens. When they are not the same
integration value will not be a product of differential pressure
and flowing pressure at the same moment in time.
David Pulley
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FUNDAMENTAL PRINCIPLES OF DIAPHRAGM METERS
Robert Bennett
American Meter Company
1350 Bayshore Hwy., Suite 200, Burlingame, CA 94010

INTRODUCTION
The first gas company in the U.S., The Gas Light
Company of Baltimore, Maryland, founded in 1816,
struggled for years with financial and technical problems
while operating on a “flat rate” basis. Its growth was slow
with the charge for gas service beyond the pocketbook
of the majority.

covers and seats that control the flow of gas into each
side of the diaphragm, 4.) Linkage to connect the
diaphragm with the valves and index, and finally 5.) The
index which registers the number of revolutions of the
entire mechanism. (See Figure 1.)

By comparison, the New York Gas Light Company,
founded in 1823, prospered and expanded. They had
built their system on “the use of gas meters to measure
the supply of gas to customers, and a large one to register
the quantity made at the station before it is conveyed to
the gasometers.
The pattern of operation used by this New York company
was quickly copied by other companies throughout the
East Coast, including the Baltimore company. Seeing
the success, New York businessmen formed new gas
companies in Albany, Boston, Philadelphia, New York,
etc. and the new U.S. gas distribution industry began to
flourish.
Since this early beginning, meters have been an
important, integral element in every phase of gas industry
operations. Various types of meters are used; diaphragm,
rotary, turbine, and orifice; each serving a definite
purpose and meeting specific requirements.
These four common types of meters can be broken down
into two distinct categories: positive displacement and
inferential. Diaphragm and rotary meters fall into the
positive displacement category because they have welldefined measurement compartments that alternately fill
and empty as the meter rotates. By knowing the volume
displaced in each meter revolution and by applying the
proper gear ratio, the meter will read directly in cubic
feet or cubic meters.
Turbine and orifice meters, on the other hand, have no
measurement compartments to trap and then release
the gas. These meters are inferential meters in that the
volume passing through them is “inferred” by observing
or measuring some physical characteristic.
COMPONENTS
A diaphragm meter is physically composed of: 1.) A body
to contain the gas pressure and form part of the
compartments that measure the gas, 2.) Diaphragms that
move as gas pressure fluctuates on either side, 3.) Valve

FIGURE 1. Diaphragm Meter

A diaphragm meter can be compared to a two-piston
double-action engine in which the diaphragms correspond
to pistons and the meter body to the cylinders. Each stroke
of the diaphragm displaces a fixed volume of gas and the
diaphragms operate 900 out of phase so that when one is
fully stroked, the other is at mid-stroke.
This provides a smooth flow of gas to the meter outlet and
insures the meter will always start regardless of its static
position. When a demand for gas is made on the
downstream side of the meter, a pressure drop is created
across the meter and its diaphragms. This differential, which
amounts to 0.1" W.C., provides the force to drive the meter.
Above each diaphragm is a “D” shaped valve (See Figure 2).
Under the valve are three port openings that direct the
flow of gas in and out of the case and diaphragm
compartments. As the diaphragm expands, it forces the
gas in the case compartment up through the case port.
The valve directs the flow of gas into the center port that
leads to the meter outlet. A similar process occurs when
the diaphragm contracts. The stroke of the diaphragm
is controlled by linkage in the upper port of the meter
and a rod (flag rod) that extends down into the diaphragm
compartment. The tangent link, as it is called, is attached
to the top of the meter crank and is adjustable in length.
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The crank makes a certain number of turns per cubic
cubic foot and transmits this motion to the front counter
(index) by means of an axle shaft driven by a worn and
wheel. The crank also drives the sliding valves, which
are timed to the motion of the diaphragm
STANDARDS
To provide some common base for rating the capacity
of various manufacturers’ gas meters, the ANSI B109.1
gas meter standard establishes a set of guidelines for
meters with a capacity of less than 500 Cubic Feet Per
Hour. ANSI B109.2 is the standard for diaphragm meters
handling more than 500 Cubic Feet Per Hour and ANSI
B109.3 covers the “Rotary Type Gas Displacement Meter.
Both B109.1 and B109.2 define diaphragm type gas
meter capacity as that volume of 0.60 specific gravity
gas at an absolute pressure of 14.73 PSIA that will result
in an average pressure drop through the meter of 0.5
inch of water column, using specified inlet and outlet
connections. This capacity rating is not to be construed
as a maximum capacity but as a common capacity rating
base. Within the B109.1, meters are divided up into
several classes:
Class

FIGURE 2. Movement of a Diaphragm Meter

50
174
250
400

Capacity (ft3/hr)
Minimum
Maximum
50
174
175
249
250
399
400
499

Increasing the tangent length increases the diaphragms’
stroke which increases the meter proof and vice versa
(See Figure 3.)

This standard calls for new meters to be +1.0% accurate
and +2.0% after accelerated life tests. (See Figure 4. for
small meter test apparatus.)

FIGURE 3. Tangent Adjustments

FIGURE 4. Test Apparatus
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The B109.2 (500 Cubic Feet or More) also divides large
volume meters into several classes.
Class
500
900
1400
2300
3500

Capacity (ft3/hr)
Minimum
Maximum
500
899
900
1399
1400
2299
2300
3499
3500
5599

(Figure 5. shows a typical test stand used to determine
meter capacities for large volume meters.)

FIGURE 5. Large Meter Test Apparatus

Diaphragm meters meeting the requirements of both
B109.1 and B109.2 will measure the gas flow to a pilot
light starting at .25 ft3/hour for a Class 250 meter and
smaller and up to 7 ft3/hour for a class 3500. The allowable
accuracy at this flow is +10%. A typical accuracy curve
for a diaphragm meter is shown in Figure 6.

FIGURE 6. Diaphragm Meter Accuracy

In addition to the capacity of the meter, its body must be
physically constructed to withstand the internal pressure
of the gas. Modern diaphragm meters have sufficient
structural integrity to withstand a minimum shell test of
10 PSI. This is necessary to meet the federal rules
contained in Part 192 of Title 49, Department of
Transportation, Office of Pipeline Safety regulations.
The end connections must be of sufficient size to allow
easy passage of gas through the meter and can be some
type of insert, NPT screw connections, or flanges. (See
Table 1 for capacities and connections.)

Table 1. Diaphragm Meter Capacities

INSTALLATION

FIGURE 7. Typical Diaphragm Meter Installation
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Diaphragm meters should always be shipped, stored,
and installed in an upright position. Dust caps on the
inlet and outlet connections should be left in place until
the meter is installed. Caution should be used with meters
that have been removed from service since they may
contain gas within the diaphragm chambers.
The meter set should be in a location that is ventilated
and readily accessible for examination, reading,
replacement, or maintenance. The set should be
protected from outside damage and at least three (3)
feet from known sources of ignition or air intakes.
Electrical isolation for cathodic protection purposes
should be maintained.
A diaphragm meter should be installed as close to level
as possible. Tests have indicated that tilting a meter will
affect its accuracy since, at high angles, the valves tend
to come off the valve seat and let the gas bypass the
diaphragm chambers. Therefore, the inlet and outlet
connections should be within + 1/4" of each other.

stroke must remain constant.
3. External Leaks. Any opening, such as cover gaskets,
index seal box, or meter connections that lets gas escape
will affect its accuracy.
4. Internal leaks will cause the meter to run slow and are
usually found in areas such as the diaphragm assembly,
valves, or flag rod seals.
5. Wear can affect accuracy in several ways. Wear at
either end of the short flag arm or in the tangent bearing
will cause the check rate proof to decrease while not
appreciably affecting the open rate proof. Wear of the
crank or crank arms will affect the timing of the valves
that will increase the open rate proof.
To determine the accuracy of a diaphragm meter, it must
be tested or proved using conventional testing equipment
such as a transfer prover, bell prover, or sonic nozzle.
(See Figure 8. for examples.)

The meter should be installed in a manner to avoid undue
stress on the connecting piping or meter. The use of a
meter bar may be a consideration. If there is foreign
material such as sand, rust scale, or welding beads in
the gas supply; then a filter or strainer should be provided
on the inlet side. The meter should not be installed at
the low point since it may act as a trap for liquids. Bypass piping or some other type of testing components,
pressure taps, and over-speed protection should be
considered.
Avoid having the meter body come in direct contact with
soil or concrete walls since alkali in concrete can cause
premature corrosion. Under no circumstances should the
meter be buried.

a. Transfer Prover

Hand-tighten the swivels first and then tighten with a
wrench approximately three flats (approximately 20 ftlb). Do not over tighten since damage to the rubber
gasket inside the swivel cap may occur.
Check all connections for leaks.
Slowly pressurize the system.
MAINTENANCE
The diaphragm meter really does not require much
maintenance other than a periodic proof test. Factors
that affect meter accuracy include:
1. Internal Friction that increases meter differential.
Excessively dirty or tacky valves or binds in the meter
will cause higher differential pressures.
2. Maintaining Constant Diaphragm Displacement. A
precise and stable diaphragm displacement is required
for each stroke of the meter. Therefore, the effective
cross-sectional area of the diaphragm and the diaphragm
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b. Bell Prover

REFERENCES
-Gas Measurement Manual, Part Two, Displacement
Measurement, American Gas Association, 1985.
-ANSI B109.1, 2000, Diaphragm Type Gas Displacement
Meters, American gas Association
-ANSI B109.2, 2000, Diaphragm Type Gas Displacement
Meters, American Gas Association
-ANSI B109.3, 2000, Rotary Type Gas Displacement
Meters, American Gas Association
c. Sonic Nozzle

-Product Specification, Aluminumcase Meter, Domestic
Size, American Meter Company

FIGURE 8. Proving Methods

CONCLUSION
Diaphragm Positive Displacement meters are and will
continue to play a major role in natural gas measurement
in the U. S. for the foreseeable future. Understanding
how they work, their specifications, and how to install
and maintain them are critical to having them perform in
an acceptable manner.

Robert Bennett
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FUNDAMENTAL PRINCIPLES OF ROTARY DISPLACEMENT
METERS
Wayland Sligh
Instromet Inc.
Stafford, Texas 77477

Natural gas measurement today is accomplished through
the use of two different classes of gas meters. These
are inferential type meters, which include orifice and
turbine meters, and positive displacement meters, which
include diaphragm and rotary displacement meters. The
inferential type meters are so-called because rather than
measuring the actual volume of gas passing through
them, they “infer” the volume by measuring some other
aspect of the gas flow and calculating the volume based
on the measurements. The positive displacement type
meters are so-called because they measure the actual
volume of gas displaced through them.
The rotary positive displacement meter has been in
existence for over 75 years. Its reliability, rangeability,
long-term accuracy, and ease of installation,
maintenance and testing have made this meter a favorite
among gas utilities for billing purposes in industrial and
commercial applications. Rotary Meters have also
gained popularity in the production and transmission
markets
This paper will present basic operating principles of rotary
gas meters, accuracy and rangeability, installation of
meters, maintenance and testing, meter instrumentation,
and finally, a brief glimpse at the industry trends in rotary
gas metering.
PRINCIPLES OF OPERATION
The lobed impeller type rotary meter consists of two
figure-eight shaped impellers, positioned at 90∞ from
each other, which rotate in opposite directions inside a
cylinder of fixed volume (Fig. 1). Gas flowing through the
meter causes the impellers to turn, creating a
measurement chamber bounded by the impeller, cylinder
and the headplates. This known volume is then
discharged and another identical volume of gas is
trapped by the other impeller, cylinder and headplates.
Gas is alternately trapped and discharged four times for
each impeller revolution.
The displaced gas per revolution is multiplied by the
number of impeller revolutions to determine the volume
of gas passed by the meter. A gear reduction system is
used to totalize the displaced volume for instrument
drives and counter readouts in engineering units (i.e.,
cubic feet).

Position 1

Position 2

Position 3

FIGURE 1.
Rotary Positive Displacement Meter Operating Principle

POSITION 1. As the bottom impeller rotates in a
counterclockwise direction towards a horizontal position,
gas enters the space between the impeller and cylinder.
POSITION 2. At the horizontal position, a definite volume
of gas is contained in the bottom compartment.
POSITION 3. As the impeller continues to turn, the
volume of gas is discharged out the other side.
POSITION 4. The top impeller, rotating in opposite
direction, has closed to its horizontal position confining
another known and equal volume of gas.
SIZING OF METERS
The sizing of a rotary meter is simply the selection of the
appropriate capacity meter for the given flow conditions.
The actual flow rate should not exceed the rated capacity
of the meter. Line pressure and line temperature should
be considered.
Applying the Basic Gas Laws, the following formula may
be used to size a rotary meter:
Qs = Qd X Fp X F t
Where:
Qs = Standard or corrected volume
Qd = Displaced or uncorrected volume
Fp = Pressure correction factor =
Gauge Pressure + Atmospheric Pressure
4.73 psia
Ft = Temperature Correction Factor =
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Position 4

FIGURE 2. Typical Accuracy Curve

520γ R
.
460γ R + Gas Temperature
ACCURACY AND RANGEABILITY
The accuracy of a meter is defined as the degree to which
a meter correctly measures the volume of gas passing
through it. Accuracy is determined by comparing the
volume registered by the meter with a known volume
registered by a connected proving device.
The accuracy of a rotary meter is built-in through the
careful machining of its components and cannot be
adjusted. Since the volume of the measurement chamber
does not change, the only factor that can affect accuracy
is an increase in internal friction within the meter which
allows gas to slip through the clearances. A typical
accuracy curve is depicted in Fig. 2.
The rangeability of a meter is defined as the meter’s
maximum rated capacity divided by a selected “minimum
capacity.” Assuming that a meter “runs” at 100%
accuracy, minimum capacity is determined to be the
point where the meter’s accuracy moves above or below
a specified tolerance (usually ± 1% or ± 2%) from the
100% accuracy point.
Newer designs of rotary meters, using lighter materials,
have greatly improved rangeabilities by reducing start
rates and thus pushing the lower end (knee) of the
accuracy curve to the left.
INSTALLATION
Proper installation in accordance with the manufacturer’s
recommendations is necessary to ensure optimal
performance for any rotary gas meter. For the most
satisfactory operation, rotary meters should be placed
where they have the best chance of remaining
uncontaminated.

Prior to meter installation, the line should be cleaned of
pipe dope, weld slag, liquids, sand, valve grease or other
debris. The meter should not be installed at the low
point in the piping system where liquids or particulate
matter tend to collect, or behind a lubricated valve whose
grease could block the impellers and cause the meter to
stop. If particulate matter is in the gas stream, a suitable
strainer, screen or filter should be used.
Particular care should be exercised in installing the meter
with proper support. Piping connected to the meter
should be supported to prevent strains on the meter
cylinder. Placing one or two flexible couplings in the
system can eliminate possible piping strain.
Proper leveling of the meter is important during
installation and will maximize meter life and efficiency.
Leveling not only reduces the possibility of meter body
stress due to flange misalignment, but also may prevent
overfilling of oil chambers that may be reading low on
one end due to improper leveling.
Where a meter may be subject to possible overspeeding
because of sudden pressure drops or flow surges, a
restricting orifice should be installed downstream of the
meter in accordance with the manufacturer’s
recommendation. A properly sized orifice plate or nozzle
will protect a meter from damage due to overspeed by
restricting the gas flow to 120% (typically) of the meter’s
rated capacity.
Most manufacturers recommended installing the meter
using a bypass loop. This allows for easy maintenance
or testing without the interruption of service, as well as a
smooth, controlled start-up of the meter. Typical piping
arrangements are shown in Fig. 3.
MAINTENANCE AND TESTING
Very little field maintenance is required for rotary meters
if care and proper installation procedures are followed.
A periodic check and maintenance of the proper oil levels
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Possible causes may be worn bearings, build-up of
deposits on impellers, casings, or mechanical parts,
incorrect oil or volume of oil, or out-of-time impellers.
Usually, the meter may be brought back into specification
with a simple flushing of the cylinder, which removes
dust and materials collected on the impeller and cylinder
surfaces.
METER INSTRUMENTATION
The volume of gas which has passed through a meter
and has been measured must be totalized and registered.
This may be done with an index. The simplest type of
index is a mechanical counter, which provides
uncorrected volumes at line conditions. A counter is used
when the line pressure is low and temperature is assumed
to be at base conditions. Gas volumes at constant
pressures and temperatures other than base conditions
may be corrected by applying fixed-factor multipliers to
the index reading.

FIGURE 3. Typical Piping Arrangements

is all that is needed under normal operating conditions.
The interval between checks can vary substantially and
may be dependent on utility requirements and/or the
condition (cleanliness) of the gas. Oil which may have
become discolored because of dirt or emulsified due to
water, should be changed. A normal or typical time
interval is once every 3 to 5 years.
In addition to the visual check of the oil level and
condition, a differential rate test may be performed on
the rotary meter. The differential rate test is an accurate
and acceptable method of comparing the performance
of a rotary meter to its original, manufactured or installed,
performance.
This test is based on the premise that the differential
pressure between the meter inlet and outlet will not change
substantially — over 50% of its original reading — unless
the meter parts wear or become dirty, given that the
pressure, temperature, specific gravity and flow rate as
initially tested remain relatively unchanged. For an
accurate baseline curve, the differential pressure should
be checked and plotted for several gas flow rates (at least
three between 25% and 100% of capacity).
As with the oil level check, the recommended frequency
of a differential test is subjective. However, experience
has shown that a five-year interval is usually more than
adequate. If the test indicates an increase in differential
pressure over 50% from the initial test, the meter should
be checked for the causes of increased resistance.
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Where gas temperatures vary significantly, affecting the
volume of the gas, a temperature compensated index
may be used. The mechanical temperature compensator,
or TC, corrects the volume counter to a standard volume
at a base temperature of 60˚F. In addition to the corrected
readout, the index also contains an uncorrected readout.
As with the counter, a fixed-factor multiplier may be
applied to correct the volume of gas at a constant
pressure other than base pressure.
On an Instrument Drive (ID) unit, a spur gear reduction
with the proper gear ratio rotates a drive dog. One
revolution of the drive dog represents a certain displaced
volume — either the uncorrected volume registered with
a counter or the temperature corrected volume registered
with a TC.
Rotary meters may also be equipped for automated
meter reading (AMR). Pulsers generate either high or
low frequency pulses which represent volumetric
information for remote data collection units.
Because gas volumes are subject to the effects of
pressure as well as temperature according to Charles’
and Boyle’s laws, instrumentation may be used to
compensate for these effects. With fluctuating pressures
and temperatures, it is desirable to use instrumentation
which corrects the volume measured at line conditions
to base conditions. This instrumentation may be
mechanical or electronic and may be integrally mounted,
remotely mounted or mounted atop an instrument
mounting plate which is part of the instrument drive unit.
Today, rotary meters are available with integral electronic
temperature and/or pressure correction. This design
innovation combines the high accuracy of the rotary
meter with the increased measurement accuracy, great
flexibility, and economy of electronic volume correctors.

With integral instrumentation, the elimination of gearing,
bearings, seals and shafts has improved the combined
accuracy of meter and instrument.
RECENT DEVELOPMENTS AND INDUSTRY TRENDS
The last two decades have brought about many changes
in the rotary gas measurement business. Increased
customer demands, as well as changes in government
regulations have driven these changes. The most
significant of these is the replacement of the long-used
mechanical corrector by electronic correction devices.
Advances in electronic technology have made it possible
to provide cost effective electronic gas volume
correction, resulting in increased measurement accuracy,
better long-term stability, quicker calibration and
elimination of the mechanical gear reduction system.
Significant improvements in rotary meters have been
realized in the last few years because of improvements
in manufacturing techniques and the manufacturing
equipment’s ability to hold closer tolerances. Better
machinability has lead to improved rangeabilities.
Additionally, new designs for high capacity meters have
reduced the sizes and weights of once necessarily

foot-mounted, cast iron meters, and made them linemounted aluminum meters.
Many utilities are using rotary meters with prefabricated
meter sets to reduce field labor installation costs and times.
Quick change rotary meter conversion kits, designed to
eliminate the need for field welding, pipe cutting, and other
costly field exercises, are based upon existing meter pipe
sizes and flange dimensions to provide faster, less
expensive change-outs of other types of meters.
SUMMARY
Rotary positive displacement gas meters have been in
use for more than 75 years. In that time, they have
become the preferred method of measurement for
industrial and commercial gas loads. The rotary meter
is designed to measure gas with a very high degree of
accuracy and reliability over time. They also offer the
unique-to-rotary-meters differential testing capability,
which reduces the need to shut down for testing and
lowers the whole-life cost of ownership. Advancements
in technology continue to improve meter performance
making rotary gas meters a vital element in gas
measurement today.
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FUNDAMENTAL PRINCIPLES OF GAS TURBINE METERS
Wayland Sligh
Instromet Inc.
Stafford, Texas

INTRODUCTION
Gas Turbine Meters have developed greatly since their
introduction to the US 1963. From the mechanically gear
driven version, meters have developed into fully
electronic designs and self-correcting models. Although
these technological developments have greatly improved
the application of the meter, the meters basic design
and principles have remained very similar.
As an inferential meter, the gas turbine meter competes
with the rotary and diaphragm positive displacement
meters. Like these meters, the turbine meter is versatile
and accurate over a wide range of flowing conditions.
Unlike these meters the turbine meter provides less
pressure drop for equivalent flow rates. It also provides
a digital pulse output for input with flow computers and
local readout devices.
Accuracy, the meters ability to measure as close to actual
flow as possible, are typically in the ±1% range or better.
Repeatability, the meters’ ability to give the same readout
under similar flowing conditions, is listed as ±0.1%.
The meters ability to hook up with local pressure and
temperature correctors as well as flow computers allows
the full versatility of the meter to be utilized; to provide
corrected flow output and higher accuracy’s across its
flow range.

FIGURE 1. Turbine Meter Construction

Q = VA
Where

Q = Volumetric flow rate
V = Velocity
A = Flow area

ROTATIONAL MEASUREMENT
In the U.S., rotor rotation measurement is accomplished
in one of two primary ways:
•
•

Mechanical
Electromagnetic Proximity

Mechanical meters use a gear train to determine the rotor
rotation. Gear ratios are such that the rotor revolution is
mechanically connected to a rotating mechanism on the
meter top. This directly indicates total flow in actual
volume flowrate.

OPERATION/METER CONSTRUCTION
As previously stated the Gas Turbine meter is an
inferential meter that infers volume by sensing flow
velocity through a known area by measuring the rotational
speed of a turbine rotor.
As gas enters the meter inlet, it is guided through a flow
area created by the meters’ inside diameter and the
outside diameter of a flow deflector (Figure 1). The flow
deflector, or nose cone, increases gas velocity to prepare
it for impingement on the rotor blades.

The electronic meter is equipped with two magnetic
pickup coils that sense rotor rotation through accurately
positioned magnets in the rotor hub. As a magnet passes
the coil, a voltage pulse is produced that represents a
discrete unit of volume. The turbine meter output is rated
in pulses per unit volume.
Independent pickup coils can be used with a local
totalizer and/or flow instrumentation capable of
accepting inputs from pressure, temperature and density
transducers for corrected flow or mass calculations.

The accelerated gas flows through the meter rotor,
designed with a specific number of blades positioned at
a precise angle, and impinges on the rotor blades,
causing the rotor to rotate. Rotor angular velocity is
directly proportional to gas velocity and consequently
to volumetric flow rate.

Bearings typically are lubricated through an external fitting
or a pressurized connection to allow lubrication during
operation. Permanently lubricated bearings are available
for vertical installations or where access is restricted.

By accurately measuring the rotor rotational velocity,
volumetric flow rate can be determined:

AGA Report No. 7 provides standard practices and
procedures for installing gas turbine meters and details
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INSTALLATION

correction factors and operating requirements. Several
common installations are described in the standard.
In-Line meters. To maintain fluid velocity profile and
meter accuracy, it is recommended that an upstream
meter tube be installed. Minimum distances are 10 pipe
diameters upstream and five diameters downstream of
the meter (Figure 2).

FIELD MAINTENANCE
Normal maintenance includes lubricating and spin testing
the meter. While a spin test does not produce absolute
proof of accuracy over the entire flow range, it does give
an indication of the meter’s accuracy at low flowrates. A
spin test is performed at the factory before calibration
and shipment.

To reduce swirl and maintain velocity profile, a
straightening vane, or tube bundle, should be installed a
minimum five pipe diameters upstream of the meter.
Offset, short-coupled meters. This installation has two
Elbows, or Tee sections, connected to the meter inlet
and exit. A shortened inlet pipe section, of four pipe
diameters, is equipped with straightening vanes.

FIGURE 3.

FIGURE 2.

VERTICAL INSTALLATIONS
Turbine meters can operate vertically up or down.
Manufacturers offer permanently lubricated bearings or
a pressure connection for lubrication during operation.
Accuracy relies on an installation without offsets at the
flanges and without protruding gaskets.
To protect internal components from foreign materials
in the gas stream, it is important that a strainer of filter
be installed upstream of the straightening section. A 1/8in. perforated cone or basket strainer may be
recommended. Alternatively, a filter capable of trapping
dust particles up to 10 microns can be used.
A pressure tap usually is provided on the meter body to
allow static-pressure measurement at the rotor. Other
instruments taps should be installed a minimum of two
to five pipe diameters downstream.
To control over-ranging the meter and damaging the rotor
mechanism, a downstream control orifice or venturi
nozzle is recommended. Although over-speeding the
rotor to 120 % of maximum capacity is permissible for
short duration’s, it is recommended that the meter be
run within its normal working range.
Blowdown valves should be installed downstream of the
meter and, ideally, downstream of the control orifice to
prevent damage.

The spin-down time is the time the rotor takes to stop
after being spun by hand or air blast. A reduction from
the original spin-down does not necessarily mean the
meter no longer is accurate. It does indicate reduced
rangeability or an accuracy loss at the minimum flowrate
A notable reduction in spin-down time means either
deteriorated bearings, or debris buildup in the bearings
Meter proving. Each meter is calibrated to a recognized
standard at the factory. Calibration methods include low
pressure, sonic nozzle, transfer proving and bell prover.
Standard primary calibration methods are sonic nozzle
and bell prover. Transfer proving is a common calibration
method that avoids resorting to the time-consuming
primary methods. In transfer proving, a master meter
first is calibration curve with at least 15 points. This
master meter then is used to prove other meters. Typical
calibration curves have five to ten calibration points at
atmospheric pressure or the customer’s pressure choice.
The typical calibration curve shows the percentage flow
rate versus the percentage error. Calibration curves also
provide the flow rate versus the K factor. A turbine meter
has an accuracy of ± to 1.0%. Its repeatability, the ability
of the meter to provide the same reading at similar flow
conditions, is about ±0.1%.
CONCLUSION
Turbine meters are capable of handling wide flow ranges
over a wide range of pressures and offer accurate, reliable
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measurement over many years. With the addition of new
technology and the versatility of the meter it shall remain
a major standard in the field of gas measurement.

PAGE 22

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

FUNDAMENTALS OF NATURAL GAS SAFETY
Linton T. Lipscomb
PGE-GTT
7330 San Pedro, P.O. Box 400, San Antonio, TX 78292

INTRODUCTION
Natural Gas: A combustible mixture of methane and
higher hydrocarbons used chiefly as fuel and raw
material.
To safely produce natural gas and natural gas products,
a basic understanding of the hazards of the material itself
and the processes required to bring it to market is
essential. Let’s start out with the hazards of natural gas
as it is in its raw field gas state:
1. Flammable/Explosive
2. Hazardous Impurities
a. Hydrogen Sulfide
b. Benzene
c. CO2
d. Liquid, Petroleum Gases (LPG’s)
Flammable/Explosive
Raw field gas can have a lower explosive limit less than
0.5% in air and an upper explosive limit in excess of 40%
in air. This is different from pure methane, which is the
major component of commercial natural gas.
Differences in raw field gas and methane are:
Vapor Density
Vapor Pressure

Raw Field Gas
1.0 to 2.1
30 psi @ 60°F
To 765 psi @ 100°F

Solubility in Water Negligible

Methane
0.6
NA
Slight

Appearance

Colorless Gas/
Colorless
Can Produce Vapor
Cloud Resembling Fog

Odor

None to Light
Hydrocarbon Odor

None

Boiling Point

Varies with Mix

-258°F

Lower Explosive
Limit

0.4%

3.6-5%

Upper Explosive
Limit

40%

15%

The colder the air temperature, the greater the probability
of this occurring. Should leaks occur or line depressuring
become necessary, extreme caution should be exercised
before entering the area. Use of a L.E.L. meter is
recommended to determine if gas has settled in the area.
Gas concentrations in excess of 10% L.E.L. should stop
entry and all activity in the area.
Methane is lighter than air and rarely settles to the surface
unless strong winds influence its ability to rise. It is still
an advisable step to check all work areas with a L.E.L.
meter prior to starting work.
Hazardous Impurities
A. Hydrogen Sulfide (H2S): Gas containing this chemical
is often called “sour gas” because of its characteristic
rotten egg odor. This gas is an extremely fast-acting
toxic substance. The NIOSH 8 hour exposure level
is 10 ppm. A maximum allowable short-term exposure
level, (STEL), of 50 ppm for 15 minutes is allowable,
if no other exposure occurs. The reason for no other
exposure if you are exposed at the STEL level is that
the effects are cumulative. The toxic effect will destroy
your ability to detect the odor at concentrations
above 100 ppm. At concentrations above 800 ppm
to 1,000 ppm, a one-breath exposure can cause
unconsciousness and death unless rescue is
immediate, followed by correct medical procedures.
It is estimated that 50% of all hydrogen sulfide deaths
are rescuers trying to make a rescue without proper
respiratory protection. Never enter an atmosphere
that is immediately dangerous to life or health without
positive pressure air-supplied respiratory protection.
B. Benzene (C2H2): Benzene is a liquid that may be
present in small amounts in raw and pipeline quality
natural gas. It rarely is found in quantities that would
add to the flammability or explosive characteristics
of the total mix. Its primary hazard is that of a longterm health hazard. OSHA has determined that
exposures in excess of the threshold limit valve
(T.L.V.) of 1 ppm in the work place are hazardous.
Extensive safety precautions described in 29cfr
1910.1028, (Benzene), are all required by OSHA if
the “Action Level” air-borne concentration of Benzene
in the workplace exceeds 0.5 ppm based on an 8
hour time weighted average. Long-term exposure
may cause liver, kidney, and brain damage, as well
as leukemia.

Because of the densities of raw field gas components, it
can settle and form explosive mixture at ground level.
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C. Carbon Dioxide (CO2): Inhalation exposures over
5,000 ppm (0.5% in air) can produce overexposure
symptoms such as rapid breathing, rapid heart rate,
headache, sweating, shortness of breath, mental
depression, visual disturbances, shaking, unconsciousness, and death. Concentrations of 50,000 ppm
(5% in air) are considered immediately dangerous to
life and death. The hazard of the CO2 at 5% in air is
compounded by its displacing the oxygen content in
air. This gas is heavier than air and can accumulate
in closed spaces and low places. This gas is colorless
and odorless. A relatively small leak of almost pure
CO2 at an extraction plant can cause an extremely
hazardous situation at indoor equipment and
compressor locations.

techniques, procedures, and applications are being
developed with ever increasing speed.

D. Liquefied Petroleum Gases (LPG): Other chemicals
entrained in raw natural gas are referred to as natural
gas liquids. Butane, N-Butane, Propane, ISOButane, ISO-Pentane, and Ethane, as well as natural
gasoline can be present in raw field gas. These
chemicals all have vapor densities heavier than air.
Leaks or intentional blow-down can create explosive
mixtures at ground level. Fires at or near LPG
facilities, storage tanks, and transport containers are
extremely hazardous. Should the equipment or
tankage be exposed to enough heat to weaken the
metal of the equipment or tankage to the point of
failure, the resulting release can be catastrophic.
The energy released from the expanding LPG as it
vaporizes and ignites is monumental. These specific
failures are referred to as a B.L.E.V.E. (Boiling Liquid
Expanding Vapor Explosion). Equipment pieces, tank
ends, etc., can be propelled up to several thousand
feet and trailed by an extremely large fireball. Unless
specific equipment training and large amounts of
water are available and can be delivered correctly
on the involved equipment, evacuation should begin
immediately.

1. Operational changes.
2. Equipment changes and how they influence operations.

To keep up with new technology and maintain a safe work
environment, four areas must be addressed:
I.

Knowledge
A. Basic knowledge of natural gas industry
association standards API, AGA, NPRA.
B. In-depth knowledge of operations policies,
procedures, and equipment.
C. Remain technically up to date.

D. Governmental regulations
1. Federal
a. OHSA
b. EPA
c. DOT
2. State
a. TNRCC
b. RRC
3. Local city and county regulations
II.

Ability
A. Mental ability and skills to learn.
B. Physically able to perform tasks requiring
strength, agility, etc., to match tasks.
C. Ability to think through what the results of
your actions will be.

III. Accountability
To produce pipeline-grade natural gas from raw field gas,
certain processing must take place.
I.
II.
III.
IV.

Dehydration
H2S removal
CO2 Removal
Liquid extraction

If you work with, in, or in close proximity to any of these
processing facilities, you should become familiar with
the following:
I.
II.
III.
IV.

Hazards
Operations’ Procedures
Emergency Procedures
What Personal Protective Equipment is
Required for Working In or Near These
Facilities

At this point in time, technology is expanding our envelope of knowledge faster and faster. New equipment,
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A. Management Commitment
1. Time
2. Money
3. Resources
To build, man, and operate safely.
B. Supervision
1. Knowledgeable and well trained in all
aspects of his or her job.
2. Has management backing.
3. Is aware of the responsibility for his or her,
as well as employees’ actions.
4. Can communicate well with his superiors
and employees.
5. Sets good example for employees.
6. Give employees time to complete job
safely.

C. Employee
1. Well trained
2. Understands his or her job and accepts
responsibility for getting it done.
IV. Attitude
The individual’s attitude about working safely is
the key to working safely in any industry.

E. You are your brother’s, or sister’s keeper. Yes,
even contractors.
1. Help those who need assistance.
2. Help correct improper actions of others.
3. Create an atmosphere of looking out for
each other.

A. Do it right every time.

F. Housekeeping: Keeping your area clean,
organized, and safe. It’s your home away from
home — keep it clean, neat, and orderly.

B. If you don’t know, ask. Special emphasis to
new employees.

G. Last but not least, common sense and courtesy to others.

C. Use the correct tools and equipment to do
the job.
D. Work as a team—communicate.

1.
2.
3.
4.
5.

Fellow employees
Customers
Contractors
Public officials
Land owners
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FUNDAMENTAL PRINCIPLES OF PRESSURE REGULATORS
Presented by Kevin Shaw
Actaris Metering Systems
970 Hwy. 127 North, Owenton, Kentucky

INTRODUCTION
The following paper will concentrate on the fundamentals
and principles of natural gas pressure regulators. In the
gas regulator’s conception it was mainly a device used
to reduce high pressure to a more usable lower pressure.
Today, more is expected from the performance of the
pressure regulator. Pressure reduction is no longer the
only function needed. The regulator is considered an
integral measurement instrument that must adhere to
the stringent codes put forth by the U.S. Federal
Department of Transportation and many state Public
Utility Commissions.

Loading
Element
Sensing
Element

In order to understand the principles of pressure
regulation this paper will focus on:
I. OPERTION
II. DROOP VS. BOOST
III. CHANGING IN INLET PRESSURE VS.
MECHANICAL ADVANTAGE
IV. SAFETY MECHANISMS
V. KEYS TO SELECTION
VI. CONCLUSIONS
REGULATOR CLASSIFICATIONS
With few exceptions, gas pressure regulators can be
classified into either of the following two categories:
1. Self-Operated Regulators (also known as SpringLoaded)
2. Pilot Regulators
• Constant-Loaded (a.k.a. Pilot-Loaded)
• Pilot Operated (a.k.a. Two-Path Regulation)
• Pilot Unloading (a.k.a. Pressure Unloading)
The Pilot Regulator category can further be classified into
the three sub-categories of Constant-Loaded, Pilot
Operated, and Pilot Unloaded. Make no mistake; these
three design are vastly different and, thus, will exhibit
significantly different performance characteristics. Each
of these designs is covered in more detail later in the paper.
REGULATOR DEFINITION
A pressure regulator is a feedback control mechanism
designed to maintain a constant downstream pressure
through the manipulation of gas flow. By definition, a
regulator is composed of three essential components
(see Figure 1 illustration):
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Restricting Element
FIGURE 1.

1. Restricting Element — A restriction which allows
gas to flow through the regulator at a reduced
pressure to meet downstream demand. In most
cases this consists of a resilient valve seat (plug)
and a sharp edged orifice.
2. Measuring Element — A device that continuously
senses changes in downstream pressure caused by
changes in downstream demand and transmits a
signal to open or close the restricting element
accordingly. This is typically an elastomeric
diaphragm.
3. Loading Element — Adjustable force which is
continuously compared to the downstream pressure
by the measuring element to determine what signal
(open/close) to transmit to the restricting element.
In pilot regulators the loading element is gas
pressure.
SPRING-LOADED REGULATOR OPERATION
The main function of any regulator is to provide a flow of
gas through the regulator to match the downstream
demand while holding pressure constant. In a springloaded regulator three devices are employed to achieve
this — a restricting device (usually an orifice); a sensing
device (diaphragm); and a loading device (spring or
pressure). Tying these three things together is a

mechanical linkage (usually called the valve stem and/
or lever) that acts like a “see-saw.” The linkage works to
balance the forces associated with the three above
devices.
A pseudo free-body diagram gives a representation of
this balancing act is shown in Figure 2.

[ ][ ]

Fi = P1 Ao
Where: P1 = Inlet Pressure
Ao = Orifice Area

The downstream pressure under the diaphragm creates
a closing force (Fo) pushing against the diaphragm trying
to close off the flow of gas. This force is calculated as:

 Effective 
 outlet  

Fo = 
 X  diaphragm
 pressure  area 



FIGURE 2. Regulator Force Balance

In all regulators two types of forces exist: 1) opening
and 2) closing forces. These two forces act on the
mechanical linkage with one trying to close the valve
(shutting off gas flow) while the other works to open the
valve (increasing gas flow). Under steady operation the
sums of the opening and closing forces are always equal
but opposite in direction giving a static equilibrium
condition. As in any static equilibrium condition, the valve
will remain in a fixed position until one of the forces
change, upsetting the equilibrium. The valve will then
reposition again until the forces are again in equilibrium.
In a spring-loaded regulator, the sum of forces on the
mechanical linkage can be expressed as follows:
Opening Forces = Closing Forces
or
Fi + Fs = Fo

In normal operation, the diaphragm will sense the outlet
pressure force change and provide a force to the linkage.
The linkage moves to control the flow through the valve
to maintain the set outlet pressure. For instance, if the
outlet pressure drops from the set pressure, the force
under the diaphragm Fo decreases allowing the spring
force Fs to reposition the diaphragm. This downward
travel acts to move the valve seat away from the orifice,
bringing the outlet back to approximately the desired
set pressure. If the outlet pressure increases, the reverse
happens. The linkage responds to the increased outlet
pressure force and tends to restrict the orifice. The flow
is reduced and the outlet pressure once again returns
approximately to the set pressure.
In a perfect world our loading element (the spring) would
supply a constant force, there would be no friction within
the regulator or material hysteresis. If this were the case
the regulator would supply a constant outlet pressure
over an infinite range of gas flows. However, this
performance is unattainable. Hindrances like 1) spring
force linearity (Hooke’s Law) and 2) the change in effective
diaphragm area as the valve travels, effect the
performance of the regulator. In Figure 3 typical springloaded regulator performance is shown.

Where:
Fi = Inlet Pressure Force
Fs = Spring Force
Fo = Outlet Pressure Force
This equation assumes there are no frictional effects
inside the regulator.
The opening forces consist of one mechanical and one
pneumatic load. The high-pressure inlet gas creates a
pneumatic force (Fi) pushing on the face of the valve
seat forcing open the valve. An adjustable spring force
(Fs) assists the high inlet pressure by pushing on the
sensing device (diaphragm), opening the valve to
maintain the set pressure. These forces can be calculated
as follows:

[ ][ ]

Fs = K x (Hooke’s Law)
Where:

K = Spring Constant (lb./in.)
x = Spring Compression (in.)

FIGURE 3. Typical Spring-Loaded Regulator Performance

The performance loss due to these effects is called
pressure droop. Droop, and outlet pressure loss below
set with increasing flow, is an ever-present problem in
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the performance of the regulator. To combat the effects
of droop, a method called “boost” is employed. A better
understanding of these principles will follow in the next
section.

Mechanical advantage can answer this dilemma. This
advantage, know as power ratio, directly relates to the
diaphragm size and linkage ratio or the amount of travel
of the diaphragm with respect to the valve seat. The larger
diaphragm gives more force at a given pressure and
combined with the lever ratio will equalize the outlet
pressure over a range of changing inlet pressures.
Figure 4 shows a typical example of the effects of
changing inlet pressure. Raising the inlet pressure from
set pressure (curve “set”) tends to increase the outlet
pressure (curve “↑”). A reduction in inlet is observed in
the bottom curve (“↓”).
SAFETY MECHANISMS

FIGURE 4. Inlet Pressure Effect on Performance

DROOP VS. BOOST
One contributor to droop is spring effect. Spring effect
is a result of the reduction in spring force when the
diaphragm and valve are in the wide-open position (fully
down). The reduction in the spring force requires a lower
outlet pressure to balance it. The second contributor to
droop is diaphragm effect. As with spring effect, the wide
open valve position (fully down) is again the problematic
diaphragm position. The effective diaphragm area
increases giving the outlet pressure more area to act
upon, which in turn means a lower outlet pressure is
needed to balance the “see-saw.”
Acting together, both spring and diaphragm effect can
cause a considerable mount of droop. To combat this
performance deficiency, raising the outlet pressure to
compensate is necessary. Boost is a method that uses
gas velocity at high flow to create a low pressure under
the diaphragm relative to the downstream pressure. This
lower “sensed” pressure aids in the lowering of the
diaphragm causing the valve to open and elevating the
outlet pressure. The boosting needed to overcome the
negative droop can be attained by various methods;
angled valve seats, pitot tubes, and loading rings to name
a few. Droop is not the only factor which effects the outlet
pressure adversely. Varying inlet pressure can be a
nuisance as well.

Under normal operation a regulator will deliver service
around the clock. But in the event of a regulator failure,
what type of safety features exist?
Even though a regulator is built to give a constant outlet
pressure, what happens if the valve fails to make the
pressure reduction? An internal relief valve is incorporated
into most self-operated regulators that have no other
means of pressure relief.
In the instance that a foreign object gets trapped between
the valve seat and the orifice preventing a positive shut
off, pressure can continually build exceeding the set
pressure.
If this pressure is allowed to increase, a dangerously
elevated pressure situation will occur. This is where an
internal relief valve steps in. The relief valve (Figure 5),
usually a spring-loaded device, will allow the outlet to
build to a small pre-determined amount over the set
pressure before it opens, relieving gas through the
diaphragm to the atmosphere. This relief pressure is
typically not adjustable. The “odorous” gas smell will alert
the customer and a service call will be made to repair
the malfunction.

CHANGING IN INLET PRESSURE VS. MECHANICAL
ADVANTAGE
As discussed earlier, one of the forces in the balancing
act is the inlet pressure acting on the valve seat through
the orifice opening. As the inlet pressure drops, the force
trying to push open the valve also declines. This in turn
allows the valve seat to reposition closer to the orifice
thus decreasing the flow rate and downstream pressure.
Again, the regulator needs to overcome this obstacle.
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FIGURE 5. Internal Relief

Another built-in safety feature is the restricting orifice.
As gas passes through the reduction in area there is a
natural pressure drop. This drop varies with the area of
the orifice opening. The smaller the opening, the larger
the pressure drop. This translates to a smaller pressure
buildup downstream in a failure situation. Safety is the
key when dealing with a device that regulates the delivery
of volatile gases to business and homes around the world.
PRINCIPLES OF PILOT REGULATORS
Why Use A Pilot Regulator?
Self-operated regulators may take a variety of forms.
They can be single ported, double ported, balanced or
unbalanced. All types have one common limitation which
is “spring effect,” resulting in some control inaccuracy.
Self-operated regulators are exceptional devices for their
simplicity, performance and cost. However, when more
accurate regulation is desired, spring effect along with
other mechanical factors will cause the self-operated
style to fall short of expectations and needs. These shortcomings can be solved, by replacing the spring with a
more constant diaphragm loading force. The result is a
significant accuracy increase throughout the entire range
of flow as shown in Figure 6.
CONSTANT-LOADED REGULATORS
A constant force from gas pressure can be used in place
of a simple loading spring to eliminate this “spring effect.”
Constant-loaded regulators were designed with “straight
line” regulation in mind (Figure 6).

FIGURE 7. Pilot Loaded Regulator

Constant-loaded regulators respond poorly to fast off or
“shock” loads. The nature of the design causes slow
response to sudden load decreases. When the regulator
is asked to shut off flow quickly, it takes time for this
pressure difference to be communicated to the pilot
through the bleed hole in the main diaphragm. The pilot
relies on its pressure sensing through a bleed hole in the
diaphragm and thus is not directly sensing and
responding to the downstream pressure.
Constant-loaded regulators also require higher lock-up
pressures under “no flow” conditions. The increased
lock-up is needed to fully close the main valve as well as
the pilot valve. This adds to the additional lock-up force
needed. In special applications these characteristics can
not be tolerated, therefore the need for a spring-loaded
design is required.
PILOT-OPERATED REGULATORS

FIGURE 6. Spring vs. Pilot Regulator

Constant-loaded regulators use the outlet pressure from
an additional pilot regulator as the constant loading force
needed (Figure 7). The pilot regulator can supply a
virtually constant pressure to the diaphragm throughout
its range of movement. This constant force adds to the
usable capacity range of a regulator by eliminating any
“droop” caused by the loading spring. Outlet pressure
will remain stable for essentially the full valve travel of
the main regulator, achieving accuracy of ±1% of the
absolute outlet pressure or better. Increased flow rates
are also expected results with the constant-loaded
regulators. The increased capacity does not occur
without some disadvantages, however.

To obtain the advantage of both the spring-loaded and
constant-loaded regulator performance, one must
explore the use of “pilot-operated regulators.” With the
use of a more complex pilot and pressure sensing lines,
the pilot-operated regulator can make rapid changes to
downstream demand since the pilot is continuously
sensing the downstream pressure. However, this design
is still slower than the spring-loaded design due to the
number of mechanical steps the regulator must undergo
in order to open or close. Due to the gain and accuracy
of the pilot, these regulators can control pressure with
flat line response without many of the shortcomings of
the constant-loaded style.
There are two basic types of pilot-operated regulators
that will be discussed in the following:
1. Dual-path control
2. Pressure Unloading system
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FIGURE 8. Dual-Path Regulator
FIGURE 9. Pressure Unloaded Regulator

DUAL-PATH CONTROL
The first style of pilot-operated is a dual-path control
system (Figure 8). The dual-path system incorporates a
fixed and a variable orifice within the control system.
The loading pressure that is generated between the fixed
and variable orifice gives the pilot its “gain” and ability
to quickly position the main valve with accuracy. With a
small downstream pressure change, a high gain pilot can
completely position the main operating valve from closed
to fully open. This quick re-positioning of the valve MUST
be controlled to insure stability.
As the load varies, the main valve will tend to respond
quickly to re-position its valve; however, it is uncontrolled
and can become unstable. The solution to this problem
is to combine a high gain pilot with a slightly dampened
main valve to give accurate and stable control. The
sensing of the downstream pressure coupled with the
loading pressure in the main case provide what might
be called a shock absorbing quality. However, at higher
inlet pressures some regulators of this design can still
become unstable due to the high gain of the regulator.
In these cases a pilot supply regulator must be employed
in order to reduce the inlet pressure supplied to the pilot
and, thus, desensitize the unit.

bleed orifice allowing the loading chamber pressure to
escape downstream. The bleed orifice now exhausts
loading pressure faster than it can be replenished due
to the fixed restriction. The bleed orifice is then controlled
by the pressure difference across the measuring element
between the loading chamber and the control chamber.
Finally, the reduced pressure behind the flexible element
causes the flow to increase around the main valve’s
annular seal restoring the set pressure.
Upon a no flow condition, outlet pressure rises forcing
the pilot seat to close the variable pilot orifice. The
pressure in the loading chamber equalizes with the inlet
pressure across the fix restriction. Finally, the resiliency
of the rubber forms a positive no flow condition in the
main valve.
The unloading pilot can supply exceptional accuracy only
when the system is properly tuned to its application.
Certain situations will cause stability problems that can
be addressed by a few methods. One method is to
provide an adjustable inlet restriction to control the speed
of pilot response. Another method regulates the speed
of response through an independent proportional band
chamber. Both methods use pilot control to eliminate
the source of instability.

PRESSURE UNLOADING SYSTEM
KEYS TO SELECTION
The unloading regulator system is used mainly in the
flexible element valves (Figure 9). The pilot functions to
control the differential pressure across the flexible
element causing it to open or close depending on the
demand. This system also employs a fixed restriction
and variable restriction. The fixed restriction is typically
“tuned” to achieve a particular rate of response.
Upon a downstream demand increase, the pressure drop
is sensed through the static line in the control chamber.
Next, the pilot adjustment spring pushes the seat off the
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Matching the regulator to the application is most
important. Accurate knowledge of the system in which
the regulator will be placed is very crucial. The following
are the variables that must be understood in order to
select an appropriate regulator:
•
•
•
•

Minimum and Maximum Inlet Pressure
Minimum and Maximum Capacity
Rate of Load change
Load Diversity

Values for the minimum and maximum inlet pressures,
as well as the maximum capacity for the regulator, need
to be clear and accurate. Other factors such as rate of
load change and load diversity must be take into
consideration. Rate of load change refers to the on/off
nature of the equipment downstream. For example, some
boilers are equipped with “snap-acting” burner valves
that open and close very quickly which then requires
that regulator be able to respond at the same rate.
Loaded Diversity refers to the probability that all
equipment downstream will be operating simultaneously.
If this probability is low, sizing the regulator for the “total
connected load” may cause over-sizing of the regulator
and ultimately instability at low flow rates.
The following “rules of thumb” should be applied when
sizing any regulator:
•
•
•
•

Use minimum inlet pressure expected and
maximum flow required when considering
capacity needs
Choose the smallest orifice available that can
meet capacity requirements
Use maximum inlet pressure expected when
considering “lock-up” and relief performance
Choose the lightest adjustment spring available
that can meet outlet pressure requirements (i.e.,
choose set point at upper end of spring range)

FA STEST

Spring

Pilot Operated (two-path)

Table 1 — Regulator Summary Comparison
Parameter
Typical
Application
Stability
Minimum
Differential
Required
Sensing Line
Required
Sensitive to
gas
contaminants
Variable Gain
Speed of
Response
Susceptible to
inlet pressure
swing
Product Cost

Spring
Loaded

Constant
Loaded

Pilot
Operated

Service
Regulator

Service
Regulator

Service
Regulator/
District

Good

Good

Can be
unstable

Pressure
Unloading
District/
Gate
Station
Regulator
Can be
unstable

No

Very little

Very little

Yes

No

No

Some

Yes

No

No

No

Yes

No

No
Relatively
Fast

Some
Relatively
Fast

Yes

Yes

Yes

Yes

Low Cost

Moderate

Expensive

Expensive

Fast

Yes
Slow

The selection procedure then dictates the smallest orifice
size to be implemented while allowing required flow
capacity at minimum inlet pressures. The smallest orifice
gives two benefits. First, it allows the smallest pressure
buildup downstream in the event of a failure when using
an internal relief type regulator. Secondly, it optimizes
mechanical advantage by allowing less fluctuation in
outlet pressure for a given inlet pressure change.
Another good practice is to use the lightest adjustment
spring that will give you the outlet will minimize spring
effect, which causes “droop.” In addition, the internal
relief valve has to work against the main adjustment
spring to open. The relief valve will open at a lower outlet
buildup given the lighter adjustment spring.
For spring-loaded regulator, the power ratio of a regulator
is another selection criterion. This ratio, as previously
discussed, is based upon diaphragm size and linkage
or lever ratio. It is a measure of how well the regulator
utilizes the downstream pressure to close against the
upstream pressure. The larger the ratio the lower the lockup pressure will be.
However, with increasing power ratios come cost
hindrances. A larger power ratio means a physically larger
regulator and a higher price.

Pilot (Constant) Loaded

When considering rate of loaded change, beware of the
order of rate of response of various regulator types as
shown in Figure 10.
CONCLUSIONS

SLOWEST

Flexible Element (boot)
FIGURE 10. Regulator Rates of Response

Every type of regulator represents a compromise
involving factors such as price, capacity, accuracy,
stability, simplicity, safety and speed of response. Table
1 below summarizes the advantages and disadvantages
of the various regulator designs available. It is important
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that manufacturers, utility engineers, and field service
personnel alike understand the workings of self-operated
and pilot regulators. A correct analysis of the application
will give the customer clean, safe, and accurately

controlled gas. Working closely with the manufacturer
and matching the right regulator to the right application
will also lead to a problem free life.

Kevin Shaw
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FUNDAMENTALS OF EGM — ELECTRICAL INSTALLATIONS
Michael D. Price
CenterPoint Energy Field Services
525 Milam Street, Shreveport, LA 71101

INTRODUCTION
The areas of gas measurement and communications
have seen substantial changes in the last few years as
the natural gas industry adapts to effects of the economy,
fluctuating gas prices, warm winters and government
deregulation. Every energy delivery company has
studied, debated, hired consultants, and finally
determined how gas flow data is to be measured and
collected. All gas companies have hundreds and even
thousands of points which must be accurately measured.
Data is retrieved from very remote and rugged locations.
Climate conditions can range from humid off-shore
platforms to desert conditions with both temperature
extremes included. No commercial power is available,
allowed or even desired at these locations making the
solar-powered electronic gas measurement equipment
the ideal method of gathering flow data.
Companies have standardized on one or more models
of EGM equipment that meets its particular requirements.
Its associated components usually include the computer,
differential pressure transmitter, pressure transmitter,
solar-panel, battery, and possibly a communications
system of some type. This could be a modem for a
telephone line, radio data system, or cellular data
collection unit.
The manufacturers of the solar-powered computers
provide recommended installation procedures based
upon agency approvals that they applied for. There are
many other techniques that can be utilized to insure that
optimum performance is realized from the EGM
equipment. Solar-powered EGM equipment must use a
low amount of power from the battery source in order to
keep the PV system small enough to remain cost
effective. Low power consumption makes the system a
high impedance device. Solar-powered EGM equipment
requires special attention to installation details for proper
operation under most conditions.
This paper will look at the installation of solar-powered
flow computers of the most common configurations
available. There are several recommendations presented
to improve upon the manufacturer's installation
procedure based upon isolation, insulation, and
grounding.
ENCLOSURE MOUNTING
All solar-powered EGM equipment is designed to be
mounted out in the open, exposed to the elements. It is

constantly exposed to the daily intense ultra-violet rays
and infrared heat from the sun. The best of painted
surfaces becomes faded and chalky after only a few
years of exposure. The temperature extremes that occur
within the enclosure literally “bakes” the semi-conductor
components and shortens the life-expectancy of all
electronic parts. Ideally, the EGM should be located in a
walk-in meter house or mounted in a small metal
enclosure mounted on the meter run, but realistically, it
will be mounted completely exposed. At minimum, an
effective sun-shield protecting the enclosure should be
utilized. This raises the cost of each installation but the
longer life expectancy of the equipment will offset the
investment.
Most enclosures have mounting hardware for attaching
the enclosure, to a vertical 2” diameter pipe usually
mounted over or to the side of the orifice fitting or the
positive displacement meter. This will insure that all
mechanical and electrical lines will be as short as
possible. The 2" diameter pipe is the first area of concern
because it will be a path between the EGM enclosure
and the pipeline for electrical surges that will surely occur.
Insulating the enclosure from the pipeline can be
accomplished several ways. The first method to consider
is to install an insulating union at the bottom of the 2”
pipe where it attaches to the leveling saddle. The cost of
the union is high and it's electrical integrity will eventually
degrade. Other installations use a 2”, schedule 80 CPVC
pipe to mount lighter weight devices, such as process
transmitters. It is not recommended for heavy enclosures
due to its weakness where the threads are made and
exposure to the elements will cause it to become brittle.
A third way is the 2” pipe can be covered with a strong
heat-shrink material used by the electrical industry to
insulate high voltage splices. It is RAYCHEM WCSM 68/
22 EU 3140, a black tubing that will slip over a 2” pipe
and then after being symmetrically heated by a rosebud torch, will make a very strong insulated pipe stand.
It must be acknowledged that if the manufacturer designs
the EGM to not use the case in the ground system
(floating ground), there is no need to insulate the
enclosure from the pipeline. It is still a good practice to
isolate an EGM as much as possible. This provides an
extra measure of protection above the manufacturer's
requirements.
If the EGM is to be mounted at a power generating plant
or near over-head, high-voltage power lines, even more
protection is needed. Ground currents around these
locations during an electrical storm are potentially
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harmful. In some instances, EGM with an enclosure made
of heavy steel works better in these locations because
of steel's ability to shield EMI (electromagnetic
Interference). Aluminum or a composite material may not
shield EMI even though it may work well against RFI
(radio frequency interference). Think of each wire entering
the enclosure as an antenna.
The maximum humidity rating for any EGM is 95%
condensing. The enclosure should have desiccant
material in the enclosure to absorb moisture. There is a
new product called “Humidisorb” that replaces the
common desiccant known as silica gel. It regenerates
itself and does not have to be “dried out” or replaced as
often as silica gel. If there is corrosion inside the
enclosure, an inhibitor package should be replaced every
2 years. Seal all openings and keep the enclosure door
secure.
Use a carpenter's level to mount the enclosure straight
and keep it at a good level to work with. The way an
installation looks is a reflection on the technician(s) that
installed it and will be a source of pride when it looks
professional. When an installation looks good it is usually
going to operate well.
PRESSURE TRANSMITTERS INSTALLATION
The installation of the differential pressure transmitter
and pressure transmitter requires special attention if they
are not an integral assembly inside the EGM enclosure.
Mount the transmitters on an insulated pipe stand to
insure that the transmitter mounting brackets are not a
path for electrical surges from the pipeline. The pressure
transmitter is normally connected to the down-stream
pressure of the orifice fitting or to the case of a pulse,
type meter. The pressure transmitter can also be mounted
just above the differential transmitter to minimize the
tubing connection length and reduce the number of
isolating valves required.
A direct connection type manifold has the ability to
connect the transmitters directly to the orifice fitting
without the use of tubing. It presents several advantages
despite it's higher cost over an installation using tubing,
fittings and valves. The direct connect manifold option
provides a mounting for the transmitter(s), isolation
valves, unrestricted bore from the taps of the orifice fitting
to the transmitters bellows, valving for testing, and
dielectric isolation parts.
TUBING AND FITTINGS
The differential transmitter and the pressure transmitter
will require block valves, tubing and a five-valve manifold
for testing and operation of the measurement equipment.
Just as the 2” pipe used for mounting the EGM enclosure
can be an electrical path to the pipe line, so can the
gauge lines from the transmitter to the orifice fitting. Even
if the meter run has flange insulating kits installed on
each end, they will deteriorate in time. To isolate the
gauge lines between the transmitters and the meter-run
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piping, di-electric fittings should be installed. For 3/8”
stainless steel gauge lines, a common one to use is the
CAJON SS-&DE-6, 3/8” tube to tube connector or the
Imperial Eastman P/N 962-DC-06xO6.
After installation of the transmitter, tubing, manifold and
dielectric fittings, measure with an ohm-meter across
the dielectric fitting to insure that isolation has been
achieved.
TEMPERATURE PROBE AND TRANSMITTER
The most popular method of temperature measurement
is to mount a 100-ohm or a 500-ohm temperature sensor
in a thermowell downstream of the primary device and
the EGM electronics will convert the resistance changes
for the, corresponding temperature value. A cost savings
is realized because there is no need for a process
transmitter to convert the probe's resistance value to a
standard voltage range that some EGM computers
require.
Temperature Probe
The 100-ohm temperature sensor means that the
resistance of the probe will measure 100.0 ohms when
it is exposed to 0 deg. C or 32 deg. F. The 500-ohm
temperature sensor will measure 500.0 ohms resistance
at 0 deg. C or 32 deg. F. They are not inter-changeable.
The temperature sensor is also known as a Resistance
Thermal Detector or just “RTD.”
The construction of temperature probes has the sensing
point located at the tip of the probe. It is isolated by a
potting material to keep it from contacting the protective
metal sheath. The actual spacing between the sensor
and the metal sheath is very small and could breakdown
if the voltage surge is high enough. This may be the
weakest point for isolation of the EGM from voltage
surges.
The probe is mounted in a thermowell and the tip of the
probe should touch the bottom of the thermowell. This
will insure good transfer of heat from the gas stream to
the probe tip. The interconnecting wiring from the probe
to the EGM is surrounded by a flexible armored
protection to prevent damage from normal use. When
the armored cable enters the EGM enclosure, it stops
inside an insulated compression connection. This is to
secure the cable and insulate the enclosure from the
pipeline via the metal armored cable. Surround the
armored cable with a piece of plastic tubing from the
enclosure to a point past any isolating devices to insure
the metal cable does not compromise the isolation from
the pipeline. Make a resistance measurement between
the armored cable and the case to insure that the
insulation integrity is maintained.
Temperature Transmitter
If the EGM does not have a direct resistance input but
requires a voltage signal that is designated as the

temperature value, a process transmitter will be required
to convert the resistance to a voltage range of 0.8 to 3.2
volts or 1.0 to 5.0 volts.
Some temperature transmitters are mounted directly onto
the temperature probe and thermowell. This puts the
transmitter case in direct contact with the pipeline and it
now becomes an area of concern when installing EGM
equipment. The connection size between the transmitter
is normally 1/2” NPT threads. CPVC plastic collars and
short nipples can be installed for insulating the transmitter
housing from the pipeline (See Figure 1). The plastic
CPVC parts are not as strong as steel and can break as
they age.

Solar Panels
The more sunshine the solar panel is exposed to, the
more power they will produce to charge the battery.
Locate the panel where there is nothing to shade it
especially during the peak sunlight hours of 9 a.m. to 4
p.m. Even the thin shadow of an electric wire can
significantly reduce the panel’s output.
In northern latitudes solar panels should face south and
in southern latitudes should face directly north. Don’t
guess at the direction to point the panel, use a compass
to correctly orient the panel. Tilt the panels for maximum
exposure. Mounting the panel at the best angle mean
that the panel will get maximum exposure to the sun.
The best possible tilt angle puts the flat surface at right
angles to the midday sun.
If the panel is remote from the EGM and is to be clamped
to a pipe that is connected to the pipeline, install a piece
of the heat shrink wrap around the pipe to insulate the
panel. Attach an insulated ground wire to the panel’s
metal frame and connect it to the grounding system. Do
not ‘daisy chain’ any ground system wiring.

FIGURE 1. Temperature Transmitter With CPVC Coupling

Batteries
As with the enclosure and the pressure transmitters, the
temperature transmitter can be mounted on an insulating
pipe stand and the wiring between the temperature probe
and the transmitter can be insulated by using all-plastic
flexible conduit or by rugged inter-connecting wire
accepted for mounting intrinsically safe devices in a
hazardous area.
SOLAR PANEL AND BATTERY
The power required to operate remote EGM equipment
can be obtained from different sources but the most
common is the PV (photo-voltaic) system consisting of
a solar-panel, deep-cycle battery and a charging system.
The size of the panel and battery is determined by several
factors:
• Geographical location
• Average current consumption
• Number of days autonomy required
• Voltage requirements
Many EGM manufacturers size their PV systems to
provide power to their equipment over an average
number of days without sunlight to recharge the battery.
The is referred to as ‘autonomy.’ This can be seven, ten
or even up to fifteen days. During January of 1992,
northwest Louisiana and east Texas went 22 days without
sunshine. PV systems failed and batteries were being
replaced, recharged, or supplemented to insure that the
EGM continued to operate. Size your systems with the
worst case conditions and the extra cost of a larger panel
and battery will be worth the investment.

The most common type of battery used in solar power
systems is the deep-cycle, lead-acid battery. They are
designed to be repeatedly cycled (charged and
discharged). An automobile starting battery is different.
It is designed to provide a powerful, short burst of current
to get an engine started. At that point, the alternator takes
over and recharges the battery. An automobile battery is
not designed for deep-cycle applications and will
prematurely fail.1
The battery of choice for EGM solar-power systems is
the “gel cell”. This is a lead-acid battery with additives
that turns the electrolyte into a non-spillable gel. These
batteries can be mounted sideways or even upside down
if needed because they are sealed and with gel
technology, they will not spill. They are more expensive
but the savings in maintenance can justify the additional
cost.
Temperature will have the strongest influence on battery
behavior and life. High temperatures will increase the
deterioration in a cell due to accelerated chemical
reactions. On the other extreme, freezing of the
electrolyte can cause damage to the internal plates. The
battery life is generally estimated to be between 3-5 years
under normal conditions.
Charging Systems
The charging system will prevent the over-charging of
the battery during the intense summer sunshine and also
disconnect the load when the battery approaches it’s
minimum state of charge. When the battery is below 20%
of it’s state of charge for a long period of time, the battery
will not recover to it’s previous capacity or it may fail.
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Preventive Maintenance
Here is a check list of suggested preventive maintenance
items to keep solar power systems in good condition:
1. Keep a record of the date of installation of the PV
system and measure the voltage after five days of
operation.
2. Summer time will cover up the performance of weak
batteries because of the intense sunshine and fewer
cloudy days. In the fall, begin to record the battery
voltages just before sunrise. This will give you your
first clue to which batteries have low capacities.
3. Start a battery refurbishment program that will
replace batteries at a maximum of five years
installation life.
4. Have an appropriate amount of spare battery
assemblies that are fully charged and ready for use.
5. Check all battery and solar panel connections for
corrosion. Repair and water-proof.
6. Keep the solar panel clean.
GROUNDING SYSTEMS
A good grounding system is vital to any EGM installation.
All equipment must be connected to a low impedance
ground system to provide transient dissipation. Earth/
ground resistance testers are used to determine the
resistance of earth surrounding a ground rod. It should
be less than 25 ohms. Some of the devices used to test
the ground resistance are:
1.
2.
3.
4.

“Biddle-250260”; James G. Biddle Co.
“Vibrogound”; Associated Research, Inc.
“Groundmeter”; Industrial Instruments, Inc.
“Ground-ohmmeter”; Herman H. Sticht Co., Inc.

Resistance from all pieces of equipment to the earth
ground connection should be less than 1 ohm as
measured with a quality DVM (digital volt meter).
The actual ground system may consist of a single ground
rod, multiple ground rods, or an elaborate, grounding
grid system.
Ground Conductors
Every conductor has measurable inductance (resistance
to the flow of AC current not DC current). Solid
conductors exhibit more inductance than stranded wire
conductors but the most effective conductor is a copper
strap.4 The best practical compromise is to use #10 AWG
copper stranded wire with a green colored insulation for
proper identity. If you use a bare copper wire, it may
contact piping and bypass all of your isolation efforts.
Soil Doping
The earth is a conductor due to the large amount of ionic
salts that exist in soil. Conductivity can be increased by
adding more ions to the soil especially if the soil is rocky.
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Augmentation back-fill material that is used by cathodic
protection systems is one method of increasing the
conductivity but a simpler way is to add Epsom salt to
the soil around the ground radial.1 Depending upon how
wet the soil is due to rainfall and water drainage, doping
the soil with about 4 pounds of Epsom salt around the
ground rod should last about two years.
Ground Radials
Large gauge copper wire and copper-clad steel rods
makes copper the most commonly used grounding
material. Joints between copper wire and the ground
rods should be made by exothermic welds or by using
an anti-oxidant, joint compound such as the Ideal
“Noalox,” in high-compression clamps. After the
connection is made, it should be wrapped and made
water tight with 3-M Mastic tape to prevent corrosion.
INTER-CONNECTING WIRING
Most EGM enclosures that are solar powered are located
near the primary measurement device and the wiring
length required for transmitter connections are minimal.
Wiring requirements will also be minimal if the pressure
and differential pressure transmitter electronics are
internally mounted in the enclosure. The temperature
probe/cable assembly is with a fixed length and no
special connections are required.
If an extra process signal is to be included in the
installation, a good quality wire with the appropriate
amount of conductors, surrounded with a strong shield
should be used. The wire size should be #16 AWG
stranded and the shield should have a stranded “drain”
wire for connection. If it is to be exposed to the elements
the outer covering should be ultraviolet (sun light)
resistant and have a direct burial rating. When terminating
this type of wire under compression connectors, the wire
will eventually conform to the area of the connector and
become loose due to temperature cycling. It is a good
practice to moderately re-tighten all connections every
six months. Terminate the shield's drain wire in the
enclosure at the recommended termination point and
do not connect it in the transmitter. This will prevent
ground loop currents from occurring during a transient
surge. Wrap a piece of electrical tape around the cable
at the cut-off drain wire. Remember to leave some extra
wire neatly routed in the enclosure before it is terminated.
You will need that extra length of wire in the future. If the
transmitter is fully isolated from the pipeline connect a
#10 AWG ground wire from the transmitter case to the
ground radial. Do not “daisy chain” any ground system
and keep the resistance below 1 ohm from the case to
the ground system.
Solar panel wiring should be as large as possible to
prevent any voltage drops from occurring. If the panel
has to be located away from the battery or EGM
enclosure, make sure the wire splices are solid to prevent
corrosion from occurring. Connectors between the solar

panel and the battery have been known to have problems
and should be avoided. Soldering the connections is the
best method but a good quality butt-splice, crimping tool
and the use of 3-M Mastic Tape will make the connection
water-tight. The wire should be sun-light resistant and
the shield should be connected to ground in the
enclosure only. As with the transmitter cases, if the solar
panel is isolated from the pipeline connect a #10 AWG
ground wire, from the metal frame to the ground radial.
Keep the resistance below 1 ohm from frame to the
ground system.
Put a “drip loop” curl in any wire or cable before entering
an enclosure to prevent rain water from running along
the wire. Protect the wire from any sharp edges that will
eventually cut it's way through the protective insulation.
CONDUIT
Your company may require that conduit be used to
protect all inter-connect wiring. Special precautions
should be utilized to maintain the integrity of the isolation
between the pipeline and the grounding system. CPVC
couplings and fittings are available to isolate metal and
flexible conduit runs. Chemical resistant flexible conduit
is a viable alternative.
If seals are required, follow your company's installation
guidelines to properly install the fittings. A standard,
multi-conductor cable that passes through a seal must
be separated and the sealing compound poured around
it.2 The multi-conductor “gel-filled” cable will not let a
vapor pass through its wrap. if the enclosure is in a
hazardous area and a conduit will be run to a safe area
for connections to other equipment, a seal must be
installed as it leaves the hazardous area. Each company
follows certain standards concerning the classification
of the operating areas and have specific requirements
for hazardous area installations.
Long conduit runs that are buried at a new installation
will eventually move due to settling of the soil. It will put
a strain on equipment and CPVC couplings if they are
utilized. Reinforce the conduit as it comes above ground
level by using stable supports such as Uni-strut bracing
anchored separately from the piping. Before installation,
check inside of each joint of rigid galvanized conduit to
look for any galvanizing residue left over from processing.
This could cut into wiring as it is being pulled through it.
Do not use pipe-dope or thread tape to water proof
underground connections of conduit.
TRANSIENT PROTECTION
Each transmitter should have some type of transient
protection at each transmitter. Transient protection will
also be built into the EGM's point of termination for all
outside connections. These items usually consist of
devices such as MOVs (metaloxide varistors), transorbs,
resistors, zener diodes, fuses or a combination of these.
Install transient protection at each external device. The

temperature probe cable that terminates directly in the
EGM's enclosure has transient protection only at the
point of termination.
Some of the transient protection devices are sacrificial
and have to be replaced after they perform their designed
task. The MOV (Metal Oxide Varistor) can deteriorate and
become less effective after each surge. MOVs will
partially fail and begin to interfere with transmitter signals
causing incorrect values to be measured. The best
protection is a non-sacrificial protector that win continue
to operate correctly after repeated suppressions of
surges.
LIGHTNING PROTECTION
There are two areas of thought on just how to provide
the best lightning protection system for different
installations. One area of engineering thought is to
dissipate the static charge build-up into the earth before
a strike occurs and the other is to control the strike
current by spreading the strike's charge in the earth at
survivable levels.5 By taking the best practices from each,
an effective lightning protection system can be installed
on the EGM equipment. Installation of EGM for lightning
protection should be based on isolation, prevention or
dissipation, and control.
According to Underwriters Laboratories, Inc., central
Florida has the most annual days per year of electrical
storms in the United States of approximately 1006. The
utility companies in Florida are experienced in lightning
protection for its EGM equipment and have utilized
several techniques to prevent lightning surge damage.
Consider some of these when installing any type of
equipment in the field:
1. Ground all fences at each comer or angle change
with a deep ground rod.
2. Ground any metal buildings.
3. Provide surge protection on the cathodic rectifier
equipment and its power source.
4. Install surge protection on the pipeline insulator
connections to prevent arc over.
5. Have a good grounding system.
6. Install transient protection devices on data
circuits, telephone lines and field devices.
CONCLUSION
Electronic gas measurement equipment is rapidly
replacing the mechanical chart recorders to respond to
the changes that are occurring in the way that natural
gas companies are doing business. Careful installation
of the computers and attention to details will result in a
dependable and accurate measurement of gas flow over
a long period of time.
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INTRODUCTION
The V-Cone meter is a differential pressure (DP) type
meter patented by McCrometer Inc. a subsidiary of
Danaher Corporation. The V-Cone meter is in many
respects a classical DP meter using the physical laws of
the conservation of mass and energy as its principle of
operation. However, there are important differences
between the V-Cone meter design and other DP meter
types. These differences give the V-Cone meter important
performance advantages. These advantages nclude the
ability of the V-Cone meter to operate with very short
upstream and downstream straight pipe lengths, to
create a low total pressure (or “head loss”), to create a
very stable DP, to give a large turn down, to create
relatively low signal noise and to cope well with liquid
and particulates in the gas stream. The aim of this paper
is to discuss the design of the V-Cone meter and explain
why this design gives these advantages over traditional
DP meters.

FIGURE 1. Traditional DP meters.

section (or “nozzle”), a length of straight pipe of reduced
area comparative to the upstream pipe (or “throat”) and
a diverging section (or “diffuser”) to allow a controlled
discharge. Clearly these meters all accelerate the flow
towards the center line of the pipe. The V-Cone meter
does the opposite. It accelerates the flow to the outside
of the pipe by having a cone positioned pointing up the
center line of the on coming flow. Figure 2 shows the
geometry of the V-Cone.

1. The V-Cone Meter is a DP Meter
The V-Cone meter like several other popular meters is a
differential pressure (or “DP”) meter. These meters all
work according to the same principle. That is an
obstruction in the pipe (i.e., a reduction in the cross
sectional area available to the flow) causes an increase
in flow velocity and a corresponding reduction in
pressure. Hence be measuring the upstream pressure,
the temperature and the difference in the static pressure
between the upstream and the minimum cross sectional
areas the flowrate can be determined as long as the fluid
properties are known. The flow rate determination is done
by applying the laws of conservation of mass and energy.
The difference in the DP meter designs is the particular
geometry of the primary element (in particular the
obstruction in the pipe creating the pressure and velocity
change). With the traditional DP meters the obstruction
has consisted of blocking the outside of the flow area in
various ways thus forcing the fluid to accelerate through
a reduced opening in the centre of the pipe line. Examples
of this are the Orifice Plate, Venturi and Nozzle meters
as shown in Figure 1.
The Orifice Plate is a plate with a hole in the center
inserted between two pipe flanges. The Nozzle is a
contoured converging section (or “nozzle’) discharging
uncontrolled into the full pipe area and the Venturi
(sometimes called “Venturi Tube”) has a converging

FIGURE 2. V-Cone meter sketches.

From Figure 2 it can be seen that the V-Cone meter
upstream tapping (denoted “H” to in indicate the high
pressure port) is on the wall of the pipe but the
downstream tapping (denoted “L” to in indicate the low
pressure port) is not on the wall of the pipe but on the
back face of the cone on the pipe center line. This is a
radical departure from the traditional DP meter designs
and this design gives some significant performance
improvements which will be discussed in chapter two.
The different geometry can cause some engineers to
wonder if the V-Cone meter operates according to a
different principle than the traditional DP meters but this
is not so. The governing flow equation for the V-Cone is
identical to that of all other DP meters. From the users
point of view all secondary equipment used is exactly
the same as would be chosen for any DP meter. That is
the same manifolds, DP transmitters and Flow
Computers are used as are used with other DP meters
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(with the flow computer requiring the V-Cone equation
just as it requires the unique equation for any DP meter).
Therefore use of a V-Cone meter requires no further
understanding than that knowledge required to use any
other DP meter. Figure 3 illustrates the typical set up of
any DP meter.

√

βTraditional =

A
d
βTraditional =Ad d= = d
DD
A A

βV-Cone =

√ √

βV − Cone

dc √ 
A
d
= =d = 1-1 −  c 
A A
D ↵D 
2

Ad

(2)

2

(3)

where A is the upstream pipe cross sectional area, d id
the traditional throat diameter, D is the upstream pipe
diameter and dc is the cone diameter. Figure 4 illustrates
the origins of these equations.

Orifice Plate

V-Cone

FIGURE 3. A typical DP meter set up.

Now that it is known that the V-Cone meter is similar in
set up and use to all other DP meters the differences
caused by having a cone in the primary element can be
discussed.
2. The Differences (and Advantages) Between V-Cone
Meters and Traditional DP Meters
2.1) The Flow Equation
All DP meters work according to the principles of the
conservation of mass and energy. This results in equation
1.
m = EYCdAd √2ρ∆P

(1)

where m
E
Y
Cd

is the mass flowrate
___
is the “Velocity of Approach Factor” √
is the expansibility factor.
is the discharge coefficient (i.e. the ratio of
the actual to theoretically predicted flowrates).
Ad is the minimum cross sectional area through
the meter.
ρ is the fluid density.
∆P is the measured differential pressure.
β is the square root of the ratio of the minimum
flow cross sectional area through the meter
to the inlet cross sectional area.

FIGURE 4. The Difference in beta calculations between
the V-Cone and traditonal DP meters.

b) Clearly the calculation of the minimum cross sectional
area for the V-Cone meter will be different to the
traditional DP meters. The comparisons are shown in
equations 4 & 5.
AdTraditional =

AdV-Cone =

π

d2

(4)

(D2 - d2c)

(5)

4

π
4

c) The Expansibility (Y) Equation
Depending on specific DP meter geometries some of
the above parameters are calculated in different ways.
For the V-Cone the following should be noted.
a) Due to the different geometry the V-Cone meter beta
ratio is not calculated by the standard equation 2 but by
equation 3.
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For all DP meters including the V-Cone meter if the fluid
flowing is liquid the expansibility factor is effectively unity
as the expansion factor corrects for changes in density
through the DP meter and liquids are effectively
incompressible. If the fluid is a gas however the flow is
compressible and the correction factor is required. The

Orifice Plate meter has an experimental expansibility
equation as shown in equation 6. The V-Cone meter has
had its expansibility equation found by experiments at
NEL in the UK [1]. The V-Cone meter expansibility
equation is shown in equation 7.

Orifice Plate Meter:

V-Cone Meter:

Y = 1 - (0.41+0.35β4)

Y = 1 - (0.649+0.696β4)

∆P
κP1

∆P
κP1

(6)

(7)
FIGURE 5. A typical calibration graph for a V-Cone meter.

κ is the isentropic exponent and P1 is the upstream
pressure. Again it is clear that the V-Cone meter behaves
similarly to other DP meter devices.
d) The Discharge Coefficient, C d and Meter
Calibration
For all DP meters the discharge coefficient is defined as
shown in equation 8.
mactual
Cd =

mtheoretical

mactual
_____
= EYAd √ 2ρ∆P

(8)

Where mactual is the actual flowrate and is the theoretical
flowrate calculated by consideration of the mass
continuity equation and Bernoulli (energy) equation.
V-Cone meters need to be “calibrated” to find the value
of the discharge coefficient. Calibration for all DP meters
consists of using a reference meter of extremely low
uncertainty (which gives a flowrate value as close to the
actual flowrate as can practically be managed) upstream
of the DP meter in question and fitting the results to
equation 8. Over a large turn down (a wide range of
flowrates) V-Cone meters are found to have a discharge
coefficient which is a function of the upstream pipe flow
Reynolds number. For small turndowns an averaged
discharge coefficient is often sufficiently accurate for
many applications. Figure 5 shows a typical V-Cone
meter calibration.
Note that in Figure 5 the discharge coefficient line fit is
quoted to have an uncertainty of 0.5%. This is the quoted
uncertainty for all V-Cone meters. To achieve this
McCrometer calibrates all meters over the operational
range of the flow.
The latest version of ISO 5167 [2] recommends that
Venturi meters should be calibrated for flows where the
Reynolds number is greater than one million. Thus, the
Venturi and V-Cone meters have similar calibration

requirements. Orifice Plate meters (and Venturi meters
at Reynolds numbers lower than one million) do not need
to be calibrated as long as the upstream and downstream
flow conditions are met as then the discharge coefficient
can be read off a table [2]. However, these upstream
and downstream straight lengths are considerable and
as the V-Cone meter does not need these extra pipe
lengths (see section 2.2) the weight and space saved by
a V-Cone meter can match the extra cost of the pipe
work or flow conditioner required making the V-Cone
meter extremely competitive.
For any given V-Cone meter (or any other DP meter) if a
constant discharge coefficient is used then with a read
upstream pressure and differential pressure and with the
fluid properties known equation 1 can be directly applied.
If any given V-Cone meter (or any other DP meter) has a
line fit describing the discharge coefficient to the
Reynolds number relationship found by calibration then
an iterative solution is required. The Reynolds number is
calculated by equation 9. The iteration for a V-Cone meter
(or any other DP meter) is given by equation 10. A starting
flowrate for the iteration is recommended to be that found
by initially considering the discharge coefficient to be
unity. This ensures a quick convergence of the iteration.
Re =
where Re
m
D
µ

4m
πµD

(9)

is the flows upstream Reynolds number
is the mass flowrate
is the upstream pipe diameter
is the fluid viscosity

.



 ___
4m
m
4
√ = 0 
√
m - EYAdm
f −  EYA f  √2π∆P

√ 2 ρ∆P = 0
πµD
d √
√ πµD  √


↵
↵


.

2003 PROCEEDINGS

(10)

PAGE 41

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

( )=

where CC
= f(Re) = f
d d = f Re



.



4m4 √m
 √√ 
fπµD
 πµ↵D 





2.2) Flow Conditioning
An advantage the V-Cone meter has over other meters
is that it is a flow conditioner as well as a flow meter.
This results in the meter having the ability to operate in
installations where other meters in the market (DP and
non-DP meters) can not. With space and weight in many
industrial applications being important the savings in
space, weight and cost of avoiding the requirement for
large straight lengths of pipe upstream and downstream
of the metering station by using a V-cone meter can be
considerable.
The V-Cone meter will continue to operate as the
upstream length is reduced to less than the minimum
allowed by other meter designs. In fact V-Cone meters
have been installed successfully directly onto the
downstream flange of various pipe disturbances (e.g. 900
bends, out of plane double bends, valves etc) and
continued to give reliable readings. Figures 6 and 7 show
the difference in using an Orifice Plate meter and a VCone meter in a confined space. The test graphs are
courteously of NIST.

FIGURE 7. An V-Cone meters performance at various
distances downstream of a double out of plane bend.

accuracy of V-Cone meters are not significantly affected
by swirl flow, they are better suited for applications in
cramped quarters than Orifice Plate meters.”
2.3 A Stable Differential Pressure
With the V-Cone meters unique positioning of the
downstream pressure port on the back face of the cone
the differential pressure is very stabile. In fact, with the
downstream port not in direct contact with the flow past
the minimum cross sectional area, what is in reality being
read is the pressure created by the vortices generated
behind the cone. The strength of these vortices (and
hence the magnitude of the DP read) is dictated by the
shear force of the jet coming off the end of the cone.
Hence, the vortices strength is a direct indication of the
flowrate.
Figure 8 shows a sample result of experiments
conducted to show the relative fluctuation in the DP
readings of a 1/2” Orifice meter and a 1/2” V-Cone meter.
The paramerer δ is the standard deviation of the DP
around its mean.
Clearly the V-Cone has less pressure fluctuations than
the Orifice Plate meter. Figure 8 is from an internal
McCrometer report [5].

FIGURE 6. An Orifice Plate meters performance at
various distances downstream of a double out of plane
bend.

Figures 6 and 7 where published in the ASME Fluids
Engineering Conference 1993 [3]. Further independent
verification of the V-Cone meters ability to continue to
operate in poor installations that have a-symmetrical
velocity profiles and heavy swirl is given by Chevron and
Statoil who presented results of swirl tests on the V-Cone
meter at the North Sea Flow Measurement Workshop in
1995 [4]. Chevron and Statoil concluded “Since the

PAGE 42

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

2.4) The V-Cone Meter Turn Down
The V-Cone meters turndown (i.e., the ratio of highest to
lowest readable flow with in the quoted 0.5% uncertainty)
is 10:1 for a single DP transmitter. This is considerably
higher than other DP meters (e.g., an Orifice Plate
turndown for a single DP transmitter is typically 3:1). This
performance is due to the positioning of the downstream
pressure port on the back end of the cone and the
stability of the DP signal produced.

FIGURE 8. A comparison of the DP signal fluctuations of
Orifice Plate and V-Cone meters.

FIGURE 10a. The Orifice Plate meter pressure port
position relative to the vortices.

Figure 9 is shows a recently calibrated V-Cone meter
holding an uncertainty of 0.54% across a turndown of
18:1 for a single DP transmitter.

FIGURE 9. A calibrated V-Cone meter showing high
turndown.

FIGURE 10b. The V-Cone meter pressure port position
relative to the vortices.

2.5) The Total Pressure (or “Head”) Loss
The total head loss of the V-Cone meter is relatively low
compared to other DP meters and many other type of flow
meters. In fact the V-Cone meter head loss is comparable
to the Venturi meter (i.e., the DP meter traditionally
designed to be low head loss meter). Note that both the
V-Cone meter and the Orifice Plate meter do not measure
the pressure at a point in contact with the streamlines of
the main flow but rather at a point in contact with the
vortices. (see Figure 10a and Figure10b).
If it is also noted that the typical discharge coefficient of
the Orifice Plate meter is 0.6 [2] and the typical discharge
coefficient of the V-Cone meter is 0.8 then for a given
flow rate and equivalent meter geometries Equation 1
shows that the differential pressure of the V-Cone meter
is less than for the Orifice meter. As the upstream
pressure is the pipe pressure before it is influenced by
the meter in question then the higher differential pressure

produced by the Orifice Plate indicates a lower
downstream pressure which indicates stronger vortices.
This therefore is the reason why the V-Cone meter has a
lower total head loss than the Orifice Plate meter as
stronger vortices means greater energy losses.
Miller [6] gives the head loss calculations for different
meters. Figure 11 shows a comparison of many meters
that have had their total head loss predicted according to
the equations given by Miller. Water in a 3” pipe line was
used with a flow rate of 1145 liters per minute flow rate.
Clearly the V-Cone meter is similar to the Venturi meters
and better than the other meters in this comparison.
2.6 Contaminated Flows
The V-Cone meter is sturdy and copes with particulates
in the flowing fluid well. The cone is protected by the
boundary layer that exists around it so most small solid
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Thus in Figure 11 with a constant pressure of 60 Bar
(i.e., set fluid densities) the parameter X is indicating the
ratio of liquid to gas mass flowrates in the wet gas. The
V-Cone meter has a slightly smaller liquid induced error
than the Venturi meter. The spread visible for both meter
types at the higher relative liquid to gas ratios is partially
due to a relationship between over-reading and pressure
among other effects but this is beyond the scope of this
paper. What is clear however, is that the V-Cone meter
continues to operate when liquid is present in the gas
flows and for a given liquid to gas ratio it reads with a
repeatable and therefore predictable error.

FIGURE 11. A plot of Millers total head loss calculations
[6] for 3” meters with 1145 liters per minute flow rate.

particles tend not to strike the cones edge and therefore
the cone survives in abrasive flows longer than many
other meters. It does not wear quickly unlike an Orifice
Plates sharp edge. When damage does occur tests have
shown that even moderate damage to the cones edge
around the minimum cross sectional flow area has had
only a small effect on the meters performance. Due to
the geometry of the V-Cone meter there is no place for
contaminates to collect and therefore the meter tends
to be self cleaning.
2.7 Wet Gas Flow Metering
Wet gas metering is becoming increasingly essential in
many different industries. DP meters are considered to
be one of the better single phase meters for use in wet
gas flows (i.e., gas flows with a relatively small quantity
of liquid present). All DP meters tend to give a positive
error (called an “over-reading”) when liquid is present in
a gas flow. The V-Cone meter allows most of the liquid
phase in a wet gas to pass by undisturbed along the
pipe wall meaning it tends to have a relatively small
positive error compared to other DP meters.
Figure 12 shows a comparative plot of the effect of liquid
in a gas flow on a geometrically equivalent (0.55 beta
ratio) V-Cone meter and Venturi meter. The quantity of
liquid is shown in terms of a parameter called the
Lockhart-Martinelli parameter denoted by “X.” Equation
11 defines X.
.

X=

X =

m
ml

ρg

.
m

ρl

1

g

mg

ρg
ρ1

(11)

where mg and m1 are the gas and liquid mass flowrates
respectively.
ρ g and ρ 1 are the gas and liquid densities
respectively.
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FIGURE 12. A plot showing the comparative
performance of a V-Cone meter and a
Venturi meter used with wet gas flow.

STANDARDS
The V-Cone meter is covered by the API 5.7 document
for differential pressure meters [7]. It also has custody
transfer approval in Canada.
CONCLUSIONS
The V-Cone meter is a relatively new meter on the market
that operates according to the same principles as other
traditional DP meters but with significant advantages.
These are the elimination of large pipe runs, a stable
differential pressure is produced, a high turndown is
obtained using a single DP transmitter, a low head loss
is produced, the meter is more resistant to wear than
many other designs and handles wet gas flows better
than any other DP meter. These advantages are slowly
becoming known through out the many industries and
the V-Cone meters market share is continuing to increase
through out the world.
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BASIC ELECTRONICS FOR FIELD MEASUREMENT
Rick Heuer
Emerson Process Management
Houston, Texas

INTRODUCTION

POWER

Try this at home. We are professionals. If you are able to
install your own TV dish satellite system and a wireless
home network for PCs, you have a head start on installing
and maintaining electronic field measurement equipment.

Current flows from one terminal to another only when
there is a completed circuit. The device being powered
must have enough current and voltage to insure proper
operation. Most Field electronics operate off of 6, 12 or
24 volts DC.
Resistor/Load

Today’s Measurement Technicians and Engineers are
required to operate and maintain a variety of Hi-Tech
field measurement equipment. Most of the field
instrumentation is tightly integrated in a complete system
functional environment. The larger the metering station,
the more complex the system.

DC Supply
Current

Antenna

Switch

Solar
Panel

FIGURE 2

ELECTRONICS FORMULAS
Batteries
& Radio
Process
Sensor
Flow Computer

V=I*R
I=V/R
R=V/I
Where V is Voltage (Volts), I is current (Amps), R is
Resistance (Ohms Ω)
P = Power (Watts) where as:
P = I2 * R
P= E * I

FIGURE 1

V
The goal of this paper is to provide an introductory to
electronics based on current field measurement
technology.

I
V=I•R

I=V
R

P=I•V

P = I2 • R

Basic field duties would include:
calibration, data collection, configuration, orifice plate
changes, communication checks and maintenance.
Some of the basic types of wire connections include
power, analog signals and digital signals. Each of these
play unique circuitry roles and require different knowledge
of their intended operation.
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R
R=V
I

I = Current (A)
P = Power (W)
R = Resistance (Ω)
V = Voltage (V)

FIGURE 3

P=V
R

2

The 4 – 20mA example shows how a single transmitter
signal can go to two RTUs (Remote Terminal Unit)

ANALOG SIGNALS
Some of the more common things encountered is
calculating 4 to 20 mA instrument loops. Loop loading
can be seen on the Input Burden Chart below. This chart
shows the maximum number of 250Ω loads a device
can power, based on loop voltage levels. This applies to
both analog inputs and analog outputs.

FREQUENCY/PULSE
Turbine meters and gas ultrasonic meters have pulse or
frequency type outputs. They are best measured by using
an oscilloscope. This allows you to view the amplitude and
frequency of the signal. Un-amplified signals are usually
small amplitude sine waves. Amplified device outputs are
more than likely a square wave. The chart below gives an
example of the millivolt input to frequency ratio on the input
of a preamp. This shows that a high frequency (Noise) small
amplitude signal would be filtered out.

FIGURE 4

CURRENT TO VOLTAGE BASICS
Most RTUs, PLCs and flow computers convert current
style transmitters into voltage for use in the analog to
digital process. Current output devices are still common
due to only two or three connection wires and their ability
to locate thousands of feet between devices.

FIGURE 5

TYPICAL RESISTOR

FIGURE 7
Preamp Frequency Input Graph

RELAYS
Relay type circuits are magnetically operated switches.
A wetting voltage usually DC is applied to the coil
windings which produce a magnetic field used to open
or close the relay switch. Relay terminals are referred to
as “Normally Open,” or “Normally Closed.” Relays can
be used to turn on or off different actuations such as:
Solenoid valves, gas samplers, and radios.

4mA x 250Ω = 1 V
20mA x 250Ω = 5 V
Temperature
Transmitter
24 VDC
Power

4–20 mA Example

250 + 250 = 500 ohm

250 ohm

250 ohm

RTU 1

RTU 2

Last in the loop
FIGURE 6

FIGURE 8
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OPEN COLLECTOR
Some signal inputs and outputs may require a “pull-up”
resistor to source the voltage. These are mostly referred
to as “Open Collector”. Check the specifications to insure
proper resistor sizing. The resistor has to be sized to
allow only enough current to flow through it. The drawing
below shows a turbine meter preamp using a “OC”,
termination.
DIGITAL SIGNALS
Digital signals are normally low level, low voltage input
types. They are typically looking for a voltage transition
between 0 and 5 volts DC. Some digital signal types are
as follows:
•

Digital Inputs are normally used as status type
inputs that sense a voltage level transition. This
could be from a valve limit switch. The signal is
a low to high voltage level transition. Sometimes
they can be “OC” type for use with long distance
connections.

•

Digital Outputs are normally used to trigger an
event like a smart gas sampler. This output could
also be “OC” type. The signal is a low to high
voltage level transition.

•

Communications are digital in nature because
they carry the binary (Computer Talk) information

needed for data transfer. While there are many
different hardware formats for carrying data,
RS232 is still the most common device interface
today. The table shows the connector pin out
for two types of common cables.
ETHERNET
Ethernet connectivity is being used for most plant type
operations involving line power flow computers. This is
a very common network medium that is spreading to
more complex field measurement scenarios. Most RTUs,
Gas Chromatographs and Gas Ultrasonic meters have
Ethernet ports. Simply follow the instructions needed for
setting up your laptop’s Ethernet port.
FIELDBUS
Connecting a set of measurement transducers to a flow
computer has been traditionally an analog world. There
is the low power 1 to 5vdc method and the 4 to 20 mA
method for line powered applications. Fieldbus changes
this in two ways. A standard set of wires and connectors
are used between devices and a common
communication protocol is used. Less field wiring is
needed and device interchangeability is added. Device
interrogation is done digitally now instead of analog.
Process variables along with performance diagnostics
are now available at the device level.

RS-232
DTE

DB9

(Computer)

Pin# DB9 RS-232 Signal Names
#1 Carrier Detector (DCE)
#2 Receive Data (Rx)
#3 Transmit Data (Tx)
#4 DTE Ready/Data Terminal Ready (DTR)
#5 Signal Ground/Common (SG)
#6 DCE Ready/Data Set Ready (DSR)
#7 Request to Send (RTS)
#8 Clear to Send (CTS)
#9 Ring Indicator (RI)
DTE

DB25

(Computer)

Pin# DB25 RS-232 Signal Names
#1 Shield to Frame Ground
#2 Transmit Data (Tx)
#3 Receive Data (Rx)
#4 Request to Send (RTS)
#5 Clear to Send (CTS)
#6 DCE Ready/Data Set Ready (DSR)
#7 Signal Ground/Common (SG)
#8 Carrier Detector (DCE)
#20 DTE Ready/Data Terminal Ready (DTR)
#22 Ring Indicator (RI)

FIGURE 9
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FIGURE 10
Smart Multivariable Process
Transmitter

PROTOCOLS
The de facto standard for flow computer protocol is EFM
(Daniel/ENRON) Modbus ASCII or RTU. All major vendors
offer some variation of this. This was the first step toward
vendor interchangeability. The next step is the use of
higher level protocols based from the internet standards.

TROUBLESHOOTING & CHECKUPS
In a perfect world there would be: As-built drawings,
Make & Model of equipment lists and of course, the
manuals. For each measurement station!
Most manuals can be found on the vendors website.
Other useful information as to support contacts, software
upgrades/patches and FAQs (Frequently Asked
Questions) is also online.
FIELD CHECKS
1.
2.
3.
4.

Are there Lights, LCD, or other health indications?
How’s the Power?
Check the Fuses.
How’s the system grounding? (Another lengthy
discussion)

The best way to verify correct operation is to interrogate
the device by using it’s diagnostic modes. A laptop PC
or PDA is needed. Some new technology even has
predictive diagnostics, integrated documentation,
calibration management and device configuration.

FIGURE 11
Digital Valve Controller

SOME FIELD TECHNICIAN TOOLS
•
•
•
•

Portable Laptop Computer with device software
Cables
Digital Voltmeter
Transducer Calibration Test equipment

FIELD ELECTRONIC EXAMPLES
Smart Transducers, Digital Valve Controllers, Ultrasonic
meters, Turbine meters, radios, gas chromatographs,
odorizers, sample systems, radios and power systems.

Rick Heuer
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PRINCIPLES OF OPERATION FOR ULTRASONIC
GAS FLOW METERS
John Lansing
Daniel Measurement and Control, Inc.
9270 Old Katy Rd, Houston, Texas 77055

ABSTRACT
This paper discusses fundamental issues relative to
ultrasonic gas flow meters used for measurement of
natural gas. A basic review of an ultrasonic meter’s
operation is presented to understand the typical
operation of today’s Ultrasonic Gas Flow Meter (USM).
The USM’s diagnostic data, in conjunction with gas
composition, pressure and temperature, will be reviewed
to show how this technology provides diagnostic benefits
beyond that of other primary measurement devices. The
basic requirements for obtaining good meter
performance, when installed in the field, will be discussed
with test results. Finally, recommendations for installation
will be provided, including an example of a good piping
design.
INTRODUCTION
During the past several years, the use of ultrasonic flow
meters for natural gas custody transfer applications has
grown significantly. The publication of AGA Report No.
9, Measurement of Gas by Multipath Ultrasonic Meters
[Ref 1] in June 1998, has further accelerated the
installation of ultrasonic flow meters (USMs). Today
virtually every transmission and many distribution
companies are using this technology fiscal or for
operational applications.

significant may turn out to be the ability to diagnose the
meter’s health. The primary purpose of this paper is to
discuss basic gas ultrasonic meter operation,
diagnostics, review the fundamentals of field
maintenance, discuss some test results and provide the
reader with an examples of good and not-so-good piping
designs.
ULTRASONIC METER BASICS
Before looking at the main topic of integral diagnostics,
it is important to review the basics of ultrasonic transit
time flow measurement. In order to diagnose any device,
a relatively thorough understanding is generally required.
If the technician doesn’t understand the basics of
operation when performing maintenance, at best they
can only be considered a “parts changer.” In today’s
world of increasingly complex devices, and productivity
demands on everyone, companies can no longer afford
this type of service.
The basic operation of an ultrasonic meter is relatively
simple. Consider the meter design shown in Figure 1.
Even though there are several designs of ultrasonic
meters on the market today, the principle of operation
remains the same.

Since the mid-1990s the installed base of USMs has
grown by approximately 50% per year. There are many
reasons why ultrasonic metering is enjoying such healthy
sales. Some of the benefits of this technology include
the following:
•
•
•
•
•
•
•
•

Accuracy: Can be calibrated to <0.1%.
Large Turndown: Typically >50:1.
Naturally Bi-directional: Measures volumes in
both directions with comparable performance.
Tolerant of Wet Gas: Important for production
applications.
Non-Intrusive: No pressure drop.
Low Maintenance: No moving parts means
reduced maintenance.
Fault Tolerance: Meters remain relatively
accurate even if sensor(s) should fail.
Integral Diagnostics: Data for determining a
meter’s health is readily available.

It is clear that there are many benefits to using USMs.
Although the first several benefits are important, the most
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FIGURE 1. Ultrasonic Flow Meter

Ultrasonic meters are velocity meters by nature. That is,
they measure the velocity of the gas within the meter
body. By knowing the velocity and the cross-sectional
area, uncorrected volume can be computed. Let us
review the equations needed to compute flow.
The transit time (T12) of an ultrasonic signal traveling with
the flow is measured from Transducer 1 to Transducer
2. When this measurement is completed, the transit time
(T21) of an ultrasonic signal traveling against the flow is
measured (from Transducer 2 to Transducer 1). The
transit time of the signal traveling with the flow will be

less than that of the signal traveling against the flow due
to the velocity of the gas within the meter.
Let’s review the basic equations needed to compute
volume. Assume L and X are the direct and lateral (along
the pipe axis and in the flowing gas) distances between
the two transducers, C is the Speed of Sound (SOS) of
the gas, V the gas velocity, and T12 and T21 are transit
times in each direction. The following two equations
would then apply for each path.
L
T12 = C+V •

X
L

(1)

and
L
T21 = C–V •

X
L

(2)

Solving for gas velocity yields the following:

2

V

=

L
2X

(

T21 – T12
T21 • T12

)

(3)

Solving for the speed of sound (C) in the meter yields
the following equation:

of sound (Equation (4)), gas velocity is not required. This
is true because the transit time measurements T12 and
T21 are measured within a few milliseconds of each other,
and gas composition does not change significantly
during this time. Also, note the simplicity of Equations
(3) and (4). Only the dimensions X and L, and the transit
times T12 and T21, are required to yield both the gas
velocity and speed of sound along a path.
These equations look relatively simple, and they are. The
primary difference between computing gas velocity and
speed of sound is the difference in transit times is used
for computing velocity, where as the sum of the transit
times is used for computing speed of sound.
Unfortunately, determining the correct flow rate within
the meter is a bit more difficult than it appears. The
velocity shown in Equation (3) refers to the velocity of
each individual path. The velocity needed for computing
volume flow rate, also know as bulk mean velocity, is
the average gas velocity across the meter’s area. In the
pipeline, gas velocity profiles are not always uniform,
and often there is some swirl and asymmetrical flow
profile within the meter. This makes computing the
average velocity a bit more challenging.
Meter manufactures have differing methodologies for
computing this average velocity. Some derive the answer
by using proprietary algorithms. Others rely on a design
that does not require “hidden” computations. Regardless
of how the meter determines the bulk average velocity,
the following equation is used to compute the
uncorrected flow rate.
Q=V*A

C =

L
2

(

T21 – T12
T21 • T12

)

(4)

Thus, by measuring dimensions X & L, and transit times
T12 & T21, we can also compute the gas velocity and speed
of sound (SOS) along each path. The speed of sound for
each path will be discussed later and shown to be a
very useful parameter in verifying good overall meter
performance.
The average transit time, with no gas flowing, is a function
of meter size and the speed of sound through the gas
(pressure, temperature and gas composition). Consider
a 12-inch meter for this example. Typical transit times,
in each direction, are on the order of one millisecond
(and equal) when there is no flow. The difference in transit
time during periods of flow, however, is significantly less,
and is on the order of several nanoseconds (at low flow
rates). Thus, accurate measurement of the transit times
is critical if an ultrasonic meter is to meet performance
criteria established in AGA Report No. 9.

(5)

This output (Q) is actually a flow rate based on volumeper-hour, and is used to provide input to the flow
computer. A is the cross-sectional area of the meter.
In summary, some key points to keep in mind about the
operation of an ultrasonic meter are:
•
•
•
•

The measurement of transit time, both upstream
and downstream, is the primary function of the
electronics.
All path velocities are averaged to provide a “bulk
mean” velocity that is used to compute the
meter’s output (Q).
Because the electronics can determine which
transit time is longer (T21 or T12), the meter can
determine direction of flow.
Speed of sound is computed from the same
measurements as gas velocity (X is not required).

Transit time is the most significant aspect of the meter’s
operation, and all other inputs to determine gas velocity
and speed of sound are essentially fixed geometric
(programmed) constants.

It is interesting to note in Equation (3) that gas velocity is
independent of speed of sound, and to compute speed
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INTEGRAL DIAGNOSTICS
One of the principal attributes of modern ultrasonic
meters is their ability to monitor their own health, and to
diagnose any problems that may occur. Multipath meters
are unique in this regard, as they can compare certain
measurements between different paths, as well as
checking each path individually.
Measures that can be used in this online “health
checking” can be classed as either internal or external
diagnostics. Internal diagnostics are those indicators
derived only from internal measurements of the meter.
External diagnostics are those methods in which
measurements from the meter are combined with
parameters derived from independent sources to detect
and identify fault conditions. Some of the common
internal meter diagnostics used are as follows.
Gain
One of the simplest indicators of a meter’s health is the
presence of strong signals on all paths. Today’s multipath
USMs have automatic gain control on all receiver
channels. Any increase in gain on any channel indicates
a weaker signal, perhaps due to transducer deterioration,
fouling of the transducer ports, or liquids in the line.
However, caution must be exercised to account for other
factors that affect signal strength, such as pressure and
flow velocity.
Gain numbers vary from manufacturer to manufacturer.
Thus, recommendations may also differ. However,
regardless of design or methodology for reporting gain,
it is important to obtain readings on all paths under
somewhat similar conditions. The significant conditions
to duplicate are metering pressure and gas flow rate.
Gain readings are generally proportional to metering
pressure (and to a much lesser extent, temperature). That
is, when pressure increases, the amount of gain
(amplification) required is reduced. If an initial gain reading
were taken at 600 psig, when the meter was placed into
service, and subsequent readings taken at 900 psig, one
would expect to see a change. This change in reading
(assuming gain values are linear, not in dB) would
decrease by the ratio of pressures (600/900).
Understanding that pressure affects gain readings helps
guard against making the false assumption something
is wrong.
Fortunately, most applications do not experience a
significant variation in metering pressure. If pressure does
vary, the observed gain value can be adjusted relatively
easily to allow for comparison with baseline values. This
method of adjustment varies with manufacturer, so no
discussion will be incorporated here.
Gas velocity can also impact the gain level for each path.
As the gas velocity increases, the increased turbulence
of the gas causes an increase in signal attenuation. This
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reduction in signal strength will be seen immediately by
increased gain readings. These increases are generally
small compared to the amount of gain required. Typical
increases might be on the order of 10-50%, depending
upon meter size and design. Thus, it is always better to
“baseline” gain readings when gas velocities are below
30 fps. Using velocities in excess may provide good
results, but it is safe to say that lower velocities provide
more consistent, repeatable results.
So, what else causes reductions in signal strength
(increased gain)? There are many sources other than gas
velocity and pressure. For instance, contamination of the
transducers (buildup of material on the face) will attenuate
the transmitted (and received) signals. One might assume
that this buildup would cause the meter to fail (inability
to receive a pulse). However, this is not generally the
case. Even with excessive buildup of more than 0.050
of an inch of an oily, greasy, and/or gritty substance,
today’s USMs will continue to operate.
One question often asked is “What impact on transit time
accuracy could be attributed to transducer face
contamination?” It is true the speed of sound will be
different through the contaminated area when compared
to the gas. Let’s assume a build-up is 0.025 of an inch
on each face, and the path length is 16 inches. Also
assume the speed of sound through the contamination
is twice that of the typical gas application (2,600 fps vs.
1,300 fps). With no buildup on the transducer, and at
zero flow, the average transit time would be 1.025641
milliseconds. With buildup the average transit time would
be 1.024038 milliseconds, or a difference of 0.16%. This
would be reflected in the meter’s reported speed of sound
(more on that later). However, it is the difference in transit
times that determines gas velocity (thus volume). This is
the affect that needs to be quantified.
Maybe the easiest way to analyze this is assume the
transit time measurements in both directions are reduced
by 0.16% (from the previous example). Remembering in
Equation (3) that gas velocity is proportional to a constant
(L2/2X) multiplied by the difference in transit times, all
divided by the product of transit times. The decrease in
transit times will occur for both directions, and this effect
appears to be negated in the numerator. That is, the Dt
will remain the same. However, the error in both T12 and
T21 will cause the denominator value to decrease, thus
producing an error that is twice the percentage of transit
time (0.16%), or 0.32%. Thus, the meter’s output will
increase by 0.32%. However, this amount of buildup is
abnormal, and not typical of most meter installations.
Concluding the discussion on gain readings, USMs all
have more than adequate amplification (gain) to
overcome even the most severe reductions in signal
strength. The amount of buildup required to fail today’s
high-performance transducers and electronics generally
exceeds pipeline operational conditions. Periodic
monitoring of this parameter, however, will help insure
good performance throughout the life of the meter.

Metering accuracy (differences in transit time velocity
computation) can be affected, but only when significant
buildup of contamination occurs.
Signal Quality
This expression is often referred to as performance (but
should not be confused with meter accuracy). All
ultrasonic meter designs send multiple pulses across the
meter to another transducer before updating the output.
Ideally, all the pulses sent would be received and used.
However, in the real world, sometimes the signal is
distorted, too weak, or otherwise the received pulse does
not meet certain criteria established by the manufacturer.
When this happens the electronics rejects the pulse
rather than use something that might distort the results.
The level of acceptance (or rejection) for each path is
generally considered as a measure of performance, and
is often referred to as signal quality. Meters provide a
value describing how good signal detection is for each
ultrasonic path.
As mentioned above, there are several reasons why
pulses can be rejected. Additional causes may include
extraneous ultrasonic noise in the same region the
transducer operates, distorted waveforms caused by
excessive gas velocity, and to some degree,
contamination on the face of the transducer.
Typically, the value of acceptance for each path, under
normal operating conditions, will be 100%. As gas
velocity increases to near the meter’s rating, this
percentage may begin to decrease. Depending upon
design, this percentage may decrease to below 50%.
Generally, this reduction in performance will have little
impact on meter accuracy. However, if the percentage
of accepted pulses is this low, it is safe to say the meter
is not operating at top performance, and investigation
may be warranted (assuming the meter isn’t operating
at 110+% of rated capacity).
Concluding the discussion on performance, this
parameter should be monitored periodically as poor
performance on a path may be an indication of possible
impending failure. Lower than expected performance can
be caused by several factors. Besides excessive gas
velocity, contamination on the transducer face and
excessive extraneous ultrasonic noise can reduce signal
quality. However, by monitoring gains, this condition can
be easily identified before it becomes a problem.
Signal-to-Noise Ratio
This parameter is another variable that provides
information valuable in verifying the meter’s health, or
alert of possible impending problems. Each transducer
is capable of receiving noise information from extraneous
sources (rather than its mated transducer). In the interval
between receiving pulses, meters monitor this noise to
provide an indication of the “background” noise. This
noise can be in the same ultrasonic frequency spectrum
as that transmitted from the transducer itself.

Noise levels can become excessive if a control valve is
placed too close and the pressure differential is too high.
In this scenario the meter may have difficulty in
differentiating the signal from the noise. By monitoring
the level of noise, when no pulse is anticipated, the meter
can provide information to the user, warning that meter
performance (signal quality) may become reduced. In
extreme cases, noise from control valves can “swamp”
the signal to the point that the meter becomes
inoperative.
All meters can handle some degree of noise created from
this condition. Some USM designs can handle more than
others can. The important thing to remember is the best
time to deal with control valve noise is during the design.
Today’s technology has improved significantly in dealing
with extraneous noise. Reducing it in piping design is
always the best choice (more on this later).
Other sources can cause reduced signal to noise values.
Typically they are poor grounding, bad electrical
connections between electronics and transducers,
extraneous EMI and RFI, cathodic protection
interference, transducer contamination and in some
instances, the meter’s electronic components. However,
the major reason for decreased signal to noise ratios
remains pressure drop from flow control or pressure
reducing valves.
Concluding this discussion on signal to noise, the most
important thing to remember is high-pressure drop
(generally in excess of 200 psig) across a control valve
can cause interference with the meter’s operation. If the
noise is isolated to a transducer or pair of transducers,
the cause is generally not control valve related. Here
probable causes are poor component connections or a
potential failing component. Control valve noise usually
causes lower signal to noise levels on the transducers
that face the noise source (all would be affected).
Velocity Profile
Monitoring the velocity profile is possibly one of the most
overlooked features of today’s ultrasonic meter. It can
provide many clues as to the condition of the metering
system, not just as a monitor of the meter. AGA Report
No. 9 requires a multipath meter to provide individual
path velocities. As mentioned previously, the output used
by the flow computer is an average of these individual
readings.
Once the USM is placed in service, it is important to
collect a baseline (log file) of the meter. That is, record
the path velocities over some reasonable operating
range, if possible. Good meter station designs produce
a relatively uniform velocity profile within the meter. The
baseline log file may be helpful in the event the meter’s
performance is questioned later.
Many customers choose to use a “high performance flow
conditioner” with their meter. This conditioner is intended
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to isolate any upstream piping effects on gas profile. In
reality, they don’t totally isolate the disturbance, but do
provide a reasonably repeatable profile. The important
issue here is the velocity profile is relatively repeatable.
Once a baseline has been established, should something
happen to the flow conditioner, it can be identified quickly
by comparing path velocities with the baseline. Many
things can happen to impact the original velocity profile.
Changes can be caused by such things as:
•
•
•

partial blockage of the flow conditioner,
damage to the flow conditioner,
or upstream piping affects, such as a change in
a valve position.

Of course, something could have also occurred with the
meter to cause a significant profile change. Generally
speaking, this is unlikely as all components are securely
mounted. However, the velocity of a given path could
be affected by other problems. When considering that
only X and L dimensions, and transit times, impact path
velocity, it is relatively easy to eliminate these. If a problem
develops within the meter that impacts only one or more
paths, other performance indicators, such as gain, path
performance, and speed of sound will also be indicating
problems.
One of the major benefits of analyzing path velocities is
the ability to determine if the meter assembly is becoming
contaminated with any pipeline debris. Surface
roughness changes in the upstream piping will change
the velocity profile the meter sees. A profile change can
be observed by analyzing the different path velocities
relative to the meter’s reported average. Typically the
velocity profile becomes more “pointed” as the surface
finish becomes rougher. This is a very important feature
since contamination on the inside of a meter will impact
the meter’s accuracy [Ref 2].
Different manufacturers utilize different path velocity
integration techniques. The ability to monitor profile
changes, and thus predict the significance of this effect,
may vary by design. Thus, it may not be possible for all
USM designs to provide this diagnostic information.
Concluding this discussion on path velocities, most good
installations produce somewhat symmetrical velocities
within the meter. Comparing each path’s velocity with
the average, and sometimes to other paths, depending
upon the USM design, can give the user confidence the
profile has not significantly changed. Today’s USM can
handle some relatively high levels of asymmetry within
the meter. It should not be assumed that the meter’s
accuracy is significantly impacted just because the
velocity profile has changed. It is usually an indication,
however, that something within the meter set, other than
the meter itself, is probably causing the effect. Careful
review of other diagnostic parameters can determine if
the meter is at fault, or not. Identifying changes in path
velocities are very helpful in determining if contamination
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has occurred on the inside of the piping. Contamination
may have an impact on the meter’s accuracy.
Speed Of Sound
Probably the most discussed and used diagnostic tool
is the meter’s speed of sound (SOS). The reader may
recall that speed of sound is basically the sum of the
transit times divided by their product, all then multiplied
by the path length (Equation (4)). As was discussed
earlier, the primary measurement an ultrasonic meter
performs to determine velocity is transit time. If the transit
time measurement is incorrect, the meter’s output will
be incorrect, and so will the speed of sound. Thus, it is
important to periodically verify that the meter’s reported
speed of sound is within some reasonable agreement to
an independently computed value.
Modern USMs use high frequency clocks to accurately
perform transit time measurements. In a typical 12-inch
meter, the average transit time may be on the order of
one millisecond. To obtain a perspective on this
differential time, values start out in the 10’s of
nanoseconds and typically increase to maybe 100
microseconds at the highest velocities.
Obviously accurate meter performance requires
consistent, repeatable transit time measurements.
Comparing the SOS to computed values is one method
of verifying this timing. This procedure would be
considered an external diagnostic technique. Let’s
examine the affects (or uncertainties) on computing
speed of sound in the field.
Pressure & Temperature Effects
The speed of sound in gas can be easily computed in
the field. There are several programs used for this
purpose. Most are based upon the equation of state
provided in AGA Report No. 8, Compressibility and
Supercompressibility for Natural Gas and Other
Hydrocarbon Gases [Ref 3]. When computing speed of
sound, there is always some uncertainty associated with
this operation. It is important to realize that the speed of
sound is more sensitive to temperature and gas
composition than pressure. For example, a one degree
F error in temperature at 750 psig, with typical pipeline
gas, can create an error of 0.13%, or about 1.7 fps. An
error of five psig at 750 psig and 60 degrees F only
contributes 0.01% error. Thus, it is very important to
obtain accurate temperature information.
Knowing the temperature measurement error contributes
significant error in computing SOS is important. However,
if the temperature is in error by one degree F, a more
significant question might be “what error is this causing
in the volumetric measurement?” A quick calculation
shows a one degree F error will cause the corrected
volumetric calculation to be incorrect by 0.28%. Having
a history of calculated SOS vs. measured may actually
be a good “health check” on the stations temperature
measurement!

Gas Composition Effects

IMPORTANCE OF SOS VERIFICATION

Sensitivity to gas composition is a bit more difficult to
quantify as there is an infinite number of sample analyses
to draw from. Let’s assume a typical Amarillo gas
composition with about 90% methane. If the
chromatograph were in error on methane by 0.5%, and
the remaining components were normalized to account
for this error, the resulting effect on speed of sound would
be 0.03%. Thus, minor errors in gas composition, for
relatively lean samples, may not contribute significantly
to the uncertainty.

As was discussed earlier, SOS verification helps insure
the meter is operating correctly. However, what other
changes in a meter can affect the reading? From the
previous discussion on gain, buildup on the face of a
transducer will affect the speed of sound. Thus, if a pair
of transducers has a different value, when compared to
the average (or to other paths, depending upon meter’s
design), this might be an indication of contamination.

However, lets look at another example of a Gulf Coast
gas with approximately 95% methane. Suppose the
methane reading is low by 0.5%, and this time the
propane reading was high by that amount, the error in
computed speed of sound would be 0.67% (8.7 fps!).
Certainly one could argue this may not be a “typical”
error. There are many scenarios that can be discussed
and each one would have a different effect on the result.
The uncertainty that gas composition contributes to the
speed of sound calculation remains the most elusive to
quantify, and, depending upon gas composition, may
prove to be the most significant.
A typical question is “what difference can be expected
between that determined by the meter, and one
computed by independent means?” It has been shown
[Ref 4] that the expected uncertainties (two standard
deviations) in speed of sound, for a typical pipeline gas
operating below 1,480 psig, are:
•
•

USM measurement: ± 0.17%
Calculated (AGA 8): ± 0.12%

Since the USM’s output is independent of the calculation
process, a root-mean-square (RMS) method can be used
to determine the system uncertainty. Thus, when using
lean natural gas below 1,480 psig, it is expected that
95% of readings agree within 0.21% (or about 2.7 fps).
Therefore, it may be somewhat unrealistic to assume
the meter will agree within 1 fps under typical operating
conditions.
Concluding this discussion on speed of sound, this
“integral diagnostic” feature may be the most powerful
tool for the technician. Using the meter’s individual path
speed of sound output, and comparing it to not only the
computed values, but also comparing within the meter
itself, is a very important maintenance tool. Caution
should be taken when collecting the data to help
minimize any uncertainty due to gas composition,
pressure and temperature. Additionally, it is extremely
important to obtain data only during periods of flow as
temperature stratification can cause significant
comparison errors. By developing a history of meter SOS,
and comparing with computed values, it can also be used
as a “health check” for the temperature measurement
used to determine corrected volumes.

One thing to remember is that the percent change in
speed of sound, given the same buildup, will be greater
for a smaller meter than a larger one. As path length
increases from say 10 inches to 30 inches (or more), a
buildup of 0.025 inches will affect the transit time less.
By utilizing gain information with SOS data for a given
path, it can be quickly determined if the change in SOS
is due to contamination, or other causes.
Another benefit in monitoring path SOS is to verify proper
identification of reception pulses. In the section on signal
to noise, extraneous noise was noted to potentially
interfere with normal meter operation. That is, if ultrasonic
noise within the meter (caused by outside sources)
becomes too great, meter performance will be impacted.
As the noise level increases, there is the possibility that
the circuit detecting the correct pulse will have difficulty.
Good meter designs protect against this and reject
received pulses that have increased uncertainty
regarding their validity. If this scenario occurs, it is unlikely
all paths will be affected simultaneously, and by the same
amount. Monitoring variations in SOS from path to path
will identify this problem and help insure the meter’s
health is satisfactory.
Typical Speed of Sound Field Results
This section provides actual data from two different
meters. Figures 2 and 3 show trended vs. time. Data is
shown for an eight-inch meter in Figure 2 [Ref 3]. It
compares the average speed of sound over the four
paths with the AGA 8 calculated value.

FIGURE 2. 8-INCH METER MEASURED VS.
CALCULATED SOS
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At each measurement point, ten successive values of
the ultrasonic meter’s SOS were logged. The two curves
that show the minimum and maximum values in Figure
2 demonstrates repeatability in SOS measurements of
better than 0.03%. The difference in the meter’s speed
of sound vs. computed values are also, for most points,
less than 0.3%.
Figures 3 shows the AGA 8 calculated speed of sound
trended against the individual SOS readings from the
four paths. Note that in each case the agreement on all
chords is roughly as expected (better than 0.3%). In the
area where speed of sound deviations exceeded 0.3%,
(Figure 3) low flow temperature stratification was likely
the cause. In the event of significant contamination on
one or more pairs of transducers, this graph would have
shown the impact.

FIGURE 3. 10-inch Meter SOS with 4 Chords

Concluding this discussion on external calculations, the
results demonstrate multi-path ultrasonic meters show
good correlation between the computed speed of sound
and the meter’s reported speed of sound. Even though
there are differences between computed and reported
values, these remain relatively constant though out the
test period. This also suggests that when performing an
on-line comparison of speed of sound, an alarm limit of
about ± 0.3% between the meter and computed values,
as recommended earlier, is reasonable. However, as
shown in Figure 3, for a short interval the error exceeded
0.3% (during periods of low (or no) flow and temperature
stratification). Since this situation can occur in the field,
safeguards should be implemented to insure gas velocity
is above some minimum value, and for a specified time,
before alarming occurs. Thus, the use of independent
estimates of gas speed of sound, derived from an
analysis of the gas composition, can be an effective
method of understanding how well an ultrasonic meter
is performing.

Basic Piping Issues
Ultrasonic meters require adhering to basic installation
guidelines just as with any other technology. Primary
metering elements, such as orifice and turbine, have
adopted recommendations for installation long ago.
These are provided through a variety of standards (API,
AGA, etc.) to insure accurate performance (within some
uncertainty guidelines) when installed. The reason for
these guidelines is the meter’s accuracy can be affected
by profile distortions caused by upstream piping. One
of the benefits of today’s USM is that they can handle a
variety of upstream piping designs with less impact on
accuracy then other primary devices.
Installation effects have been studied in much more detail
than ever before. This is due in part to the available
technology needed for evaluation. Reducing uncertainty
for pipeline companies has also become a higher priority
today due to the increasing cost of natural gas. Let’s
look at a typical velocity profile downstream of a single
elbow.
From this mathematical velocity profile model it is
apparent the velocity profile at 10D from the elbow is far
from being fully symmetrical. What isn’t apparent in this
model is the amount of swirl generated by the elbow.
According to research work performed at Southwest
Research Institute (SwRI) by Terry Grimley, it would take
on the order of 100D for the profile to return to a fully
symmetrical, fully developed, non-swirling velocity profile
[Ref 5]. More complex upstream piping, such as two
elbows out of plane, create even more non-symmetry
and swirl than this model shows. Today’s USM must
handle profile distortion and swirl in order to be accurate
and cost-effective. However, just as with orifice and
turbine meters, installation guidelines should be followed.

BASICS OF USM INSTALLATIONS

In 1998 AGA released the Transmission Measurement
Committee Report No. 9 entitled Measurement of Gas
by Multipath Ultrasonic Meters. This document discusses
many aspects and requirements for installation and use
of ultrasonic meters. Section 7.2.2 specifically discuss
the USMs required performance relative to a flow
calibration. It states the manufacturer must “Recommend
upstream and downstream piping configuration in
minimum length – one without and flow conditioner and
one with a flow conditioner - that will not create an
additional flow rate measurement error of more than
±0.3% due to the installation configuration.” In other
words, assuming the meter were calibrated with ideal
flow profile conditions, the manufacturer must then be
able to recommend an installation which will not cause
the meter’s accuracy to deviate more than ±0.3% from
the calibration once the meter is installed in the field.

When installing ultrasonic flow meters, many factors
should be taken into consideration to insure accurate
and trouble-free performance. Before discussing these
issues, let’s review the basics of a good installation.

During the past several years a significant amount of
tests were conducted at SwRI in San Antonio, Texas to
determine installation affects on USMs. Funding for these
tests has come from the Gas Research Institute (GRI).
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Much of the testing was directed at determining how
much error is introduced in today’s USMs when a variety
of upstream installation conditions are present. This was
presented in a report entitled Ultrasonic Meter Installation
Configuration Testing at the 2000 AGA Operations
Conference in Denver, Colorado. Following is an excerpt
from this report that shows the impact of upstream
effects on an ultrasonic meter.

Installation Effect:

One Elbow

Meter Orientation:

0˚

90˚

0˚

90˚

0˚

90˚

No Conditioner, 10D

0.07

0.02

0.53

0.04

0.02

0.24

No Conditioner, 20D

0.13

0.11

0.05

0.10

0.11

0.12

19-Tube Bundle

0.35

0.37

0.13

0.37

0.15

0.22

Flow Conditioner #1

0.10

0.03

0.02

0.02

0.07

0.14

Flow Conditioner #2

0.15

0.13

0.23

0.30

0.03

0.04

Flow Conditioner #3

0.04

0.00

0.17

0.23

0.36

0.41

Meets AGA 9

Elbows Out

Manufacturers have different methods for dealing with
control valve noise. Whenever an ultrasonic meter is used
in conjunction with a control valve, the manufacturer
should be contacted prior to design. Following is a
diagram of meter set with a flow conditioner and control
valve.

Elbows In

Doesn’t meet AGA 9

Table No. 1 – GRI Installation Test Results

The preceding table presents metering accuracy results
from a 4-path meter with a variety of upstream effects
(single elbow, two elbows in plane and two elbows out
of plane). Tests were conducted with no upstream flow
conditioner and four brands of flow conditioners, all
located at their manufactures recommended position.
One thing to note is the 19-tube bundle did not perform
very well. Also of importance is the meter met the AGA 9
installation requirement test producing less than ±0.3%
shift with no flow conditioner when located a minimum
of 20D from the upstream effect.
In conclusion, for basic piping issues, upstream piping
does have an effect on the meter’s performance. Many
customers choose to use a flow conditioner in order to
reduce potential upstream effects. The use of 19-tube
bundles is not recommended by most manufacturers
today as the results are not consistent and are generally
not as good as with other flow conditioners. Flow
conditioners are not always required. As can be seen in
line two of the table, this meter passed the installation
affects test with no flow conditioner when located 20D
from the effect, and passed all but one test when located
at 10D.
Other Piping Issues
One aspect to keep in mind when designing an ultrasonic
meter station is the use of control valves (regulators).
Ultrasonic meters rely on being able to communicate
between transducers at frequencies in excess of 100
kHz. Control valves can generate ultrasonic noise in this
region. How much depends upon several factors
including the type of valve, flow rate and differential
across the valve.

FIGURE 4. Poor USM Piping Diagram

In this design pressure reduction occurs at about 27D
from the meter. There are two elbows between the meter
and valve. At low flow rates this design would probably
work fine. However, as the flow rate increases, so does
the amount of energy generated by the pressure
reduction. The amount of noise generated is roughly
proportional to the square-root of the flow rate times the
differential pressure. Thus, as flow rate (or differential
pressure) increases, so will the amount of noise
generated. At some higher flow rate the meter will be
unable to identify the signal, and measurement will cease.
Following are two sets of waveforms. The first is a typical
signal received by a pair of transducers when there is no
extraneous ultrasonic noise. The second is an example
of a meter experiencing noise from a control valve. In
order to continue operation, the meter must be able to
handle this type of noise (Graph No. 2).

GRAPH NO. 1 – Typical USM Waveform

A better design would be to locate the meter further
upstream (see Figure 6 following). By installing two tees
between the meter and control valve, much of the
ultrasonic noise is reflected back downstream, helping
isolate the meter from the noise source. Also, in this
design, the meter has been located more than 70D from
the valve. Ultrasonic noise, just like audible sound,
becomes attenuated the further you get from the source.
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±0.7%, and 10-inch and smaller meters to be within
±1.0%. Again, these maximum error values are “prior”
to flow calibration.
Most customers feel their applications deserve, and
require, less uncertainty than the minimum requirements
of AGA 9. Thus, a for virtually all USM custody
applications, users are flow calibrating their meters.

GRAPH NO. 2- USM Waveform With Valve Noise

FIGURE 5 – Better USM Piping Diagram

In conclusion, control valves can create enough noise
that will over-power the USMs signal. Control valves
should be located away from the meter. Install the meter
upstream of the control valve whenever possible as more
noise propagates downstream than upstream. Also, with
the higher pressure upstream, the USM will obtain a
stronger signal from the transducers, making it easier to
detect the signal when in the presence of noise. Tees
between the meter and the control valve are more
effective than elbows at reducing noise. (about twice the
noise attenuation). Probably the most significant thing
to remember is consult with the manufacturer during the
design phase. Testing of USMs with control valve noise
is ongoing with all manufacturers, and better methods
of handling noise are constantly being developed. Some
manufacturers have internal meter digital signal
processing that can handle increased levels of control
valve noise.
FLOW CALIBRATION BASICS
The primary use for USMs today is in custody
measurement applications. As was discussed earlier, the
introduction of AGA Report No. 9 has helped spur this
growth. Section 5 (of AGA 9) discusses performance
requirements, including flow calibration. It does not
require meters be calibrated before use. However,
paraphrasing, it does require ..“the manufacturer to
provide sufficient test data confirming that each meter
shall meet these requirements.” The basic accuracy
requirement is that 12-inch and larger meters be within

PAGE 58

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

In a majority of applications today customers are using
flow conditioners. USMs are designed to be installed
without a flow conditioner. Part of the benefit of an
ultrasonic meter is there is no pressure drop. However,
many feel that using a “high performance” flow
conditioner (not a 19-tube bundle) further enhances
performance. Even though data exists to support some
USMs perform quite well without flow conditioners, the
added pressure drop and cost is often justified by
assuming uncertainty is reduced. One thing that everyone
does agree on is that if a flow conditioner is used with a
meter, the entire system should be calibrated together.
Most companies have standard designs for their meters.
They typically specify piping upstream and downstream
of the flow conditioner(s) and meter. Thus, USMs are
typically calibrated with either 3 or 4 piping spools.
Calibrating as a unit helps insure the accuracy of the
meter, once installed in the field, is as close to the results
provided by the lab as possible.
There are several flow calibration labs in North America
that provide calibration services. Labs usually test meters
throughout the range of operation. Once all the “asfound” data points have been determined, an adjustment
factor is computed. The adjustment is uploaded to the
meter and either one or two verification points are used
to verify the “as-left” performance.
PERIODIC FLOW CALIBRATION
AGA 9 does not currently require an ultrasonic meter be
re-calibrated. In the next update it is expected that all
custody applications will require flow calibration. As
USMs have no moving parts, and provide a variety of
diagnostic information, many feel the performance of the
meter can be field verified. That is, if the meter is
operating correctly, its accuracy should not change, and
if it does change, it can be detected. This, however,
remains to be proven.
The use of USMs for custody began increasing rapidly
in 1996. Thus, with less than 5 years of installed base, it
is difficult to prove USMs don’t require re-calibration.
Many companies are not certain as to whether or not
they will retest their meters in the future. They are waiting
for additional data to support their decision.
Manufacturers are also trying to show the technology
should not require re-calibration.
The benefits of flow calibrating USMs have been well
documented over the past few years [Ref 6]. Not only
does flow calibration reduce the meter’s uncertainty, it

is often used to extend the rangeability of a meter to
extremely low flow rates. This expanded rangeability can
often permit one meter to have a flow range of greater
than 100-1 and a measured accuracy on the order of
±0.1% (relative to the calibration facility). Flow calibration
also has been used to validate a meter’ performance
when less than the full compliment of transducers is
operating. This is beneficial for those times when a
transducer is removed for inspection, but the meter must
remain in service.
During the next several years many meters will require
re-calibration in Canada. Their governmental agency,
Measurement Canada, requires USMs be re-tested every
6 years. Many meters will be due for re-testing in 2003
and 2004. Once data is obtained from these tests, from
random re-testing by customer, and long-term data from
meters at calibration labs is analyzed, customers can
better determine if they should re-calibrate their USMs
in the future.
CONCLUSIONS
During the past several years ultrasonic meters have
become one of the fastest growing new technologies in
the natural gas arena. The popularity of these devices
has increased because they provide significant value to
the customer by reducing the cost of doing business.
One of the most significant benefits is the reduction in
maintenance over other technologies.
There are several factors that can be attributed to this
increased usage. First, as there are no moving parts to
wear out, reliability is increased. Since USMs create no
differential pressure, any sudden over-range will not
damage the meter. If the meter encounters excessive
liquids, it may cease operation momentarily, but no
physical damage will occur, and the meter will return to
normal operation once the liquid has cleared. Most
importantly, ultrasonic meters provide a significant
amount of diagnostic information within their electronics.
Most of an ultrasonic meter’s diagnostic data is used to
directly interpret its “health.” Additional diagnostics can
be performed by using external devices. This diagnostic
data is available on a real-time basis and can be
monitored and trended in many of today’s remote
terminal units (RTUs). USMs support remote access and
monitoring in the event the RTU can’t provide this feature.
There are five commonly used diagnostic features being
monitored today. These include speed of sound by path
(and the meter’s average value), path gain levels, path
velocities, path performance values (percentage of
accepted pulses), and signal to noise ratios. By utilizing
this information, the user can help insure the proper meter
operation.
Probably the most commonly used tools are path speed
of sound and gains. Speed of sound is significant since
it helps validate transit time measurement, and gains help
verify clean transducer surfaces. When computing speed
of sound in the field, care should be taken to collect

data only during periods of flow in the pipeline as
temperature gradients will distort comparison results.
Additionally, as shown in one of the graphical examples,
low-flow limits should be implemented to insure pipeline
temperature is uniform and stable before comparing
meter speed of sound with computed values from gas
composition, pressure and temperature.
One significant benefit in performing online comparisons
between the meter’s speed of sound and a computed
value is to provide a “health check” for the entire system.
If a variation outside acceptable limits develops, the
probable cause will be temperature, pressure, or gas
composition measurement error rather than the USM. In
this regard, the USM is actually providing a “health check”
on the measurement system!
Monitoring path velocities is gaining in popularity daily.
It has been shown that velocity information can help
predict if the inside of a meter is becoming contaminated
with pipeline buildup [Ref 2]. In the past it was believed
that buildup inside of a meter would be detected by an
increase in gains. However, recent analysis of meters
has shown this may not be the case [Ref 2, 7 & 8]. Thus,
path velocity information will probably remain as the
single most important tool for identifying if a meter is
dirty internally.
Control valve applications are much better understood
today than a few years ago. All manufacturers have
methods to deal with this issue, and it varies depending
upon design. The manufacturer should be consulted prior
to design to help insure accurate and long-term proper
operation.
Today’s USM is a robust and very reliable device with
many fault-tolerant capabilities. It is capable of handling
a variety of pipeline conditions including contaminants
in the natural gas stream. In the event of transducer
failure, the meter will continue to operate, and some USM
designs maintain excellent accuracy during this situation.
When encountering contamination such as oil, valve
grease, and other pipeline contaminants, today’s USM
will continue working and, at the same time, provide
enough diagnostic data to alert the operator of possible
impending problems.
The issue of re-calibration of meters, after a number of
years of service, has been discussed for a number of
years. Most users are flow calibrating their USM prior to
installation. Whether to re-calibrate after a number of
years still remains a question to be answered. Some
designers have opted to install a secondary in-situ
transfer standard in the field to verify performance on a
periodic basis [Ref 8]. However, most users feel this
method is too expensive and does not provide the
necessary traceable certification that might be needed
should the buyer of the gas question the accuracy of
the primary meter. Thus, if a user is concerned, they have
opted to remove a sample and return it to the calibration
lab for checking.
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As ultrasonic metering technology advances, so will the
diagnostic features. In the near future USM diagnostic
data will become even more useful (and user friendly) as
more intelligence is placed within the meter. They will
not only provide diagnostic data, but will identify what
the problem is. When this happens, ultrasonic meters
may be considered “maintenance free.”
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FUNDAMENTALS OF NATURAL GAS CHEMISTRY
Steve Whitman
Coastal Flow Measurement, Inc.
Address

In order to understand the chemistry of natural gas, it is
important to be familiar with some basic concepts of
general chemistry. Here are some definitions you should
know:
Matter — anything that has mass and occupies space.
Energy — the capacity to do work or transfer heat.
Elements — substances that cannot be decomposed
into simpler substances by chemical changes. There are
approximately 112 known elements. Examples: carbon,
oxygen, and nitrogen.
Atom — the smallest unit in which an element can exist.
Atoms are composed of electrons, protons, and
neutrons.
Compounds — pure substances consisting of two or
more different elements in a fixed ratio. Examples: water
and methane.
Molecule — the smallest unit in which a compound can
exist or the normal form in which an element exists.
Example: One molecule of water consist of two hydrogen
atoms and one oxygen atom. One molecule of nitrogen
consist of two atoms of nitrogen.
Mixture — combination of two or more pure substances
in which each substance maintains its own composition
and properties. Examples: natural gas, gasoline, and air.
BONDS
The attractive forces that hold atoms together in
compounds are called chemical bonds. There are two
major classes of bonds — ionic bonds and covalent
bonds. Most of the bonds involved in natural gas
components are single covalent bonds. A single covalent
bond consists of a pair of electrons shared by two atoms.
A double bond is two pair of electrons shared between
two atoms. Some minor components of natural gas may
contain both single and double bonds. Aromatic
molecules, such as benzene, contain covalent bonds
where multiple electrons are shared among more than
two atoms.
STATES OF MATTER
Matter exists mainly in three physical states — gas, liquid,
and solid. Solids are rigid and have definite shapes. The
volume a solid occupies does not vary much with

changes in temperature and pressure. In liquids, the
individual particles are confined to a given volume. A
liquid flows and assumes the shape of its container.
Liquids cannot be easily compressed. Gases are much
less dense than liquids and solids. They occupy all parts
of any vessel in which they are confined. Gases are
capable of infinite expansion and are easily compressed.
They consist primarily of empty space because the
individual particles are so far apart.
UNITS OF MEASUREMENT
Quantities of matter can be expressed in a variety of
ways depending on the nature of the substance being
measured. For example, solids are generally measured
by weight while liquids are measured by volume or
weight. Gas is most commonly measured in units of
volume but can also be measured by weight. The
standard unit of volume used in natural gas measurement
is a cubic foot corrected to a standard (stated) pressure
and temperature. Large volumes of natural gas are
usually expressed in units of one thousand cubic feet
(Mcf). A million cubic feet is indicated by MMcf. However,
when a gas sample is analyzed, the composition is
usually expressed in mole percent — the percent (by
number) of moles of the particular substance out of the
total molecules of the gas. This is roughly equivalent to
volume percent. A mole is defined as the amount of a
substance that contains the same number of units as
the number of atoms in 12 grams of Carbon12 which is
6.022 x 10-23, otherwise known as Avogadro’s number.
Therefore, a mole of any element or compound is simply
the molecular weight of that substance in grams. For
example, the molecular weight of water is 18, so a mole
of water is 18 grams and contains 6.022 x 10 -23
molecules. Moles are often used in chemistry because
they make it easier to keep track of quantities of
substances involved in chemical reactions. One mole of
oxygen will react with 2 moles of hydrogen to form one
mole of water. However, there would be an excess of
hydrogen if one gram of oxygen were reacted with 2
grams of hydrogen.
NATURAL GAS
Natural gas is a mixture of many compounds which can
be classified into three major groups — hydrocarbons,
inerts, and miscellaneous trace compounds.
Hydrocarbons are compounds which contain hydrogen
and carbon. Most of the hydrocarbons in natural gas
are saturated, meaning that each carbon atom is bonded
to four other atoms while each hydrogen atom is bonded
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to only one carbon atom. This group of compounds is
also known as alkanes, paraffins, and aliphatics. The
most abundant alkane in natural gas is methane,
commonly referred to as C1 because it contains one
carbon atom. Next is ethane (C2) with two carbons,
followed by propane (C3), iso-butane and normal butane
(C4), iso-pentane and normal pentane (C5), and hexanes
and heavier hydrocarbons (C6+). The C6+ fraction can
contain up to 100 or more compounds including
aromatics such as benzene, toluene, ethylbenzene and
xylenes (BTEX).
Deposits of natural gas are usually found with petroleum
deposits. Most of the natural gas and petroleum being
produced today was formed by the decay of plants and
animals buried deep within the earth millions of years
ago. A small fraction of natural gas is also being produced
by the decomposition of residential and commercial
waste in landfills.
Petroleum products are complex mixtures of aliphatic
and aromatic compounds including sulfur and nitrogen
compounds. Some of the most common refined
petroleum products include methane gas, natural gas
liquid or NGL (the ethane and heavier gas components),
liquefied petroleum gas or LPG (mostly propane and
butane), gasoline (C5-C10), kerosene (C11-C12), diesel
fuel (C13-C17), heating oil (C18-C25), and lubricants
(C26-C38). Heavier residues of refining are referred to
as asphalts.
In addition to hydrocarbons, natural gas components
include the inerts, nitrogen and carbon dioxide, which
do not combust. Therefore, they do not contribute to
the heating value of the gas, making them undesirable.
Trace components commonly include hydrogen sulfide,
water vapor, and helium. Hydrogen sulfide is highly toxic
and is characterized by a very strong foul odor. It is also
referred to as sour gas. Helium is a true inert gas that is
nonreactive with other compounds. Most of the nation’s
helium production comes from natural gas deposits in
Texas. Other less common trace components include
oxygen, hydrogen, and carbon monoxide.
PHYSICAL PROPERTIES
Physical properties are those that can be observed
without causing any change in the chemical composition
of the specimen. One of the most important physical
properties used in the petroleum industry is density.
Density is the mass (weight) per unit volume of a
substance and may be expressed as specific gravity or
relative density. In liquids, the specific gravity is the ratio
of the density of the liquid to the density of water. In
gases, it is the ratio of the density of the gas to the density
of air. The specific gravity of natural gas varies from less
than .600 for gas containing mostly methane to greater
than 1.000 for gas containing a high percentage of heavy
end components.
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Other important physical properties of gases include
boiling point, hydrocarbon dew point, odor, toxicity, and
thermal conductivity. Boiling point is the temperature at
which the vapor pressure of a liquid equals the
atmospheric pressure. Hydrocarbon dew point is the
temperature at which hydrocarbons start to condense
from a gas stream. This is important in gas production
and transmission because condensation in a natural gas
line will lower the capacity of the line to carry gas.
Consequently, there will be problems with compressors,
dehydrators, and other processing equipment. More
importantly, liquids in a gas line make it impossible to
accurately measure the gas. The dew point also allows
the heavier gases to be liquefied by processing. They
are generally more valuable as liquids than gas.
Odorizing is important in gas processing and
transportation as a relatively inexpensive way of
determining the location of leaks. Unless it contains high
concentrations of hydrogen sulfide or other
contaminants, natural gas is normally odorless and
nontoxic when it comes out of the ground. Nontoxic
odorants, such as mercaptans, are added during
processing to make it detectable by sense of smell.
Thermal conductivity is the property that enables the
detector on a chromatograph to quantify the amount of
each component in a gas mixture. Simply stated, it is
the ability of a substance to conduct heat. Thermal
conductivity usually decreases with increasing particle
size. For this reason, helium makes a good carrier gas
for gas chromatographs. Its molecules are very small,
allowing it to effectively draw heat away from the detector.
HEATING VALUE
The Btu, or British thermal unit, is a measure of the energy
produced by burning natural gas. A Btu is equal to the
amount of heat required to raise the temperature of one
pound of water one degree Fahrenheit at 62º F. The Btu
may be expressed as dry, wet, or as delivered. The dry
Btu calculation assumes that there is no water vapor in
the gas. As might be expected, the wet Btu is calculated
on the assumption that the gas is saturated with water
vapor at standard conditions (60º F and atmospheric
pressure). Hence, the wet Btu is less than the dry Btu.
The as delivered or actual Btu is calculated by accounting
for the actual amount of water in the gas based on
delivery conditions. The Btu factors of the individual
components in natural gas increase with the number of
carbon atoms. The table in Figure 1 illustrates the Btu of
the most common components in natural gas.
The inerts commonly found in gas, carbon dioxide and
nitrogen, do not participate in combustion and contribute
no heating value or Btu to a gas.
Water vapor, though it does not burn, has a heating value
as defined by this industry. Water vapor has a heating
value of 50.4 Btu per standard cubic foot.

COMPRESSIBILITY

GAS LAWS

Compressibility is a measure of a real gas’s deviation
from ideal gas behavior. Real gases behave like ideal
gases at low pressures and high temperatures. Because
they deviate significantly at high pressures and low
temperatures, the deviation should be accounted for
when calculating Btu.

Accurate measurement of natural gas must take into
account a variety of gas laws involving relationships
between temperature, pressure, and volume. Pressure
is defined as force per unit and is commonly expressed
in a variety of ways including psi, atmospheres, bars,
mm of Hg, inches of water, and pascals. The quantitative
relationship between volume and pressure is summarized
by Boyle’s Law which states that the volume of a sample
of gas varies inversely with the pressure under which it
is measured, given a constant temperature. If the
pressure is doubled, the volume is reduced by half. If
the pressure is cut in half, the volume is doubled. Charles’
Law states that the volume of a sample of gas varies
directly with the absolute temperature, given a constant
pressure. Absolute temperature is measured in degrees
Kelvin and starts with absolute zero, representing a
complete absence of heat. Thus, on the Kelvin scale,
the freezing point of water is 273ºK and on the Celsius
scale, absolute zero is -273ºC. If the absolute
temperature of a gas is doubled, its volume will double.
Combining Boyle’s Law and Charles’ Law results in a
single expression known as the Combined Gas Law
Equation:

An ideal gas is one that obeys the Ideal Gas Law — it
occupies half its initial volume at twice the initial pressure
and twice its volume at twice its (absolute) temperature.
REACTIONS AND PROCESSES INVOLVING NATURAL
GAS
Under normal conditions, the hydrocarbon components
in natural gas are unreactive because saturated carbons
form chemically stable molecules. However, at high
temperatures and in the presence of oxygen, alkanes
will undergo combustion, giving off heat in the process.
This capacity to produce heat, otherwise known as
heating value, is what makes natural gas and crude oil
two of the most precious energy sources in the world.
The two major by-products of combustion, water vapor
and carbon dioxide, also occur naturally as individual
compounds.
Other reactions and processes include corrosion, hydrate
formation, and condensation. Corrosion is the process
in which metals are oxidized in the presence of moisture
or some other corrosive agent such as carbon dioxide
or hydrogen sulfide. The degree of corrosion in pipelines
can be significantly reduced by removing these
components from the gas during production. The
removal of water vapor (dehydration) is commonly
accomplished by bubbling the gas stream through a
vessel containing a chemical, such as glycol, which has
an affinity for water. Similarly, carbon dioxide and
hydrogen sulfide are removed by passing the gas through
chemicals, such as amine, that have an affinity for each
of them.
Natural gas hydrates are solids that form from natural
gas molecules and water. The water molecules form a
honeycombed structure with a molecule of one of the
natural gas components occupying each void. Because
these solids are denser than water ice, their formation is
favored at higher pressures. They are favored so much
to the extent that natural gas hydrates may form at
temperatures up to 70º F. Like liquids, they interfere with
the flow of gas and cause operational problems. One of
the places hydrates often form is in the sensing lines to
the orifice recorder. When formed in these lines, hydrates
cause incorrect recording of the differential pressure. This
is what is often called meter freeze and is a major cause
of measurement errors.

Boyle’s Law
Charles’ Law
Combined Gas Law

P1V1 = P2V2
V1/T1 = V2/T2
P1V1/T1 = P2V2/T2

Based on Avogadro’s Law, equal volumes of gases, at
the same temperature and pressure, contain the same
number of molecules. A standard molar volume of an
ideal gas is 22.4 liters per mole at STP (standard
temperature and pressure, 0ºC and 1 atm.).
According to the kinetic theory, gas pressure is caused
by molecular collisions with the walls of the container.
Therefore, the larger the number of molecules per unit
volume, the greater the number of collisions and the
higher the pressure. The average kinetic energy of the
molecules is also proportional to the absolute
temperature.
While the molecules are at rest at absolute zero, at high
temperatures, the molecules move at increasing speeds
resulting in higher pressures. Combining these concepts
into one equation produces what is known as the ideal
gas equation:
PV = nRT
where P = pressure (atmospheres)
V = volume (liters)
N = number of moles
R = the ideal gas constant (.08206 liter atm/ºK mol)
T = temperature (degrees Kelvin)
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CONCLUSION
Natural gas measurement and processing is based
largely upon the fundamental principles of chemistry and
physics. The intent of this presentation was to bring forth
some of the basic concepts helpful to personnel involved
in the industry.
Carbon Number

Name

Btu @14.696 psia and 60ºF

1

Methane

1010.0

2

Ethane

1769.7

3

Propane

2516.1

4

Iso-butane

3251.9

5

N-butane

3262.3

6

Iso-pentane

4000.9

7

N-pentane

4008.9

8

Hexane

4755.9

FIGURE 1

PAGE 64

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

Steve Whitman

TECHNIQUES FOR NATURAL GAS COMPOSITE SAMPLING
Kris Kimmel
YZ Systems, Inc.
3101 Pollok Drive, Conroe, TX 77303

INTRODUCTION
Since a gas sampling system can be referred to as a
“cash register” it is very important that the correct
sampling method be selected and the appropriate
industry standard be followed. Methods reviewed by this
paper will include spot sampling, composite sampling,
and on-line chromatography. In addition, Gas Processors
Association (GPA) 2166-86 and American Petroleum
Institute (API) 14.1 will be described.
Natural gas is sampled to determine quality for custody
transfer applications, balance a plant process, or gathering
system. In the late 1970’s most natural gas custody
transfer contracts used gas volume (MCF) for the units of
measure. In 1978 Congress passed the Natural Gas Policy
Act in an attempt to deregulate the natural gas industry.
This act dictated that natural gas should be purchased or
sold based on energy content. Today natural gas is
purchased based on the amount of energy delivered. The
quantity of energy delivered is calculated by multiplying
the gas volume per unit time by the energy value (BTU)
per unit volume. A gas chromatograph is typically used to
identify individual components of the sample and their
quantity, thus determining quality of the sample taken.
Correctly obtaining, transporting and analyzing the sample
is crucial to the accuracy required for custody transfer of
this product.
Natural gas sampling can be accomplished using several
different methods. The most common method, spot
sampling (depicted in GPA 2166-86), involves manually
filling a sample cylinder connected to the center of the
pipeline by a probe and separator. The entire volume of
gas that has flowed between sample periods is evaluated
for its quality with that one sample or “snapshot in time”.
It is obvious why this method is used only in gas streams
that are extremely constant in volumetric rate and
composition.
In locations where high volumes of gas are transferred,
it is common for on-line chromatographs to be utilized
in determining the composition of the flowing gas stream
in a real-time manner. Special temperature compensating
regulators are utilized to supply a constant representative
sample from the center of the pipeline to the
chromatograph.
However, many other applications have volumetric flow
rates, which cannot justify the cost of an on-line analyzer,
but require the same accuracy for custody transfer. These
applications require the use of an automatic composite

sampling system. These systems take periodic samples,
based on time or volumetric flow rate, to create a
composite sample which best represents the true
composition of the gas stream during the sample period.
The sample is stored in a sample cylinder and transported
to a laboratory where its composition and quality are
determined by gas chromatography. The advantages of
these systems are their accuracy, low cost, simplicity in
design and minimum amount of maintenance required
to keep them operating.
Our task is to determine “What technique of sampling
best fits the application, and what is the proper
installation and operation of said equipment for an
accurate sampling program?” Improperly applied or
installed equipment and poor sampling methods can
cause BTU variances worth thousands of dollars.
SPOT SAMPLING
In 1986 the Gas Processors Association (GPA) issued a
revision of the standard 2166-86 “Obtaining Natural Gas
Samples for Analysis by Gas Chromatography” A total
of 1050 samples were collected and analyzed resulting
in nearly 70,000 data points. Eight sampling methods
were evaluated for their impact on the components of
common natural gas.
The standard determined that “good samples” could be
obtained using any of the eight methods, provided
extreme care is taken while the samples are being
obtained. A brief description of each method…
Fill & Empty: requires sample line separator, sample
cylinder, extension tube, appropriate valves and gauges.
This method involves purging the sampling apparatus,
then repeatedly filling and emptying the apparatus. The
number of cycles is line pressure dependent.
Controlled Rate Method: requires the same apparatus
as Fill & Empty method with the addition of a flow tube
plug (orifice) in the extension tube. This method allows
for a controlled flow of sample through the apparatus
for a specific length of time. The amount of time varies
depending on line pressure at the sample source.
Evacuated Container Method: requires an evacuated
sample container with a pressure of 1 mm Hg or less.
Instead of an extension tube this method requires a vent
tube installed between the sample source and the sample
cylinder. After a careful purge procedure the cylinder is
filled with natural gas.
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Reduced Pressure Method: similar to Evacuated Cylinder
method. This method is not recommended when line
pressure is below 100 psi.
Helium “Pop” Method: Begin with an evacuated cylinder
(1 mm Hg). Carefully fill sample cylinder with Helium
(approximately 5 psi). Use the same sampling
configuration as the Evacuated Cylinder method. After
purging the sampling apparatus, the cylinder is filled to
line pressure. This method requires a separate
determination for helium to calculate the correct BTU
content.
Glycol or Water Displacement Method: A sample cylinder
filled with clean glycol or water and a vessel to measure
the displaced liquid are required for this method. Carefully
purge the sampling apparatus. Open sample source,
slowly open outlet valve allowing displacement of fluid.
Close outlet valve as soon as gas can be seen or heard.
The source gas must displace all fluid during sampling.
Floating Piston Cylinder Method: This sample cylinder
has a piston that creates a precharge chamber, and
sample chamber. Fill the precharge chamber with an inert
gas (slightly above line pressure). Carefully purge the
sampling apparatus. Slowly open the outlet valve
allowing the sample to displace the piston and fill the
cylinder. The amount sampled should not exceed 80%
of the cylinders capacity.

COMPOSITE SAMPLING SYSTEMS
These are the major considerations of a composite
sampling system installation and its operations:
•
•
•
•
•
•

Locating the right sample point / sample probe.
Choosing the proper sample system
configuration.
Components of the sampling system.
Controlling the sampling system.
Sample cylinder selection.
Operational training.

Each of the components must receive proper attention
or the results of the sample may be compromised.
LOCATING THE RIGHT SAMPLE POINT
In all sampling applications, no matter what the product,
it is important that the sample probe be in a location
that best represents the product to be sampled. In natural
gas sampling, we are only interested in the composition
of the flowing stream that is in a gas phase. If the sample
probe is in an improper location, the sample entering
the system may not be representative and the end
analysis in the lab may be inaccurate. The sample point
should be top center mounted in a straight and horizontal
pipe section. It should be five pipe diameters away from
orifice plates, pipe bends, fittings, valves or other
restricting devices that create turbulence.

ON-LINE CHROMATOGRAPHY
An on-line gas chromatograph (GC) can provide almost
real time measurement of the natural gas. Unlike
calorimeters, which only give us energy value, a GC also
gives us the compositional makeup of the gas. This
additional information is fed into a flow computer and
used in the AGA 8 supercompressibility equation, which
is then used in the volumetric calculation.
Because the GC is on-line it is able to run an analysis of
the flowing gas every few minutes and supply the flow
computer with up to date data. Most on-line analyzers
can also provide other important information, such as
archived data (hourly, daily, or monthly averages for BTU
or gas compositions etc.), and limit alarms for component
concentrations that may go out of a specified range. OnLine Gas Chromatographs (GC’s) have been widely used
when rigid custody transfer standards are needed for
natural gas trading, and when gas specifications need
to be monitored closely.
Gas chromatography is a scientific method in which a gas
sample is separated into its component parts for
measurement. The gas chromatograph consists of
subsystems that inject the sample, separate the sample,
detect the components, integrate the peaks, and report
the results. The injection, separation, and detection all occur
in the heart of the GC known as the GC oven. The integration
and calculation of results are done in the controller, which
can be considered the brains of the system.
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When liquids are present in the piping, turbulence can
create aerosols that are a mixture of liquids and gases
flowing together. As mentioned before our only interest
is to sample the flowing stream in a gas phase. The liquids
that create the aerosol can be present along the bottom
or upper circumference of the pipe wall. Areas of
turbulence cast these liquids into flight where they mix
with the flowing gas to create a mist or aerosol. If our
sample point is located in or close to this region, the
aerosol will be sampled and stored in the sample cylinder.
If these mists are included with the sample, the analysis
may be inaccurate.
CHOOSING THE RIGHT SAMPLE PROBE
Once the best sample point has been selected, the next
consideration is the type of probe to be used. Two types
of probes are commonly used, the single flow and dual
flow probes. The inlet of any probe must be located in
the center 1/3 of the pipe. This will ensure that the sample
taken will be from a region of representative flow, and
avoid sampling any liquids that may be present along
the bottom or upper circumference of the pipe wall.
The single flow probe consists of a 316 stainless steel
probe, cut at a 45 or 90 angle on the end, and welded or
machined integrally with a male threaded nut. In
composite sampling, a means must be provided for
purging the volume of gas residing in the single flow
probe before the sampling cycle begins. To achieve this,

some sampling systems either bleed gas continually to
the atmosphere, or to a low pressure source, ensuring
the probe is purged before the sampling cycle begins.
PROPER SAMPLE SYSTEM CONFIGURATION
Composite sampling systems are normally configured
in one of two ways. They may be mounted on a leveling
saddle, or if areas of vibration are a concern, mounted
on a freestanding pole next to the pipeline. This
configuration utilizes a dual flow probe. Or the sampling
systems can “probe mounted.”
“Probe Mounted” sampling systems are close coupled
with the single flow probe, and are designed to use the
entire volume of gas in the probe as an actuation source
to power the sampling system. When the actuation gas
is exhausted, the next sample is removed from the
purged probe to reside in the pump, awaiting the next
actuation. This process is called “self purging”; meaning
the entire volume of gas in the probe is used and replaced
before each sample is taken.
The dual flow probe is designed to create a slipstream
loop for a continuous supply of representative sample
gas from the middle 1/3 of the pipeline. It requires only
one threaded coupling on the pipeline for the inlet and
return of the probe. The dual flow probe consists of a
stainless steel probe that extends to the center 1/3 of
the pipeline, and a return port located at the bottom of
the probe body. The dual flow probe works by using the
differential pressure created between the sample point
located in the center 1/3 of the pipeline, and the return
port at the bottom of the probe body inside of the treaded
coupling. This pressure imbalance creates a slipstream,
which provides a constantly moving supply of fresh
representative sample gas, from the middle 1/3 of the
pipeline to the sampling systems manifold. Tests have
shown that the probe penetrating the center 1/3 of the
pipeline, if bent 90 degrees and facing the flowing gas,
may increase the velocity of the slipstream and ensure
its direction of flow.
“Probe mounted” composite sampling systems are
configured to mount directly on the pipeline. This
eliminates the need for a dual flow probe because the
system comes complete with a single flow sample probe
and isolation valve as integral components. Because the
sample pump and pipeline are closely coupled, only a
small volume of gas occupies the integral probe that
needs to be purged. Additionally, no external tubing
exists for the sample gas to flow through to the sampling
system. There is concern that the exposed tubing, used
to interconnect a dual flow probe with the sampling
system, may provide a means for heavy components in
the slipstream to condense due to chilling of the tubing
under specific ambient temperature conditions. Loss of
these components could have an effect on the integrity
of the sample.

It is important to mount the sampling system vertically
above the sample point to prevent the flow of liquids
into the system. Also, if the sampling system is to be
mounted on a leveling saddle or pole, it should be
mounted as close to the sampling point as possible with
no traps or right angles in the slipstream tubing.
COMPOSITE SAMPLING SYSTEM COMPONENTS
Most composite sampling systems contain these
components:
•
•
•
•

Manifold / Probe Body
Sample Pump
Filter / Regulator
System Controller

The sample pump is the component that pumps the
sample in specific volumes into the sample cylinder. The
sample volume can be changed to accommodate
different size sample cylinders and sampling periods. In
a probe mounted automatic sampler, the sample pump
is powered by natural gas supplied through a low
powered solenoid valve that is normally closed. When
energized, natural gas flows from the probe body, through
the regulator and solenoid valve, to actuate the pump.
A filter/regulator is integral with the system to regulate
the pump actuation gas. The regulator has a filter and
pot to remove any particulate and moisture from the
pump actuation gas. It is important for the regulator to
be located downstream of the pump sample inlet on the
manifold, so the pressure drop will not affect the integrity
of the sample.
The manifold and probe body each provide points of
entry to the sample pump, and for sample discharge to
the sample cylinder. A purge valve is integral with the
manifold and probe body that provides communication
between the sample cylinder and the inlet of the sample
probe. The purge valve provides a means for purging
the ambient air and stagnant gas in the sample probe
and related tubing, manifold, and sample cylinder before
the start of a sample period.
The enclosure that houses the sampling system must fit
the extremes of the environment it will be placed in.
Offshore and marine applications should have an
enclosure that is resilient to corrosion. This is also true
of the sampling system components. Not only should
they be compatible with the gas they are sampling, but
also with the environment they are operating in.
CONTROLLING THE SAMPLING SYSTEM
A composite sampling system controller determines
when a sample should be taken, and activates the system
based on pre-set parameters. The type of control utilized
is dependent on the flow conditions of the stream to be
sampled. In all flowing condition, the sampling system
must be “proportional-to-flow”. Four typical flow
conditions are:
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1. Continuous flow / constant volumetric rate.
2. Intermittent flow / constant volumetric rate.
3. Fluctuating volumetric rate w/electronic
measurement.
4. Fluctuating volumetric rate w/out electronic
measurement.
In applications where the volumetric rate does not
change, and the flow is constant, a sampling system
with a simple re-cycling timer is sufficient to be
proportional-to-flow. In this mode, the controller will
activate the sample pump at predetermined time intervals
over the entire sampling period. Based on the pump
displacement and sample cylinder volume, a “time
between strokes” can be selected and programmed into
the controller which will bring the sample cylinder to line
pressure at the end of the sampling period.
In applications where the volumetric rate is constant,
but the flow starts and stops, a sampling system with a
simple re-cycling timer and an “on-off” switch, is
sufficient to be proportional-to-flow. The “on-off” switch
senses differential pressure at the orifice plate in the
meter. When differential pressure is not present, the
controller is interrupted. When differential pressure exists,
the controller is allowed to operate the sampling system.
Operating in this manner is considered to be
proportional-to-flow, and not sampling a stagnant nonmoving stream.
Some applications have a volumetric flow rate that
fluctuates the entire range of the meter setting, while
the flow starts and stops. In this scenario, the sampling
system will need to change the rate at which it samples,
and stop when flow ceases in order to be proportionalto-flow. This type of sampling system has a controller
that will accept a proportional-to-flow signal input from
a flow computer. A simple calculation can be used to
determine the sample rate needed to bring a sample
cylinder to line pressure during the sample period.
If there is no flow computer to provide the flow signal, or
the sampling system cannot be interfaced with the flow
computer, some sampling systems can provide their own
differential pressure transmitter as a part of the sampling
system. The differential pressure is measured and
converted into an analog flow signal to drive the sampling
system proportional-to flow. The advantage to these
systems is that they stand alone, and require no interface
with a flow computer or external power.

sampled gas at line pressure until it is analyzed. This will
ensure that all constituents present in the sample, in a
gas phase, will remain in the sample and not condense
due to retrograde condensation.
The floating piston sample cylinder is equipped with
rupture discs and purge valves. The interconnecting
tubing between the sampling system and any sample
cylinder should be as short as possible to eliminate dead
space. The Gas Processors Association (GPA), standard
2166-86 contains procedures for purging and cleaning
the cylinders. Department of Transportation (DOT)
regulations govern the design, manufacture, and
transportation of these cylinders. Every effort should be
made to comply with these regulations.
API 14.1
This standard details requirements and procedures
required to correctly collect and handle natural gas
samples for custody transfer. A particular emphasis is
placed on the impact of hydrocarbon dew point to the
overall accuracy and success of your sampling program.
Accurate sampling from gas streams with temperature
at the hydrocarbon dew point temperature is more
difficult than sampling from streams with temperatures
above the hydrocarbon dew point temperature.
If any part of the sampling process causes the sample
to fall below the hydrocarbon dew point, scattered and
biased analytical results and non-representative samples
are likely to result. In order to avoid this problem, the
sample gas temperature must remain above the gas
hydrocarbon dew point during sampling. This can be
accomplished by heating sample probes and by heat
tracing lines, regulators and sample cylinders or by
employing some other means of delivering heat to the
fluid in the sampling system.
Due to the uncertainty in measuring or calculating the
hydrocarbon dew point, it is recommended that the gas
being sampled be maintained at 20-50oF (11-28oC) above
the expected hydrocarbon dew point throughout the
sampling system. If ambient temperatures are above the
hydrocarbon dew point, heating may not be required.
When the sampling process involves a pressure
reduction, provide sufficient heat at or prior to, the point
of pressure reduction to offset the Joule-Thomson effect
(approximately 7oF (3.9 oC) per 100 psi of pressure
reduction.

SAMPLE CYLINDER SELECTION
OPERATIONAL TRAINING
One of the most critical aspects involved in composite
sampling is the proper use and selection of the sample
cylinder. There are two types of sample cylinders
commonly used. The constant volume and the floating
piston sample cylinders. The constant volume cylinder
is typically used with “dry gas”, and the floating piston
cylinder is used with gas having a high BTU content or
“wet gas”. The floating piston sample cylinder keeps the
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The scope of any sampling program should be well
defined. Technicians responsible for installing the
sampling system, gathering the samples and conducting
the analysis should be well versed in their tasks. A lapse
in any step of the process could skew the results. If any
doubt exists regarding the proper use of composite
sampling systems and their ancillary equipment, most

manufacturers offer operational training and technical
assistance.

David Anders, “Energy Measurement Utilizing On-Line
Chromatographs”, Proceedings of the International
Hydrocarbon Measurement Short Course, 2001.

CONCLUSION
Obtaining a sample is easy. However, obtaining an
accurate sample that is representative of the flowing
stream is a challenge. The process requires use of the
proper method, selecting the correct equipment, and
attention to detail.

Gas Processors Association, 2166-86. Obtaining Natural
Gas Samples for Analysis by Gas Chromatography.
American Petroleum Institute, Chapter 14 section 1.
Collecting and Handling of Natural Gas Samples for
Custody Transfer, Fifth Edition, June 2001.
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TECHNIQUES OF COMPOSITE GAS SAMPLING
David J. Fish
Welker Engineering Company
P.O. Box 138, Sugar Land, TX 77487

INTRODUCTION

GAS SAMPLING

The level of interest in effective and accurate gas
sampling techniques is currently at a very high priority
within the natural gas industry. With the fluctuating ranges
in natural gas prices, exploration interests, profitability,
deregulation and consolidation of the work force,
recoverable revenue must be accounted for. At large
volume delivery points, a 3-5 BTU error in energy
determination can cost companies tens of thousands of
dollars within a very short time period. Accurate sampling
techniques must be implemented with equal interest as
is given to accurate volume measurement. MMBTU is
the total of volume and energy. Sampling is the energy
determination delivery system for this equation.

The definition for sampling from the Gas Processors
Association publication GPA 2166-86, is as follows, “The
object of any sampling procedure is to obtain a
representative sample of hydrocarbon from the system
under investigation. Any subsequent analysis of the
sample regardless of the test, is inaccurate unless a
representative sample is obtained.” And, from ISO10715, a representative sample is, “A sample having the
same composition as the material sampled, when the
latter is considered as a homogeneous whole.” API 14.1
offers a similar statement in the latest revision, “a
representative sample is compositionally identical or as
near to identical as possible, to the sample source
stream.” These standards are the most common
referenced on Gas Sampling procedures, along with the
AGA Gas Measurement Manual, Part No. 11, Section
11.3 and ASTM 5287-97.

Proper knowledge and correct implementation of the
primary methods of sampling will provide a quality
minded sampling program for the measurement
personnel in natural gas companies.
The amount of hydrocarbon product that is transported
between producer, processor, distributor and user is
significant. To be able to verify the exact composition of
the product is important from an economic and product
treatment standpoint. A small percentage of savings
made by correctly determining composition will quickly
recoup the investment made in the purchase of a system
designed to obtain an optimum sample. In addition, if
the best sampling procedures are followed, the potential
for disputes between supplier and customer will be
greatly reduced. The importance of properly determining
hydrocarbon gas composition, benefits all parties
involved and will achieve greater significance as this
precious commodity becomes less plentiful and more
expensive.
Sampling is an art. It begins with the proper selection of
the method and procedure for a given location. Then
comes the correct selection of the equipment to be used
for that installation. Proper installation and operation of
the chosen apparatus will determine whether a
representative sample is taken. The technician should
be trained in the procedures that will be used and how
to carry out the entire sampling operation. A solid
understanding of the rules and regulations surrounding
the transportation of the collected sample, will assure
compliance with rules. The end result will be an accurate
and repeatable sampling procedure to provide a
representative sample to the laboratory and an analysis
that can be trusted as correct.
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Proper sampling is fundamental to the correct
determination of the product composition. In a majority
of cases, the sample is also the source for the
determination of the specific gravity of the gas. This figure
is a critical component of the flow formula, from which
we derive the product quantity. An error in sampling
effects both quality and quantity, and ultimately,
profitability.
Natural Gas sampling has been performed for years with
techniques handed down from generation to generation.
Many of the older methods are not sufficient to meet
today’s requirements of accuracy and repeatability;
however, standards have been developed to reach
toward these demands. The most widely known
standards are GPA-2166-86 and ISO-10715. API has
produced a revised API 14.1, which was published in
June, 2001. This new standard has already generated
significant interest in proper sampling techniques, due
to a large volume of data produced during the revision
work.
Proper maintenance of all sampling equipment is vital to
the operations of all sampling methods. A review of
relative sampling standards and the manufacturer’s
operation, installation and maintenance manuals, is an
important step the total accurate sampling process. Dirty
or poorly maintained sampling apparatus will adversely
affect the final results and profitability of the gas
company’s operation.

SAMPLING COMPONENTS
Sampling can be accomplished by primarily three
techniques; spot, continuous composite or continuous
on-line sampling systems. Our concern in this paper is
with the composite sampler system. The various
components of a composite sampling system deserve
individual consideration before the sampling system is
installed and initiated.
Regulators - Composite Samplers use instrument
regulators for instrument supply only. A composite
sampler main body should be designed to operate under
full line pressure so that the process is not regulated in
pressure prior to the sample being taken. The regulator
should be capable of handling the full line pressure and,
the gas composition and contaminants
Relief valves - Regulators should have a relief valve
installed downstream, if the equipment downstream is
not able to withstand full upstream pressure. Most
sampler actuators need a regulated and protected
instrument supply. Regulators will not always give a
guaranteed shut-off and their lock-up pressure will climb
to a dangerous level should there be failure to attain a
good shut-off as a result of seal damage, diaphragm
damage or impurity build-up on working parts and
sensing lines.
Valves - If shut-off/isolation valves present a restriction
that causes a pressure drop, it is possible that
condensation could occur. When used with a collection
cylinder it is important that there are no leaks from the
gland. Light ends will be the first to leak off, thereby
causing the sample to be over-represented with heavy
ends. It is wise to use valves with soft seals to give a
positive shut-off. Large orifice valves should be used,
as restrictive valve paths can cause fractionization of
the sampled gas.
Filters - Filters should be carefully chosen, if used at all.
It is not wise to filter the pipeline gas prior to taking the
sample, as alteration of the gas is a possibility. A filter
on the instrument supply, downstream of the sample grab
point, is acceptable.
Pipework - Should be as short and as small in diameter
as possible. It will help maintain the sample integrity. Probe
and lead lines to continuous samplers should slope back
towards the pipeline. All connections must be leak tight!
Heating Elements - There is sufficient evidence to show
that heating all components of a sampling system is
frequently a prudent step in having a reliable and accurate
sampling system. The hydrocarbon dew point of a natural
gas stream is a critical issue in obtaining a representative
gas sample.
Probes - The use of a probe is imperative in proper
sampling. Without the use of a probe, an accurate sample
is not likely to be taken. The probe may have a bevel or

be cut flat across the end. The probe itself is typically 3/
8 inch tubing, but can be larger in some cases. The probe
should be equipped with a full open ball valve or gate
valve, or large ported valve. Do not use a metering valve
or small orifice valve. The probe design must be checked
for wake frequency and bending moment calculations,
to insure that it is structurally sound in design. The correct
placement is at the top of the pipe, into the center one
third or at least 200 mm (8 inches) for larger diameter
pipes; in an area of minimum turbulence, that is to say,
away from headers, bends, blow-down stacks, elbows,
traps, valves, etc. Turbulence will stir up the contaminates
that usually reside at the bottom of the pipeline and are
therefore not normally part of the gas stream. By having
the probe at a point of turbulence these contaminates
will be taken into the sample, thereby providing a sample
that is not representative. Probe placement should be in
a flowing and non-turbulent spot in the pipeline.
Sample Pump - These pumps are, of course, needed to
extract the sample from the line and transfer the sample
to the analyzer or collection cylinder. They should have
the capability to be able to extract the sample under
flowing conditions, maintain a consistent discrete size
of sample, take a fresh purged sample every time and
have the ability to be controlled by a timer or proportionalto-flow controller. This forms the heart of the continuous
gas sampling system. If the pump or sampler is unable
to perform all these functions, a representative sample
will not be taken and the sampling exercise will be flawed.
Pumps can be either pneumatic or electric. The safety
requirements of the electrical components such as
motors and solenoid valves and the environmental
protection rating, dictate careful selection and
compliance with applicable codes. The selection options
may well be limited if electrical components have
requirements which are incompatible with the use of
standard components elsewhere in the system.
Sample Cylinders - Used for the collection of gases
and light liquid hydrocarbons, sometimes called “sample
bombs”. The cylinders come in two forms; one is a plain
single cavity cylinder with a valve at each end, and the
other is known as a Constant Pressure Sample Cylinder,
which takes the form of a closed end cylinder with an
internal piston. Using the Constant Pressure Cylinder the
sample can be collected at a pressure above the vapor
pressure of the light ends. By having the piston at the
end of the cylinder, the need for excessive purging is
eliminated. Pulling a vacuum in the sample cylinder
(which is often destroyed by technicians) or using the
water outage method is not necessary. The hook-up is
simple and straightforward making the operation easier
for technicians and minimizing the possibility of an
incorrect sample being taken.
The need for maintaining the gas at full line pressure
from beginning to end has been recognized as a positive
feature for several years. Any reduction in pressure and
change in temperature from the line condition at the time
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of sample, was deemed to alter the gas analysis in almost
every case. Only low BTU gas (1000 BTU and below)
seemed to possibly escape alteration.
Then, once the cylinder is in the laboratory, a gas supply
can be connected to the pre-charge side equal to the
pipeline pressure. As the sampled gas is injected into
the chromatograph, the piston is being pushed by the
pre-charge gas. While the cylinder is being emptied, full
pressure is being maintained and the gas composition
is not being altered as a result of pressure reduction.
The cylinder can be stored, or sent to another laboratory
for confirmation, and when the remaining gas is analyzed,
it will give repeatable results, because the condition of
the gas is maintained by the constant pressure cylinder.
The cylinder is equipped with valves, safety reliefs and
gauges on both ends, and thus the pressure can be
controlled and monitored at all times on both ends. The
temperature is maintained just as with Standard Cylinders
i.e. heating blankets, ovens, or water baths.
The Constant Pressure Cylinder also brings with it,
additional safety in handling the sample. No longer do
you have to purge the cylinder and vent large amounts
of gas to the atmosphere. A brief purge of the sample
line up to the cylinder is all that is required. The piston is
at the sample end of the cylinder when you commence
to fill, so there is no “dead volume” to purge.
Also, because of the design of the cylinder, with seals
on the end of caps, it cannot be over pressured to the
point of exploding. If the cylinder is over pressured, the
safety reliefs will allow the pressure to escape. In the
rare event that they fail to work the cylinder will swell
and the seals will stop sealing, allowing the product to
escape safely.
Constant Pressure Cylinders provide for accurate
sampling procedures, better sampling systems,
repeatability, safer handling, accurate analysis and
storage of samples as well as storage of gas and liquid
standards for the laboratory.
All updated ISO, GPA, ASTM and API standards and
committee reports, address the proper usage of Standard
and Constant Pressure Cylinders for the gas and liquids
industry.
Sample cylinders should be constructed with a material
that is compatible with the gas. For instance, H2S can
be absorbed into the structure of 316 stainless steel.
This will necessitate coating the inside of the cylinder,
otherwise the resultant sample will not be truly
representative.
Sample cylinders are normally protected with bursting
discs. They are less expensive and are lighter weight
than relief valves, though their proper selection and
replacement should have more importance than is
sometimes given them.
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With all of the notes on the various components should
go the comment which is one of the basic rules of
sampling. The materials of construction of the sampling
equipment that come into contact with the sample are
to be compatible with the product being sampled. It is
normally reasonably safe to use 316 stainless steel and
Viton elastomeric components. One should look for these
materials in selecting equipment, and ask questions of
suppliers about material selections.
HYDROCARBON DEW POINT KNOWLEDGE
An additional major factor in correct sampling procedures
is an awareness of the hydrocarbon dew point of the
gas stream being sampled. The importance of knowing
the HCDP is related to 1). The ambient temperature; 2).
The temperature of the equipment being used to collect
the sample; and 3). The temperature of the flowing
stream. The creation of liquids due to equipment design
and equipment temperature must be avoided.
Determination of the HCDP of the gas stream can be
done by the chilled mirror method or by the use of a
number of equation of state models for hydrocarbon dew
point determination. There are several programs available
such as Peng-Robinson or SRK. The variations of the
calculated results between different equations of state
are so wide, that it is strongly recommended to add 20°
to 50°F (11° to 28°C) to the answers. This is to assure
the operator that he is designing his sampling system
temperature requirements above the actual hydrocarbon
dew point.
COMPOSITE SAMPLING
Composite sampling is the proven middle ground
between spot sampling and the continuous on-line
analytical gas chromatographs.
A composite gas sampler or gas sampling system
consists of a probe, a sample collection pump, an
instrumentation supply system, a timing system (timed
or proportional-to-flow) and a collection cylinder for
sample transportation. Its sole objective is to collect and
store over a period of time or volume of flow, a
representative composite sample at line conditions,
allowing it to be transported to the laboratory for
repeatable analysis, without changing the chemical
composition, heating value, or physical characteristics
of the products being sampled.
This package will mount on a pipeline and collect
samples over a desired sample period unattended. For
the sake of illustration, a description of a common system
is provided here.
A probe should be installed which extends into the middle
1/3 of the flowing stream. This location should be chosen
to provide a representative sample of the gas stream,
thus devoid of stagnant gas, i.e. blowdown stacks, and
devoid of free liquids and aerosols, i.e. downstream of
piping elbows or orifice fittings which cause turbulent

flow. The probe should have a large ported outlet valve
to prevent fractionation, resulting in compositional
changes in the gas.
A self-purging sample collection pump designed to
operate under pipeline conditions should be located
above and as close to the probe as is practical and
possible. Filters, drip pots, screens, regulators and such
conditioning equipment shall not be placed between the
probe and the sampler, as this will affect the
representative nature of the sample which is taken. Inlet
check valves can also cause the gas to fractionate, due
to the restriction it causes in the line.
The sampler instrumentation source can be from the
pipeline itself (the most common installation) or from an
auxiliary instrument supply.
The timing system can be a simple function timer and
solenoid, a proportional-to-flow signal conditioner and
solenoid, or simply, a solenoid ready to be connected to
field RTU’s or other electronic devices capable of
providing the desired signal.

been tested against continuous on-line gas calorimeters
and gas chromatographs with + 1 BTU accuracy for the
total sample period, at considerably less cost and
maintenance than on-line GC’s.
TRANSPORTATION
The transportation of natural gas samples is a very
important issue for both the companies that are involved
and the individual personnel who are transporting the
samples. The United States Department of
Transportation (DOT), covers the transportation of
samples in CFR-49. Everyone involved in transporting
sample cylinders and other sampling apparatus, both to
and from sample collection locations, should be familiar
with the rules and regulations set forth in CFR-49.
As well as the safety issues, markings and forms that
are to be filled out for DOT purposes, other
considerations should be addressed as well. Among
these are:
•

The sample collection cylinder can be either a
conventional single cavity sample cylinder or the more
contemporary piston style, constant pressure sample
cylinder. As these cylinders will be transported, they
should meet design criteria such as ASME Section 8 or
carry approvals from recognized agencies such as D.O.T.,
DNV, Lloyds, etc. A typical system would include a 500ml
cylinder which would be used on a monthly basis to
contain 2200+ bites of .2 cc size during the sample
period.

•
•
•
•

Using the grab sampler, it is possible to obtain a
representative sample over a pre-determined period. It
is the only practical method for collecting a continuous
sample. The grab sampler will introduce a set volume,
taken in equal amounts to the collection cylinder over a
set period and is the preferred method when a
representative sample has to be taken over time.

•

It has the advantage of being able to measure precisely
a predictable amount over a given period when using a
timer, and can also take samples proportional-to-flow
when taking a modified signal from a flow meter.
In addition, the sample is taken from the flowing stream
at the system pressure and can be fed into the sampler
or sample cylinder at the flowing pressure; thus any
changes in composition is avoided.

•
•

Proper tagging of the cylinder for time, date,
location of the sample
Pressure and temperature of the pipeline source
Technician who took the sample
Method used to obtain the sample
Plugging of the valves and checking for leaks
prior to transport
Protection of the cylinder and sample apparatus
during transport, both to and from the sample
location
Temperature concerns during transport, both to
and from the sample location - if necessary or
required
Other company procedures that will assist in the
success of a quality sample being delivered to
the laboratory for an accurate analysis.

CONCLUSION
The methods, techniques, and designs of today’s
sampling systems should be considered by every
producer, shipper, buyer and end-user. Regardless of
the application or installation, there is a system which
meets your needs, and will effect your company in the
profit and loss column. Sampling and metering are the
cash register of your company. Sampling is an art!
Examine your methods, procedures and needs closely.

Another feature required of any sampler is that it should
not have areas or pockets where residue of previous
samples can accumulate and, must take a fresh grab or
bite of gas each time it samples.
This then describes a typical continuous composite
sampling system, which has been proven to provide a
representative sample for analysis. Such systems have
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OPERATIONS OF ON-LINE CHROMATOGRAPHY
Charlie Cook
Daniel Measurement and Control
Houston, Texas 77055

The following section describes and illustrates what takes
place in the GC oven.

INTRODUCTION
Since the early eighties it has become common in the
United States, and elsewhere in the world, for natural
gas to be bought and sold based on the amount of energy
delivered. The quantity of energy delivered is calculated
by multiplying the gas volume per unit time by the heating
value (BTU) per unit volume.
Gas chromatography is normally employed for the
calculation of the heating value. However, when the gas
chromatograph runs an analysis we not only get the
heating value, but other valuable information; such as
gas composition and relative density. This additional
information is used in the gas volume calculations. Gas
Chromatographs (G.C.s) have been widely used in
hydrocarbon processing facilities when high quality
product specifications are required, or when rigid custody
transfer standards are needed for natural gas trading.
Gas chromatography is a scientific method in which a
gas sample is separated into its component parts for
measurement. The gas chromatograph consists of
subsystems that inject the sample, separate the sample,
detect the components, integrate the peaks, and report
the results. The injection, separation, and detection all
occur in the heart of the GC known as the GC oven. The
integration and calculation of results are done in the
controller which can be considered the brains of the
system.

GC OVEN FOR C6+ NATURAL GAS APPLICATION
The GC oven is heated at a constant temperature (around
80C), and has a constant flow of carrier gas (usually high
purity helium) flowing through it. The carrier gas is used
for transporting the sample through the oven during the
separation process. The oven consists of three valves
and four columns, and a set of balanced thermal
conductivity detectors.
The first valve is the sample valve which is used for
injecting the sample into the system. The second valve
is called a backflush valve. The backflush valve is used
for backing out the C6+ heavies so that they can be
detected first without having to go through columns two
and three. The third valve is a dual column valve which
is used to trap the light components and allow the
medium components to go around column three.
Of the four columns the first three are made up of tubing
with special material inside called packing that is
designed to separate the gas into its different
components. The fourth column acts as a buffer to keep
the flow steady when the valves are switched. The
following steps illustrate the process taking place in the
GC oven.
GC OVEN ILLUSTRATION

This paper describes the basics of how a BTU analyzer
works. In a typical natural gas application the gas is
separated into eleven different components. Hexane’s
and heavier components such as heptane, octane, and
nonane are combined together to form a single peak
known as C6+. Because we separate up to these
components, we call this a C6+ application. Typical
ranges are as follows:
Component
C6+
C3
IC4
NC4
NeoC5
IC5
NC5
N2
C1
CO2
C2

Hexanes and heavier
Propane
Isobutane
Normal Butane
Neopentane
Isopentane
Normal Pentane
Nitrogen
Methane
Carbon Dioxide
Ethane

Range
(0-0.7%)
(0 -5%)
(0-1%)
(0-1%)
(0-1%)
(0-1%)
(0-1%)
(0-15%)
(0-100%)
(0-15%)
(0-15%)

Step 1: Start of an analysis. Sample valve (V-1) OFF,
backflush valve (V-2) ON, and dual column valve (V-3)
ON. The sample purging system maintains a sample in
the gaseous phase and passes the sample through
transport tubing to the sample valve and through the
sample loop.
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Step 2: The sample valve is turned ON to capture a
precise volume of sample, and to allow the carrier gas
(helium) to sweep the sample into column 1 to start the
analysis.

Step 3: The sample valve turns back OFF to start purging
the next stream. The backflush valve turns OFF reversing
the flow through column 1 so that C6 and heavier
components elute first (all combined as a single peak).
Note: By switching the direction of flow through column
1 we bypass columns 2 and 3. This helps to expedite
the analysis.

Step 5: Dual column turns OFF after trapping the lightest
components N2, C1, CO2, and C2. The medium
components bypass column 3 by going through the
restrictor column and follow C6+ to the detector. Once
again this helps speed up the analysis.

Step 6: After the heavy and medium components elute
to the detector the dual column valve is turned back on
freeing the light components and allowing them to cross
the detector next.
This ends the analysis and the next one is ready to begin.
Typical analysis time is 4 minutes.
QUALITATIVE AND QUANTITATIVE INFORMATION
In a gas chromatograph it is vital that three things never
change.
1. Oven temperature
2. Flow of carrier gas
3. Sample size

Step 4: C6+ (heavy) is on its way to the detector. Column
2 separates the mediums C3, C4’s and C5’s while the
lightest components N2, C1, CO2, and C2 continue
traveling through column 2 into column 3
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By keeping these three things constant we are able to
run continuous analysis that repeat within ±.5 BTU / 1000
BTU’s (±.25 BTU / 1000 BTU’s when installed in a
temperature controlled environment). By knowing this
time (Retention Time) we can program the controller and
have it identify the peaks as they come out. This
identifying of the peaks is known as qualitative
information.

To find out quantitative information we use a set of
matched thermal conductivity detectors (TCD’s)
integrated in a bridge circuit. One detector is the
reference and is only exposed to the carrier gas. The
other is called the measure detector and is exposed to
both the carrier and the separated sample components.
When carrier gas is flowing across both the reference
and measure detectors at the same time the detector
bridge is balanced and no signal is generated. When a
component, other than carrier gas, is going across the
measure detector the bridge is not balanced and a signal
is generated, amplified, and sent to the controller. This
raw signal is integrated by the controller which then
calculates a raw area. A raw area is calculated for each
peak (see Figure 1).

Mole % of Sample = Raw Area / RF
Mole % ethane = 200 / 20 = 10%
Note: Realistically the Raw Area for the different
components will typically be in the thousands.
BTU CALCULATIONS FROM MOLE PERCENT
After the controller has calculated the mole percent of
each component, it normalizes the components so that
the summation of all mole percentages equal one
hundred. A simplified example of normalization using only
four components instead of eleven is as follows:
Measured component
N2
0 .99%
C1
89.1%
CO2
0.99%
C2
7.92
Totals 99%

Normalized Component
1.0%
90%
1.0%
8.0%
100%

To normalize mole %:
CONCNn = (CONCn / CONCt) X 100
Where:
CONCNn = Normalized concentration of component n
CONCn = Measured concentration of component n
CONCt = Measured total concentration of components
FIGURE 1. Chromatogram

Raw areas are calculated by integrating the area under
each peak. Each raw area is directly proportional to the
component concentration
During a calibration raw areas are divided by the known
calibration concentrations and response factors (RF) are
calculated. Each response factor is only changed during
a calibration. The following formula shows how a
response factor is used for calculating the mole percent
of a sample stream component.

After the mole percentages have been normalized the
controller multiplies each of these percentages by a
corresponding BTU value often taken from an internal
table (GPA 2145). From the individual BTU calculations
for each component the controller can then do a
summation and calculate a total BTU per cubic foot of
gas. This is an uncorrected or Ideal BTU value. To get a
corrected or Real BTU value the controller multiplies the
Ideal BTU by the compressibility factor. Figure 2 shows
the results from an analysis report.

Response Factor = Raw Area / Calibration
Concentration
Mole % of component = Raw Area / Response Factor
The following is a simplified example of how the response
factor is calculated and then used in the stream analysis.
Given: Calibration was run and a raw area for ethane
calculated by the controller is 100.
Given: The calibration gas had a molecular concentration
of 5% ethane in the bottle (this was programmed into
the controller).
RF = Raw Area / Calibration Concentration
RF = 100 / 5 = 20
Given: Sample stream gas is run, and the raw area
calculated by the controller is 200.

FIGURE 2. Analysis Report

The analysis report gives the BTU values as well as gas
composition, and relative density which can be used for
volumetric calculations.

What is the quantity of ethane in the sample stream?
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CONCLUSION
Gas Chromatographs have been used for process and
BTU measurement for many years. They have proven to
be an accurate and reliable source for gas energy
measurement needs. During the gas analysis the
chromatograph uses columns to separate the gas into
its constituents, and uses thermal conductivity detectors
to quantify the mole percentage of each component
present. A BTU value is then calculated for each
constituent based on this mole percentage. By summing
up these individual values we can find the total BTU value
of the gas.
GLOSSARY:
1. Carrier Gas – the gas supply, regulated to a specific
pressure, which carries the sample through the
columns to the detector. The most common carrier
gas used for natural gas applications is pure helium.
2. Columns – various tubes or capillaries mounted in a
chromatograph oven that are packed with solid
material, combinations of liquid and solid material,
or liquid material.
3. Analytical valves are installed in the chromatograph
oven both to inject a sample for analysis and to divert
it or its separated components as per the application
schedule (timed events).
4. Detectors are devices or assemblies of instruments
that transmit electronic signals proportional to the
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concentration of a component. The Thermal
Conductivity Detector (TCD) is the most widely used
detector for natural gas analysis.
5. A Calibration cylinder is used as the basis of
comparison for the each of the components
measured on a stream(s). The components and
ranges blended in the cylinder are roughly
comparable to the stream.
6. Retention time — the amount of time elapsed from
the start of an analysis to the maximum moment of
influence a component makes on the detector.
7. The chromatogram is the graphic depiction of the
chromatograph analysis. It is used to allow the
technician to view the baseline integrity and peak
separation as a part of quality assurance.
8. The Molecular percentage (mole %) is the volumetric
measurement of the percentage of a component in
a sample (also known as the percentage by volume.)
9. Response factor — used for quantitative
measurement. RF = RA / CC
Where:
RF = Response Factor
RA = Raw Area
CC = Calibration Concentration from calibration gas.

CALIBRATION OF STANDARD GASES
Ronald C. Geib
Matheson Tri-Gas, Inc.
166 Keystone Drive, Montgomeryville, PA 18936

INTRODUCTION
Calibration standard gases are essential to quantitative
analytical measurements in petrochemical processes,
natural gas, environmental compliance, and health and
safety programs. The calibration gas standard
establishes a known analyzer response to a certified
chemical component concentration which enables the
conversion of sample responses to a concentration with
a determinable accuracy. In consideration of the criticality
of calibration standard gases to valid measurements in
chemical processes and monitoring programs, the
objective of this paper will be to provide an in-depth
review of how calibration standard gases are
manufactured, certified, and properly maintained.
ORDERING CALIBRATION STANDARD GASES
The specialty gas industry are specialists in the provision
of calibration standard gases and in the support gases
essential to analytical measurement processes. Certain
information is essential for the specialty gas company
to provide the calibration standard that is required which
is summarized as follows: minor components,
concentrations, units, balance gas, cylinder size, blend
tolerance, and analytical accuracy. All specialty gas
companies will offer standard product grades that have
defined blend tolerance and analytical accuracy.
Customers must be aware that grade names, blend
tolerances, and accuracy are not uniform in the industry
so that careful evaluation of suppliers and specifications
is essential to ensuring value and technical satisfaction.
Blend Tolerance
Blend tolerance is the concentration range within which
will be the mixture minor component concentrations. For
example, a supplier's primary standard grade may claim
1% accuracy and 2% blend tolerance. For a 100 ppm
concentration, the blend tolerance says that the
component certified concentration will be 98 - 102 ppm.
The end user must be careful in defining the blend
tolerance that is acceptable for his analyzer and
calibration practice. Should there be a need for a
calibration gas that is at the top of the instrument range
(span gas), then the mixture should be ordered with a
maximum concentration specified because there is no
use for a calibration gas standard that exceeds full scale.
If a minimum of calibration adjustments are desired from
standard to standard, then the end user should consider
a homogeneous batch or pursuing a supplier that has
the capability to blend with very narrow blend tolerances
such as less than 1% relative.

Accuracy
Accuracy is defined as the agreement of a measured
value with its true value. Common synonyms for accuracy
are analytical accuracy, analytical uncertainty and
certification accuracy. All calibration standard gases
should have a certified component concentration along
with an expression of the accuracy of the certified value.
Analytical accuracy is a statistically derived value, and
the generally accepted formula for calculating accuracy
are in International Standard Organization (ISO) and U.S.
institute papers. Basically accuracy is calculated using
a propagation of error model which is commonly referred
to as the square root of the sum of the squares of the
common error factors. In measurements, the common
error factors for supplier certification of a calibration gas
standard are the reference standard error, the imprecision
of the measurements, and the instability of the gas
mixture. The mathematical expression is as follows:
Accuracy = [(std error)2 + (precision)2 + (stability)2]1/2
Example:
Standard Error = 1%
Precision
= 1%
Instability
= 1%
The result of this calculation is 1.7% which a supplier
would round to +/-2% accuracy. A word of caution here
is that the specialty gas industry does not uniformly apply
accuracy calculations - some suppliers either do not
report accuracy or base it on other calculations such as
gravimetric additions. The end user of the calibration
standard gas must determine the measurement accuracy
that is needed for the specific application. If there is a
process control chart, the user could assess the impact
of having deviations up to twice the reported accuracy
(remember that +/- 2% on individual certified standards
could result in a range of cylinder values -2 to +2% or
4% for repeat orders). Often there is a clause in contracts
that specifies the accuracy required of reported values.
Finally, environmental regulations frequently specify the
accuracy required of measurements and even the correct
certification procedure (example EPA Protocol gases for
environmental instrument calibration). The accuracy
propagation of error calculation is also fundamental to
any process or laboratory analyst understanding the
measurement accuracy of his process.
NIST Traceability
ISO Guide 25 defined traceability as:
"the property of a measurement result whereby it can
be related to appropriate standards, generally
international or national standards, through an unbroken
chain of comparisons. Organizations that have achieved
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ISO 9000 certification must demonstrate that their
measurements comply with the preceding definition. In
the U.S., national standards are provided by the National
Institute of Standards and Technology, NIST. In the field
of chemical measurements, NIST traceability is
complicated by the fact that only about 20 chemicals
are addressed by NIST. See Table 1.
TABLE 1: NIST SRM COMPONENTS
MINOR
COMPONENT GAS
Carbon Dioxide
Carbon Dioxide
Carbon Monoxide
Carbon Monoxide
Hydrogen Sulfide
Methane
Methane
Nitric Oxide
Nitrogen Dioxide
Nitrous Oxide
Oxygen
Propane
Propane
Sulfur Dioxide

BALANCE
RANGES
N2
Air
N2
Air
N2
Air
N2
N2
Air
Air
N2
Air
N2
N2

CONCENTRATION
300 ppm - 16%
330 - 380 ppm
10 ppm - 16%
10-45 ppm
5 - 20 ppm
1 - 10 ppm
50 - 100 ppm
5 - 3000 ppm
100 - 2500 ppm
300 - 330 ppb
2 - 21%
0.25 - 500 ppm
100 ppm - 2%
50 - 3500 ppm

For many U.S. environmental regulations, traceability of
the above minor components through measurement
versus a NIST traceable gas standard is essential. Where
possible, the end user should request NIST gas
traceability, plus the traceability information must be
reported on the certificate of analysis as proof of the
NIST traceability. For the hundreds of chemical species
that may be needed as gas standard minor components,
NIST traceability is achieved through gravimetric weight
calibrations and other mechanisms which should also
be reported on the certificate of analysis. For non-NIST
SRM traceable chemicals, the end user should request
information on how the supplier guarantees the accuracy
of the minor component as this will ensure that the
calibration gas standards will be consistent over time
plus meet the ISO 9000 certification requirements.
Storage and Shelf-life Considerations
For any calibration gas standard with hydrocarbon minor
components with mole% or higher concentration, the
hydrocarbon dewpoint becomes important. The
hydrocarbon dewpoint is that temperature where the most
vapor pressure restricted minor component condenses
from the gas phase into liquid. Condensation invalidates
the certification. Specialty gas companies usually have a
standard dewpoint temperature, and an example would
be 32 deg F. This is satisfactory in some geographic
regions for most of the year, but in the winter in Minnesota,
a complex gas mixture calculated at 32 degrees F will
experience significant condensation. The supplier and end
user must anticipate shipping and storage conditions and
negotiate the proper dewpoint temperature for the
geographic region; and this should be reported on the
certificate of analysis as well. In some situations, unopened
cylinders can be warmed to room temperature and a
condensed component(s) can be re-volatilized and remixed. However, data and a procedure from the supplier
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should be available to ensure that this will work. Also, a
complex mixture requires software to do dewpoint
calculations because manual calculations can not take
into consideration the molecular interactions which often
reduce the allowable cylinder fill pressures. Mixture storage
with respect to the mixture dewpoint has been discussed,
the mixture shelf-life or stability should also be considered.
For ISO 9000 compliance and also for gas standards made
to comply with environmental regulations, a shelf-life must
be reported on the certificate of analysis. U.S. EPA
specifies EPA Protocol mixture shelf-lives, all other
mixtures require the study and reporting by the individual
supplier. For many reactive gas species at concentrations
less than 1000 ppm, the mixture stability depends on the
technology of the supplier, and the mixture stability can
vary significantly.
SPECIALTY GAS INDUSTRY PROCESSES
Once the end user has resolved all of the gas mixture
specifications with the specialty gas supplier, an order
is entered into the supplier's manufacturing process. If
the mixture is a supplier catalog item, most of the
production and laboratory procedures are routine and in
most cases, defined. Many gas and liquid mixtures are
non-catalog or custom; and many challenge the
technology and know-how of the respective gas supplier.
In the engineering of a catalog and custom item, the gas
manufacturer must address the following issues:
• Cylinder material such as steel vs aluminum
• Cylinder preparation technology
• Raw material grades and impurities
• Chemical compatibility
• Blending technology
• Blending measurements validity
• Laboratory instruments and procedures
• Certificate of Analysis
• Shipping
Role of the Quality System in Specialty Gas Industry
The preceding paragraph identified nine key areas that
must be addressed in the successful preparation and
certification of a calibration gas standard. All of these
activities must be systematized to ensure the end user
that a reliable calibration standard gas will be provided.
The suppliers quality system provides the organization
and control mechanism to provide the assurance of a
reliable supplier. A common quality system is ISO 9002,
but there are other programs such as Laboratory
Accreditation processes. The end user should verify that
the prospective supplier has sufficient quality systems
to meet the end users reliability expectations. In addition,
the supplier's understanding and use of technology and
measurement science should be demonstrated.
Specialty Gas Manufacturing Process
Successful gas mixture manufacturing requires cylinder
preparation and cylinder surface treatment technology.
Different suppliers will apply unique terminology to their
cylinder treatment processes, and the proof of their utility
is whether the supplier can back up the treatments with
shelf-life studies of challenging mixtures. Reactive

chemicals at concentrations less than 10 ppm remain as
real challenges to the suppliers' technology. Some of these
challenging chemicals and classes are listed in Table 2.
TABLE 2: REACTIVE CHEMICAL SPECIES
H2S
NH3
NO
NO2
SO2
HCl
Phosgene
Amines
Dienes
Ethers
Aldehydes
Organosulfurs
ethylene
propylene oxide
Once the proper cylinder and cylinder treatment have
been identified, the supplier will forward the cylinder for
blending. Depending on the grade of mixture as defined
by the blend and analytical tolerances, the manufacturer
may select from a number of blending options:
• Gravimetric
• Volumetric
• Dynamic blending
among other options. Gravimetric blending is quite
common for high accuracy and tight blend tolerances.
The purchaser of a calibration standard gas must be
aware that some suppliers may base their certifications
on the gravimetric quantity weighed into the cylinder
alone.
Gravimetric certifications have the following limitations:
• Loss of reactive minor components due to
surface absorption (example chlorine in a steel
cylinder)
• Presence or addition of impurities in
multicomponent mixtures (example isobutane
impurity in propane adding to isobutane weight
in a Propane/isobutane mixture)
• Reaction of impurities in the mixture with certified
minor components (example O2 impurity with
Nitric Oxide)
• Blunders which may include addition of the
wrong component, an erroneous weight, or even
no component
For these reasons, most end user measurements should
be done with mixtures that have been verified using
laboratory measurements, and the end user should
confirm that the supplier includes laboratory certification
in the mixture grade and pricing.
The reliability of gravimetric concentrations is also subject
to the purity of the raw materials, plus the stability of the
mixture is frequently dependent on the raw material
impurities. Some raw materials do not include major
impurities in their specifications and the individual supplier
may not be aware that they are present. For example,
pure nitrogen frequently has several hundred ppm of
argon, pure helium may have 20 ppm or more of neon,
and carbon monoxide may have 0.7% argon. These
examples also point out the value added of laboratory
certifications by technically proficient laboratories.
Laboratory Certification
Once the gas mixture has been blended, better grade

gas mixtures and the better specialty gas suppliers will
require laboratory certification of the components'
concentrations. The laboratory must address the order's
and advertised traceability requirements by conducting
measurements against an appropriate reference
standard, or reference standard mechanism. The highest
NIST traceable standard is the NIST SRM. NIST and
private industry also have a NIST Traceable Reference
Material (NTRM) program that allows the copying of either
the SRM or other NIST primary standards. The NTRM
programs are essential for specialty gas suppliers to
maintain directly NIST traceable certification programs.
For the hundreds of minor components that must be
certified where there are no NIST SRM, the supplier has
the responsibility to develop certification practices that
can statistically validate the concentration of minor
components in the cylinder. Some technology that is
used includes wet titrations after quantitative collection
of minor components of the gas phase into scrubbing
solutions, multiple preparations of gravimetric standards
and conducting calibration curve studies, and working
with regulatory and industry sources to prepare and
certify mutually acceptable standards.
The Role of Quality Assurance Processes
Quality Assurance functions typically sponsor and assess
the quality system within the supplier and end user
organization. In that the supplier - customer relationship
involves quantitative measurements, the quality
assurance programs must include the support and
evaluation of the measurement programs. In this regard,
the application of the best available, NIST traceable
reference standards by the supplier is essential. Both
the supplier and customer should participate in industry
round robins that confirm the conformance of
measurements to the industry. The supplier also needs
to organize internal round robins to challenge the
uniformity of multiple locations. The most important
quality assurance function is organizing data
interpretation, and corrective action processes.
CONCLUSIONS
In consideration of the criticality of calibration standard
gases to leading industrial measurement processes, this
paper has gone into detail identifying the key variables
for both the user of calibration standard gases, and the
suppliers of calibration standard gases. If the end user
adheres to stringent application
of the principles that need to
be addressed, then the end user
will be able to identify a
reliable supplier.

Ronald C. Geib
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INSTRUMENTS FOR THE DETERMINATION OF
SPECIFIC GRAVITY / RELATIVE DENSITY OF GAS
Myles J. McDonough, Jr.
Chandler Engineering Company LLC
P.O. Box 470710, Tulsa, OK 74147-0710

HISTORY
The terms Specific Gravity and Relative Density have
been used for a number of years. Yet there seems to be
some confusion over what exactly they mean.
Specific Gravity is formally defined as the ratio of gas
density to air density when both are at standard
conditions of 0 Degree C and 760 mm. Over the years
the definition evolved to become the ratio of gas density
to air density at the same temperature and pressure,
“Relative” to each other. Hence, the term “Relative
Density.” This is the most commonly used definition
today. The fixed or “Specific” requirement of temperature
and pressure, (0 degree C and 760 mm), had been
removed over the years.
The American Gas Association in 1985 officially replaced
the term Specific Gravity with Relative Density. However,
both terms are still used synonymously.
TERMINOLOGY
Density of gas sample
Density of Air
(Both at same temperature and pressure)
Relative Density =

Density of gas sample
Density of Air
(Both at Standard Conditions)
Specific Gravity =

Density = weight per unit volume
Units: lbs./ft.3, grams/cubic centimeter, etc.
Example: Pure water has a density of 62.4 lbs/ft3
Notice that both the Specific Gravity and Relative Density
terms are unit less. Also, it should be noted that both are
temperature and pressure dependent. Therefore, if the
gases are not at identical conditions, some type of
compensation would have to be applied.
APPLICATION OF SPECIFIC GRAVITY IN FLOW
MEASUREMENT
Specific gravity values are primarily used in the orifice
meter flow correction calculations and for custody
transfer. The fundamental orifice flow equation is a mass
flow calculation based upon the physical laws of
conservation of energy and mass. Differential pressure
and density are the two main variables in the equation
once the orifice meter is installed. Both variables are
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under the square root meaning that flows varies by the
square root of the differential pressure and density. In
practice density is not directly measured but calculated
from the temperature, pressure, compressibility and
specific gravity values. Specific gravity is also used in
determining the super-compressibility multipliers for
displacement meters when correcting volume.
METHODS FOR DETERMINING SPECIFIC GRAVITY
Many different types of instruments are used in the oil and
gas industry for determining specific gravity. Including:
•
•
•
•
•

Effusion and weighing methods (Gravity Balance)
Direct weighting
Kinetic energy
Vibrating element
Gas chromatography

EFFUSION AND WEIGHING TECHNOLOGY
The best known effusion and weighing instrument is the
gravity balance. Gravity balances operate on the principle
of measuring the pressure exerted by a gas of a given
density and the pressure exerted by air of the same
density, the specific gravity being determined from the
ratio of these pressure measurements.
In this instrument, the means for measuring the buoyant
force exerted upon a body suspended in gas or air are
provided by a balance beam having a sealed float on
one end and a balance weight and a graduated scale on
the other end. When the buoyant force of the gas sample
and air taken on successive tests is equal, the densities
are equal. The pressures at which this equality occurs
are measured by a mercury manometer, and the pressure
ratio is used in calculating specific gravity.
This instrument calculated specific gravity by the
following equation:
Specific Gravity =

Pair
Pgas

×

Tgas
Tair

Where
Pair is air absolute pressure (barometric + manometer)
Pgas is gas absolute pressure (barometric + manometer)
Tgas is air absolute temperature (temperature F + 460)
Tair is gas absolute temperature (temperature F + 460)

The gravity balance is a primary measurement device.
The accuracy obtained is dependent upon the care used
in construction of the gravity balance and the care used
in its operation.
The gravity balance is a very accurate device, however
it does required a fair amount of time to obtain a reading.
As the gas industry was making its initial movement
towards an on-line continuous specific gravity
measurement two other devices appeared. The direct
weighing and the kinetic energy devices.
DIRECT WEIGHING TECHNOLOGY
One of the more popularly used direct weighing
instruments is the UGC Gravitometer. This gravitometer
uses a simple balance beam system to measure specific
gravity. Identical tanks, referred to as reference and
sample, are hung on each end of the balance beam at
equal distance from the pivotal axis.
Pressure, temperature and other ambient changes are
experienced equally by both tanks and thus nullify these
changes. For example the effects of ambient temperature
fluctuations are eliminated by having the reference tank
gas pressure regulate the sample tank gas pressure
through the use of an especially adapted pressure
regulator. The pressure in the sample tank is not kept
constant but is maintained equal to the reference tank
pressure which in turn is a function of the ambient
temperature as predicted by the perfect gas law for a
confined gas. The ambient temperature which governs
the pressure in the sealed referenced tank is allowed to
control the pressure in the sample tank. Only the genuine
specific gravity changes are recorded and not the
apparent changes due to a variation in the ambient
temperature.
Calibration is performed by the use of calibration discs
that are equal to the weight difference of “full scale”
gravity and “minimum scale” gravity.
KINETIC ENERGY TECHNOLOGY
The most popular kinetic energy type gravitometer is the
Ranarex gravitometer. This device became very popular
and is still widely used, especially the portable version,
by field technicians. This instrument’s popularity grew
because for the first time an operator could take a spot
(field) specific gravity measurement in a matter of
minutes. There are no additional readings to record or
mathematical equations to remember. The field
technician simply connected the portable gravitometer
to a pipeline probe and within a few minutes had the
required reading for the spot sample.
This gravitometer consists of two cylindrical gas-tight
measuring chambers, each having separate inlet and
outlet connections. Each chamber contains an impeller
and an impulse wheel, both with axial vanes. These wheels
are mounted on separate shafts facing each other but

not touching. An electric motor and drive belt rotate the
impellers at the same speed and in the same direction.
The impellers draw continuous flows of the gas sample
into the upper chamber and dry reference air into the lower
chamber, and spin the gas and air against the vanes of
their corresponding impulse wheels which are proportional
to the density of the gas and of the air. The other variables
of pressure, temperature and speed are equal for both
the air and gas sample and therefore cancel each other.
These torques are transmitted from the chambers by the
impulse wheel pivot shafts to two external measuring
wheels. These external measuring wheels are shaped
differently for the gas and air samples. A flexible tape is
wrapped over the measuring wheels rims in the crossed
direction so that the torque creates two opposing forces.
The measuring wheels are thus restrained from continuous
rotation, but a difference between the torques permits
limited motion of the entire system.
Calibration involves using either calibration pulleys or
reference gases of known specific gravity. The calibration
is performed by adjusting the effective distance between
the impulse wheel and the front of the cylindrical chamber
making the pointer indicate the appropriate specific gravity.
The zero adjustment is re-aligned after each change.
VIBRATING ELEMENT TECHNOLOGY
The vibrating element technology has been employed
since the 1960’s. This type of gas gravitometer is usually
electronic and produces a frequency signal that is
proportional to the specific gravity of the gas.
The principle of resonant frequency measurement is
simply that if a very stable element is maintained in
resonance, only two factors have any major effect on
the natural frequency, these being a change in mass of
the fluid surrounding the element or the stressing of the
element. The element is made to vibrate at it natural
resonant frequency by means of electromagnetic
induction. A solid state amplifier is used to maintain the
conditions of vibration and to provide the output signal
for measurement. This signal is linearized using the
quadratic equation shown below:
Specific gravity = K0 + K2 T2
where, K0 and K2 are calibration coefficients unique to
each gravitometer. T2 is the output time period (the
inverse of frequency)
The gravitometer consists of a vibrating cylinder gas
density transducer surrounded by a constant volume
reference chamber. This gas reference chamber has a
fixed volume which is initially pressurized with the sample
gas. It is then sealed by closing the reference chamber
valve, thus retaining a fixed quantity of gas now known
as the reference gas.
The sample gas enters the instrument at the base plate
and passes through a filter, followed by a pressure
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reducing orifice. The sample gas is then fed through a
spiral heat exchanger (wound around the reference
chamber) so that it enters the gas density transducer at
the equilibrium temperature. the output of the
gravitometer is generated from the frequency of vibration
of a thin-walled metal cylinder contained within this gas
density transducer.
Following the gas density transducer, the gas flows down
to a pressure control valve chamber. The reference gas
pressure acts through a separator diaphragm on the
pressure control valve chamber so that the gas pressures
on both sides of the diaphragm are equal, ie. the gas
pressures within the gas density transducer and the
reference chamber are equal.
With a fixed quantity of pipeline gas contained in the
reference chamber and with pressure and temperature
equalization established, the density changes being
measured by the density transducer will be caused
entirely by changes in the molecular weight of the flowing
gas. As the ambient temperature changes, the pressure
of the fixed volume of reference gas will change as
defined by the gas laws. This change in pressure will
affect the sample gas pressure within the gas density
transducer such that the temperature and pressure
changes are self-compensatory.
Calibration involves charging the reference chamber with
the pipeline gas to a defined pressure in the range of 30
to 90 psig and then calibrating the output signal using
two gas samples of known specific gravity. Typically pure
gases such as methane and nitrogen.

carbon atoms (molecular weight) in the molecule. The
molecules with fewer carbon atoms (light components)
will exit (elude) the columns first. The molecules with
more carbon atoms (heavy components) will elude later.
Therefore, the components are carried through the
columns at different rates and elude separately.
A detector usually Thermal Conductivity Detector (TCD)
is used to sense the elution of the components from the
column. The time at which the component appears at
the detector identifies the component. The detector also
is utilized to determine the concentration of the
components. The detector’s output is a DC voltage that
changes when any gas other than helium is present at
the detector. When this output is taken to a recorder,
each component forms a separate “peak” which can be
identified and quantified. The physical recording of these
peaks is a “chromatogram.” After all the peaks have been
identified and quantified, the BTU (heating value), specific
gravity, etc. are computed.
The specific gravity of the gas is calculated by the
following equation.
Specific Gravity =

Theoretical specific gravity
Compressibility of the sample

where, Theoretical specific gravity = sum of the specific
gravity of each component multiplied by the mole % of
that component.
MAJOR COMPONENTS OF A GAS
CHROMATOGRAPH

GAS CHROMATOGRAPHY TECHNOLOGY

Sampler

Gas chromatography is a technique by which a gas
mixture is physically separated into it’s individual
components and quantified. Gas chromatographs
include the following major components:

The sampling system must extract a representative
gaseous sample from the pipeline, reduce the pressure,
filter the sample, prevent sample condensation and
efficiently deliver the sample to the chromatograph. More
measurement inaccuracies occur due to improper
sampling systems than any other reason.

•
•
•
•
•
•
•
•

Sampler
Column Oven
Packed or Capillary Columns
Sample Loop
Column Switching Valve(s)
Detector and Associated Electronics
Carrier Gas
Computer used for Data Acquisition, Calibration
and Communications

In the natural gas application, the gas chromatograph
separates the gas sample into its individual components
by injecting a precisely measured volume of the mixture
into the separation columns.
The carrier gas, usually helium, transports the sample
through the columns and is also used to actuate the
valve(s) in the system. The columns are packed with a
material that selectively retards (adsorption) the passage
of the hydrocarbon molecules based on the number of
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Column Oven
The chromatograph oven usually contains the columns,
the switching valve(s), the sample loop, and the detector.
The temperature of the oven must be precisely controlled
since the performance of the columns and detector is
affected by changes in temperature.
Packed or Capillary Columns
The columns separates the sample into its individual
components. They consists of a length of 1/16” diameter
stainless steel tubing which is micro-packed with a
granular liquid coated porous support material. This
packing is termed the “stationary phase” of the analysis.
A tiny mesh screen is installed at the tip of the columns
to hold the packing in place. The column length varies
depending on the components to be separated.

Sample Loop

Computer

Fixed gas sample volume that is injected into the columns
to be analyzed.

An internal computer provides all of the instrument
control and the integration of the chromatogram peak
areas. Once the compositional analysis of the sample is
completed the computer calculates the heating value,
specific gravity an compressibility of the gas using ASTM,
GPA, AGA, and ISO methods. The computer is also used
to automatically transfer data to a central computer
system using a data acquisition network known as a
SCADA system.

Valve(s)
The sample valve(s) seizes and injects the gas sample
into the carrier gas ahead of the column.
Detector and Associated Electronics
The detector is used to identify the individual components
of the gas sample. The TCD is the most commonly used
detector for natural gas chromatographs. The TCD
consists of a reference side and a measurement side of a
Wheatstone Bridge circuit. As the components elude from
the columns, they flow across a thermistor (measurement
side) where heat is removed in direct proportion to the
thermal conductivity of the component. This produces an
imbalance in the circuit which is amplified and sent to the
computer for calculation. This signal is represented in the
chromatogram as a separate peak.
Carrier Gas

The computer may also be used to perform automatic
functions such as daily calibrations and calculate daily
averages of stored analyses.
SUMMARY
Specific gravity is an important physical measurement.
Even as the instruments for measuring gas composition
become more accurate, reliable and rugged for field use
the usefulness of the specific gravity value will remain.
It is an important variable in correcting the flow
measurement. Experience has shown accounting for the
gas by mass is more accurate than accounting by
volume.

A carrier gas usually helium, is used to transport the gas
sample through the columns. This carrier gas must be
pure (99.995%) or a reduction in the sensitivity of the
detector will occur.

Myles J. McDonough, Jr.
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DEVICES FOR FIELD DETERMINTION OF H2O
IN NATURAL GAS
Borys J. Mychajliw
MEECO Inc.
250 Titus Avenue, Warrington, PA 18976

INTRODUCTION
Natural gas is rapidly becoming the fuel of choice for
everything from home heating to power generation. The
determination of the water vapor content in natural gas
is one of several key factors in determining the ultimate
quality of the gas. With economic conditions as they exist
today, many companies have been forced to cut
personnel in order to maintain a reasonable balance
sheet. The loss of experienced measurement technicians
places a heavy burden on instrument manufacturers to
provide an accurate and reliable means of determining
the water vapor content of natural gas. This paper will
review the different sensor technologies in use today and
also address key issues and proper procedures in
assembling a sampling system to provide a clean,
representative gas sample to the sensing device.
IMPACT OF WATER VAPOR ON GAS QUALITY
As removed from the ground, natural gas is typically
described as being either rich or lean (wet or dry) as
relates to the heavier hydrocarbon components in the
stream. In addition to these hydrocarbons, natural gas
will almost always contain water vapor as well as
nitrogen, helium, carbon dioxide and, in some cases,
hydrogen sulfide. Our focus here will be on one of the
most undesirable components, water, both as free water
and water vapor.
Natural gas, as removed from the ground, can be
saturated with water vapor and must go through a
dehydration process prior to transportation in the vast
network of underground transmission pipelines. The
dehydration process can be accomplished through
various means. Typical dehydration technique is to pass
the gas through a TEG (tri-ethylene glycol) contactor or
passing the gas through a molecular sieve desiccant bed.
Both of these processes will add up front cost to the
gas, but are necessary for the following reasons:
1. Water vapor can combine with other trace
contaminants in the gas stream, namely H2S and
CO2, and form potentially corrosive acids in the
pipeline. The presence of these acids in the pipeline
will decrease the life expectancy of the pipeline and
it’s components while increasing long-term
maintenance costs. The risk potential for
catastrophic failure of the pipeline or any one of its
components will also increase if the water vapor
content remains unchecked.
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2. As the gas passes through meter stations,
compressor stations, orifice plates and regulators,
rapid expansion of the compressed natural gas will
cool the gas based on the Joules Thompson effect.
The interaction of water vapor with heavier
hydrocarbons in the gas stream at this point can
result in the formation of hydrates in the pipeline.
These hydrates can cause complete or partial
blockage in valves, regulators or measurement
devices in the pipeline resulting in significant
downtime while the hydrate is thawed or removed
from the pipeline.
3. Contractual obligations at custody transfer points
require that the gas not exceed a specified maximum
moisture level. Typical contracts call for this
maximum to be 7 lbs/mmscf, although this number
may change depending upon the geographic area
and normal ambient conditions.
4. The BTU or heating value of the gas will be reduced
as the amount of water vapor increases. If
contractual obligations are not met, the producer can
be shut in and will face a loss of revenue until the
problems are corrected.
SENSOR TECHNOLOGIES
Today, there are many manufacturers of moisture
analyzers and sensors competing for a slice of the sales
pie. Most of these manufacturers will use a sensor that
falls into one of the four basic technologies used to
determine the water vapor content of the gas. They are:
1.
2.
3.
4.

Electrolytic
Capacitance
Chilled Mirror
Vibrating Crystal

In addition to these types of sensors, length of stain tubes
are widely used to determine an approximate water vapor
content, and new laser based devices are being utilized
in certain applications where traditional technologies may
not operate properly.
ABSOLUTE VS. RELATIVE
All sensor types will fall into one of two categories –
Absolute or Relative. Absolute sensors are based on
primary laws of physics and do not require periodic
calibration against known moisture standards, nor can
the sensors actually be calibrated. Relative sensors are
based on a comparative measurement and will require a
known, certified moisture source for calibration.

Calibration frequency will vary depending on the
individual sensor characteristics.

will appear as a cloudy, opaque spot in the center of the
mirror.

ELECTROLYTIC SENSORS

The critical components of the chilled mirror analyzer
are the pressure chamber with valves to control the gas
flow and pressure, a small mirror or polished surface, a
thermometer or thermocouple to measure the mirror
temperature, a chilling device (typically propane or CO2)
and a view port to allow for observation of the mirror. In
applications where the ambient temperature is below the
dew point of the gas, it may be necessary to heat the
sample line and analyzer to prevent condensation in the
sampling system. Care should also be taken so as not
to confuse dew point with frost point. Significant errors
can occur when converting dew/frost point values to
actual moisture content (i.e. a reported dewpoint of 40°C at atmospheric pressure is equivalent to 8.8 lbs/
mmscf while the same frost point temperature translates
to 6 lbs/mmscf).

Electrolytic sensors are unique in that they can be either
absolute or relative measurement devices. In either case,
the basic operation of the sensor is the same.
The typical electrolytic sensor consists of two precious
metal electrodes, wound around a support mandrel or
imbedded in a hollow glass tube. These electrodes are
then coated with a thin layer of phosphorus pentoxide
(P2O5). In operation, a controlled amount of gas is allowed
to constantly flow through or across the sensor allowing
sufficient time for the P2O5 coating to adsorb all of the
moisture from the gas stream. A voltage potential is
applied across the electrodes, splitting (or electrolyzing)
the water molecules that have been collected on the
coating. Once equilibrium conditions are attained, the
rate at which moisture molecules enter the cell will exactly
match the rate at which the molecules are electrolyzed.
Each electrolyzed molecule causes two electrons to be
displaced from the anode to the cathode. The electrolysis
current (Amps) gives the electrical charge (coulombs)
discharged per second. Since the elementary charge of
an electron is known, by measuring the current, we can
determine the rate at which water molecules are entering
the sensor. Combined with a known flow rate through
the sensor, the moisture content of the gas can be
determined. The critical aspect here is the controlled flow
rate, as this is the lone variable in the absolute
measurement version of electrolytic based analyzers.
Electrolytic sensor based moisture analyzers are available
as portable and stationary devices with flow control
mechanisms built into the unit. As with all analyzers, it is
important that the proper sampling techniques and
sample conditioning criteria be strictly adhered to. Failure
to do so may cause premature failure of the sensor. Liquid
intrusion or the presence of conductive particles will also
cause premature sensor failure.
CHILLED MIRROR
Commonly known as the Bureau of Mines Tester, the
chilled mirror hygrometer is a very simple and basic
moisture measurement device that has been used for
many years as a primary, absolute moisture
measurement tool. In operation, the sample gas stream
flows across a temperature controlled polished surface
or “mirror”. As the temperature of the mirror is slowly
lowered, the water vapor will begin to condense or form
dew on the mirror. The temperature at which the dew
first appears is considered the dew point. Once the
temperature dew point is attained, a simple conversion
using existing charts or tables will provide the actual
water vapor content of the gas. This type of analyzer
can also be utilized to determine hydrocarbon dew points
in the gas stream. Usually, an iridescent ring will form on
the mirror surface indicating you have reached the
hydrocarbon dew point temperature. Moisture dew point

Since this is a direct measurement device, no calibration
of the system against a known moisture standard is
required. Care should be taken to collect a representative
sample of the gas using proper sampling and filtration
techniques. Experienced operators can make highly
accurate and reproducible measurements, but
inexperienced operators may have some problems
associated with interpreting the visual results. It is not
uncommon to get different results from different
operators on the same gas line.
CAPACITANCE SENSORS
Capacitance sensors fall into the category of relative
measurement devices. Periodic calibration of the sensor
against a known moisture standard is an absolute
requirement. Of all the different sensor technologies,
capacitance sensors are the choice of a majority of
manufacturers. There are numerous types of capacitance
sensors, including aluminum oxide, silicon oxide,
polymer base and thin film, but they all share the same
basic principle. Regardless of the sensor type, the core
of the sensor consists of two electrodes and a dielectric
material that absorbs the water vapor in the gas stream
and achieves an equilibrium condition based on the
partial pressure of water vapor in the specific gas stream.
In operation, moisture in the sample stream is absorbed
into the dielectric material creating impedance within the
sensor. An excitation voltage is applied to the electrodes
and a return signal, proportional to the water vapor
content, is transmitted back to the base electronics.
Capacitance sensor based analyzers are available in both
portable and stationary configurations. Although the
sensor probe can be mounted directly in the process
line, glycol and other contaminants in the gas stream
can cause false readings and premature sensor failure.
The sensor should be mounted in an independent sample
conditioning system adjacent to the sample point in order
to protect against sensor contamination and to facilitate
calibration and maintenance.
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VIBRATING CRYSTAL SENSORS
Piezo-Electric sensors are commonly referred to as
vibrating quartz crystal sensors. The crystal is coated
with a hygroscopic material in order to allow absorption
of the water vapor from the gas stream. The analyzer
electronics monitor the vibration frequency change of
the crystal as water vapor is absorbed onto the coating.
During operation, the crystal is alternately exposed to
the sample gas stream and a dry reference stream. The
reference stream is the actual sample gas, passed
through an on-board gas dryer.
In operation, the sample gas flows across the crystal for
a fixed time period. During this time, moisture in the gas
stream is absorbed onto the coating of the crystal
causing a change in the vibration frequency. This
frequency is read, stored and compared against a sealed
crystal. The sample gas is then diverted through the on
board dryer and again is passed across the crystal. Once
again, the frequency is read, stored and compared
against the sealed crystal. Using the differential in the
vibration frequency of the sample gas and the dried
sample gas, one can determine the water vapor content
of the sample gas.
These analyzers are strictly stationary devices and are
not suitable for portable applications. They are also
considered relative measurement devices that require
periodic calibration against a known moisture source.
STAIN TUBES
For those of us who might only be interested in ballpark
numbers on an infrequent basis, the length of stain tubes
may be the best alternative. Encased in a glass tube, a
chemically treated compound will change color when
exposed to moisture in the sample gas. This is a quick
and rough method to get a visual indication of the
moisture content of the gas stream. Accuracy of these
tubes is only ± 25% and is dependent upon the operator.
Sampling is accomplished by breaking off both ends of
the glass tube and inserting it into a hand pump. Care
must be taken to avoid contaminating the reading with
atmospheric moisture. A fixed number of pump strokes
is required to achieve the final moisture value.

wavelength, the light energy is absorbed by the
molecules in the gas stream that have an electronic
signature at the selected wavelength. The absorption of
the laser energy is directly related to the concentration
of the selected molecule. The advantage of a laser is the
ability to detect different molecules, assuming there is a
laser diode available within the specified absorption
wavelength. Current systems have the ability to measure
moisture and carbon dioxide with individual, dedicated
laser diodes and sample chambers.
The basic concept is simple, but the reality is less so.
Even though every molecule has a unique fingerprint,
other molecules may have a lesser absorption efficiency
at the same wavelength, leading to false values. It is
critical to select a wavelength where no other molecule
within your specific sample stream can also absorb the
light energy. Not all applications are suitable for laser
based systems.
One of the key advantages of laser based measurement
is that the sensor itself is not in direct contact with the
gas sample. This avoids the traditional problem of sensor
contamination, but does not preclude the need for proper
sample conditioning. There are mirrors and tubing
surfaces that are exposed to the sample gas and can
also be contaminated resulting in a loss of sensitivity in
the measurement.
SAMPLING SYSTEMS
All of these sensing technologies have their own
advantages and shortcomings, but one issue is never in
doubt. That is to say, we must use proper sampling
techniques and sample conditioning to bring a
representative gas sample to the sensing element.
The design of the sampling system should adhere to
some basic principles. These principles include the
following:
1.
2.
3.
4.
5.

Use high quality stainless steel components
Low volume components
Avoid dead space
Use a sample probe
Install and maintain proper filters

Although this technology is not suited for custody transfer
measurements, it is a useful tool when looking for a quick,
rough measurement. If you suspect high moisture
content at your sample point, use the stain tube as the
first pass before exposing the sensitive analyzer to
potentially high water content gas. Moisture analyzers
are traditionally slow to respond after being saturated
with water vapor.

The first and most important component of the sampling
system is the sample probe. The sample probe should
be installed in the pipeline such that you are extracting
gas from the center third of the flowing gas stream. The
reason for this is to avoid pulling all of the collected liquids
off the walls of the pipe and putting them directly into
your analyzer. What we are trying to do is to sample the
gas phase, not the liquid phase.

LASER BASED ANALYZERS

Probably the single largest cause of failure of a moisture
sensor is contamination. Although the sample probe is
critical, this does not eliminate the need for additional
filtration. There is always the potential for entrained
liquids in the sample stream and these liquids must be
removed. These liquids include glycol, methanol,

Laser based analyzers are the new wave of moisture
measurement technology. The basic principle is rather
simple. Every molecule has a unique electronic signature
or “fingerprint”. By tuning a laser beam to a specific
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hydrocarbon liquids and compressor oil to name just a
few. It is imperative that a filtration system be installed
upstream of your analyzer. Ideally, any sample
conditioning should be designed specifically for the
individual application, but most sample systems will
consist of a liquid removal filter along with a glycol or oil
vapor removal filter. Liquid removal can be accomplished
with a coalescing filter or a membrane separator or a
combination of both. Glycol vapor filters are also available
in a variety of sizes and configurations. I suggest
discussing your application with the analyzer supplier to
determine to what extent you will need filtration. Also
remember that filters require periodic maintenance. Don’t
install a system and forget about it, rather, maintain it
according to the supplier’s guidelines.
Several other points to consider in the sampling system
are:
1. Always use stainless steel sample lines and
components to minimize corrosive effects and to
maintain good sensor performance. Too many times,
the inclination is to use any old rubber hose that
happens to be lying around to deliver the sample to
the analyzer and then blame the analyzer when the
readings are not correct.
2. If you choose to heat your sample lines, make sure
that you also heat your entire system, including the
analyzer, to the same temperature. Hot gas hitting
the cold metal of the analyzer is a prime catalyst for
condensing liquids out of your gas stream.

3. Select a sample point that is free from swirling gas
flow. Try to select a sample point that is in the middle
of straight, unimpeded run of pipe. Elbows, orifice
plates and control valves can create swirl effects,
which can sweep liquids from the wall of the pipe
and right into the analyzer.
4. Design your sample system with minimal dead
volume components to help the analyzer respond
quickly to changes in moisture. Keep the
components to an absolute minimum and place your
analyzer as close as possible to the sample point.
The more complex your sampling system is, the more
time it will take to both purge it out and get a
representative gas sample to your analyzer.
Using these basic guidelines, you can design a system
that will give you protection from contamination while at
the same time bringing a representative gas sample to
your analyzer.
CONCLUSION
Today, we have many choices when selecting a moisture
analyzer. This overview touched on several of the choices
currently available. Do your research and talk to the
manufacturers to determine what will work best in your
application. Remember that the analyzer will provide
accurate results only if you provide it with a clean,
representative gas sample.

Borys Mychajliw
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FUNDAMENTALS OF ENERGY DETERMINATION
David Hailey
Instromet, Incorporated
12650 Directors Drive Suite 100, Stafford, TX 77477

ABSTRACT
This paper presents fundamental information necessary
to understand and appreciate the concept of total gas
energy in a natural gas pipeline. That is, to be able to
converse with peers within the natural gas industry and
understand basic concepts and terminology.
Discussed is the historical transition from volumetric
measurement to total gas energy including some of the
basic terminology, physics, measurement, as well as the
reasons for changes in methodologies. Included is
industry acceptance of new concepts and regulations
involving custody transfer as well as the instrumentation
and systems involved in traditional and newer, more
progressive forms of gas measurement.

molecules can be accommodated. In general, flow has
an inverse relationship to heating value, that is, for higher
quality gas, less volume is required to support a given
load than is required by a lower quality gas.
There are industry procedures, reports and standards,
(e.g. AGA-3, AGA-7, AGA-9, ASTM D4891, GPA-2172,
etc.) which account for the impact that these various
factors have on volumetric and energy flows.
Gas energy is volumetric flow at base (reference)
conditions multiplied by the heating value (overall quality)
of the gas. The buying and selling of natural gas can
only be truly effective and fair if total energy is the basis
of measurement.
COMMON TERMINOLOGY

GAS ENERGY VS. VOLUME
It has been the traditional practice for gas companies to
conduct business on a cost per volume basis, (volumetric
custody transfer). Typically in the United States, this has
been done on a cost per standard cubic foot of natural
gas. This practice began to change, however, when
Congress passed the Natural Gas Policy Act of 1978
that came as a result of price differentials between state
and federally regulated natural gas. The Act sought to
restore consumer confidence and instill a sense of
fairness in the gas system. One of its provisions specified
that natural gas be bought and sold on the basis of
energy content. Another milestone was FERC 436 that
effectively opened interstate pipelines for use as
transportation conduits for companies independently
buying and selling natural gas. In many cases, interstate
pipelines had restricted access to anyone other than their
own organization. Under revised laws and regulations,
end users were free to purchase gas on a commodity
basis and were encouraged to bargain for best pricing
that would directly benefit end use consumers. The cost
benefits were initially impressive, but not to all customers.
Compared to previous experience, it soon became
apparent that changes in gas quality resulted in increased
consumption at some sites while others metered less.
Unknown qualities had an unsettling effect on the entire
system.
Gas flow is effected by factors such as temperature,
pressure, composition, and physical dimensions of the
primary element and supporting meter run. As gas
pressure increases, more gas molecules can be
essentially packed within a given space — a pipeline.
Likewise, as gas temperature decreases, more gas
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A common problem when discussing energy flow is the
difference in each persons understanding of terminology,
reference conditions and the standards in place. It is
important to agree on the terms that define the pieces
of the energy puzzle. Terminology, definitions, and
reference conditions must be understood before any
meaningful discussion can take place.
Gas Energy:
Gas volume or flow adjusted for gas quality, that is,
volume at base conditions multiplied times heating value.
Total gas energy is the capacity for doing the work natural
gas is targeted for. The quality of the gas has an inverse
relationship to volumetric flow. The higher the gas quality
the lower the flow requirements for a defined load and
visa-versa.
Base Conditions:
Base, standard or normal conditions are the reference
points for measurement. These define the reference
temperature, (usually 600) Fahrenheit and the reference
pressure. The most common pressure base used is 14.73
psia but other pressures may be encountered such as
14.60, 14.65 or 14.70 psia. Which ever figure is used it
must agree with other gases under comparison.
Standard Cubic Foot (SCF):
The quantity or volume of gas occupying a cubic foot of
space at a specified pressure and temperature.

Gross Heating Value:

VALUE COMPARISONS

The heating value (Btu) produced by combustion at
constant pressure with the following conditions:

Today’s energy reports are commonly made by volume
with energy corrector factors, BTU per standard cubic
foot or in dekatherms (1,000 scf of 1,000 Btu of gas).
Energy accounting is commonly referred to as “therm
billing” as opposed to volume billing.

(a)
(b)
(c)
(d)

a volume of one cubic foot.
60° Fahrenheit.
reference base pressure.
with air and gas having the same temperature
and pressure.
(e) recovered heat from the water vapor formed by
combustion.
Gross heating value is the most commonly used
condition/definition of heating value in the natural gas
industry, it is also referred to as the superior heating value.
Net Heating Value:
The heating value produced under conditions similar to
gross heating value conditions excepting the amount of
heat potentially recovered from the water vapor produced
at combustion. Net heating value is always less than
gross heating values. It is sometimes referred to as the
inferior heating value.
Saturated Heating Value:
The heating value of a standard cubic foot of gas
saturated with water vapor. The amount of water present
per given volume is defined by contract.
Dry Heating Value:
The heating value of a standard cubic foot of gas without
water vapor.
The saturated heating value of a standard cubic foot of
gas is always less than the dry heating value per SCF
because of the displacement of hydrocarbon molecules
by water molecules. For example, the saturated value of
methane (CH4) is 997 BTU at 14.73 psia and 60°F. but
the dry value of the same gas under the same conditions
is 1014.3 BTU.

There are many factors involved with total energy
measurement. Some are fixed such as pipe sizing or
whether a differential or pulse output primary element is
used. Others may be variable such as static and
differential pressures, temperature, or gas composition.
These factors are used in combination to arrive at the
standard base conditions which is the reference for
custody transfer.
The most common base conditions are 60°F and 14.73
PSIA but it is possible that your associate may be using
different conditions which can lead to misunderstandings.
For example, if methane (CH4) is valued at 1014.3 BTU
(dry) at 60°F and 14.73 PSIA, the same gas will convert to
1006.8 at 60° and 14.65 PSIA. The higher the base
pressure, the higher the Btu.
Often conflicts and miscommunications arise simply
because the parties are not comparing gases at the same
base conditions, proverbially not comparing apples with
apples!
FLOW MEASUREMENT
There are two major methods for measuring gas flow,
inferential and positive displacement. Although there are
many types of meters falling into each category, we are
primarily concerned with five, orifice plates, turbine
meters, ultrasonic, diaphragm and rotary meters.
Orifice Meters:
An orifice plate is a restrictive element in the pipeline
with a precise hole in its center, Figure 1.

Relative Density:
The ratio of the density a gas to the density of dry air
under the same pressure and temperature conditions,
(it sometimes referred to as specific gravity).

∆P
Flow

Wobbe Index:
FIGURE 1.

The ratio of the gross heating value of a gas to the square
root of the relative density of the gas, (WI = Hv /(√RD).
Wobbe index is a measure of the amount of energy
delivered to a burner via an injector (orifice). The energy
input is a linear function of Wobbe index. Two gases
differing in composition but having the same Wobbe
index will deliver the same amount of energy for any given
injector/orifice under the same injector pressure.

An orifice plate essentially functions as a meter from which
a differential pressure signal is developed as a function of
gas flowing through the orifice bore. Flow is proportional
to the square of the pressure differential (DP or ∆P) between
an upstream tap, across the orifice plate to the downstream
tap, hence the term, “square law devices.” This is an
inferential signal developed under flowing conditions and
does not take into consideration the various factors
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necessary to produce an accurate representative number.
Correct flow at pipeline conditions or flow at base reference
conditions is derived from the rules, conditions and
equations set forth in AGA Report Number 3.
Also known as ANSI/API 2530 and GPA 8185, AGA-3
describes and defines the mathematics, equipment and
procedures involved with the measurement of natural gas
flow using flange tap and pipe tap orifice meters. It
provides standards of construction and installation of
orifice plates, meter tubes, and associated fittings as well
as computations providing basic factors to adjust for the
primary element expansion, flowing fluid density, flowing
fluid expansion, Reynolds number, temperature, pressure,
relative density and compressibility. That is, to correct for
all the variations effecting measurement and to arrive at a
true and accurate measurement relative to flow at pipeline
conditions and or flow at base reference conditions.

flight. The preferred version used in natural gas
applications is the latter, time of flight approach. They
operate by bouncing a high frequency energy pulse
against the piping sidewall to a second receiver or
transducer, Figure 3. By subtracting the time of flight of
alternating pulse transmissions downstream, then
upstream, a transit time differential is calculated. Once
the meter has been properly calibrated, this difference
in time is proportional to the gas flow rate,
Q = ∆T = ta – tb.
As with all meters, pressure, temperature, gas composition
and meter factors must be accounted for to correct actual
cubic feet flow to flow at base conditions.

Turbine Meters:
Turbine meters are velocity measuring (inferential) devices
whereby a rotor ideally spins at a speed proportional to
the gas flow rate — an analogy is a wind vane. However,
rotational speed is a function of passageway size and
shape and rotor design. It is also dependent upon the
load imposed due to mechanical friction, fluid drag,
external loading and gas density. Rotor revolutions are
counted mechanically or electrically, Figures 2a & 2b.
FIGURE 3.

Ultrasonic flow meters subscribe to Report AGA-9 for basic
standards of operation and installation and AGA-10 for
Speed of sound calculation (not finalized at this writing).

Flow
FIGURE 2A.

Flow
FIGURE 2B.

Counts or pulses are converted to a continuously
totalized volumetric registration but since this flow is
measured at pipeline conditions, it must be corrected to
specified base conditions for true reference and billing
purposes. Rules, conditions and corrective factors are
detailed in AGA Report Number 7.

Diaphragm Meters:
A diaphragm meter is a positive displacement device
whereby the flexing of an internal diaphragm indicates a
specific volume of gas that has been transferred. This
displacement action is actuated by the differential
pressure developed by gas demand on the downstream
side of the meter. Diaphram meters are in wide use in
the low pressure gas distribution business although high
pressure meters are also on use. (Figure 4).



AGA-7 defines installation, calibration, operation and
calculation methods applied to axial-flow-type turbine
meters measuring volumetric and mass flow.
In Europe, turbine meters are now the preferred metering
method for custody transfer.
Ultrasonic Flow Meters:
Ultrasonic flow meters are available in two fundamental
design categories, doppler and transit time or time of
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FIGURE 4.

Rotary Piston Meters:
Commonly known as rotary meters these positive
displacement devices feature two counter rotating “figure
8” or lobed impellers. These impellers, or rotors, move
as a function of the force of flowing gas and are
unaffected by gas density, turbulence and pulsation in
the line. The rotor lobes form a defined space between
the impeller and the meter wall, hence the term, “positive
displacement meter.” For each complete internal rotation
of the meter four defined volumes of gas are displaced.
By knowing the volume of these spaces very precise
measurements can be accomplished. (Figure 5).

packed with a coated granular material unique to the
properties of the sample gas. There are literally hundreds
of different columns available which requires the operator
to specify the correct column for the particular
application. As gas travels through the column and
around the coated material, its components begin to
separate as a function of time and temperature. Gas flows
out and by a detector which measures each identified
constituent or group of constituents. A graphic
representation called a chromatogram is produced as a
response to the detector output, Figure 6. The
chromatogram is raw data listing of component peak
numbers, retention time, peak area and height. A
computer uses this information to calculate and produce
a report detailing the mole percent of components,
heating value, relative density and compressibility factor.

FIGURE 5.

GAS QUALITY
Heating value generally notes quality of natural gas. In
the USA, our standard of measurement is in British
Thermal Units or “Btu.” There are two general methods
for determining BTU, direct and indirect. Two approaches
representative of the methods are gas chromatography
and calorimetry. Both have advantages and
disadvantages as compared to one another.
Gas Chromatography:
Indirect measurement (calculated) is most commonly
represented by gas chromatographs. These instruments
run the full range accuracy, repeatability and
reproducibility. At one end are laboratory chromatographs
which are quite sophisticated, require close support but
provide extensive information on a detailed basis. At the
other extreme are process instruments that typically
operate faster and do not require as much operator
attention. However, they lack the detailed analysis
produced by the more complex laboratory instruments.
The number of gas components to be identified typically
determines the level of sophistication.
Gas chromatographs consist of three main sections, the
sample conditioning system, the oven and the controller.
Each has its own identity and must be carefully integrated
into the final instrument designed to best target the
application.
A precise amount of sample gas is injected into a flowing
stream of carrier gas which is usually ultra high purity
helium. The mixture then flows into and through a column

FIGURE 6.

Calorimetry:
Known as direct measurement because of its method of
determining heating value, combustion calorimetry is
represented by two main groups of instruments, heat
transfer and stoichiometric combustion.
The recording calorimeter known as the Cutler Hammer
was the primary direct measurement standard dating
from the 1930’s. This instrument uses a fixed ratio to
mix gas and air resulting in optimum combustion. Heat
of combustion is transferred to an exchanger that in turn
transfers heat to a stream of air. Air temperature is
recorded before and after passing around the exchanger.
The difference of temperatures before and after passing
around the exchanger is proportional to heating value
(Figure 7).
t+
∆t=Hv
Gas

t–
Air

Air
FIGURE 7.
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The second direct method utilizes principles of
stoichiometric or optimum combustion. When a
particular air/gas mixture is burned at its maximum flame
temperature the hydrocarbon gases are converted to H2O
and CO2 (Figure 8). Btu can be accurately measured as
an inverse function of gas flow rates when the instrument
is tuned to the optimum stoichiometric air/fuel ratio and
compared to the flow rate of a standard reference gas
such as methane.

Air

diagnostics, graphical presentation of data to the
operator, and generating extensive reports constitutes
a total energy measurement system. Operation becomes
simple using its graphic screen with mimics, trends,
extensive alarms and events (Figure 10).

I/P

Hv = K (Qr /Qs )

M

Gas
where:
K is the Btu reference value
Qr is the reference gas flow rate
Qs is the sample gas flow rate

FIGURE 10.

FIGURE 8.

SSCADA & DCS
TOTAL ENERGY MEASUREMENT SYSTEMS
To calculate total energy of natural gas the following
values are needed; pressure, temperature, composition
and flow rate. Supervisory systems can interface with
flow computers, gas chromatographs, ultrasonic meters,
turbine meters, pressure transducers and temperature
transducers (Figure 9). These inputs combined with other
supervisory control functions such as actuating control
valves, monitoring alarms, performing metering

For pipeline control systems a real-time overview of the
complete status of the pipeline is important. Figure 10.
Since the metering sites are often unmanned, control of
the metering sites and the block valve operation is often
centralized in the gas control center. Traditionally, pipeline
SCADA (supervisory control and data acquisition)
systems are used in conjunction with telemetry over
telephone lines, cellular, radio or satellite. Connectivity
over fiber optic cables, are becoming more cost effective,
local area networks and intranet technologies are
becoming more popular.
As typical SCADA system consists of a central host or
master MTU (master terminal unit), connected to several
RTU’s (remote station units) for data gathering and
control. These systems have open-loop control and
utilize mostly long distance communications, but some
parts of these systems utilize closed-loop controls and
will use short distance communications for local control
and data gathering.
A DCS (distributed control system) is somewhat similar
to a SCADA system in functionality, but the data
gathering and control functions are usually co-located.
Communication connections are made generally via a
LAN (local area network) because of its reliability and
high speed. A DCS system usually employs a large
number of local closed loop controls.

FIGURE 9.
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CONCLUSION
Because of the dynamic nature of today’s natural gas
quality, total natural gas energy is paramount to accurate
measurement and fair custody transfer. There are a
variety of hardware and software systems and devices
to accomplish accurate measurement. As long as the
various parties agree to what constitutes accurate
measurement disputes will be minimized. It is vital that
all parties agree on the technical terms, language and
base references of total energy measurement.

David Hailey
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EFFECTS OF ENTRAINED LIQUID ON ORIFICE MEASUREMENTS
William Johansen
Colorado Engineering Experiment Station, Inc.
54043 WCR 37, Nunn, Colorado 80648

INTRODUCTION
Natural gas often has some liquid content. The liquid
may be water, hydrocarbons, or compressor oil. As the
gas flows through an orifice meter is the gas being
measured correctly? The measurement methods and
calculations described in ANSI/API 2530 are for dry gas.
Many researchers have studied the effect of entrained
liquids on orifice measurement. The existing literature
can provide much information about orifice flowmeter
errors. This information can be used to determine the
course of future orifice plate research efforts.
This paper will discuss four test programs that were
conducted to examine the effects of entrained liquids on
orifice meter performance. The results of these programs
will be discussed as well as some simple flow models.
The flow models will be used to explain why research into
this area has been so difficult. The flow models are not
intended as a guide for flow measurement correction.
WET GAS
The liquid in natural gas may be in the form of very small
droplets or there may be enough liquid to completely fill
the pipe at times. The behavior of the gas/liquid mixture
passes through phases as the liquid content and flowing
velocities change. These phases are referred to as flow
regimes. Three simple flow regimes will be introduced.
Flow Regime 1
The first regime has the least amount of liquid in the
flow. When the amount of liquid in the flow is low, the
liquid is in the form of drops being carried in the flow
stream. The drops are continually colliding with the pipe
wall while new drops are formed when the gas flow
scours the liquid from the pipe surface. As the liquid
content increases in the flow, more and bigger drops hit
the wall resulting in a film of liquid coating the entire
pipe surface. As the film thickens, the roughness of the
pipe wall begins to change due to the liquid filling in low
spots on the pipe surface. The pipe seems to become
very smooth. The film moves down the surface of the
pipe and is pushed onto the orifice plate by the flowing
gas. As the liquid streams across the plate the plate
surface conditions also begin to change. Streaks on
orifice plates suggest that the fluid is drawn across the
surface as lines of fluid stretching from the outer edge
of the plate into the bore. Streaks make the orifice plate
surface rough. The liquid also makes other changes to

the meter geometry. Liquid near the edge of the bore
makes the sharp edge seem less sharp to the
approaching flow and liquid coating the inside surface
of the bore make the bore make the bore diameter
effectively smaller.
Flow Regime 2
Let the amount of liquid in the pipe increase so that there
is more than enough liquid to completely coat the pipe.
If the gas velocity is low enough, a thicker layer of liquid
may form on the bottom of the pipe. The thick layer of
fluid may acquire a rough surface if the liquid surface
becomes rippled or wavy, or the surface may be smooth.
The thick layer of fluid is flattened against the pipe bottom
by the flow. If the gas velocity increases, the thick layer
of fluid can be flattened so much that it becomes a
uniform coating on the inside surface of the pipe. As the
flow approaches the orifice plate a puddle of liquid may
form just in front of the plate. Large drops can be carried
from this puddle through the orifice bore. As the large
drops pass through the orifice plate bore the area of the
plate effectively decreases, restricting the much faster
gas flow. Liquid still moves across the plate surface in
streaks and collects near the bore and on the inside
surface of the bore. The liquid behavior can change quite
a bit in this flow regime with small changes in gas velocity
and liquid load.
Flow Regime 3
If the liquid in the flow continues to increase, a permanent
thick layer of fluid forms at the bottom of the pipe. The
surface of this thick layer is wavy or rippled making the
surface seem rough to the gas flowing through the pipe.
The liquid surface condition does not change as the
amount of liquid increases and the layer begins to fill the
pipe. Liquid is dammed up in front of the orifice plate
and is drawn through the orifice bore at a constant rate
by the gas flow. Much of the flow area of the orifice bore
is now occupied by liquid which is moving at a much
slower rate down the pipe than the gas.
TEST METHODS AND TERMINOLOGY
Two-phase or multi-phase flow are terms that may be
used to describe wet gas flow. Wet gas is two-phase
flow because there is a gas phase and a liquid phase
present in the pipe. Wet gas researchers can measure
the gas flow and liquid flows separately before combining
them in the test section. The liquid and gas flowrates
can be changed allowing researchers to use a wide range
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Mass flowrate of liquid
Mass Ratio = ——————————————
Mass flowrate of gas

t e low regimesdescribedabove.
14

Figure 2. Some of Murdock’s Experimental Data
12

Percent Over-Measurement

of liquid loads. A common way of describing the amount
of liquid in the flow is to use a mass ratio. A common
expression for mass ratio is:

High Pressure Data

Flow Regime 3
10

(1)

The mass ratio may also be called liquid load and is often
expressed as a percent.

Low Pressure Data

Murdock performed a number of tests using orifice
meters in two-phaseflow. The testing was performed
using steam/water,air/water, natural gas/water,natural
gas/distillate, and natural gas/salt water combinations.
8

6

4

2

Wet gas studies are performed using systems similar to
the one shown in Figure 1. Dry gas enters the system on
the left side. An orifice plate or some other flowmeter is
used to accurately measure the flow of dry gas into the
test section. Liquid flow enters the test system from the
bottom of the figure. The flowrate of liquid is accurately
measured prior to being injected into the test system.
The liquid is injected downstream of the flowmeter used
to measure the dry gas flow and upstream of the orifice
flowmeter being tested. The total flowrate passing
through the meter being tested is the sum of the dry air
and the injected liquid. As flow passes through the orifice
flowmeter being tested the differential pressure, static
line pressure, and temperature are measured. These
values allow a calculation of flow which can be compared
to the known flowrate of the combined gas and liquid.

Orifice meter or some other
accurate meter to measure the
dry gas flow
Orifice meter being tested with
two-phase flow

P

P
dP

T

Compressed dry gas
supply

dP

T
Two phase flow leaving test
section

Liquid is injected downstream of dry gas
measurement and upstream of orifice
meter being tested

0
0

0.5

1

1.5

2

2.5

3

3.5

Mass Ratio

FIGURE 2. Some of Murdock’s Experimental Data

using steam/water, air/water, natural gas/water, natural
gas/distillate, and natural gas/salt water combinations.
Testing was conducted at pressures ranging from near
atmospheric to over 900 psia. Testing was performed
using 21/2”, 3”, and 4” piping and beta ratios of 0.25 to
0.5. The mass ratio was varied from about 0.02 to over 8.
A plot of some of Murdock’s data is shown in Figure 2.
Note that as the mass ratio increases the percent of overmeasurement increases. Also note that the errors
increase more rapidly when the system pressure is higher.
The data shown is grouped along the two straight lines
shown on the plot. The trend of increasing flow
measurement error as pressure increases appears to be
clear. The clear trend suggests flowing conditions are
stable. The flow in Regime 3 is stable. The large increase
in differential pressure due to the load of the liquid
passing through the orifice bore dominates any other
effects and clearly correlates with pressure.
Flow Regime 2
McConaghy et. al. performed tests to determine the
effects of liquid and solid contaminants on orifice plate
performance. The testing was performed using high
pressure natural gas and a system composed of 10”
piping with beta ratios of 0.2 and 0.6. The mass ratios
were varied from 0.004 to 0.0004.

FIGURE 1. Typical Two-Phase Test Setup

PREVIOUS RESEARCH
There has been a considerable amount of research on
the effect of entrained liquids on the performance of
orifice plates. A few of the papers will be discussed in
terms of the flow regimes described above.
Flow Regime 3
Murdock performed a number of tests using orifice
meters in two-phase flow. The testing was performed

Orifice plate surface conditions were varied by machining
grooves into the plate surface and by putting grease on
the orifice plate surface. Two different groove depths and
many different grease applications were examined. Test
results showed that plate roughness caused undermeasurement of flow but only when the height of the
roughness became large enough to disturb the flow
across the plate.
Two-phase flow testing was performed by injecting glycol
or oil into the natural gas flow stream upstream of the
orifice plate. After each of the test runs the orifice plate
was removed for inspection. Residue on the plates
indicated that some puddling of liquids was taking place
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Percent Change in Discharge Coefficient

The test results showed considerable variations. Testing
conducted using a low beta plate and high injection rates
produced a smaller effect on flow measurement than
testing with a high beta orifice plate and lower injection
rates. The authors suggest that there were many potential
mechanisms which could affect flow measurement. Some
of the mechanisms produce under-measurement of flow
and some of the effects produce over-measurement of
flow. Over-measurement of flow was caused by the
effective decrease in orifice bore area as large droplets
passed through the hole. Over-measurement was also
caused by the roughness of the orifice inlet piping
changing as the liquid layer made the surface smooth.
There were several potential mechanisms that could cause
under-measurement of flow. Increasing orifice plate
surface roughness, puddling of liquid in front of the plate,
liquid on the plate surface close to the orifice bore, and
increasing pipe roughness as the surface of the liquid film
becomes rippled or wavy all cause under-measurement
of flow. The authors felt that many of these mechanisms
were present at the orifice plate all of the time. Other
mechanisms, such as the puddling, large droplets passing
through the orifice bore, or varying roughness of the film
surface may appear and disappear with small variations
in flow. Depending on how these mechanisms interact it
was found that the flow measurement errors could be very
small or the mechanisms could produce significant undermeasurement errors.

Bore Reynolds Number (Millions)

FIGURE 3.
6” Pipe, β = 0.67 Thin Oil Film on Orifice Plate
and Inlet Piping

2.5

Figure 4. 10” Pipe,b = 0.66 Thin Oil Film on Orifice
Plate and Inlet Piping
2
Percent Change in Discharge Coefficient

just in front of the orifice plate and radial streaks indicated
that the liquids were moving across the plate surface. From
these descriptions it appears that these tests were
performed in the second flow regime discussed above. The
liquid behavior in this flow regime can vary considerably.

1.5

This testingwas uniqueas it did not use liquid injection.
The 1orifice platesandpiping immediatelyupstreamof the
orifice meter were coatedwith oil. After allowing the
excess
0.5 oil to drain away the piping systemwas assembled
and testing was started. Figures 3 and 4 show some
test 0results. The plots show the percent change in
0
0.5
1
1.5
2
2.5
3.5
discharge
coefficient.
A positive
shift
in3 discharge
Bore Reynolds
(Millions )
coefficient corresponds
to Number
under-measurement
by the
Ascending Flowrates
Descending Flowrates
samepercentage.
Each test was started
by taking dataat

Flow Regime 1
Ting and Corpron performed testing using compressed
air and water. The pipe size used was 8 inch and the
beta ratios were 0.5 and 0.7. The injected water produced
mass ratios of 0.02 down to 0.0002. The test results
showed a negligible shift with the 0.5 beta plate but
showed large shifts with the 0.7 beta plate. Undermeasurement of flow by as much as 1.7% with a 0.7
beta plate occurred at high Reynolds numbers.
Clear trends of increasing under-measurement as mass
ratio increased and as Reynolds number increased
showed that the testing was performed in the first flow
regime described. An even coating of liquid covers all of
the pipe internal surfaces. The injection rates were high
enough to maintain some level of coating but it is not
clear whether or not there was damming of liquids in front
of the plate or large droplets of liquid passing through the
orifice bore. In fact, this is one of the problems with testing
conducted by injecting liquids into a gas stream. It is never
clear whether or not damming of liquids in front of the
plate occurred. With these test results it was not clear
whether or not the under-measurement was caused by
the film of liquid alone or if some other mechanism such
as puddling contributed to the measurement error.

FIGURE 4.
10” Pipe, β = 0.66 Thin Oil Film on Orifice Plate
and Inlet Piping

Work by the present author attempted to answer the question
about the effects of thin films of liquids in orifice flowmeters.
Testing was performed for the Gas Research Institute using
compressor oil in systems flowing dry compressed air. Testing
was performed in 2 inch, 6 inch, and 10 inch pipe. Beta
ratios tested were 0.25, 0.5, and 0.7.
This testing was unique as it did not use liquid injection.
The orifice plates and piping immediately upstream of the
orifice meter were coated with oil. After allowing the excess
oil to drain away the piping system was assembled and
testing was started. Figures 3 and 4 show some of the
test results. The plots show the percent change in
discharge coefficient. A positive shift in discharge
coefficient corresponds to under-measurement by the
same percentage. Each test was started by taking data
at low flowrates and then proceeding to higher flowrates.
Once the maximum flowrate had been achieved data was
taken as the flowrate decreased back to the original
flowrate. The magnitude of the shifts tended to decrease
as the test proceeded. This change corresponded to the
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CONCLUSIONS
Three two-phase flow regimes were described. The first
flow regime had very low liquid content. The liquid
content was just enough to produce a thin coating of
liquid on all of the orifice meter internal surfaces.
Research performed with low injection rates has shown
that flow is under-measured. The under-measurement
is consistent and in some cases can be over 1%. The
second flow regime had a higher liquid content than the
first regime. The liquid content was high enough that a
thicker layer of fluid could form at the bottom of the pipe.
This thicker layer of fluid could become redistributed
around the pipe surface if fluid velocities increase.
Puddling of liquid in front of the orifice plate could also
occur. In this flow regime there is a lot of variability in the
behavior of the liquid and as a result the flow
measurement may not be affected or there may be
substantial under-measurement of flow. The third flow
regime has enough liquid in the pipe so that there is a
permanent thick layer of fluid on the bottom of the pipe.
The surface of the liquid has a fairly constant roughness.
The liquid is dammed up in front of the orifice plate and
is drawn through the orifice bore at a steady rate. Orifice
plates used with liquid loads this high consistently overmeasure flow. The amount of over-measurement is
affected by the flowing gas pressure.
Future Research
Figure 5 shows the general trends in flow measurement
error from the papers discussed. The plot shows the
percent error in flow measurement as the liquid to air mass
ratio increases. The values shown are included only to
provide some idea of the magnitude of the measurement
errors. This plot and the previous discussion can provide
some insight into the course of future research.

then the research results may be used to establish some
boundaries of the possible errors in flow measurement.
These boundaries could extend from 0.0% or slightly
positive flow measurement error to as much as 1% undermeasurement. Test results should also define the upper
and lower mass ratio boundaries of this region.
The performance of the orifice plate in flow regime 1 is
not as variable as in flow regime 2. The data suggest that
the orifice meter under-measures flow when thin films of
liquid coat the internal surfaces of the pipe. Although it
appears that Reynolds number does not strongly affect
measurement errors future research needs to verify this
as well as the effect of beta ratio, line size, and pressure.

Percent Error in Flow Measurement

diminishing oil film as the air swept the oil out of the system.
After each test the piping was taken apart and the plate and
piping were inspected. These inspections revealed that nearly
all of the oil had been scoured from the pipe wall by the
flowing air during each test. The data in Figure 1 show that
when the test ended there was still a large undermeasurement of flow. A very small amount of oil could
therefore produce under-measurement of flow. Consistent
under-measurement errors occurred when both the orifice
plate and upstream piping were coated with a thin film of oil.

FIGURE 5. Predicted Trends in Flow Measurement Error
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In flow regime 3 the orifice meter clearly over-measures flow.
Future testing must be performed with natural gas and liquids
that are representative of liquids found in pipelines. Murdock’s
work clearly showed that the flow measurement errors
changed as line pressure changed. Those changes must be
examined in detail. Any other effects such as how beta ratio
and Reynolds number change the over-measurement need
to be identified and studied.
In flow regime 2 the performance of the orifice plate
experiences a great deal of variability. The research results
of McConaghy et. al. illustrate the potential variability in
flow measurement. If future research also shows variability

William Johansen
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GAS FLOW CONDITIONING — DEVICES USED TO PRE-CONDITION
THE GAS FLOW PROFILE PRIOR TO MEASUREMENT
B.D. Sawchuk P. Eng. and D.P. Sawchuk C.E.T.
Canada Pipeline Accessories Company ltd.
6710-30 St. S.E. Calgary, Alberta, Canada T2C 1N9

INTRODUCTION
A flow Measurement Engineer’s presentation of Flow
Conditioning for Orifice, Turbine and Ultrasonic Meters.
The latest references are sited to provide an overview of
the state of flow technology today and how these
technologies affect various popular meters used in
Natural Gas measurement.

Umax
Uy

R

y

PIPE FLOW CONDITIONS
The most important—and most difficult to measure—
aspects of flow measurement are flow conditions within
a pipe upstream of a meter. Flow conditions refer to: the
gas velocity profile, irregularities in the profile, varying
turbulence levels within the velocity or turbulence
intensity profile, swirl and any other fluid flow
characteristics which will cause the meter to register flow
different than that expected. This will cause the meter to
differ from the original Calibration State referred to as
reference conditions that are free of installation effects.
Installation effects which cause flow conditions within
the pipe to vary from reference conditions are: insufficient
straight pipe, exceptional pipe roughness or smoothness,
elbows, valves, tees and reducers, just to name a few.
Certainly, a common understanding of how these
installation effects impact the meter is important since
devices which create upstream installation effects are
common components of any standard metering design.
Flow Conditioning refers to the process of artificially
generating a reference, fully-developed flow profile and
is essential to enable accurate measurement while
maintaining a cost-competitive meter standard design.
Industry-accepted nomenclature and discussions are
presented which explain commonly referred to flow
conditions.
The most commonly used description of flow conditions
within the pipe is the velocity flow profile. For general
fluid dynamic background Miller (1996) offers a thorough
textbook description of velocity profiles and distortions
of the profile due to upstream piping effects. The most
common method used to describe velocity flow profiles
for natural gas measurement is shown in Figure 1,
Velocity Flow Profile.
Equation 1 describes the shape of the velocity flow
profile. The value of n determines the shape of the
velocity flow profile. Karnik (1993) and others use

FIGURE 1. Velocity Flow Profile

Equation 1 to determine the flow profile’s shape within
the pipe by fitting a curve to experimentally measured
velocity data. Karnik (1993) was the first to actually
measure transverse velocities within the high-pressure
natural gas environment using hot wire technology to
accomplish the data fit.
1

Uy
Umax

()
y

=

n

(1)

R

A fully developed flow profile is used as the Reference
State for meter calibration and determination of
Coefficient of Discharge (Cd). For Reynolds Number 105
to 10 6 n is approximately 7.5; for Re of 10 6, n is
approximately 10.0 where a fully developed profile in a
smooth pipe is assumed.
Since n is a function of Reynolds Number and friction
factor, more accurate values of n can be estimated by
using
1
n = ___ ,
√f

(3)

where f is the friction factor. It is not the intent here to
provide detailed instructions for determining friction
factors. The Colebrook (1939) equation or Moody (1944)
diagram can be utilized as illustrated and detailed by
Karnik (1993).
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A good estimate of a fully developed velocity flow profile
can be used for those without adequate equipment to
actually measure the velocities within the pipe. White
(1986) and Karnik (1993) utilize the following straightpipe-equivalent length to ensure a fully developed flow
profile exists.
PipeDiameters ≈ 4.4D(Re)

1
6

t
dial e n
Ra m pon
co

Axial Componen t

Swirl Angle

(2)

As one can see, the pipe lengths required by equation
(2) are significant, hence the need for devices that
condition the flow over a shorter pipe length allowing
metering packages to be cost competitive and accurate.

Tangential
component

FIGURE 2. Swirl Angle

It is important to point out that the velocity flow profile is
generally three-dimensional. For simplicity, normally the
description requires no axial orientation indication if the
profile is asymmetric. If asymmetry exists, then axial
orientation with respect to some suitable plane of
reference is required. Asymmetry exists downstream of
installation effects such as elbows or tees.
Normally, the velocity flow profile is described on two
planes 90˚ apart. With today’s inexpensive computer and
software technology a full pipe cross sectional description
of the velocity profile is possible (if sufficient data points
are provided of course).
The second description of the flow-field state within the
pipe can be made using turbulence intensity. Karnik,
Jungowski and Botros (1994) showed that metering errors
may exist even when the velocity flow profile is fully
developed and pipe flow conditions seem perfect.
Conversely, they found zero metering error at times when
the velocity profile was not fully developed. They
attributed this behavior to the turbulence intensity of the
gas flow that can cause metering bias error. This behavior
accounts in part for the less than adequate performance
of the conventional tube bundle.

ORIFICE METERING
Orifice metering is one of the most commonly used
metering technology in the gas production and
transmission industry. This is due to the low installation
and maintenance cost, and the low uncertainty which
can be achieved using these meters.
Another significant advantage orifice meters have over
most other technologies is the ability to use the meters
without having them proved or calibrated (Note that there
is a requirement to calibrate the instrumentation
measuring pressure, differential pressure and
temperature, but not to flow prove the meters themselves).
This feature is achieved by precisely defining the geometry
of the meter, so that each meter reacts similarly to the
flow of gas. This is referred to as dynamic similarity.
In order to ensure that the meters have the property of
dynamic similarity, orifice meters should conform to the
industry standard for these devices, Orifice Metering of
Natural Gas and Other Related Hydrocarbon Fluids,
referred to as A.G.A Report No. 3, or API 14.3.

The third description of the flow field’s state is swirl. Swirl
is the tangential flow component of the velocity vector
(The velocity profile should be referred to as the axial
velocity profile. Recall that the velocity vector can be
resolved into three mutually orthogonal components, the
velocity profile only represents the axial component of
velocity).

A key factor in maintaining dynamic similarity is the
velocity profile of the gas as it enters the meter. The
orifice equation was developed using a fully developed
velocity profile. This is considered to be the profile of
the gas after travelling through a long length of uniform
straight pipe. Unfortunately, it is generally not possible
to arrange the piping upstream of a meter so that there
is enough straight pipe to achieve fully developed flow.
The 1999 version of the standard results from testing
done at a number of recognized facilities. The intent of
these tests was to provide installation requirements,
including the piping upstream of the meter so that the
results are the same as those obtained from a long
uniform upstream pipe.

Figure 2, Swirl Angle illustrates the definition of flow swirl
and swirl angle. Note that swirl is usually referenced to
full body rotation (that which the full pipeline flow follows
one axis of swirl). In real pipeline conditions, such as
downstream of elbows two or more mechanisms of swirl
may be present. Miller (1996) provides additional details
pertaining to the effects of installation effects such as
one and two elbows in and out of plane.

A key aspect of the upstream installation is a flow
conditioner, which modifies the flow prior to passing
through the meter. A.G.A 3/API 14.3 provides three
options for flow conditioners: 1)The user of the meter
can opt for not using a flow conditioner (a bare tube); 2)
A tube bundle flow straightener of specific design can
be used (the details for this can be found in the standard);
or 3) A flow conditioner, which passes a series of tests.

Delving into the mechanisms governing the effects of
turbulence intensity is not within the scope of this paper.
It is therefore highly recommended that the state of
technology be pursued via the references provided,
namely (Karnik, Jungowski and Botros).
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These tests are outlined in the standard. This third option
is the subject of this paper.
The reason that someone using an orifice meter would
use this third option is that it there are several flow
conditioners on the market that easily outperform the
tube bundle flow straightener. The testing for the 1999
version of the standard has shown that the installation
requirements for the tube bundle, in the previous version
of the standard, do not allow sufficient flow development
to reproduce the long uniform length of pipe used in
developing the standard. Because of this, many existing
meter installations do not meet the new standard. It is
possible, however, by simply replacing the tube bundle
with another flow conditioner that the meter will again
meet the standard, and be capable of measuring flow
accurately.
A listing of the various flow conditioners available to the
market place are listed below

Below, as an example, the CPA 50E Flow Conditioner
is used to describe A.G.A. – 3 2000 compliance. The
reader should ask for this information when
specifying a flow conditioner.
The CPA 50E Flow Conditioner consists of a steel plate
0.125D to 0.15D in thickness with a central circular hole
and two rings of circular holes in concentric circles
around the central hole. The spacing and design of the
flow conditioner has been developed to produce a fully
developed profile downstream of the conditioner. The
holes account for approximately 50% of the area of the
plate, and are sized such that the velocity profile a short
distance downstream will be the same as the fully
developed profile. The thickness of the plate also
eliminates swirl which may exist upstream of the meter.
A diagram of the CPA 50E flow conditioner is shown
in Figure 3.

Flow Conditioners Available
•
•
•
•
•
•
•
•
•
•
•
•
•
•
•
•
•
•

19 Tube
Akashi
AMCA
Bellinga
Bosch & Hebrard
Etoile
Gallagher
ISO
K-Lab
Kinghorn
Laws
K-Lab/NOVA 50E
PG&E
Sens & Teule
Spearman
Sprenkle
Stuart C-3
Zanker

The reader is STRONGLY cautioned to note that all the
flow conditioners are not equal in terms of performance
characteristics, pressure drop or approvals.
From a commercial standpoint two of the listed flow
conditioner brands are generally accepted through out
the Unites States. They are the; Gallagher or GFC Flow
Conditioner and the CPA 50E flow Conditioner.

Gallagher Flow Conditioner

FIGURE 3. CPA 50E Flow Conditioner

TEST REQUIREMENTS
Detailed test requirements are outlined in the 1999
version of API 14.3/AGA 3 Appendix 2D (2). This
Appendix outlines the range of pipe sizes, b ratios, and
Renolds Numbers to be used (users are advised to refer
to the published standard). The test requirements for
approval of type are presented here in abbreviated form.
1. Baseline Calibration using a bare meter tube with
a minimum of 70D upstream of the orifice plate, with
less than 2 degrees of swirl upstream of the 70D
tube. This test should be performed with the same
orifice plates and b ratios that will be used for tests
2 to 5.
2. Good Flow Conditions with the flow conditioner
downstream of the meter tube used in Test 1. This
test is done to show how the flow conditioner affects
the meter baseline.
3. Two 90° Elbows in Perpendicular Planes — This
test will show how the flow conditioner handles
normal amounts of swirl.
4. Gate Valve Closed 50% — This test shows how
the flow conditioner handles highly asymmetric
velocity profiles.
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5. High Swirl — This test shows how the flow
conditioner handles high swirl (min. 24° at 17D). The
design of a device to generate this swirl is given in
the standard.

Figure 6 - Nova 50E Performance in Good Flow
Conditions
GRI MRF Data - Beta 0.67
Deviation from Baseline Cd

1.00%

In addition, there are requirements for testing different
sizes to ensure scalability of the flow conditioner, and
testing at multiple flow rates. These last two tests must
be performed on the baseline calibration and at least
one of the disturbance tests.
The performance that the flow conditioners must meet to
pass these tests is very stringent. The threshold for
acceptance is half the 95% confidence level in the RG
equation at infinite Reynolds Number. This is slightly more
than twice the repeatability for the SwRI facility, which
means that it is close to the detectable limit for that facility.

Southwest Research Institute — This testing was
sponsored by GRI at the GRI Metering Research Facility
(GRI MRF) at Southwest Research in San Antonio. The
purpose was to provide data to support the development
of the tests which later became part of API 14.3/AGA 3.
Only a small portion of the data is included in this paper.
For a complete report, please contact GRI.
Test 1 — Baseline Calibration - Southwest Research
has done a baseline calibration on the meter used in the
other tests. This calibration falls within the uncertainty
of the overall data set used to develop the flow equation.

0.60%
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0.20%
Tap 1
Tap 2
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FIGURE 5. Nova 50E Performance — 2 Elbows Out of
Plane GRI MRF Data - Beta 0.67

conditioner in conditions of swirl. The results for a 17D
meter run are shown in Figure 5. In this case, 7D is required
so the reading is within the tolerance allowed. 29D and
45D meter runs were also tested, with similar results.
Test 4 — Gate Valve Closed 50% — The results are
shown in Figure 6. Again, 7D is required to meet the
specification.
Figure 7 - Nova 50E Performance - Partly Closed
Valve
GRI MRF Data - Beta 0.67
1.00%

Deviation from Baseline
Cd

TEST RESULTS

0.80%

0.80%
0.60%
0.40%
0.20%

Tap 1
Tap 2

Test 2 — Good Flow Conditions - This test is performed
to ensure that The flow conditioner does not alter the
meter indication when place in a line with good flow
conditions (already fully developed). Note that the results
presented here are a subsection of the results presented
in the full report developed by Southwest Research.
These results are those for b = 0.67. The results for Test
2 are shown in Figure 4. Note that when the flow
conditioner is very close to the orifice plate the reading
is outside the limits set forth. However, after the flow
conditioner is moved 5D or so from the plate, the
measurement is within the specification.

Test 5 — High Swirl — The results are shown in Figure 7.
The flow conditioner meets the requirements 7D
upstream of the orifice plate.

Test 3 — Two 90° Elbows in Perpendicular Planes —
This test demonstrates the performance of the flow

Figure 8 - Nova 50E Performance - High Swirl
GRI MRF Data - Beta 0.67
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FIGURE 6. Nova 50E Performance — Partly Closed Valve
GRI MRF Data - Beta 0.67
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Figure 5 - Nova 50E Performance - 2 Elbows Out of Plane
GRI MRF Data - Beta 0.67
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FIGURE 4. Nova 50E Performance in Good Flow
Conditions GRI MRF Data - Beta 0.67

FIGURE 7. Nova 50E Performance — High Swirl
GRI MRF Data - Beta 0.67
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Scaling — Tests were carried out by the Nova Research
& Technical Centre at TransCanada’s Didsbury Test
facility (testing sponsored by TransCanada Pipelines).
As per the requirements of the standard, this testing was
carried out on the baseline condition and on one other
of the proscribed tests. In this case, Test 3 – Two 90°
Elbows in Perpendicular Planes, was repeated. The
results are reported in detail in Reference 5. Results are
shown in Figure 8.
Reynolds Number Sensitivity — Results reported by
SwRI (3) for testing on 0.67b plates are at Re 2.7 x 106.
Testing performed by NRTC (6) on air at 0.68 b plates at
Re 1.7 x 105 and 1.0 x 105 give results as follows:
NTRC Testing on Two Elbows our of Plane
on Air at Low Pressure
Beta
Ratio

Reynolds
Number

Deviation from
Baseline Cd

0.68

170,000

–0.24

0.68

100,000

–0.08

This meets the requirements of the standard over a much
larger range of Re than specified. This testing was
conducted on 4 inch flow conditioners, as per the
recommendation of the standard.

For example, the 1991 version of API 14.3 Part 2, using
figure 2.5 Partly Closed Valve Upstream of a Meter Tube,
an overall length of 17D from the orifice plate upstream
to the partly closed valve is required (b = 0.75). 7D is
required from the straightening vane outlet. The work
done by Southwest Research at the GRI MRF (3) shows
that this configuration results in much higher
uncertainties than described in the previous version of
the standard (almost 2%).
Under all of these installations using tube bundles and
the minimum lengths specified in API 14.3, the situation
can be corrected by installing a CPA 50E flow conditioner
in place of the tube bundle.
Another example is a meter with no straightening vane
or flow conditioner, downstream of two in-plane elbows.
In this configuration, the previous version of the standard
requires 17D between the last elbow and the orifice plate.
Again, testing done by SwRI shows that this length of
upstream pipe is not adequate to avoid high uncertainty.
A flow conditioner such as the CPA 50E can also be
used in this case, instead of substantially increasing the
upstream length required.
These examples show how a CPA 50E flow conditioner
can be used to retrofit existing meter runs to meet the
new standard.

Figure 10 - Nova 50E Scalibility Test
NRTC Data
Deviation from Baseline
Cd

enough development downstream of the flow conditioner
to meet the requirements of the new standard. Even
though these installations may be grandfathered under
the current revision some additional uncertainty is present.
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New Installations — When new meters are being
installed, using a CPA 50E flow conditioner can reduce
the amount of upstream pipe required to keep uncertainty
as low as possible. Of course, flow conditioning is only
one of many factors which affect overall meter
performance.
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FIGURE 8. Nova 50E Scability Test NRTC Data

FLOW CONDITIONER APPLICATION
The CPA 50E flow conditioner can be used as a retrofit
in existing orifice meter applications, or as part of a new
installation. Both of these uses of the flow conditioner
will result in a good installation when some care is taken
in the design of the facility. In general, the upstream
portion of the piping should be such that strong swirl or
highly asymmetric flow is not present. When these are
unavoidable some additional meter tube between the
flow conditioner and orifice plate is suggested.
Retrofit Installations — There are many meters installed
in accordance with the former version of the standard.
In these cases, the minimum length does not always give

One of the many benefits of ultrasonic metering is that
typically, ultrasonic meters measure high volumes of
natural gas. As a result, efforts to provide small increases
in accuracy and/or repeatability result in large benefits
to the customer. Installation experience, testing and
computational exercises have been conducted which
show how small efforts to provide correct velocity profiles
can have considerable payback. Strategies for
minimizing the influences of installation effects and
provision of correcting velocity profiles on the ultrasonic
meters are presented. An almost zero cost method is
also presented to drastically increase the measurement
confidence from the primary measurement meter.
Ultrasonic meters have gained rapid acceptance in the
measurement of large volumes of natural gas in the last
several years. There has been a concentrated effort by
many parties, AGA taking a lead role, to improve
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understanding of these meters so that they can be used
properly. If we examine the reasons for this acceptance
there are several advantages that ultrasonic meters have
over other technology. The main advantages are:

Gearbox

Flow

1.
2.
3.
4.
5.

Installed cost at high volume facilities
Low pressure loss through the installation
Inherent bi-directional capability
Low maintenance
High tolerance for liquids or other foreign material

The work conducted to date has led to the publication
of AGA Report No. 9 [1], and further work is underway
to provide continued revision to AGA-9 as required.
Ignoring all other benefits of ultrasonic metering, in terms
of accuracy, it could be argued that other technology,
such as turbine or orifice meters, have a 25 to 70 year
advantage in terms of optimized installation knowledge.
This point may never be fully resolved, but it is safe to
say that current testing and constant product
improvement by manufacturers has shown a clear
advantage for ultrasonic metering.
Facility designers are looking for direction to best install
these meters to take advantage of the benefits that
ultrasonic meters offer, while ensuring that accuracy is
optimized. Testing has been done by Grimley at
Southwest Research [2], as well as other locations,
however, this testing is expensive, and it is difficult to
test all the possible factors which could lead to increased
measurement accuracy. Since there are many factors
that have not been tested, users should employ
conservative design practices that will meet current and
likely future requirements. These design practices take
testing which has been completed into account, as well
as an understanding of ultrasonic metering.
The AGA task group on ultrasonic metering, in
conjunction with test facilities, manufacturers and users,
is undertaking to develop new testing regimes which will
provide additional information on how the ultrasonic
meters work under various conditions.
Note that there is a difference in requirements between
those users who need the most conservative design to
ensure accuracy, and those who have limited space (such
as production platforms), who need solutions that
account for their constraints. This paper is focused more
on exploring conservative design practices.
SENSITIVITY TO VELOCITY PROFILE
Ultrasonic meters are an alternative for turbine meters,
especially for high flow (high capital cost) applications. The
meters are similar in how the flow rate is presented to the
flow computer, and both have a relatively high turndown
ratio. Ultrasonic meters have the additional advantages of
being bi-directional, requiring less maintenance, having less
pressure loss across the meter and being more tolerant of
foreign material in the gas stream.

FIGURE 9. Turbine Meter

There are significant differences, however. The turbine
meter is an intrusive device, as such, the turbine meter
(Figure 9) forces the gas into an annular ring around the
outside of the pipe, possibly through a built in flow
straightener, then through the turbine rotor. The rotor itself
will help to balance any skewed velocity profile. As a
result these meters are less sensitive to upstream
conditions, and a flow conditioning plate - five to seven
diameters upstream will produce excellent results.
The ultrasonic meter, however, is generally a continuation
of the pipe, and does not condition the flow at all within
the meter. The meter is therefore unable to alter
aberrations in the velocity profile and is exposed to worst
case installation effects.
Figure10 shows a diagram of a single path ultrasonic
meter. There is one measurement taken (per path), - the
difference in the transit time. Because the ultrasonic pulse
does not differentiate where it is in the pipe, it cannot
correct for the difference in volume in the outer 50% of
the diameter and the inner 50%. In order to correct for
this, manufacturers incorporate a correction factor based
on an assumed velocity profile.

Processor

Centre 50% of Path covers
25% of area and 35 to 40%
of flow.

Flow

FIGURE 10. Ultrasonic Meter

Since the transit time ultrasonic meters are measuring
the time difference of a sound pulse traveling on a
predetermined path in the gas stream, the meter only
has one measurement per path. This measurement can
only determine the average velocity along the path. There
are a number of factors which affect this measurement:
1. The velocity profile of the fully developed flow stream,
which depends on the Reynolds number, roughness,
imperfections in the pipe such as welds and flanges,
and other factors.
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2. How much the velocity profile is distorted (including
the effects of swirl) resulting from the upstream
configuration, and the orientation of the meter to this
skewed velocity profile.
3. Changes to the velocity profile as it is passing the
meter. Since the currently available meters are
roughly one or more diameter long, there is the
possibility of changes to the velocity profile as it
passes through the meter.
FULLY DEVELOPED PROFILE
First we will examine the effect of fully developed velocity
profile, considering small changes and calculating the
effect of these changes.

The value of n is dependant on the Reynolds number and
friction factor. As such it will vary with gas composition,
pipe roughness, diameter and imperfections such as
welds, gaskets and flanges. Values of 10 or 11 are
common in the pipe sizes and conditions common with
large diameter ultrasonic meters. This is described in more
detail by Karnik [3].
The meter sensitivity was compared to two profiles that
are very close to each other. These were calculated using
the power law profiles for N=10 and N=11. The N=11
profile is slightly flatter, with a centre line velocity of a bit
over one percent lower than the N=10 profile (Figure 11).
In practical terms, it would be difficult to differentiate the
value of N from experimental data from these two profiles.
Calculations using these slightly varying axial velocity
profiles show sensitivity to the profile. For these two
profiles the transit time difference is 0.42% for the same
flow rate.
The reason for this difference in transit time is that the
velocity in the centre of the pipe, is treated the same as
the velocity closer to the wall, even though the bulk flow
is closer to the wall. Over 60% of the bulk flow is traveling
in the outer 50% of the diameter.
This result is not sensitive to the model used to calculate
velocity profile, because all the models for velocity profile
have similar characteristics, being empirical curve fits to
the same data. Even though this simple model breaks
down at the centre line, other models will produce very
similar results.

FIGURE 11. Fully Developed Profile

ASYMMETRIC VELOCITY PROFILE
There are several models for the fully developed velocity
profile. These are empirical approximations, and are
somewhat interchangeable. When measurements are
taken on flow that is fully developed, there is some
difference between the theoretical profile and the
measured profile. This is normal, and reflects some
measurement uncertainty as well as theoretical
assumptions. If the measured profiles are within one or
two percent of the theoretical profiles, they can be
considered fully developed. In ISO 5167 [4], the profile
is considered to be fully developed if the measured profile
is within of five percent of the calculated profile.
The Power Law is one of these empirical profiles. The
equation is shown as equation 1.
1

U
Ub
Where:
U =
Ub =
y =
R =
n =

()
y

=

Yeh and Mattingly have conducted CFD studies on
ultrasonic meter performance in ideal and non-ideal pipe
flows [5]. They concluded that single path meters have
a high degree of flow profile sensitivity and that
performance is strongly dependant upon path orientation
to a disturbance (as high as 35% close to an elbow).
These results lead to the further conclusions that
installation location and orientation are critical, and that
multi-path meters are desirable for high accuracy.
Certainly, a 35% shift in meter reading is not acceptable
in current meter applications. The issue for custody
transfer meters is whether the specifications in AGA-9
[1] are appropriate, and whether a particular installation
meets this specification.

n

R

local axial velocity
Bulk or average axial velocity
distance from the pipe wall
pipe radius
Empirical exponent

(1)

In order to reduce the effect of this asymmetry, Yeh and
Mattingly recommend using multi-path meters. These
meters will significantly improve the response to
asymmetric profiles, but may not totally compensate for
the profile. Results from meter testing by Grimley show
that some conditions will result in shifts of over one
percent when compared to good flow conditions.
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CHANGING VELOCITY PROFILE
If the meters are sensitive to small changes in velocity
profile, they are probably also sensitive to the profile itself
changing within the meter. This is an issue with ultrasonic
meters since they are from one to three diameters long,
and numerous tests have shown that the velocity profile
can change significantly within this distance.
In a straight pipe, a distorted velocity profile will transform
itself, moving toward a ‘fully developed’ profile. If a profile
is close to the fully developed state, the change will be
gradual. An example of a rapidly changing profile is the
profile at the exit of a perforated plate flow conditioner
(Figure 12). The profile at the exit of the flow conditioner
will be a number of jets, corresponding to the holes in
the plate. These jets quickly form into one profile. Testing
has shown the distance to form one profile is about five
pipe diameters.
CPA 50E Flow
Conditione r

~5 D

FIGURE 12. Profile Downstream of a Perforated Plate

Perforated Plate flow conditioners accelerate the gas flow
through holes in the plate. These individual gas streams
then recombine to a single stream, which will then move
toward full development given enough straight, uniform
pipe.
As the jets recombine, the profile will be changing quickly.
If the meter is located too close to the flow conditioner,
the indicated flow rate could be affected by these jets,
and the bulk velocity may not be calculated correctly.
While it may be possible to calibrate this effect out of
the system, a slight change could significantly alter the
indicated flow rate.
Meters are currently being installed with flow conditioners
as close as three pipe diameters. There is some support
for this, however in testing by Grimley, the meter was
not unbolted from the flow conditioner when the
assembly was placed in front of the flow disturbance.
The testing was done to evaluate the effect of the
disturbance, not the effect of a rotated flow conditioner.
The normal procedure that companies now employ, is
to calibrate the flow conditioner, spool piece and meter
together at the calibration facility. The parts are then
disassembled for shipping to the site. At the site, care
needs to be taken to re-assemble the meter, flow

conditioner and spool piece(s), to ensure that it is the
same as at the calibration facility. Even if this care is
taken, the reassembly may not be exact, since there is
no comprehensive testing to show how exact the
reassembly needs to be.
TESTING AT SOUTHWEST RESEARCH
Grimley [2] tested the meters with a variety of upstream
flow conditions, including single elbow, elbows out of
plane, and elbows in plane. These conditions are similar
to those found in field locations, but of course, are not
representative of everything found in the field.
Testing done on several ultrasonic meters with different
flow conditioners shows that the user must be careful in
how the meters are installed. Some combinations of
meter, flow conditioner, and piping configuration were
clearly shown to be better at repeating baseline
measurements than other combinations.
Grimley concluded that use of a high performance flow
conditioner was preferable due to the difficulty in
translating ‘bare tube’ results (without flow conditioners)
to a field location. These high performance flow
conditioners isolate the meter, to a certain extent, from
the upstream conditions.
Testing using high pressure gas on these large meters is
expensive, and the results of the testing complete to
date are not conclusive. There are other questions yet
to be addressed, such as: Are the results repeatable?
What is the effect when other variables are altered? How
much depends on the spool pieces, the exact position
and orientation of the flow conditioner, and other specific
installation conditions? Are the results the same at higher
gas velocity?
These results show some variation in performance of
the ultrasonic meters tested which is not fully understood.
While these deviations are generally small in percentage
terms, they are of concern due to the high volume of
gas that is generally measured by these meters.
It should be noted that in the testing carried out at
Southwest Research Institute, the objective was to
determine the effect of changing the upstream profile,
and the meter remained bolted to the flow conditioner
and spool piece throughout the test. At custody transfer
meter stations, the meter is generally unbolted from the
flow conditioner after calibration, and re-assembled on
site. It will be difficult to re-assemble the meter exactly
as it was assembled at the calibration facility.
The CPA 50E flow conditioner is designed to recombine
into a fully developed profile within about five diameters,
in order to minimize this effect. Even if the flow
conditioner, spool piece, and meter is disassembled after
calibration, the shift should not be expected to be large.
If the opportunity to keep the meter run bolted together
is available, it may be best to leave it this way until
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installation. This option is of course not possible with a
NPS 30” or 24” meter run.
VERIFICATION TECHNIQUES
There are techniques which will improve the users
confidence that the metering installation is working
properly. These include meter diagnostics and check
measurement.
METER DIAGNOSTICS
When the meter is calibrated, a log file from the meter is
available which shows such things as the individual path
velocities, speed of sound, gain, and other information.
Users should acquire this data from the calibration facility,
and gather some similar information when the meter is
installed and measuring gas. Differences, especially in
the path velocity ratio, indicate that the velocity profile is
not the same as when calibrated. This likely means that
there is a shift in meter performance.

2. Meters should be calibrated with the flow
conditioners and spool pieces which will be used in
the meter station.
3. Manufacturers minimums for upstream lengths
should be maintained or exceeded. A minimum of 8
diameters should be between the flow conditioner
and the meter.
4. Spool pieces should be finished with welds ground
out and perhaps internally coated. Diameter of the
spool piece should closely match the meter diameter.
5. Flow conditioner orientation at the calibration facility
should be marked and reestablished.
6. Piping upstream of the meter run should be designed
not to produce extreme velocity profiles, swirl or
noise
The installation might me slightly more expensive, but
there will be more confidence in the measurement.
Diagnostics
Diagnostics should be employed when the metering
installation is commissioned. These include log file
evaluation and check measurement (if available).

CHECK MEASUREMENT
CONCLUSIONS
Conservative design suggests that there be a mechanism
to verify or trend the measurement. Ultrasonic meters
can provide some redundancy if there is more than one
path, and there is sometimes other measurement to trend
against the meter. However, in some cases operators
may want some other verification.
While installing an additional meter may not be
considered cost effective, it is possible to use the flow
conditioner as a check meter. Testing has been done
with the CPA 50E flow conditioner with differential taps
drilled on the upstream face for stagnation pressure, and
in the wall of one of the holes for downstream pressure.
This measurement has been shown to be very stable
and -repeatable.
The data can be collected using a standard flow
computer setup. In order to reduce data handling
requirements, the data can be trended and saved. It only
need be retrieved and analyzed if there is a change
compared to the ultrasonic meter.

The CPA 50E flow conditioner meets the requirement for
approval of type in the 1999 version of API 14.3/AGA 3.
Existing meters designed to meet previous of the
standard can be retrofitted to meet the new standard, in
most cases at nominal cost, by installing a new flow
conditioner.
Flow conditioning is an important aspect of orifice
metering, but a flow conditioner cannot correct all
problems associated with metering. The condition of the
meter tube and orifice plate, as well as the condition
and design of the secondary equipment are all factors
which may also affect the quality and performance of
the meter.
The most critical component of the meter station is the
meter, flow conditioner, meter run and upstream piping
configuration. In terms of the overall capital cost of the
facility these components do not necessarily get the
attention they deserve.

RECOMMENDATIONS
Meter Run Design
The testing conducted by SwRI indicates that there is
some sensitivity to flow conditions upstream of the flow
conditioners. This is clearly a result of high sensitivity to
velocity profile, even with multi-path meters. Users
should take this into account when designing facilities.
The following is recommended:
1. High performance flow conditioners should be used,
at a distance from the meter which will allow the jets
to fully re-combine, so that the velocity profile at the
meter will be stable.

Small percentage cost savings efforts aimed at the meter,
meter, flow conditioner, meter run and upstream piping
configuration are dangerous. Especially considering the
life span of a typical meter station is 20 years.
Measurement bias cost over this capital life span can be
substantially larger than the initial savings obtained.
If there is no conclusive testing data to substantiate cost
saving efforts in these critical areas it is best not to
chance it.
1. Put thought into the upstream meter station piping
to minimize loading of the flow conditioner and meter
by minimizing flow disturbing designs.
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2. Ensure that the meter run is not allowed to become
the last item of interest in the bill of materials.
Roughness, roundness, length and overall fabrication
quality is important until testing proves otherwise.
3. Work closely with your meter and flow conditioner
vendors.
4. If at all possible leave the meter run assembly bolted
together.
5. Don’t change pipe roughness through the meter run
and meter.
6. Use the diagnostics the meter manufacturers supply.
7. Use the CPA 50 E flow conditioner as a secondary
measurement device. It will drastically increase the
confidence level of the primary measurement.
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VERIFYING GAS CHROMATOGRAPH AT
CUSTODY TRANSFER LOCATIONS
Mark F. Maxwell
Instromet Inc.
12650 Directors Drive, Suite 100, Stafford TX 77477

INTRODUCTION
On-line Chromatographs are commonly used to
determine the individual components of a natural gas
stream. The individual components are then used to
calculate Btu and Specific Gravity. The chromatographic
data is combined with flow rate data to calculate a total
energy value. The energy value is then used for custody
transfer. Accurate chromatograph data is a critical part
of the gas measurement process. Understanding the
operation and principles of the chromatograph allows
system optimization for individual field conditions.
Planning is an essential element of a successful
chromatograph installation and continued operational
accuracy.
PRINCIPALS OF OPERATION
An On-line gas chromatograph typically contains several
key elements to accomplish separation of the individual
gas components so that energy (Btu), relative density
and the compressibility of the gas may be calculated.
The heated oven provides a stable climate controlled
condition for the separation to occur in a reproducible
manner. Only a slight variation in oven temperature will
give non-reproducible results. In a non-temperature
controlled environment the gas components will elute
faster at higher temperatures and slower at lower
temperatures. The columns are contained within the
heated oven area so that their temperature may be
accurately maintained to optimize repeatable separation
of the components of the gas mixture. The columns are
where the separation of the gas mixture occurs. The
heavier components move slower through the columns
than the lighter components. A gas-sampling valve is
also located in the heated oven compartment. The natural
gas is injected into the columns by this valve. The gassampling valve is driven by a solenoid that is activated
at a specific time during the analysis run based on the
computer program that operates the chromatograph. The
activation fluid is typically helium. Helium is also used
as a carrier gas that flushes the gas mixture being
analyzed through the columns towards the TCD (thermal
conductivity detector). The TCD is also located in the
heated oven compartment. The gas mixture is first
injected into the columns by the gas-sampling valve,
separated into individual components in the columns and
then detected by the TCD. The detector response to the
unknown sample of natural gas is compared to a certified
gas standard using ratios and then the gas quality of the
sample being analyzed is calculated. Verification of the
chromatographs operational conditions must be done

on a routine basis to insure accuracy of the calculated
results. The sample system external to the
chromatograph must also be monitored to insure a
representative sample of the natural gas is directed to
the chromatograph for analysis.
SAMPLE CONDITIONING SYSTEM
The sample system is of primary importance in obtaining
the most accurate analysis. The objective is to obtain a
representative sample of gas and maintain the integrity
of that sample until it reaches the analyzer. The natural
gas found in most pipelines is relatively stable because
of the individual hydrocarbon component mix. If the gas
contains higher concentrations of heavy hydrocarbons
(pentanes and above) special care should be taken. To
obtain a representative sample of natural gas, a sampleprobe that extends down into the center of the gas stream
should be used. Do not use any device that will allow
contaminants near the pipeline wall to enter the sample
line. Even in the best pipelines there will be particulate
matter and/or liquids moving along the pipeline walls.
The sample tap should be located in an area of the pipe
that is least likely to generate aerosols and is conveniently
located for maintenance and adjustment. Select the
shortest route for the sample line from the pipeline to
the chromatograph. If the chromatograph is located very
close to the sample tap this is easy to accomplish. In
some cases other conditions dictate the equipment
location. Location of the analyzer and sample tap may
require additional planning on the part of the user in multistream systems. A central location between the sample
taps is recommended. If one of the sample points is more
important than the others the user may wish to optimize
the equipment location for that point. Speed loops may
be considered if the sample points are located some
distance from the equipment. Most gas people are
familiar with the term “line pack”. In pipeline operations
it is usually desirable to maximize the volume of gas in
the pipeline. The exact opposite is true in the line from
the sample tap to the analyzer. Keep the line pressure
as low as possible to obtain a real time sample. Use
small diameter stainless steel tubing (1/8 inch is best).
Insulate or heat trace sample lines if required. Trace
amounts (low ppm) of hydrogen sulfide, mercaptans, and
water will not damage most systems. Eliminate these
components if possible by placement of the sample tap
up stream of odorant injection or other sources of
contaminants. Most sample systems incorporate liquid
filters and particulate filters to protect the chromatograph.
These filters should be checked on a routine basis to
insure contamination free operation. The design of most

2003 PROCEEDINGS

PAGE 111

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

chromatographic sample systems requires the sample
to be at or close to, atmospheric pressure when injected
into the chromatograph. When taking a sample at high
pressure, considerable pressure reduction is required. A
certain amount of cooling is associated with this pressure
reduction (Joule-Thompson effect). If the sample gas
composition contains higher concentrations of the
heavier hydrocarbons the cooling may cause these
hydrocarbons to condense and form liquid droplets.
These droplets will remain in the regulator or sample line.
When this occurs, the sample injected into the
chromatograph is not representative of the gas in the
pipeline. To prevent this problem the pressure reducer
will require some form of heat to keep the gas in a single
phase. A commercially available probe is recommended.
A good selection is the combination probe and regulator
specifically designed for sampling a high-pressure gas
stream. This combination device has a probe that
extends into the center of the gas stream and an
adjustable regulator to reduce the outlet pressure in the
portion of the probe that extends into the gas stream.
The flowing gas warms the pressure reducer and
prevents liquid formation without external heat. Several
vendors offer a probe of this type. The user should be
aware that a small amount of liquid in the sample system
might cause numerous problems. These problems can
range from bad analysis to physical damage to the
sample system or analyzer.
CALIBRATION AND CARRIER GAS
It is important to use a high quality calibration gas. A
well-tuned gas chromatograph is only as accurate as its
calibration gas. Remember the chromatograph is not a
direct type of measurement but depends on its calibration
gas for reference to accurate results. The calibration gas
should be blended with pure components and be
certified as a primary standard traceable to NIST
(National Institute of Standards and Technology). The
calibration gas will be supplied in a cylinder. This cylinder
should be located as close to the sample system as
possible. Connections and pressure regulation should
be treated the same as any other sample. The calibration
gas should be protected from exposure to temperatures
that will cause the heavy ends to fall out. Consult your
calibration gas vendor for specifics. The carrier gas
should be helium with a 99.995% purity level. The
chromatograph will not operate properly unless helium
of this purity is used.
VISUAL/WRITTEN CHECKS
The on-line chromatographs in use by the natural gas
industry are very reliable. Most of the systems are
designed to execute an automatic calibration every 24
hours. This calibration not only insures system accuracy
but also provides a type of system diagnostic. If there
are any problems the system should output some type
of alarm condition. A daily calibration using this auto cal
feature is highly recommended. The user should also
develop a check procedure that can be followed based
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on internal company requirements or gas contract
requirements. Depending on the location of the
equipment, and the time between visits to the equipment
site, the user should develop a visual and written check
of the system. The following are some of the more
important items to observe, however, it is not to be
considered as the only equipment to be checked. A visual
inspection of the equipment including signs of any leaks,
excessive dirt (especially in filters), water or oil damage,
or crimped or damaged tubing. Observe and record the
carrier gas pressure on the bottle and output setting from
the regulator mounted on the helium cylinder. This will
give the operator a history of helium consumption.
Increased consumption of helium could indicate a leak
in the system and may require a more in depth check for
leakage. Observe and record the calibration gas pressure
at the primary gauge and also the output pressure to the
chromatograph. Developing a history will help the
operator diagnose leaks, which could lead to inaccurate
results and or calibration gas contamination. Observe
and record each sample streams pressure and flow rate
through the chromatograph. Each sample stream and
calibration gas stream should be maintained at a
constant and equal flow rate through the chromatograph.
Utilities in the computer program or manual switches
are available to set and maintain equal flow rates for each
stream. These simple checks will spot a majority of the
problems that can arise in a chromatograph system. I
would suggest performing this routine check at least
once per month. Developing a “history” on a system is
one of the most important tools to have when a real
problem develops. The flow rate of the sample vent and
measurement vent should be checked also. Insure that
the tubing ends are protected from water, ice and bugs.
Plugged vent lines can give erroneous results and
emulate other mechanical problems in the
chromatograph hardware.
MANUAL/MECHANICAL CHECKS
Each vendor supplies diagnostics for checking the
system. The diagnostics are dependent on the overall
system design and therefore will vary greatly between
different manufacturers. The user should become
acquainted with the diagnostics for his machine and
understand the limitations. No set of diagnostics will be
able to identify every problem. This is especially true of
process chromatographs. Barring a major component
failure many problems are associated with incorrect
analysis or they are intermittent in nature. Resolving this
type of problem requires a basic understanding of
chromatography and the system. Most of the effort in
resolving a system problem is isolating the problem area.
The complexity of modern electronic circuits prevents
all but the most experienced user from trouble shooting
a system to the component level. Many circuits require
the use of a special computerized tester to diagnose
component failures. If the user can isolate the problem
to the module level most vendors recommend replacing
the module. The defective module then can be returned
to the vendor for repair. This technique also minimizes

the system down time. The stream select and sample
inject solenoids should be inspected for leakage. Manual
operation of the solenoids using program utilities or
switches and the use of a leak detector will insure that
there are no leaks present. Each sample stream and the
calibration gas should be set to a flow rate equal to all
other streams. This will ensure that the exact volume of
sample gas is injected into the columns for analysis.
Helium may be run through the sample stream lines to
check for contamination or sample carryover from one
stream to the next. When helium is connected and
analyzed as a gas sample, there should be no peaks
found and the baseline should be relatively flat with the
exception of any valve firing upsets. The bridge circuit
should be checked to make sure it is balanced to the
correct readings that the manufacturer suggests.
Incorrect or drifting detector voltage may adversely affect
the analysis results. If the detector voltage is adjusted,
then it is recommended the chromatograph be recalibrated. The most important tool in trouble shooting
is the chromatogram. An experienced user can look at a
chromatogram and ascertain information regarding peak
identification, valve timing, leaks, heater problems, bridge
balance and proper integration of the peaks. Save
chromatograms when the unit is functioning properly to
compare to chromatograms when trouble is suspected.
Valve timing is important to understand and a large part
of obtaining accurate results. Valves are used to decrease
the systems analysis time. This is common to most
manufacturers. The term back flush to measure is a
widely used function. Back flush to measure involves
elution of the light components into the main column
while not allowing the hexane plus peak to enter the main
column. Instead the hexane plus peak is reversed by a
valve change and sent directly to the detector allowing
for a much faster analysis and allowing small
concentrations of heavy components to be combined
as one peak for better detection. If the valve timing is off
just a little then, the hexane plus peak and the normal
pentane peak could be affected.
AUDIT SAMPLE
An audit sample or two should be used to verify accuracy
of the chromatograph. The calibration gas is used to

calibrate the chromatograph, however problems with
chromatograph valve timing or incorrect certified values
of the calibration gas will not be found unless a second
certified standard is used to verify accuracy. Remember
the chromatograph only knows what the operator tells
it. Utilizing a secondary certified sample as a test gas
will allow the operator to confirm the accuracy of the
chromatograph as well as the operation of the
chromatograph. A third certified sample might be used
to cover the entire range of the chromatograph
installation if the chromatograph is a multi stream unit
analyzing very different gas qualities (plant inlets and
outlets). Repeatability may be determined be running
several consecutive analysis of the same gas. Most online chromatographs are repeatable to within + or - .5
Btu and .25 is not uncommon. When running an audit
sample or comparing the chromatograph results to a
certified standard report, the operator must make sure
that the data being compared is at the same pressure
base and calculated at an ideal or real value. Calculated
values such as Btu and relative density must be
compared using the same conditions. When determining
system balances it is imperative that the on-line
chromatographs and any computer database used for
calculating data from continuous or spot samples use
the same Btu and relative density factors. The entire gas
quality system should employ the same factors.
SUMMARY
Successful installation and operation of a
chromatographic system requires the user to consider a
number of variables. The manufacturer should be
consulted if questions arise on any aspect of the system
installation or operation. Proper planning will not only
ease the tasks of installation and training but will provide
better long term operation and results. Although
maintenance is not a major problem, user personnel must
be trained and some simple check routines developed.
When a system problem develops try to isolate the
problem to a replaceable module. Rely on the vendor to
repair defective modules. Accurate results and reliable
operation are easy to verify using any number of process
chromatograph systems presently being marketed to the
natural gas industry.

Mark E. Maxwell

2003 PROCEEDINGS

PAGE 113

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

ADVANCES IN NATURAL GAS SAMPLING TECHNOLOGY
Paula Lanoux
A+ Corporation, LLC
41041 Black Bayou Road, Gonzales, LA 70737

INTRODUCTION
The analysis of natural gas plays an important role in
determining its monetary value. Natural gas is bought and
sold based on its energy content and volume. The energy
content or heating value is computed directly from the
analysis. Physical constants of the gas, which are
necessary to accurately determine its volume, are also
computed from the analysis. Therefore the correct
assessment of the monetary value of natural gas is
dependant to a large extent on overall analytical accuracy.
The largest source of analytical error in natural gas is
distortion of the composition during sampling. Sampling
clean, dry natural gas, which is well above its
Hydrocarbon Dew Point (HCDP) temperature is a
relatively simple task. However, sampling natural gas that
is at or near its HCDP temperature is challenging. For
these reasons, much attention has been focused on
proper methods for sampling natural gas which have a
high HCDP temperature.
This presentation will address several problems
associated with sampling natural gas which is at or near
its HCDP temperature. Industry standards or guidelines
for sampling natural gas will also be discussed.
DEFINING THE PROBLEMS
The following is a list of some major problems associated
with proper sampling of natural gas:
a. Lack of consensus in the industry as to what
constitutes a “representative” sample.
b. Lack of distinction between the sources of liquid,
which may be present in some natural gas samples
(i.e.-liquid entrained in the source gas versus liquid
resulting from condensation in the sample system).
c. Many key personnel involved in sampling of natural
gas lack understanding of “Phase Behavior”.
LACK OF INDUSTRY CONSENSUS
The key difference of opinion between producers and
transporters of natural gas lies in the treatment of liquid
entrained in some natural gas streams.
Producers typically would like for natural gas samples
to represent in some way the presence of the entrained
liquid. They contend that to exclude the liquid is not
proper since it was present when the gas volume was
measured and represents a source of high energy (and
monetary) value.
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The transporters typically contend that the entrained
liquid presents operational problems that result in
increased expenses instead of increased profits.
Industry standards or guidelines do not totally agree on
proper methods of sampling natural gas containing
entrained liquid. They are not to be blamed because it is
a very complex issue requiring substantial research. To
the author’s knowledge, sampling gas having entrained
liquid is not even in the scope of the three “Industry
Standards” quoted below.
The following is a direct quotation from Appendix B.3 of
the American Petroleum Institute (API) Manual of
Petroleum Measurement Standards, Chapter 14-Natural
Gas Fluids Measurement, Section 1-Collecting and
Handling of Natural Gas Samples for Custody Transfer,
Fifth edition, June 2001, which addresses multi-phase
flow of natural gas.
“Sampling of multiphase flow is outside the scope of this
standard. Sampling of multiphase (gas and liquid)
mixtures is not recommended and should be avoided if
at all possible. In the multiphase flow, the ideal system
would mix the gas and liquid flows uniformly and collect
a sample of the true mixture flowing in the line by using a
properly designed sample probe and an isokinetic
sampling system. Current technology of natural gas
sampling is not sufficiently advanced to accomplish this
with reasonable accuracy. When sampling a multiphase
liquid-gas flow, the recommended procedure is to
eliminate the liquid from the sample. The liquid product
that flows through the line should be determined by
another method. The liquid fraction of the multiphase
flow may contain water and hydrocarbons. The
hydrocarbons can contribute significantly to the energy
(measured in British thermal units) content of the gas
and their presence in the gas line must not be
overlooked.”
The following is a quotation from the American Society
for Testing and Materials (ASTM) Designation: D 550394 titled Standard Practice for Natural Gas SampleHandling and Conditioning Systems for Pipeline
Instrumentation, Section 1.2.
“This practice is intended for single phase mixtures that
vary in composition. A representative sample cannot be
obtained from a two phase stream.”
Section 6.4 of the Gas Processors Association (GPA)
standard 2166-86, titled Obtaining Natural Gas Samples

for Analysis by Gas Chromatography, has the following
recommendation for handling entrained liquids.
“Sample Line Separator- When entrained liquids are
present at the sample point, a liquid separator must be
installed between the source and the sample container.”
The GPA standard is currently being rewritten. The
revised standard is expected to be published sometime
in 2003. Some changes relating to the sampling of natural
gas at its HCDP or containing entrained liquid is
anticipated. The author also anticipates changes and/or
clarification of that section of the standard.
The lack of consensus by producers and transporters is
evident. The reason that they differ in their opinion should
also be evident. The reason why the various industry
“standards” organizations differ in their approach to
sampling natural gas containing entrained liquid may not
be as evident.
The scopes of the standards can vary considerably from
each other. Additionally, the standards are usually
involved in a continuous evolutionary process. The
natural gas industry’s needs are also in a constant state
of fluctuation making it difficult for the standards to keep
current. At any given time, the current publication dates
for the standards may differ by several years from each
other. For example, the current GPA standard 2166-86
was last revised in 1986 and the current API 14.1
standard was revised in 2001. The ASTM Designation
D5503-94 was revised in 1994.

FIGURE 1 Gas and a liquid equilibrium

A second example is when a gas and a liquid consisting
of multiple components are in intimate contact and
equilibrated at a given pressure and temperature. Each
component of the liquid mixture will vaporize to some
degree into the gas phase (See figure 2). The amount of
vapor contributed by each liquid at that condition
depends upon its concentration in the liquid phase and
its volatility.

LACK OF DISTINCTION BETWEEN THE TWO
SOURCES OF LIQUID
The origin of liquid found in any natural gas sample
system, sample container, or analyzer may be either the
result of liquid which was entrained in the source gas or
condensation that occurred during the sampling process.
Before the liquid is eliminated, precautions should be
taken to correctly identify its origin. Otherwise serious
distortion of the sample’s composition could result if the
liquid is eliminated incorrectly. In order to fully appreciate
why this is so, the relationship between a gas and liquid
mixture which are in intimate contact must be reviewed.
VAPOR/LIQUID EQUILIBRIUM
When a gas and a liquid consisting of a single component
are in intimate contact at a given pressure and
temperature for a period of time, equilibrium is attained
(See figure 1). When that occurs, the gas phase is
saturated with the liquid vapor. The gas phase is also at
its dew point temperature. An increase in temperature
or a decrease in pressure will result in additional liquid
vaporizing thereby increasing its concentration in the gas
phase. If the temperature is decreased or the pressure
is increased, some of the vapor will condense and return
to the liquid phase causing a decrease in its
concentration in the gas phase.

FIGURE 2 Gases and a mixture of liquids in equilibrium

If the gas and liquid mixture temperature is increased
and/or its pressure is decreased, some of the liquid
mixture will vaporize thereby increasing the concentration
of each liquid component in the gas phase (See figure
#3). Since the volatility of each component varies, their
concentrations in the gas phase will not increase in direct
proportion to their concentration in the liquid phase. The
net result is that the vapor concentrations of all liquid
components will increase in the gas phase. The more
volatile components will increase in greater proportion
then the less volatile components. Therefore, not only
will there be an increase of all liquid component
concentrations in the gas phase, but their ratios will also
shift.
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Liquid removed downstream of pressure regulation
should only be for protection of an analyzer since the
gas phase composition will not be the same as that of
the source gas.
The gas phase composition will also be distorted if
hardware is utilized to separate liquids from natural gas
sample at a temperature other than that of the pipeline.
In situations where the source gas does not contain
entrained liquid, the traditional methods of preventing
condensation are applicable. These methods are
pressure reduction to lower the HCDP and/or heat tracing
to maintain sample conditioning hardware above the
sample’s HCDP.
LACK OF UNDERSTANDING OF “PHASE BEHAVIOR”
FIGURE 3 Effect of Decreasing Pressure or
Increasing Temperature

If the gas and liquid temperature is decreased and/or
the pressure is increased, the opposite occurs. Some of
the liquid vapor components of the gas phase will
condense thereby decreasing their concentration in the
gas phase (See figure 4). Components will not condense
in equal proportions; therefore their ratio in the gas phase
will also shift.

From the preceding discussion, it can be seen that having
a working knowledge of “Phase Behavior” is a must for
those involved in the sampling of natural gas. This is
particularly important when sampling sources which have
either entrained hydrocarbon liquids, or when the source
gas is near its HCDP temperature, or takes place in low
ambient temperature environments.
It can also be seen from the preceding discussion that
some methods and/or hardware designed for liquid free
gas sources will likely distort the sample composition
when liquid is present in the source gas.
In many cases it is difficult to determine if liquid is
entrained in the pipeline gas. Therefore, one is advised
to assume that liquid may be present in designing or
operating sample systems where the gas is at or near its
HCDP temperature.
It should be noted that traditional open bore sample
probes are not suited for eliminating suspended liquid
aerosol droplets from entering the gas sample system.

FIGURE 4 Effect of Increasing Pressure or
Decreasing Temperature

It can therefore be stated that when liquid is present in a
natural gas sample, a change in either the temperature
and/or the pressure will result in a change of the gas
phase composition.
For this reason, it is imperative that liquid is removed at
the prevailing pressure and temperature condition of the
source gas. This is best accomplished inside of the
pipeline before the gas enters the sample system.
Sampling in that manner will provide a sample
representing the gas phase composition of the source
at its prevailing pressure and temperature.
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Probe regulators that do not exclude liquid before
regulating the gas pressure can distort the gas
composition when liquid is entrained in the source gas.
Sintered metal or glass fiber filters are typically utilized
to coalesce liquid droplets as the gas flows through the
element. What is required however is rejection, not
coalescing, of liquid from the gas at the upstream element
surface before gas flows through the element. To the
author’s knowledge, only a phase separation membrane
can reject liquid at its upstream surface. Hardware
employing phase separating membrane is commercially
available to properly precondition gas entering the
sample system from a source gas containing liquids.

CONCLUSION
Proper Sampling of natural gas is an important element
in determining its monetary value. Significant analysis
errors can occur when hydrocarbon liquids are entrained
in the source, or when the source gas is at or near its
HCDP temperature, or when sampling occurs at low
ambient temperatures.
The traditional uses of heat tracing and/or gas pressure
reduction are appropriate means of preventing
condensation. However, applying these traditional
solutions for preventing condensation when hydrocarbon
liquid is present in the source gas will distort the gas
phase.

Paula Lanoux

It is very important to determine the source of liquid to
be eliminated before implementing a means for
eliminating it. Liquid removed after either the pressure
or temperature is changed will alter the gas phase
composition. When the source gas contains entrained
hydrocarbon liquid, an ideal solution is to utilize hardware
designed to remove it inside of the pipeline before
pressure or temperature changes occur.
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HYDROGEN SULFIDE MEASUREMENT AND DETECTION
Patrick J. Moore and Rodney W. Spitler
Thermo Electron Corporation
9303 W. Sam Houston Parkway S., Houston, Texas 77099

INTRODUCTION
The impetus for measuring and detecting hydrogen
sulfide, H 2 S, as it relates to the production and
distribution of natural gas, is rooted in two primary
concerns. The first concern deals with protecting
personnel from the lethal effects of H2S. Typically, the
maximum pipeline H2S concentration is around 0.25
grains per 100 SCF, nominally 4 ppm/volume. At these
concentrations H2S is not lethal and its presence can be
detected by the sense of smell with its characteristic
rotten egg odor. At the higher lethal H2S concentrations,
typically found at production and acid gas removal
installations, the nose becomes desensitized. Unable to
smell the H2S, a worker breathing such an atmosphere
is oblivious to the life threatening danger.
The second concern deals with preventing hydrogen
embrittlement of the natural gas transmission lines. When
hydrogen sulfide reacts with the metal in the transmission
line to form a metallic sulfide, the released hydrogen is
then free to migrate within the molecular structure of the
pipe. Transmission lines weakened by embrittlement are
susceptible to rupture failure allowing for large clouds of
gasses to escape and accumulate in the atmosphere.
Not only are such release clouds lethal by the depravation
of life sustaining oxygen, a single spark can set off a
devastating explosion.
Various technologies are available for measuring and
detecting H 2S. These technologies include on-line
continuous analyzers, area monitors, test methods, and
personal monitors. Proper use of these technologies can
contribute to the safe delivery of natural gas from the
well head to the consumer.
H2S
Though H2S is a flammable gas, the flammable limits of
4.3% (43,000 ppm) to 46%, (46,0000 ppm) far exceed
the concentrations of concern for personnel protection,
nominally 10 ppm, and pipeline transmission, 4 ppm.
Because H2S is heavier than air, it will tend to accumulate
near the ground when leaked into the atmosphere. A
standing individual overcome by H2S will most likely
collapse to where the H2S concentration is even greater.
The H2S toxicity danger is a function of the concentration
and the time of exposure. Concentrations on the order
of 500 ppm can result in rapid collapse, unconsciousness
and death. Prolonged exposure to lower concentrations
can also lead to hemorrhaging and death. At low

concentration H2S has a characteristic rotten egg odor
though, with sufficient exposure time, low H 2 S
concentrations can also deaden the sense of smell. High
H2S concentrations rapidly deaden the sense of smell.
Disturbed respiration, throat and eye irritation, sleepiness,
headache, and pain in the eyes are all symptoms of
hydrogen sulfide exposure.
There is plenty of available information regarding H2S
safety. Some of the web sites containing information on
H2S are listed in Table 1 – H2S Web References.
Table 1 – H2S Web References
Agency
Web Address
USEPA www.epa.gov/swercepp/ehs/profile/7783064.txt
www.atsdr.cdc.gov/tfacts114.html
OSHA w w w. o s h a - s l c . g o v / S LT C / e t o o l s / o i l a n d g a s /
general_safety/h2s _monitoring.html
NIOSH www.cdc.gov/niosh/npg/npgd0337.html

H2S DETECTION FOR PERSONNEL PROTECTION
Personnel protection devices provide information to a
worker regarding a contaminating component
concentration in the air so that appropriate actions can
be taken in the event an undesirable contaminant
concentration is detected. Such actions include, but are
not necessarily limited to, evacuation of the area, using
a self-contained breathing apparatus, turning on
emergency ventilation system, and eliminating the source
of the leak. H2S monitors for personnel protection can
be carried by the individual or fixed mounted for area
monitoring. H2S monitors typically use colorimetric or
electrical sensors.
An example of a colorimetric H2S sensor is an encased
roll of lead acetate impregnated paper tape, an exposure
window, and a color chart. When moistened, the lead
acetate impregnated paper tape will change color from
white to brown when exposed to H2S. Tape moisturization
is achieved by exhaling on the exposure window. The
amount of H2S present dictates how fast the color
changes. The rate of tape color change and the stain
darkness is directly proportional to the H 2 S
concentration. The advantage of the colorimetric H2S
sensor is that electrical power is not required for
operation.
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Electrical H2S sensor technologies include metal oxide
sensors, sometimes called solid ceramic-metallic
(cermet) film devices, and electrochemical cells. Each
of these devices depends on the migration of H2S from
its source to the sensor and can be incorporated into a
fixed-point detection system or carried by the individual.
A personal protection monitor, sometimes referred to as
a multimeter, will typically contain a flammable gas
detector and an oxygen deficiency sensor in addition to
a device to detect H2S. The migrated H2S reacts with
the surface of the metal oxide sensor, or the reagent
chemical in the electrochemical cell, to create an
electronic signal. In order for the generated signal to have
any meaning, the response of the device must be
calibrated with a gas containing a known concentration
of H2S. The surface of the metal oxide sensor regenerates
itself in the presence of air. Electrochemical cells have a
fixed quantity of reagent that must be replaced when
consumed.
Fixed mounted electrical H2S sensors, powered by a
battery or a fixed electrical source, sound an alarm when
the H2S concentration reaches a predetermined level.
By using relays, the electrical H2S sensors can also
activate emergency control apparatus, such as,
ventilation and alarm systems, when an alarm condition
is detected.
H2S MEASUREMENT IN GASES
Various organizations, such as ASTM, UOP, and GPA, to
name three, publish test methods for measuring not only
hydrogen sulfide but also a wide range of components
and properties. Published test methods provide a way
to standardize test procedures so that the results from
one location are comparable to the results from another
location. Some of the available test methods for
measuring and detecting hydrogen sulfide are listed in
Tables 2-4.
Table 2 – ASTM Methods for Measurement of H2S
ASTM
Methods
D2420-91
(1996)e1
D4084-94
1999
D4323-84
(1997)e1
D4913-00

D4952-02
D5504-01

D6228-98
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Description
Standard Test Method for Hydrogen Sulfide in
Liquefied Petroleum (LP) Gases (Lead Acetate Method)
Standard Test Method for Analysis of Hydrogen Sulfide
in Gaseous Fuels (Lead Acetate Reaction Rate Method)
Standard Test Method for Hydrogen Sulfide in the
Atmosphere by Rate of Change of Reflectance
Standard Practice for Determining Concentration of
Hydrogen Sulfide by Direct Reading Length of Stain,
Visual Chemical Detectors
Standard Test Method for Qualitative Analysis for Active
Sulfur Species in Fuels and Solvents (Doctor Test)
Standard Test Method for Determination of Sulfur
Compounds in Natural Gas and Gaseous Fuels by Gas
Chromatography and Chemiluminescence
Standard Test Method for Determination of Sulfur
Compounds in Natural Gas and Gaseous Fuels by Gas
Chromatography and Flame Photometric Detection
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Table 3 – GPA Methods for Measurement of H2S
GPA Methods
Description
Standard 2285 GPA Standard for Determination of Hydrogen Sulfide
and Mercaptan Sulfur in Natural Gas (Cadmium
Sulfate-Iodometric Titration Method)
Standard 2377 Test for Hydrogen Sulfide and Carbon Dioxide in
Natural Gas Using Length of Stain Tubes

Table 4 – UOP Methods for Measurement of H2S
UOP Methods Description
9-85
Hydrogen Sulfide in Gases by the Tutwiler Method
41-74

Doctor Test for Petroleum Distillates

Selecting a test method to detect and measure hydrogen
sulfide will depend on the desired degree of precision.
Some test methods are designed to provide approximate
results while others are design to provide a greater degree
of precision.
An example of an approximate method is the Doctor Test.
The Doctor Test involves passing a H2S containing gas
across a filter paper wetted with an aqueous lead oxide
solution and observing a color change. The lower
detectable limit is about 0.03 grains per 100 SCF, or about
0.5 ppm/v. A dark brown color is indicative of
concentrations above 0.5 grains per 100 SCF, or about
8 ppm/v (Pender, 1986).
Another approximate method involves using glass stain
tubes filled with lead acetate. As a known volume of gas
is drawn through the tube, the lead acetate changes from
white to brown. The amount of color change depends
on the amount of H2S in the gas. The greater the H2S
concentration the greater the color change. Tubes for
various concentration ranges are available.
Some methods to detect and measure H2S are based
on wet chemical procedures. An example of a wet
chemical method is GPA Standard 2285 which is
applicable for determining the H2S content of natural gas.
In this method an extracted sample is passed through a
cadmium sulfate (CdSO4) solution. The absorbed H2S
reacts to form cadmium sulfide (CdS) which is then
measured iodometrically. Another example of a wet
chemical method is the portable titrator that uses an
electric current passing through a reagent electrolytic
solution, such as bromine, while the H2S containing gas
is bubbled through the solution. The net generating
current needed to maintain a slight excess of reagent
solution is directly proportional to the concentration of
the reactant (H2S).
Some of the methods listed in Tables 2-4 are available
as on-line instrumentation. On-Line instruments offer the
advantage of providing analytical information twenty-four
hours a day seven days a week. Included in this category
are gas chromatographs and lead acetate analyzers.

Each is an extractive type analyzer in that the sample is
extracted from the process and is transported to the
analyzer for analysis.
Gas chromatography involves injecting a known volume
of sample into a carrier stream. The sample-containing
carrier then passes through a column where the
components of the sample are separated from each
other. Porous polymers, such as Poropack, are used as
the column material when analyzing for sulfur
compounds. Typically, the column is operated under
constant temperature and pressure conditions as this
simplifies the analyzer design. A fairly simple design is
preferred due to the potential for remote installations.
As each component exits the column, it passes across
a detector that, generates a Gaussian (peak) shaped
signal. The identity of a given component is determined
based on the time it takes to pass through the column.
The concentration of the component is determined by
integrating the area under the peak and comparing this
area to the area obtained using a gas with a known
concentration of the specific constituent. A distinct
advantage of the gas chromatograph is its ability to
provide a complete compositional analysis in addition
to the determination of H2S concentration. The major
disadvantages of gas chromatographs include their
relatively high purchase price and operational complexity.
The major components of a simple gas chromatography
system are shown in Figure 1.

Sample In

Inject Valve

Detector

Sample Out

GC Column
Carrier Gas

Thermostated Oven
FIGURE 1. Basic Gas Chromatograph

As the name implies, hydrogen sulfide analyzers using
the lead acetate detector are based on the reaction of
hydrogen sulfide with lead acetate. The initially white lead
acetate turns brown when exposed to hydrogen sulfide
in the presence of water. The greater the amount of H2S
in the sample, the darker the stain that forms on the tape.
Lead acetate is impregnated onto a roll of paper tape
that is installed in the analyzer. Only a small portion of
the roll is exposed to the sample during an analysis cycle.
This is accomplished by using a window in a sample
chamber. Before exposure to the tape, the sample gas
passes through a humidification bubbler containing a

5% by volume acetic acid in water solution. Being acidic,
the bubbler solution prevents the loss of H2S during the
humidification process. After passing past the exposed
portion of the tape, the sample gas is vented from the
analyzer. At the start of each analysis cycle a fresh piece
of the tape is pulled in front of the window.
To be useful as an on-line analyzer, the color change
caused by the reaction of H2S with lead acetate must be
converted into an electrical signal. Earlier analyzer
designs used a lens to focus a whitish light onto the
reaction window. As the initially white surface changes
color it absorbs some of the incident light. Two
photocells, one measuring the other reference, initially
balanced in a Wheatstone bridge arrangement, detected
the drop in incident light. The now out of balanced
Wheatstone bridge creates a voltage signal that is then
processed by the electronic portion of the analyzer. More
recent lead acetate analyzer designs utilize a tailored
incident light frequency, a bifurcated fiber optic cable
for light transmission to and from the reaction window, a
photodiode for detecting the drop in the incident light
intensity, and an analogue to digital converter for
microprocessor signal processing.
Tape transport on the first generation of lead acetate
analyzers was continuous. Because the tape was always
moving, the motor used to transport the tape was subject
to mechanical wear necessitating its periodic
replacement. The H2S concentration was determined by
the difference between the reflected light intensity at the
beginning of the analysis cycle to that at the end of the
analysis cycle. This difference was proportional to the
concentration of H2S in the sample. On subsequent
generations of the lead acetate analyzer the tape is
stationary during the analysis cycle. By only having to
use the motor for a short time between analysis cycles,
it is subject to very little mechanical wear. Combined
with employing periodic tape transport, a differentiating
circuit was also added. Instead of looking at the change
in reflected light intensity during an analysis cycle,
differentiating the reflected light intensity meant that the
rate of change of reflected light intensity was being
measured. The rate of change is also proportional to the
concentration of H2S in the sample. Both means of H2S
measurement yielded one result per analysis cycle, which
typically lasted for 3 minutes.
With the advent of microprocessors it became possible
to slice the analysis cycle into smaller segments. Instead
of having one result per analysis cycle, multiple
intermediate values of the rate of change could be
calculated and then averaged at the end of the analysis
cycle to report a result. Alarm outputs could be
determined using the intermediate values, which meant
that the analyzer could respond to an upset condition
just as fast as, and sometimes faster than, the earlier
designs. By reporting an average of the intermediate
results at the end of the analysis cycle, the total analysis
time could be increased. An increased analysis time
meant that the time between tape replacement was
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increased from about two weeks to about a month. Figure
2 illustrates a modern lead acetate tape analyzer for
determination of H2S in natural gas.
Sensing
Tape

Bubbler
Humidifier

Sample
Conditioning

Rotometer

Excess
Sample
Vent

FIGURE 2. Lead Acetate Tape Analyzer for Determination
of H2S in Natural Gas

Lead acetate analyzers cannot provide a complete
compositional analysis as with gas chromatographs.
These analyzers are typically configured to provide a H2S
and/or total sulfur analysis. Key advantages of lead
acetate tape analyzers include their relatively low
purchase price and operational simplicity.
CALIBRATION
Instrument calibration is required so that the electronic
signal generated by the analyzer can be interpreted
intelligently. Calibration requirements are similar for all
types of H2S analyzers. Basically, a span gas with a
known H2S concentration is introduced into the analyzer
and the response is recorded. Many H2S detectors, such
as, the flame photometric detector used with gas
chromatographs and the lead acetate tape can produce
a non-linear detector counts vs. H2S concentration curve.
Therefore, it is often desirable to check the measurement
linearity in addition to calibrating with a span gas. A
linearity check can be performed with a gas containing
at least 50% less H2S than the span gas.
The typical units of measure for H2S in gases is parts
per million, ppm. For gases ppm is commonly expressed
as a volume/volume or mole/mole basis. For gases the
units of ppm (volume/volume) and ppm (mole/mole) are
equal. The concentration of H2S in ppm (v/v), that is,
ppm by volume is calculated according to the equation
shown in figure 3. Note that the calculation of ppm is
very similar to well known percentage calculations, for
ppm we multiply by 1,000,000, for percent we multiply
by 100. In fact, another name for percent is pph or parts
per hundred.

cm3 H2S
(cm3 H2S + cm3 diluent gas)

1,000,000

Critical to obtaining a good calibration is the quality of
the H2S standard gasses. These gasses can be obtained
in three ways: 1) purchase custom blends from a gas
supplier, 2) using a permeation tube, and 3) preparing a
blend by using a calibration kit.
A purchased calibration blend is typically under pressure
allowing the user to have a long term supply of standard
in a single cylinder. Low level blends, 1-10 ppm H2S
(v/v), do require the cylinder to be stabilized which adds
to the delivery time. Such blends most likely carry a
limited validity time. Storage conditions for low level
blends also need to be seriously considered. A low level
cylinder exposed to extremes in cold or hot temperatures
can result in reduced or excess amounts of H2S actually
in the gas phase within the cylinder. Under these
conditions, what comes out of the cylinder may not be
the concentration indicated or desired. The net result is
a faulty calibration.
Permeation tubes contain a small amount of the pure
compound of interest, for example H2S. The tube is
sealed at its ends with a membrane that allows the H2S
to permeate across the membrane at a known rate. The
permeation rate is usually low enough compared to the
amount of pure compound in the tube that the tube has
an extended lifetime. An H2S free carrier gas at a known
flow rate is required to utilize a permeation tube for
calibration. The carrier gas mixes with the permeated
H2S resulting in an H2S blend of a known composition.
The permeation rate is characterized and certified at a
fixed temperature, which is typically 30 oC to 40 oC. This
means that a temperature controlled oven is required so
that the permeation rate obtained is the same as the
permeation rate expected.
Permeation tubes also require a stabilization time,
sometimes as long as 4 to 10 hours after they are installed
in a temperature controlled oven. It is important to
recognize that a permeation tube permeates all of the
time until the material inside of the tube is exhausted.
Even in standby mode a carrier gas flow rate is required
to pass through the oven when a permeation tube is
installed in it. Without a carrier gas flow in standby mode,
the concentration of H2S accumulates. When the carrier
gas is finally turned on the H2S concentration in the
ensuing blend will far exceed what is expected. If the
carrier gas flow is off while the permeation tube is in the
oven for an extended period of time, it may be necessary
to replace parts of the oven. These parts will be so
saturated with H2S that they are essentially useless for
producing low level calibration blends. Permeation tubes
also need to be stored at the recommended temperature
so as not to damage or alter the permeation
characteristics of the tube.

= ppm H2S (v/v)

FIGURE 3. Calculation of Parts Per Million, ppm

Preparing calibration blends with a calibration kit requires
an H2S free blending gas and a source of either pure
H2S or a cylinder blend with a known elevated H2S
concentration, for example 1000 ppm/volume. A large
plexiglas cylinder with a piston with a typical volume of
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10 liters is used to make the desired blend. The technique
involves introducing a small amount of either pure H2S
or the H2S blend using a syringe into the 10 liter cylinder
and diluting this to the correct volume with the blending
gas to obtain the desired H2S concentration. Because
the blend is at atmospheric pressure, the amount of the
standard is limited and a pump is required to introduce
it into the analyzer system. Some skill is required to
achieve repeatable blends. Figure 4 depicts a typical
calibration kit.

Cal Kit

10 Liter

Bal.
Gas

5 Liter

1 Liter
H2S or COS
filled syringe
FIGURE 4. A Typical Calibration Kit

Regardless of the source of the calibration standard,
attention must be paid to the composition of the
background gas used to make the standard. This is
especially true when the sample flow rate is important
for the successful operation of the analyzer. For example,
a H2S analyzer configured for a methane sample should
be calibrated with a H2S in methane calibration standard.
Another point to consider when using calibration blends
is where they are introduced to the analyzer. Process
sample normally flows through a sampling system prior
to being introduced into the analyzer. For purposes of
consistency a calibration blend should be introduced into
the sampling system at the sample tap, if possible. In
this way the calibration blend that arrives at the analyzer
has been exposed to the same conditions as the sample.
A drifting analyzer response, under these conditions,
could suggest the presence of a contaminant in the
sampling system as well as an analyzer malfunction.
Once a stable analyzer response to a calibration blend
is achieved, the unit can then be calibrated.
SAMPLE CONDITIONING SYSTEMS
Independent of the type of extractive on-line analyzer
employed, the process sample must be transported from
the sample point to the analyzer so as to maintain the
integrity of the sample. Sample integrity is obtained by
installing a properly designed sample conditioning system.
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Process variables taken into account when designing a
sampling system are the composition, temperature, and
pressure at the sample point. One also must know the
outside ambient temperature as well as the temperature
inside of the analyzer shelter, if one is utilized. With this
information it is possible to calculate the hydrocarbon
and water dew points of the sample as a function of the
pressure along the sample delivery system. Dew points
are important because the presence of liquid and gas
phases impedes the ability to accurately monitor the flow
rate of sample to the analyzer. When measuring hydrogen
sulfide, liquids can act as absorption sites thus reducing
the amount of H2S that arrives at the analyzer. Thus, the
analyzer can yield a legitimate result based on what is
introduced to the analyzer when in fact the actual
concentration in the process is higher. Since gas
chromatographs use injection valves to introduce sample
to the column, two phase sampling leads to erratic
results.
Natural gas pipelines tend to operate at elevated
pressures, nominally on the order of 1000 psig. When
the pressure is reduced from 1000 psig to the typical
analyzer inlet pressure of 50 psig, the gas cools. This
phenomenon is known as the Joule-Thompson effect.
Depending on the composition of the process and the
total pressure drop, cold spots in the sampling system
can cause liquid formation. Since H2S is soluble in liquid
water and liquid hydrocarbon, the amount of H 2S
reaching the analyzer is reduced. Again, the analyzer can
yield a legitimate result based on what is introduced to
the analyzer when in fact the actual concentration in the
process is higher. Sample probes that take the pressure
drop inside of the process pipe are available. These
operate on the premise that the total heat flow across
the outside of the probe is very large compared to the
heat flow requirement to reheat the cooled gas at the
lower pressure inside the probe. Because probes can
extend into the process pipe a third to 1/2 of its diameter,
they may not be desirable in some installations. Under
these circumstances, taking the needed pressure drop
in stages can mitigate the potential for cold spots and/
or condensation.
If there is a chance for any particulate matter coexisting
with the sample, it needs to be removed prior to the
analyzer. Particulate matter can plug injection valves,
pressure regulators, and flow control devices. Selfcleaning and cartridge type sample filters are available.
Self-cleaning filters have a sweep line that is usually
returned to the process. In some natural gas installations
a sweep line is not practical because the needed pressure
drop in the process line is not available or venting to the
atmosphere is not desirable. In these cases, two parallel
cartridge filters with isolation and depressurization
provisions can provide the needed filtration and
maintenance access.
Every sample system has a lag time, the time between
when the sample exits the process and when the analyzer
observes it. Factors that impact the lag time for a single
analyzer system include: 1) the analyzer location relative

analyzer system include: 1) the analyzer location relative
to the sampling point, 2) the sample line pressure, 3) the
sample flow rate to the analyzer, and 4) line bulges such
as filter bodies. A long sample line at an elevated pressure
means a large sample inventory between the sample tap
and the analyzer. Calculating the lag time involves
determining the sample system volume. With the sample
system volume, the total gas volume in the sample
system can be calculated by correcting for the sample
line temperature and pressure. Dividing the sample
system gas volume by the sample flow rate to the
analyzer, at the same conditions of temperature and
pressure, yields the lag time to the analyzer. The total
lag time of the system is the sum of the sample system
lag time and the lag time within the analyzer itself.
MAINTENANCE
Stated simply, routine maintenance on H2S analyzers,
as well as any other analyzer, is a must. Without routine
maintenance, problems can develop that can
compromise the integrity of the results. Changes in
sample and/or carrier flow, as well as sample pressure
and temperature can cause calibration drift. Failure of
an injection valve on a gas chromatograph or failure to
replace the tape when it is consumed and/or replenishing
the bubbler solution on a lead acetate H2S analyzer can
cause the analyzer to read zero even though there is
H2S in the sample. Malfunctioning alarms can prevent
desired diversion or shutdown actions from occurring in
the event out of specification gas passes the sampling
point. Sample system contamination and/or leakage can
reduce, and possibly eliminate, the concentration of H2S
that actually arrives at the analyzer. Plugging or

accumulation in vent lines can increase sample lag times
in addition to altering the response of the detector. In
general, the recommended maintenance practices of the
manufacturer should be followed and supplemented by
site and/or company specific requirements and practices.
CONCLUSION
The requirement for measuring and detecting H2S in
natural gas is motivated by personal protection concerns
and the need to maintain gas quality. Though the
challenges associated with measuring and detecting H2S
can seem daunting, the good news is that there are
successful H2S in natural gas analyzer applications
installed in the field. Good maintenance practices, trained
personnel, well designed sample systems, proper
calibration techniques, understanding the employed
methodology, and being cognizant of the dangers of H2S
combine to provide for a reliable and safe H 2 S
measurement.
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FIELD INSPECTION AND CALIBRATION
OF MEASUREMENT INSTRUMENTS
George E. Brown III
Reliant Energy – Entex
210 W. Larissa, Jacksonville, Texas 75766

INTRODUCTION

BASIC TEST PROCEDURE

Timely, diligent field testing and calibration of gas volume
recording and correcting instruments ensure that
measurement information fairly represents actual
volumes.

Basic instrument proving procedure is simulating all
conditions the device was designed for, and testing for
accuracy at several points. Pressure and temperature
responses should be checked at a minimum, maximum,
25%, 50% and 75% of instrument scale.

The instruments save a company capitol and operating
costs because they can record or integrate volumes at
pressures and temperature above the normal pressurebase conditions specified in contracts for volume
calculation. This allows the company to use smaller and
fewer meters.

For indexes and counters, meter input responses should
be checked for value, coding and operation. When the
device is a volume and pressure/temperature recording
gauge, volume cycle value and operation also should be
tested.

Recording and correcting instruments normally are
connected to positive displacement, rotary and turbine
meters in lieu of a direct reading/compensating index.
The compensating instruments include:

For electronic instrument tests, scaleable unit
configuration values such as inputs, outputs, ranges,
calculation parameter and audit trail definitions should
be verified during each inspection.

•
•
•
•

TEST EQUIPMENT

Volume and pressure/temperature recording gauges
Mechanical pressure/temperature volume correctors
Electronic pressure/temperature volume correctors
Electronic flow computer

TEST FREQUENCY
How often should recording and correcting
instrumentation be field inspected and calibrated?
Generally, every time the meters are tested.
Company policies for test scheduling usually are based
on contractual obligations and average measured
volumes. Large volume deliveries dictate monthly,
quarterly and semiannual inspections. Devices that
handle smaller quantities might be scheduled annually
or every four years.
Another scheduling factor is instrument type and age and
the type and age of the meter to which it is connected.
Older mechanical devices require more frequent attention
than electronic units. For this reason, high reliability meters,
such as rotary and turbine, should not be paired with highmaintenance mechanical instruments. A 20-year-old
volume and pressure recording gauge mounted on a
diaphragm meter, might be scheduled for quarterly
inspections. Conversely, an electronic corrector,
connected to a rotary meter, may require only semi-annual
testing. Whatever the case, when an inspection schedule
has been determined, it should be documented and
monitored to ensure timely and valid testing procedures.
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The most important piece of instrument test equipment
is the inspector’s eyes. Many measurement errors can
be avoided by a thorough visual inspection of an
instrument. Close attention to details will ensure utmost
equipment accuracy and will find potential device failures
before they occur. The remaining test equipment
requirements can vary, depending on whether the
instrument is mechanical or electronic. Following is a
minimum list of typical items required for testing both
instrument types.
MECHANICAL TEST DEVICES
•
•
•
•

Deadweight tester
+/- 1/4% accuracy test gauge of suitable range
0.5°F accuracy Yellowback measurement thermometer
Device to simulate meter output

Electronic test units
•
•
•
•
•

Pressure source—usually compressed air or
nitrogen—and optional precision pressure regulator
Electronic pressure gauge, 0.1% accuracy
Digital voltmeter, 41/2 digit
Digital thermometer, 0.1°F accuracy
Device to simulate and count meter output revolutions

Instruments should also be checked for repeatability since
excessive wear on mechanical parts will induce errors
caused by slack or slippage in the mechanism. Once the
inputs are calibrated, the inspector must test the indexes
or odometer counters for proper operation and, equally
important, proper coding of volume increments.

CALIBRATING MECHANICAL DEVICES
Process inputs on most mechanical measurement
instruments consist of some form of the standard fourbar linkage (Fig. 1). Inputs include pressure, temperature,
volume integration and volume cycle measurements.
Basic linkage operation is the same for all types, with
differences in the amount and direction of linkage travel.
Since mechanical wear is inevitable, linkage adjustment
eventually will be needed to maintain acceptable accuracy.
These adjustments commonly called zero, span and
linearity. Zero is minimum scale, span is maximum scale
and linearity is set to ensure output equals input at all
points between zero and span. Product manufacturers
provide maintenance manuals with diagrams and
instructions for adjusting their equipment (Fig. 2).
H-Style
Bottom Driven
Driving Arm

Final inspection is accomplished by applying test values
to the inputs and simulating meter flow by rotating the
input drive equal to a sufficient test volume. The inspector
then calculates what the instrument’s output should be
and determines accuracy by making comparisons.
Percentages of error will appear inflated at lower pressure
and lower test volumes. In these circumstances, it is wiser
to deal with larger test volumes rather than be confused
by percentages. Again, the manufacturer’s instructions
provide best recommendations for dealing with this
situation.
The final inspection described above also is usually
performed as an initial inspection before calibrations are
performed. Initial inspection results generally are used
for billing adjustments.

Driven Arm

H-Style
Top Driven

N-Style
Output is opposite to input motion

CALIBRATING ELECTRONIC DEVICES
Basic procedures for calibrating process inputs on
electronic instrumentation are similar to that for
mechanical devices except there is no four-bar linkage.

FIGURE 1. Mechanical linkage styles

Instead, calibration changes are made with a voltmeter
and adjusting, “tweaking,” zero/span potentiometers either
manually, or electronically by using software in a handheld or laptop computer connected to the unit’s serial
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Flow computers are connected to the meter via a remote
pulser, which sometimes is backed up by an index or
sandwiched between the meter output and a volume and
pressure/temperature recording gauge. In either case,
mechanical counters need to be inspected for operation
and volume coding to make sure their setup matches the
specified measurement configuration for the site. Initial
and final testing procedures are identical to those for
mechanical instruments. All “found” and “left” conditions
should be properly documented on the appropriate test
forms to validate the completed inspection.
CONCLUSION

communication port. Linearity usually is accomplished in
the computer or transmitter’s EPROM. A few transmitters
have a potentiometer adjustment for this function.
Meter connection to an electronic volume corrector is
made directly to the hand-hole plate and these devices
have a mechanical counter to back up the digital
uncorrected counter. Uncorrected counters should be
compared to ensure that input pulses to the calculation
circuit are correct. If the y are not close to the same value,
a pulse-switch problem exists. This leads to volume under
recording or under correcting.

Only the most common inspection and calibration
procedures have been covered in this article because
special applications, such as volume controlled
nomination loops, tube switching and alarms, normally
are tailored to specific measurement requirements.
Acceptable accuracy limits are not mentioned because
company policies and equipment tolerances will vary
somewhat. Measurement instrument inspectors must
obtain this information from company and manufacturer
sources. Whatever the instrument, the inspector’s
primary goal is to ensure that recorded volumes represent
actual volumes as accurately as is humanly possible. As
technological advances bring new and more sophisticated
products to the industry, it is increasingly evident that
measurement perfection is a goal yet to be attained.

George E. Brown III
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ONSITE PROVING OF GAS TURBINE METERS
Daniel J. Rudroff
Flowline Meters Inc.
1322 Foxwood, Houston, Texas 77008

INTRODUCTION
With the increased use of Natural Gas as a fuel, higher
natural gas prices, and the new federal regulations,
buyers and sellers of natural gas are seriously looking at
ways to improve their natural gas measurement and
reduce the unaccounted for natural gas. An error in
measurement of only one tenth of one percent (0.1%)
on 100 MMSCF/D Natural Gas selling at $5.50/MCF will
cause an over or under billing of $200,750.00 in one year.
This will more than pay for a proving system.

They have a long history, are well documented and the
formulas, although a bit complicated, are in most flow
computers.

The Btu in one barrel of oil for example is equivalent to
approximately 5,600 cubic feet of natural gas. At $5.50
per thousand cubic feet, the natural gas equivalent of
one barrel of oil is $30.80 equal to, or more than the cost
of a barrel of oil. In the petroleum liquid industry no
custody transfer liquid measurement system would be
complete without a method to prove the meter, either as
part of the equipment or there would be connections
provided for a portable prover.
Under billing causes loss of revenue, and over billing
can cause a future correction that will cost the company
millions of dollars. For these reasons gas meter proving
is important and necessary to insure precise
measurement of natural gas that both the buyer and seller
can agree upon.

REASONS FOR PROVING A FIELD METER
Although the installed field meter has been completely
checked and calibrated at the factory, and a performance
curve developed, there are many things that can affect a
meter on site causing measurement errors.
Any meter system can have changes during operation
that will cause errors in measurement. Orifice plates can
become damaged, bearings on Turbine Meters can wear,
and dirt and trash can accumulate on flow conditioners
and in piping. Trash can accumulate on straightening
vanes, and Ultrasonic meters and other meters can
become dirty causing the meter to error.
The inputs into flow computers and other electronic devices
can be changed by mistake causing errors in measurement.

In the ASME standard MFC-7M-1987 Reaffirmed 2001
“Measurement of Gas Flow by Means of Critical Flow
Venturi Nozzles” it is stated “The Venturi nozzles specified
in this Standard are called primary devices.” Nozzles
have been used for many years to prove natural gas
meters.

New meter installations can have debris from
construction caught on the straightening vanes or in the
meter itself. Proving checks not only the meter, but also
the complete meter system.
One of the more important reasons for meter proving in
the case of Custody Transfer is to give both the buyer
and seller confidence the volumes they transfer are
acceptable to both the buyer and seller, thus eliminating
disputes
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METER PROVING DEVICES

TRANSFER PROVING SYSTEMS

There are many different methods and devices available
that can be used to prove a Natural Gas Meter.

A Transfer Prover is a proving system that checks the
field meter against the Master Meter at Atmospheric
Pressure. The Master Meter and its associated piping is
placed in series with the field meter and an adjustable
flow rate blower draws air through the two meters. Air at
atmospheric pressure and at various flow rates is then
pulled through the two meters and a comparison is made
between the Master Meter and the Field Meter. A Transfer
Prover System can be used to calibrate field meters
brought into a shop or the Transfer Master Meter Prover
can be portable and taken to the field. The atmospheric
Transfer Prover is best suited for checking meters
operating at lower pressures. The disadvantage to
Transfer Provers is that many Flow Meters exhibit line
pressure sensitivity that can introduce a measurement
bias if they are calibrated at a test pressure significantly
different than their field operating pressure.

Some of them are calibrated Master Meters, Sonic
Nozzles, Bell Provers, and Volume Provers. Each device
has its advantages and disadvantages.
These proving devices can be divided into two
categories, primary and secondary. A primary
measurement device, such as a bell or volume prover is
one that has had its volumetric flow rate measurement
accuracy checked and verified against measurements
for which there are national or international standards
(e.g., mass, time, length, etc.) This device can then be
used to verify Master Meters. A Master Meter that has
been calibrated becomes a secondary standard and can
then be placed in series with a field meter to verify the
accuracy of the Field Meter. A secondary device is one
that has been checked against a primary device and is
then used to prove another meter. An example of a
secondary device is an In-Situ Meter Prover using a
Master Meter. An In-Situ Meter Prover is the Master Meter
and it’s associated piping that can be either taken to the
site of the meter in the field or is installed permanently
on the meter skid.
Volume provers which are relatively new, are primary
devices and very accurate. They are however very
expensive and work best at higher line pressures and
lower volumetric flow rates.
Bell provers, which are also accurate, work only at low
pressures and cannot be used for large flow volumes.
They can be used to calibrate a Master Meter, which
can then be used to prove other devices at higher
pressures and higher flows. Bell Provers are relatively
expensive to build and maintain.
The sonic nozzle although it is precise and considered a
primary standard, (+/- 0.25% total measurement
uncertainty) can only check a field meter at one flow rate
and line pressure. The sonic nozzle also causes a
permanent pressure drop in the system.

The higher pressure In-Situ Master Meter Prover is a
Master Meter usually placed immediately downstream
and in series with the operating Field Meter. It is
connected on site and is used for proving at actual
operating conditions of flow, temperature, pressure and
density. The Master Meter is either mounted permanently
on the metering equipment skid or is portable and
connected to an existing three-valve manifold when
needed.
A Portable High Pressure Proving System consists of a
number of different sized Master Meters in parallel meter
runs with provisions for installing a field meter for test
downstream of the master meter.
A sonic nozzle is placed downstream of each of the two
meters in series to limit the flow and to verify the accuracy
of the Master Meter. Since the Sonic Nozzle is a precision
mass measurement device, it works very well to
determine the mass flow at a pressure and temperature.
It can be used as a check for any variable flow Master
Meter.
Since proving with a Master Meter is currently one of
the least expensive ways to calibrate an existing field
meter we will discuss the various Master Meter systems.
It is noted that AGA Report No. 6 on Transfer Meter
Proving using Master Meters is presently being updated
and rewritten.
PROVISIONS NEEDED ON THE FIELD METER
STATION TO CONNECT THE MASTER METER
There are two ways to install a Master Meter on an
existing Field Meter skid. One way is to use a threevalve manifold downstream of the existing meter run
shown in the P&ID above. Downstream of the field meter
is the preferred location because the flow profile into the
Field Meter is not disturbed.

PAGE 128

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

EQUIPMENT REQUIRED FOR ONSITE PROVING OF
GAS TURBINE METERS
Master Meter
The meter proving device used to check the field meter
should have an accuracy that is at least several times
the accuracy of the meter it is checking. Repeatability,
the ability of a meter to give the same answer every time,
is critical. Sonic Nozzles with no moving parts are
repeatable and accurate.

A Flow Conditioner should be installed upstream of the
Master Meter in the Master Meter prerun piping to
eliminate any problems in the flow profile caused by the
elbows and valves going into the Master Meter Run. If a
three-valve manifold is used the inline valve must be a
Block and Bleed type valve to insure all the flow is going
through the Master Meter Run. As a cost saving, extra
valves are not needed going into and out of the Master
Meter Run. Blind Flanges can be used to cover the
connections. However closing in the Field Meter and
bleeding down the pressure to install a Master Meter
without the valves is time consuming and costly.
The second method is to install a Master Meter in series
with the Field Meter on the existing Field Meter Skid.
With this arrangement it is necessary to provide space
downstream of the Field Meter for an additional
Master Meter run. The advantage of this system is that
no additional valves are required. The disadvantage is
the Field Meter run has to be closed in and bled down to
install the Master Meter.

Some Meter Systems are designed in such a way that
the Master Meter is permanently installed on the Meter
Skid. The Master Meter can then be used as the spare
meter to be put on line if there are problems with the
normal operating meters or if the flow rate exceeds the
limits of flow through the installed meters.

Flow Computers can take advantage of the repeatability
of Turbine Meters by using linearization to improve the
precision of the meter.
Flow Computer
The engineering calculations performed in the Flow
Computer should follow the procedures described in the
existing AGA and API specifications. The report from the
Flow Computer must be presented in such a way that
the calculations from raw information to final
compensated volumes can be verified using hand
calculations if necessary.
Using modern Flow Computers, the typical meter
calibration curve of a precision master meter can be
linearized. During the meter proof, the stated volume of
both the calibrated Master Meter and the field meter
being proved can be measured precisely during the prove
cycle by using Pulse Interpolation as described in the
API Manual of Petroleum Measurement Standards,
Chapter 4, Section 6, Pulse Interpolation.
Pressure and Temperature Transmitters
The gas pressure, temperature and differential pressure
on DP meters, must be precisely measured at the Master
Meter and at the meter being proved. Because of the
small pressure drop between the Master Meter and the
meter being proved the pressure can best be measured
with another differential pressure transmitter. By using a
Multi-variable Transmitter between the meters, any
pressure or calibration error of using two transmitters is
eliminated. The lower the line pressure the more difficult
it is to determine the difference in line pressure between
the two flow meters. With atmospheric Transfer Meter
Prover systems, a differential pressure transmitter can
be used to determine the gage pressure at the first meter.
The high-pressure port of the Differential Pressure
Transmitter is left open to atmosphere and the lowpressure port is connected to the pressure port of the
meter. Atmospheric pressure can also be a manual entry
based on weather bureau data or a precise atmospheric
pressure transmitter can be used.
The gas temperature must be measured at a point in the
line at least three pipe diameters downstream of each
meter. There will normally be a slight difference in the
gas temperature between the two meters. This difference
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will be due, in part, to the pressure drop between the
meters. Since this pressure drop is very small, typically
only a small change in gas temperature will occur.
Extremely precise and well calibrated temperature
sensors and transmitters must be used to measure this
precise differential.
MAXIMUM GAS VELOCITY
Care must be taken not to exceed the safe maximum
velocity of the gas through the proving systems and the
field measurement system. Exceeding the maximum
velocity will cause erosion and wear of the piping and
the components resulting in an unsafe system.
The weight of 0.6 Sp.Gr. Gas at 1,440 psi is approximately
5.727 lbs./cu.ft. The max velocity recommended by API
RP 14E is 78 ft/sec. Excess velocity will cause pipe wear
especially at elbows and bends.
PIPING PER AGA 7
Piping for both the master meter and field meter preruns
and post runs should be configured per the specifications
that apply. Usually the axial lengths of the post-run of
the first meter and the pre-run of the second meter (in
series) can be combined making the minimum axial
length separating the two meters a total of the required
pipe diameters. If any piping manifolds, elbows or bends
are located upstream of either the Master Meter or the
field test meter, as is the case when connecting to a
three-valve manifold, a high performance flow
conditioner should be installed upstream of the meter in
accordance with the flow conditioner manufacturers
recommendations.
IN-SITU PROVING WITH A MASTER METER PLACED
IN SERIES WITH THE FIELD METER
The performance of the Master Meter and the Field Meter
should be compared on a mass flow rate basis. For most
turbine flow meters, the measured flow rate is expressed
in terms of volumetric flow rate. The line pressure (and,
probably, the gas temperature) will be slightly different
at the two meter locations, so the actual volumetric flow
rates measured by the two meters will not be equal. As
an alternative to comparing the field turbine meter and
the prover on a mass flow rate basis, the volumetric flow
rates recorded by the two meters can be adjusted to
‘standard’ conditions and then compared. Standard
volumetric flow rate is essentially a mass flow rate that
has been referenced to arbitrary temperature and
pressure conditions (e.g., a predetermined pressure and
temperature, such as 14.73 psia and 68ºF, respectively)
for the flowing gas composition. Standard volumetric flow
rate is proportional to mass flow rate through the
application of standard gas density and is, therefore,
conserved from the upstream to the downstream meter
locations.
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A calibrated Master Meter run of sufficient size and
pressure rating is connected to a three-valve manifold
located upstream or downstream of the meter to be
tested. Tests have shown that some of the commonlyused turbine meters are relatively insensitive to upstream
piping effects. However since piping and field conditions
may vary it would be good practice to follow the standard
piping configurations shown in AGA Report No. 7 for
any turbine meter run. The use of a flow conditioner
upstream of the Meter Run is recommended if there is
the possibility the Master Meter piping might have an
adverse effect on the Master Meter. The Master Meter
run must be complete with a Flow Computer, pressure
and temperature transmitter and differential pressure (DP)
transmitter.
When needed the pressure, temperature and differential
pressure are available from one multivariable device. It
is possible for some resolution to be lost by the method
used to connect transmitters to the flow computer.
Devices are available to convert the digital signal from
transmitters directly to Flow Computers.
The Master Meter, it’s associated piping, and electronics
must be calibrated as an assembly. Test at various
pressures can be done and correction factors established
for any shift in performance.
The field meter to be tested and the pressure,
temperature, and DP transmitters associated with it are
connected to the proving Flow Computer in such a way
that the existing measurement is not affected.
Normally the signals from the meter come from a parallel
connection and the analog signals from the pressure and
temperature transmitters are connected in series. A
device that can measure the gas density, either a Gas
Chromatograph or a Correlative device also needed to
determine the mass flow. With a Gas Chromatograph
the density of the gas is determined by its composition.
A Correlative device uses other means such as speed of
sound, thermal conductivity etc. to determine the gas
density.
HIGH PRESSURE PROVING WITH INLINE METERS
High Pressure proving at various flow rates and pressures
can be accomplished with a High Pressure Master Meter
Proving system. This system is located where there is
sufficient pressure and flow to check all the meters in
the system individually. For example the best location
for High Pressure Proving in a distribution system is
where gas enters the distribution pipeline. The system
here can serve two functions. It can measure the gas
being purchased and it can be used to prove all the high
pressure meters used downstream in the distribution
system.
Routing the flow through the other meters in the system
can vary the flow rates through the meter being tested.

The pressure in a High Pressure Proving System can be
varied as long as the Master Meter System has been
proved at that pressure and it does not affect the
downstream system.
CONNECTING A PORTABLE MASTER METER RUN
TO THE FIELD METER SKID
1. Connect the Master Meter Run to the three valve
manifold using either new gaskets or gaskets that
are suitable for multiple uses.
2. Connect the electrical cables from the Master Meter,
Pressure Transmitter and Temperature Transmitter
to either the existing Flow Computer or Connect the
Field Meter, Field Pressure Transmitter, and
Temperature Transmitter signals to the Flow
Computer on the Master Meter Run.
3. Slowly fill the Master Meter Run with gas by opening
a small valve usually a needle valve or small ball valve
that connects the line pressure piping to the Master
Meter. As a rule of thumb pressurization of the line
should not exceed one PSI per Second. It is also a
good practice to check for leaks with an approved
leak detection method while the Master Meter Run
is filling. Checking at a low pressure first before the
line is completely filled and checked at line pressure
can save time and gas if a leak is detected.
4. Open the upstream valve connected to the Master
Meter Run.
5. Slowly open the downstream valve that connects
the Master Meter Run to the Field Meter Run.
6. Slowly close the Block and Bleed valve downstream
of the Field Meter on the three valve manifold putting
the Field Meter and Master Meter in series with one
another.
7. Follow the Master Meter Proving Procedures usually
supplied by the Company for Proving a Master Meter.
8. When the Proving has been completed open the
Block and Bleed Valve downstream of the Field
Meter.
9. Close the valves connecting the Master Meter Run
to the Field Meter and slowly bleed down the
pressure on the Master Meter Run. One PSI drop
per second is always a safe pressure drop rate.
10. Disconnect the Master Meter Run from the Field
Prover Skid.
ONSITE MASTER METER PROVING PROCEDURES
1. After the Master Meter has been properly installed
on the three-valve manifold, the system must be
checked for leaks.

2. The precision of the Master Meter should be verified
before each prove.
3. The manufacturer of the Master Meter will have a
procedure on how to verify the meter is still in
calibration. When the Master Meter condition is
verified its condition should be recorded on the prove
report.
4. Enter the tracking information from the Master Meter
or select a Master Meter whose information has
already been entered into an existing database.
5. Enter all the information for the Field Meter to be
proved or enter the serial number for the information
to be entered automatically if it already exists in a
database.
6. Prove runs are normally done at 10%, 25%, 50%,
75% and 95% of the maximum rated flow rate of
the meter to be proved. These are recommendations
only. The test flow rates requested by the end user
should be used wherever possible. If the required
flow rates cannot be obtained the Field Meter must
be proved at the available test flow rates.
Proves can be done based on time or on volume. Either
method if performed properly, can produce a good prove.
In this example we will use proof runs based on time.
7. Set the time and number of proves for the prove
runs. The number of pulses generated by the meters
will determine the time for each flow run. The time
must be long enough for a statistically significant
number of pulses to be generated by the lowest
frequency output. If the Flow Computer is capable
of Pulse Interpolation the time of each run can be
shortened in accordance with the API Manual of
Petroleum Measurement Standards Chapter 4,
Section 6, Pulse Interpolation.
8. The number of proofs at a specific flow rate depend
on the client. However, it is recommended that a
minimum of three runs be made at each test flow
rate to determine if the meter being proved is
repeatable.
9. Start the prove. The Flow Computer will automatically
stop and start each run, based on the time entered
into the Flow Computer. On the first run allow time
for stabilization of the flow rate through the meters
before beginning the data acquisition.
10. When the prove runs for the specified time and the
run is successful, the information is saved in the Flow
Computer and/or can be printed out. If the flow rate
of the station can be changed, it is recommended
that the first test run be performed at maximum flow
rate setting. If the meter repeats and is within
specifications at the maximum flow it is an indication
that it may prove at the lower flows. Proves at all
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flow rates and operating pressures specified must
be done to insure the field meter is operating
properly.
11. At any time during a prove run or cycle, the prove
can be stopped (Aborted). Aborting the prove stops
the proving run. An aborted prove report should be
stored or printed.
12. When the prove for all flow rates is complete, the
flow control valve closes to the meter run closes,
the prove report is printed, and all information is
saved electronically in a file for that prove.

REFERENCES
ASME/ANSI MFC-7M-1987 Reaffirmed 2001
“Measurement of Gas Flow by Means of Critical Flow
Venturi Nozzles.
A.G.A. Report No 7, “Measurement of Fuel Gas by
Turbine Meters.”
API Manual of Petroleum Measurement Standards,
Chapter 4, Section 6, Pulse Interpolation.
AGA. Report No 6, “Methods of Testing Large
Displacement Meters.”

CONCLUSION
Using available knowledge, products and equipment
natural gas meter proving in the field and in the shop
can be used to verify the accuracy and repeatability of
natural gas measurement systems.

Edgar B. Bowles, “Onsite Proving of Natural Gas Turbine
Meters.” Southwest Research Institute, ISHM 2001.

Daniel J. Rudroff
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LOCAL AND WIDE AREA NETWORKING
OF GAS FLOW COMPUTERS
King Poon
Thermo Flow Automation
9303 Sam Houston Parkway, Houston, Texas 77099

INTRODUCTION
Communication has been around ever since man
developed language and hand signs to exchange and
share ideas. Smoke signals were used in the ancient
world to send information from one place to another. In
fact, a smoke signal is one form of wireless digital
communication. The advance in modern communication,
network and computer technology has led to the growth
of electronic forms of communication. Electronic data
can be transferred between workstations in the same
office and sometimes even between offices in different
cities.

used protocol in the world and is now the de-facto set
of protocols of the world wide internet.
IP Addressability: IP addressability is the ability to
configure a device with an address that is unique to a
particular LAN/WAN.
Ethernet: Ethernet was developed in the mid-1970s by
Xerox Corporation. A cable connects all computers or
devices to an interface device. Carrier Sense Multiple/
Collision Detection is used to avoid collision on the
network.
ELECTRONIC FLOW MEASUREMENT DATA

Electronic flow computers are used widely by the gas
industry for measurement and control purposes.
Measurement data is retrieved periodically and stored
in the central computer system for accounting,
engineering and administrative functions. Control
commands are sent by the gas control department or
the field operators to the gas flow computers. Data are
collected from the field and shared by different
departments so that decisions can be made more
efficiently. Because of this, an effective communication
system between the electronic flow computers, the
central computer system and remote offices need to be
developed.
Electronic flow measurement systems can now make
use of this office interconnectivity to effectively move
data from the electronic flow computer to individual
workstations out in the field offices and the central office.
Electronic flow measurement systems can utilize existing
general-purpose business equipment for communicating
measurement and control data across networks.
TERMS
Local Area Network (LAN): A Local Area Network is the
networking or interconnection of multiple workstations
contained within a single building or facility.
Wide Area Network (WAN): A Wide Area Network is the
networking or interconnection of multiple workstations
that covers a broad geographical area such as a city,
state or country.

Measurement data stored in electronic flow computers
consists of vast amounts of hourly and daily records in
addition to alarm and event logs that must be retrieved
on a periodic basis. Various departments use this data
for everything from accounting to engineering. An
example of this would be retrieving historical tubing and
casing pressure information so that it can be analyzed
by the engineering department.
A typical historical record consists of volume, energy,
average differential pressure, average static pressure,
average temperature, average square root extension,
flow time, and possibly average gas quality values. This
data is stored for each hour for each meter run in each
flow computer in the system. Because of the nature of
historical data, retrieval is done at a less critical rate than
control data. For accounting or analysis purposes, the
data can be retrieved on a daily basis.
Control data is needed at a much faster rate. Decisions
made by gas control personnel must be made using up
to date information. When the commands are actually
made to the flow computers, it must take place
immediately, giving the operator immediate feedback.
Typical control data consists of instantaneous flow rates,
set points for PID loops, nomination values, as well as
valve control commands and statuses. This is a typically
small amount of data retrieved and transmitted in real
time.
LAN/WAN

TCP/IP: Transmission Control Protocol / Internet Protocol
(TCP/IP) is a name given to the collection of protocols
that have been used to construct the global Internet. It
is the typical protocol used for communications between
workstations across a LAN or WAN. It is the most widely

LAN is a computer network dedicated to share data
among workstations, computers and devices (nodes)
within an office. An interface device converts the user
information (data) into a predetermined form (the
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protocol, usually TCP/IP) on a communication medium
(Ethernet). These types of networks have the ability to
transfer data at rates of 100 Mega bits per second or
higher. A central server is used to store data and control
the traffic within the network. Data, printers, storage
media (such as hard drives) can be shared within the
network. With common protocol and medium, computers
and devices can share information easily.
WANs are built to provide communication solutions for
offices that need to exchange digital information between
two distant places (in one or more different cities). Since
the distance is long, the local telecommunication
company is involved to provide and maintain the
necessary service.
The main purpose of a WAN is to provide reliable, fast
and safe communication between two or more places
(nodes) with low delays and at low prices. WANs enable
an organization to have one integral network between
all its departments and offices, even if they are not all in
the same building or city, providing communication
between the organization and the rest of the world.
LAN/WAN FOR DATA SHARING
Most companies using gas flow computers are spread
across a wide geographical area. The flow computers
are typically in extremely remote locations. A field office
is usually setup in close proximity to the flow computers
for ease of maintenance and control. The accounting
and engineering departments are located in a more
centralized location. Data from the flow computers must
migrate from the remote flow computer all the way to
the central offices.
The existing LAN/WAN used for other business purposes
(e.g. email, accounting, etc.) can be utilized for the
sharing of this data. Host systems can use existing
shared drives to move data from one office to the next.
For example, a host system will communicate with the
gas flow computer and store that data on the shared
drive. Workstations remote to the host system can then
access that data for reporting and analysis purposes.

Another method of data sharing is the use of TCP/IP
between host programs. Host programs that are capable
of communicating via TCP/IP can transmit data using
the existing hardware to access data. For example, a
program running on a workstation in a central office can
request data from the host system residing in the field
office. This type of system is typically used for data that
is more time critical such as control parameters that must
be immediately relayed to the flow computer.
LAN/WAN FOR FLOW COMPUTERS
An alternate use of the existing LAN/WAN infrastructure
is the direct communications of a host system with a
flow computer. An IP addressable LAN/WAN interface
device can be connected to the host port of the flow
computer. This makes it possible to connect a flow
computer to any existing network on the LAN/WAN and
allow a host system to retrieve its’ data. For example, a
flow computer measuring gas on an offshore platform
can link into the existing microwave network used for
email, voice and network connectivity. A host system
that resides anywhere on the LAN/WAN can then
communicate with this device without the need of a
satellite or cell phone system.
A communication system such as a radio network can
also be connected to the LAN/WAN using an existing
network interface device. A host system can request
information across the network and through the
connected radio network; data can then be transmitted
to the flow computers in the field and back to the host.
CONCLUSION
Existing LAN/WAN infrastructure can be utilized to create
a fast, reliable and cost effective communication network
between the flow computers, the host system in the field
office and the computers in the central office. Different
departments and offices in different locations and cities
can then share electronic flow measurement data. Taken
further, because of the use of TCP/IP and the LAN/WAN,
data can now be shared on the internet.

King Poon
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TRANSFER PROVING
Larry K. Wunderlich
Centerpoint Energy Entex
4220 Laura Koppe, Houston, Texas 77016

INTRODUCTION
Transfer proving was initially developed to provide an
easier and more accurate field meter proving method.
Because of the capacity capabilities of transfer provers
(2000 CFH to 80,000 CFH) transfer provers are utilized
in meter shops where bell prover capacity is limited and
allow for shop testing of the larger capacity meters.

All transfer provers are available to the gas industry
compute the following formulae:
Master Meter Volume
Equation 1 - % Uncorrected Proof = —————————— X 100
Field Meter Volume

ATM Press-Master Press Drop

Equation 2 - % Pressure Correction = —————————— X 100

TRANSFER TESTING SYSTEM
In the typical transfer testing system, air or gas passes
through the meter under test (field meter) and then
through the “Master” meter. The vacuum method of
testing is basic to all commercially available provers.
Atmospheric air is drawn through the field meter and
prover by the blower system. Temperature and pressure
differences are measured to enable correction of the data
to a common base of comparison. The rotary meter
transfer proving system is not affected by specific gravity
or relative humidity of the flowing gas since under normal
conditions no condensation or change of moisture
contact would occur as the gas passes from the field
meter to the master meter. It is a volumetric test in which
the test time is not a critical variable. Automatic operation
minimizes chances for human error, and built-in selfcheck features assure reliable system performance. The
ROOTS Model 5 Transfer Prover System is typical of the
commercially available units and will be utilized in this
discussion. Other units may differ slightly in shape, size,
or performance, but the base operating principles are
the same.
The prover System consists of one or more rotary positive
displacement master meter(s) mounted on a wheeled
cart. The master meter is calibrated over a flow range of
100 to 10,000 CFH for a 10M master meter of 35 to 2,000
CFH for a 2M master meter. This range covers the testing
of larger diaphragm meters as well as most rotary meters.
Blowers mounted downstream of the meters are used
when air is the testing medium. On air tests, the blowers
discharge to atmosphere through a muffler or silencer
which minimizes noise when testing in public areas or in
shops where noise could be objectionable.
Comprehensive tests have demonstrated compliance
with OSHA regulations concerning acceptable noise
levels. The connection from the field meter to the prover
is made with a 25˚ length of flexible hose equipped with
quick disconnect fittings. In addition, a cable is required
for temperature, pressure, and pulser connections on a
field meter.

ATM Press - Field Press Drop

Field Meter Temp ‘R
Equation 3 - % Temperature Correction = —————————1 X 100
Master Meter Temp ‘R

% Uncorr % Press % Temp
Proof X Corr + 100 X Corr + 100
Equation 4 - % Corr Proof = ———————————————
10,000

Testing can be done automatically or manually. When
testing automatically, the index or instrument is removed
from the field meter and a pulser unit installed to count
the output shaft revolutions. When testing a meter whose
index cannot be removed, a retroreflective scanner may
be utilized or a remote start-stop switch in lieu of the
pulser.
The standard transfer prover operates on a 115 VAC
±10%, 47-60 Hz. Power consumption with blowers on
high is approximately 1000 watts, but satisfactory
operation can be obtained in the voltage range of 95 to
130 VAC. Special provers have been designed for
operation on 230 VAC.
The proving system has been designed for operation by
one man with a minimum of effort. At Centerpoint Energy
Entex a van is used for transporting the Model 5 prover.
The accuracy and repeatability of the transfer prover
system is related to the permanent accuracy
characteristic of the rotary positive displacement master
meter. For convenience, a direct readout of the proof of
the field master is provided by using a simple but effective
method of obtaining a master meter curve of 100%
accuracy over the full working range.
The master meter incorporates a pulse unit for generating
contact closures representing the flow units from the
master meter. Provisions have been made in the
computer software to add/subtract in extra counts
required to produce a 100% accuracy curve for the
master meter.
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The actual preset correction necessary to linearize each
specific master meter curve is determined from a factory
calibration with a bell or piston prover. A chart is provided
with each prover, showing the calibration curve.
OPERATION
The Model 5 Proving System consists of the master
meter(s), blowers, controller, and laptop computer.
Operation of the Model 5 Transfer Proving System can
be broken down into five sections:
1.
2.
3.
4.
5.

Powering up of the system.
Making field meter connections.
Purging the meter and leak testing.
Selecting and starting the test(s).
Running the test and saving the results.

4. If the field meter pulser is being used rather then the
manual start/stop button, install the field meter pulser
on the instrument drive platen of the field meter.
Ensure that the instrument drive properly engages
the pulser and that the pulser shaft is centered over
the meter drive shaft. The pulser drive coupling may
require adjustment to engage the meter drive shaft.
Plug the cable into the field junction box.
5. If the manual start/stop button is to be used, plug
it’s cable into the field junction box instead of the
pulser.
6. Connect one end of the 25 foot prover hose to the
outlet of the field meter.
PURGING AND LEAK TESTING

Reasonability tests are run on the signal inputs to the
controller to determine that the transducers are properly
connected prior to starting a test run and that
measurements taken during a test run are within
reasonable limits.

The Model 5 Transfer Prover can be set-up to require
purging of the field meter or not require purging for shop
use. You can also require or not require a leak test. If a
purge is required the blowers will not start for testing
until the operator does a purge of the field meter.

POWERING UP THE SYSTEM

1. Connect one end of the 25 foot prover hose to the
camlock on the Model 5 silencer. The other end
should be hooked to the field meter.

This step should be performed first as it allows time for
the controller to warm-up and stabilize prior to running
a test.
1. Plug the line card from an AC power source into the
controller.

2. From the laptop software menu, select the purge
option and run the blowers to purge the field meter.

2. Connect the laptop computer AC cord to the laptop
receptacle on the controller.

3. Seal the inlet to the field meter, move hose from
silencer to the inlet of the Master Meter and run leak
test. This takes approximately 30 seconds and a
pass or fail message will be isplayed.

3. Connect the RS232 cable between the laptop
computer and controller.

4. Identify and eliminate any leaks as they will affect
the accuracy of the tests.

4. Turn on the controller power switch and then the
laptop computer.

SELECT AND START TEST

5. Go into the Model 5 laptop computer software and
verify master meter serial numbers. This ensures
proper presets are loaded.
FIELD METER CONNECTION
Connections of the field meter sensors and pulser (if
used) should be done next.
1. Connect the field junction box cable to the controller.
2. Install the field meter temperature sensor in, or near,
the inlet port for rotary meters and at the outlet port
for turbine and diaphragm meters. The tip of the
sensor should be in the center of the flowing air
stream. Plug the cable into the field junction box.
3. Connect the pressure lines from the field junction
box to the inlet of the field meter (and outlet if rotary
meter differential is to be read during testing).

PAGE 136

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

Forty preconfigured tests can be run by simply selecting
the desired tests for a particular meter. Each test can be
run at three different flows and each flow can be run
twice. The tests can be cascaded for more flow rates if
desired. Flows are set and controlled by varying blower
motor speed which reduces noise. The following items
must be selected to configure for a manual test:
1.
2.
3.
4.
5.
6.
7.
8.

Prover Capacity (2M, 10M, 80M)
Test Control Mode (ID, OPTO, Manual)
Meter Output (UC, TC, PC, TCPC)
Drive Rate (What each pulse represents.)
Test Volume (Even multiple of drive rate.)
Flow Rate (Up to three flows.)
Base Temperature Correction (If Required.)
Base Pressure Correction (If required.)

RUN TEST AND SAVE RESULTS

TEST SET-UP MODIFICATIONS

When the operator starts the test, the computer, via the
controller, will start the blowers, stabilize flow as highest
rate selected and begin test. At the end of the first run,
results will be displayed and the blowers will stabilize
for the next run. At the completion of the tests, the
operator can view any particular run. The results can be
saved and/or printed. The operator will be prompted to
fill in some information for the report. The layout
appearance of the reports are customer configurable.

The transfer prover is an extremely versatile and flexible
test device and has been used to test meters with 1,000
cubic foot drive rates, temperature compensated
outputs, pressure compensated outputs, and intermittent
outputs. Information concerning special test techniques
or particular test problems can be obtained from the
prover manufacturer.

TESTING RESULTS

The feasibility of using a rotary positive displacement
meter transfer testing system has been clearly
established. Tests have confirmed the accurate
performance of the equipment. The increase in
productivity, the speed of testing, the avoidance of test
errors, and the savings in shop test facilities make
transfer provers an attractive and economical addition
to the array of meter test equipment.

What is the accuracy of this testing device? Results from
extensive series of tests show that the ROOTS Transfer
Prover duplicated a bell prover within ±0.1% on overall
average results and had a standard deviation of the less
than 0.5%. The test included a large number of different
types and sizes of diaphragm meters. The bell prover
was in a temperature controlled environment, but the
transfer prover operated in a room without temperature
control. Repeatability has been found to be ±0.1%.
A warm-up period has been found to be desirable in
testing diaphragm meters which have been inactive.
Such meters are occasionally encountered in the meter
shop testing, and a running period of a few minutes will
allow enough exercise of the moving parts to restore
normal meter friction and assure representative test
results.

CONCLUSION

The development of the portable transfer proving system
with computer enhancements gives measurement
personnel another useful and reliable tool for testing gas
meters. The ability to test meters in the field and spot
inaccurate meters and adjust them without removing the
meter saves not only time but money. Although the
primary usage of transfer proving has been for field
testing, increasing numbers are being utilized in meter
shops and provide a valuable supplement to existing test
facilities.

Minor variations in blower operation due to supply
voltage fluctuations may occur but will vary the actual
flow rate only slightly. Tests have shown that fluctuations
which might have invalidated the test run by other test
methods did not influence the transfer prover test results.

Larry K. Wunderlich
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INSPECTION OF REGULATORS & RELIEF VALVES
John Johnson
CenterPoint Energy
4220 Laura Koppe, Houston, TX 77016

Regulators and Over Pressure Protection Devices (OPPD)
must be inspected in accordance to Federal and State
Law and Company policy. Over pressure protection
devices are devices that protect the downstream piping
in the event of a regulator failure. These devices include
a relief valve, a monitor regulator, or a positive pressure
shut off. In Texas, inspection interval must be at least
once per calendar year, at intervals of no more than 15
months.
Prior to inspecting a regulator or OPPD:
1. The person performing the inspection should have
some knowledge of the system downstream of the
regulator. Is the system a one way feed or is it a
system that is fed by one or more stations.
2. Visually inspect all valves to make sure they are in
the correct position (opened or closed).
3. Install a gauge upstream and downstream of the
regulator. Be careful not to install gauges that have
working pressures lower than the pressure you are
checking. Make sure the gauge installed downstream
of the regulator will handle the upstream pressure if
the regulator fails while being inspected and will not
lockup.
4. Service and operate all valves.
Some of our regulator stations have two separate
regulator runs with only one regulator in each run. One
regulator has the pressure set at the required pressure
for the system it is feeding; we call it the primary run.
The other regulator has the pressure set lower; we call it
the standby run. The purpose of the standby regulator
run is to assist the primary regulator if there is a heavy
feed on the station or if the primary regulator fails. The
standby regulator run should be inspected first. While
doing the inspection continue to monitor the downstream
pressure of the primary regulator.
A few of our regulator stations only have one regulator
run. In this case we have a bypass run with a valve that
we can operate to maintain the required pressure for the
system. The person operating the bypass valve must
continually monitor the gauge downstream and maintain
the required pressure.
We have some regulator stations with multiple regulators
in each regulator run. There are numerous reasons to
use multiple regulators:
1. When the upstream pressure is very high and the
pressure needed downstream is lower.
2. Keep from having to install a large relief valve.
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3. To keep the regulator from freezing up due to a large
pressure cut.
We use three Types of regulators:
1. Spring loaded
2. Pilot loaded
3. Pressure loaded from a controller
RAILROAD COMMISSION OF TEXAS-PIPELINE
SAFETY RULES
192.195 Protection Against Accidental Over-Pressuring
A. General Requirement:
Each pipeline that is connected to a gas source so that
the maximum allowable operation pressure could be
exceeded as a result of pressure control failure or of some
other type of failure, must have pressure relieving or
pressure-limiting devices.
B. Additional Requirements for Distribution System:
Each distribution system that is supplied from a source
of gas that is at a higher pressure than the maximum
allowable operating pressure for the system must:
(1) Have pressure regulation devices capable of meeting
the pressure, load, and other service conditions that
will be experienced in normal operation go the
system, and and that could be activated in the event
of failure of some portion of the system and
(2) Be designed so as to prevent accidental overpressuring.
192.199 Requirements for Design of Pressure Relief &
Limiting Devices
Except for rupture disc, each pressure relief or pressure
limiting device must:
(a) Be constructed of material such that the
operation of a device will not be impaired by
corrosion.
(b) Have valves and valve seats that are designed
not to stick in a position that will make the device
inoperative.
(c) Be designed and installed so that it can be
readily operated to determine if the valve is free,
can be tested to determine the pressure at which
it will operate, and can be tested for leakage
when in the closed position.
(d) Have support made of non-combustible
material.
(e) Have discharged stacks, vents, or outlet ports
designed to prevent accumulation of water, ice,

or snow, located where gas can be discharged
into atmosphere without undue hazard.
(f) Be designed and installed so that the size of the
openings, pipe, and fittings located between the
system to be protected and the pressure
relieving device, and the size of the vent line,
are adequate to prevent hammering of the valve
and to prevent impairment of relief capacity.
(g) When installed at a district regulator station to
protect a pipeline system from over-pressuring,
be designed and installed to prevent and single
incident such as an explosion in a vault or
damage by a vehicle from affection the operation
of both the over-pressuring protective device
and the district regulator; and
(h) Except for a valve that will isolate the system
under protection from its source of pressure; be
designed to prevent unauthorized operation of
any stop valve that will make the pressure relief
valve or pressure limiting device inoperative.

John Johnson
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REMOTE METER READING
METHODS OF RETRIEVING DATA BY USE OF REMOTE DEVICES
Arun Sehgal
Itron Inc.
2818 North Sullivan Road, Spokane, Washington 99216

INTRODUCTION

Commercial and Industrial customers

Remote meter reading is a fast growing trend in Natural
Gas industry. As per industry estimates, close to 14
million gas meters in the United States are read remotely.
This paper presents the advantages of remote meter
reading and explains the various technologies in use.

Small commercial customers’ gas meters are usually read
monthly for consumption. However, large commercial
and industrial customers have advanced metering
system- like volume correctors, which are read — usually
daily at the gas day time. These remote-monitoring
devices attached to gas meters and correctors store
hourly gas consumption profiles.

WHAT IS REMOTE METER READING?
Remote meter reading implies the use of a
communication device to automate gas meters, that
sends out the meter readings and other crucial meter
information to a data collection system, thus eliminating
the need to physically visit the gas meters.

Data
collection
system

Customer
Bill

CIS /
Billing
system

COMMUNICATION TECHNOLOGIES FOR RETRIEVING
DATA
RF (Radio Frequency) Communications
RF is the most commonly used method of
communication between a remote device and data
collection system. A gas meter is mounted with a small
module, usually under the index, where it converts the
movement of wriggler into pulse counts and stores them,
taking into account the count rate and other factors.
These modules are essentially encoders and RF
transmitters, put together as a single unit.
These RF devices are activated by a “wake up” signal
from the data collection system and the device sends
back the latest meter read and other information, like
tamper status, to the data collection system. As these
devices are battery powered, using this wake technique
helps conserve battery life.
In some cases, RF devices are regularly transmitting the
readings and the data collection system does not “wake
up” the device.

DATA RETRIEVAL
Residential Customers
Most Natural Gas customers are billed monthly and, thus,
a monthly consumption read is sufficient for these
customers. However, some residential Natural Gas
customers in fully deregulated markets may need to be
read more frequently, and some even daily. This may be
a growing trend, especially when the potential benefits
of deregulation are made available to more residential
customers. Utilities also need to monitor whether the
gas meter has been tampered with in any way — resulting
in a potential loss of revenue.
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RF-based remote meter reading devices are easily
deployable and offer a very reliable means of data
collection. These devices are used mostly for residential
and some commercial remote meter reading.
DATA COLLECTION SYSTEM FOR RF DEVICES
There are three most popular ways to “read” these RF
devices.
Radio Equipped Handheld Computer
A meter reader carrying a rugged handheld computer
equipped with a radio receiver walks by homes, without
actually entering the premises. The devices radio their
reads to the handheld computer, the meter reader
accepts the read and keeps moving on its route.

reads or operational improvements are required. This
saturated deployment spreads the cost of the network
components over multiple meters.
Other considerations for RF remote monitoring
devices
While deciding on the choice of remote metering devices,
utilities often take into account the following:
The meter reader thus does not enter the readings
manually, hence eliminating any manual entry errors. This
system is normally used to read those accounts within
the utility service territory that have high-cost or
hazardous-to-read meters. These meters may be
situated in a basement, in a back yard with a dangerous
dog or locked gate, or with an angry customer who
doesn’t want the meter reader on the property. The meter
readers can collect anywhere from 600 to 1000 meter
reads on a typical day using a Radio equipped handheld
computer.

•

•

“Drive By” or Mobile Data collection system
“Drive by” or mobile data collection is a very popular
method of data collection from radio equipped remote
devices.
Mobile data collection uses vehicles equipped with radio
units to read RF module-equipped gas meters via radio
without the need to access the meter. This reading
system dramatically improves meter reading efficiency.
A radio transceiver is installed in a utility vehicle. Route
information is downloaded from the utility billing system
and loaded into this radio transceiver. While driving along
a meter-reading route, the transceiver broadcasts a radio
“wake-up” signal to all RF meter modules within range
and receives the meter readings when they respond.
Completed reads are uploaded to the billing system for
bill generation.
Mobile data collection system is used in saturated areas
where there may be large populations, difficult-to-access,
or hazardous-to-read meters. As a result of this level of
saturation, meter reading efficiency is dramatically
improved. A single transceiver can read an average of
10-12,000 meters in an 8-hour shift, and can read up to
24,000 meters per day, depending on meter density and
system use.
Fixed Network Data collection system
Some utilities, especially those who read both gas and
electric meters, are considering deploying a fixed network
for remote meter reading.
Fixed network deployment is usually done as a migration
from the mobile data collection system. The Fixed
Network is usually installed over saturated areas where
advanced metering data, variable reads; unscheduled

•
•

Compatibility with gas meters: Utilities often look
for those remote-metering devices, which can
be directly mounted on most of their installed
base of gas meters. This minimizes the need to
change the gas meters just to suit the design of
remote metering device and helps by reducing
the cost of implementing a remote metering
system.
Battery Life: Utilities like long battery life —
ideally that lasts as long as the useful life of the
remote monitoring device itself. This eliminates
the need to do battery change outs. Current
designs of some remote metering devices have
battery life of 17-20 years.
Safety: Safety is an important attribute and these
devices should be intrinsically safe and certified
to be used in natural gas environments.
One of the factors that utilities have often
considered is the availability of a migration path
for reading technologies. Many utilities have
started with the handheld walk-by solution and
as their deployment base grew, they have
migrated to a mobile data collection solution,
without any impact on the meter modules or
need to revisit them.

RF-BASED SYSTEMS: IMPLEMENTATION SUCCESSES
Radio based Remote Meter Reading systems have been
installed by gas utilities for nearly a decade. The earliest
installations at Minnegasco, Keyspan energy,
Philadelphia Gas Works, Atlanta Gas and at several
others are more than 15 years old, and these utilities
moved towards saturation several years back. This is a
testimony to the success of RF technology in the field.
Several hundred utilities around North America have
implemented RF based systems and are reaping the
benefits.
COMMUNICATIONS USING TELEPHONE
Large commercial and industrial gas customers consume
a large amount of gas that needs to be measured and
reported — often at daily or even hourly basis. These
readings are usually required at the Gas Day time. In
such cases, using a telephone line provides an easy way
to communicate with these remote metering devices.
Telephone based remote metering devices are of two
types based upon their mode of communication, inbound
or outbound.
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Inbound systems: In this type of remote meter reading
system, the modules call a Central Master Data Collection
Computer at prescheduled times, usually at Gas day time
daily, and provide the hourly gas consumption data.
Inbound phone systems have been very successful in
efficiently sending consumption and other data in a given
time window.

Besides the above, various other communication
medium like satellite, powerline carrier (in conjunction
with electric meters) etc have been experimented in small
numbers.
CONCLUSION
Benefits of Remote Meter Reading

Outbound systems: In this type of communication, the
Master Station calls the remote meter module and
collects the data. This is useful where on-demand reads
may be required as well.
The telephone-based remote metering modules may
either be direct mount or remote mount. The direct
mounted modules encode and store the hourly
consumption and communicate using telephone line.

Traditionally, Remote Meter Reading has been thought
of as a means to improve meter-reading operations and
to reduce costs. But that’s just the beginning. By
deploying advanced data collection and management
solutions, utilities are already achieving a variety of
benefits throughout their companies every day. In
addition to reducing costs, other benefits include:
•

The remote mounted modules take multiple pulse inputs
from gas meters, electronic volume correctors, count and
store this data and use a telephone line to send this data
to the collection software.
The utilities, especially those who run in a deregulated
environment, need to report the consumption profiles of
their large commercial and industrial consumers to
several third party systems which communicate
information to customers, gas marketers, system
planners etc. These utilities are now looking at ways to
improve their data collection methodologies and how
they can improve the dissemination of the metering data,
using enterprise-wide deployment of newer data
management and analysis software.
OTHER COMMUNICATION METHODS
In places where it is difficult to make a regular phone
line available, cellular transreceivers are currently being
evaluated at some sites around North America as a
communication medium.

•
•
•

Revenue cycle improvements and cost
reductions
Increased billing accuracy and resulting revenue
Revenue assurance and protection
Reductions in theft of service

Today, gas utilities are beginning to realize that Remote
Meter Reading technologies deliver operational
improvements and cost savings throughout a utility’s core
service processes. In addition to meter reading services,
the benefits of advanced data collection extend
throughout a utility’s operations to deliver quantifiable
improvements and savings in revenue assurance,
customer service, field service operations, distribution
system reliability and efficiency, marketing and business
development, and regulatory compliance. The economic
value of remote meter reading technology doesn’t end
at the meter shop. That’s where it begins.
Remote Meter Reading is a growing at a fast pace and
more and more utilities will be employing its benefits in
the future.

While cellular offers a reduction in installation costs,
experience regarding the network availability, cost of
service and battery life, etc. is being evaluated. Currently
only few hundred cellular-based devices are in field.

Arun Sehgal
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PRINCIPLES OF ODORIZATION
Thomas E. Tucker
Odor-Tech
7591 Elser Field Road, Pineville, LA

INTRODUCTION
Modern industry conducts itself much differently than it
did at the turn of the century. Public safety and care for
the environment has gone from the bottom of the list of
goals, right to the very top.
This has come about for a variety of reasons, including
increased knowledge of the products, processes and
services offered together with the hazards associated
with them, greater awareness of the effects on the
population and environment, and the introduction of
legislation to ensure compliance with the standard
practices necessary to ensure these goals are met.
For the gas industry, one essential way of providing this
service to their customers is by odorization of natural gas.
Odorization of natural gas has evolved from a
fragmented, unregulated practice, into the current highly
regulated and monitored practice we see today. The
primary focus of odorization is safety, and this must be
kept in mind as we develop, maintain and improve our
odorization techniques and processes in a changing
regulatory environment.

streams. However, these by-product streams were
unreliable and varied in quality. The growth of the
chemical industry during World War II resulted in the
availability of high quality synthetic chemicals that proved
well suited for natural gas odorization. These chemicals
are the low molecular weight (C3-C4), branched chained
alkyl mercaptans, alkyl sulfides and a cyclic sulfide. By
1960, virtually all natural gas odorization was done with
blends of these synthetic chemicals.
ODOR FADE
Odor Fade can be a major problem. Gas may be
satisfactorily odorized at source, but if it no longer has
the necessary odor impact and intensity by the time it
reaches the customer, escaping gas can go undetected
and result in a serious fire or explosion hazard.
To understand why it occurs and what can be done to
overcome the problem, we have to consider the
following:
1. Odorant blend types and the chemistry of the various
components
2. Pipeline conditions

This paper will focus on the chemistry and characteristics
of gas odorants and will discuss related topics including
pipeline pickling and odor-fade.

3. The quality of the gas to be odorized
ODORANT BLENDS AND THEIR COMPONENTS

HISTORY
Odorant Characteristics
Odorization of gas was first proposed in Germany in the
1880s’ by Von Quaglios’ use of ethyl mercaptan as a
means of leak detecting the escape of blue water gas.
The manufactured gas used at the turn of the century
contained by-products, which to some extent imparted
a gassy odor to the gas. As high quality natural gas
displaced lower quality manufactured gas, the byproducts that caused the gassy odor in the lower quality
gas were no longer present.

Odorant blends are extremely odorous, volatile,
flammable liquids. Acceptable odorants must possess
certain physical and chemical characteristics. These
include a gassy odor, low odor threshold, high odor
impact, resistance to pipeline oxidation and good soil
penetrability. Vapor pressure of blend components used
in vaporization type odorizers is also a very important
consideration.
Odorant Components

Without these by-products, natural gas had little if any
detectable smell to warn of leaks or accumulation. This
undetectable gas caused the disaster at the New London
Elementary school in 1937 that leveled the school, killing
many children.
The gassy odor of manufactured gas was originally
duplicated in natural gas by cheap refinery by-product

The odorants used today are usually blends of two or
more components, which achieve the desirable
characteristics.
Therefore, it is important to understand the characteristics
of the components. Basically there are three chemical
groups from which odorants are blended:
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1. Alkyl Mercaptans
2. Alkyl Sulfides
3. Cyclic Sulfide
Mercaptan Components
Tertiary Butyl Mercaptan (TBM)
CH3
|
CH3 - C - SH
|
CH3
TBM is the leading single component used in natural gas
odorants. Its low odor threshold, gassy odor, good soil
penetration, and highest resistance to oxidation of the
mercaptans, make TBM very desirable. However, the
high freezing point of TBM (34°F) results in the need for
blending with other components to prevent freezing.
Otherwise, TBM would be an excellent “stand alone”
odorant.
Isopropyl Mercaptan (IPM)
CH3
|
CH3 - C - SH
|
H
IPM has a strong, gassy odor and low freezing point
(–202°F). Of the mercaptans it is the second most
resistant to oxidation. IPM is commonly blended with
TBM to depress the freezing point while enhancing the
odor impact. IPM is also a stand-alone odorant, but
rarely, if ever, used as such.

SBM, originally an impurity in TBM manufacture, is
probably the least used component in odorant blends.
On the rare occasions it is used, it is typically in the 2 –
4% range. It is a branched chain mercaptan, which
resists oxidation. SBM has a strong odor, low freezing
point, but high boiling point and low vapor pressure.
Sometimes used at 100% in evaporative systems.
There is some evidence that SBM enhances the threshold
detection level of blended odorant.
Alkyl Sulfide Components
Alkyl sulfides are resistant to oxidation but they do not
have the odor impact of the mercaptans. They are not
considered “stand alone” odorants. Their primary
function is to lower the freezing point of TBM.
Dimethyl Sulfide (DMS)
CH3 - S - CH3
DMS has been widely used as a blend component,
particularly with TBM. DMS will not oxidize in the pipeline
and has good soil penetrability. DMS has a much higher
vapor pressure than TBM; thus TBM/DMS blends are
not suitable for vaporization type odorizers.
Methyl Ethyl Sulfide (MES)
CH3 - S - CH2 - CH3
MES is the latest addition to odorant blends with TBM.
MES will not oxidize in pipelines. MES has a vapor
pressure similar to TBM; therefore TBM/MES blends are
suitable for injection or vaporization type odorizers.
Cyclic Sulfide
Tetrahydrothiophene (THT) or Thiophane

Normal Propyl Mercaptan (NPM)

H2C - CH2
_
_
H2C CH2
\ /
S

CH3 - CH2 - CH2 - SH
NPM is not a major component in odorant blends,
typically 2-6%. It is more easily oxidized than other
mercaptans. However, NPM has a low freezing point
(–171°F) and a strong odor. NPM was originally a coproduct in the IPM manufacturing process. It is not a
good stand-alone odorant due to low oxidative stability.
Secondary Butyl Mercaptan (SBM)
CH3
|
CH3 - C - CH2 - SH
|
H

THT is the most resistant to pipeline oxidation. It has a
gassy odor but low odor impact and poor soil
penetrability. The low odor impact makes it difficult to
over-odorize with THT. THT may be used in pure form or
as part of a blend with TBM. THT is a “stand alone”
odorant.
Blend Composition
The odorant blends in use today fall into one of three
main categories, which are:
1. All mercaptan blends
2. Mercaptan/alkyl sulfide blends
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3. Tetrahydrothiophene (THT) /mercaptan blends.
The following compositions (and minor variations
thereon) are the most common blend types in use today.
Also listed is the type of odorizing equipment that can
be used.
All Mercaptan Blends
Component

Blend 1(%)

TBM
IPM
NPM

79
15
6

TBM
DMS
MES
IPM
NPM

BLENDS
2(%)
3(%)

1(%)
75
25
0
0
0

Odorization
Method

Liquid
Injection

80
0
20
0
0
Vaporization
or Liquid
Injection

10
10
0
70
10
Liquid
Injection

Tetrahydrothiophene (THT)/Mercaptan Blends
Component
THT
TBM

Blend 1(%)

Blend 2(%)

100
0

Odorization
Method

Vaporization
or Liquid Injection

50
50
Liquid Injection

Pipeline Conditions and Gas Quality
Odorization, especially by an injection system, is an
accurate way of verifying that you have added the
required ratio of odorant to gas. However, there are
circumstances that occur within distribution systems that
can mask the odorant level in the gas stream or cause
the odorant to fade. There are basically three causes for
this phenomenon and they are the following:
Oxidation — formation of di-sulfides in the presence of
iron oxide (rust) and air (oxygen)
New pipe —
•
•

Some of the causes of odorant fade are chemical
reactions whereas the others are physical phenomena.
Let us explore the possible causes of odor fade
mentioned above.
Oxidation

Odorization
Vaporization or Liquid
Method
Injection
Mercaptan/Sulfide Blends
Component

Gas Quality —
• Absorption, masking, or reaction of odorant
components with impurities in the gas stream.

Adsorption/absorption of odorant onto/into the
surface of synthetic (plastic) pipe
Formation of patina layer inside steel pipe

The presence of rust and air within a pipeline will act as
a catalyst on mercaptans causing them to oxidize into
compounds that have virtually no detectable odor. Of
the common mercaptan odorants, the following list
represents how they will react in the presence of a rust/
oxygen environment:
TBM
IPM
NPM

Most resistant to Oxidation
—
Least resistant to Oxidation

All of the sulfide components (DMS, MES, & THT) used
in odorant blends are resistant to oxidation.
The solution: temporary increase in the odorant
dosage rate
New Pipe
Plastic — the other potential cause for odor fade is a
physical reaction caused in the presence of new plastic
pipe. In this case, the odorant is being adsorbed and/or
absorbed onto and into the plastic pipe. However, once
equilibrium is achieved, the amount of odorant going onto
and into the surface of the pipe wall equals the amount
coming back out. When this point is finally attained, odor
detection with normal dosage levels should resume.
The solution: temporary increase in the odorant
dosage rate
Steel - this same principle exists, to some extent, in the
presence of new steel pipe although a chemical reaction,
not physical. However, introducing larger than normal
quantities of odorant into the pipe at the start can pickle
new steel pipe. Eventually an iron sulfide layer forms
(patina) on the inside surface of the pipe and the
conditions that would cause odor fade will diminish.
The solution: temporary increase in the odorant
dosage rate
Gas Quality
The gas quality must also be considered when
investigating causes of odor fade. Is your gas supply?
1. Dry - Not Naturally Odorized?
2. Wet - Not Naturally Odorized?
3. Dry - Naturally Odorized?
4. Wet - Naturally Odorized?
5. Peak Shaved Gas?
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Dry Gas — Not Naturally Odorized
Dry Gas, not naturally odorized is the easiest to odorize
and does not cause odor fade. Any of the defined
commonly used odorant blends will perform satisfactorily
provided that continuous odorization is practiced. Low
flow absorption may be an issue
Wet Gas — Not Naturally Odorized
Condensed liquids in the pipeline absorb odorant
components. Some odor masking may also occur due
to the odor imparted by the impurities in the gas. Both
give rise to odor fade.
Odorants with the highest vapor pressure and lowest
threshold values work best. Blends high in IPM (with its
high vapor pressure) are considered best in this situation.
TBM blends work well in overcoming masking but are
not recommended where liquid levels are high.
Do not use THT or THT blends. Their low vapor pressure
and low Kd values results in a higher degree of absorption
in pools of condensate resulting in more rapid odor fade.
Also, if drier gas is later introduced, condensates with a
high level of dissolved odorant can rapidly evaporate,
resulting in overodorization of the gas stream.

main problem. THT blends may work if natural
mercaptans are the major contaminants. The best
solution is not to purchase this quality of gas.
Peak Shaving
This practice which involves addition of propane diluted
with air to natural gas results in a similar situation to that
of naturally odorized gas in which the ethyl mercaptan
used to odorize the propane promotes oxidation of
mercaptan based odorants resulting in odor fade. Also
the addition of oxygen and moisture increases the
possibility of mercaptan oxidation. So even if unodorized
propane is purchased conditions for oxidation, albeit
reduced, still exist. THT blends are considered best if
conditions are severe.
NOTE:
Sulfides Oxidative Resistance — As previously
mentioned, alkyl sulfides (DMS, MES) and the cyclic
sulfide (THT) are resistant to oxidation. However, THT is
the only sulfide that will act as an effective stand-alone
gas odorant. Both DMS and MES do not possess the
required gassy odor and are therefore ineffective as
stand-alone gas odorants. Additionally, both DMS and
MES are typically used in minor concentrations (20%30%) further reducing the chances of odor detection
should 100% of the mercaptan in the blend be oxidized.

Dry Gas — Naturally Odorized
CONCLUSION
Dry, naturally odorized gas can cause odor fade because
it contains among others; methyl and ethyl mercaptan,
which can cause oxidation of TBM to disulfides, which
have low vapor pressure and low odor impact. As the
levels of natural mercaptans increase, it is best to use
sulfide blends, which are oxidation resistant. THT blends
are best. DMS is oxidatively stable but lacks odor impact,
and is not considered a “stand alone” odorant.
Wet Gas — Naturally Odorized
It is almost impossible to satisfactorily odorize this type
of gas. IPM based blends may work if liquids are the
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Hopefully, the information in this paper will increase your
knowledge of odorant behavior.
Always remember that safety of the public is the prime
concern. Proper odorization allows your customers to
safely use natural gas by providing an adequate warning
level allowing them to recognize a leak, should one exist,
prior to the gas reaching an explosive level.

HOW TO PERFORM A LOST AND
UNACCOUNTED-FOR GAS PROGRAM
Rick Feldmann
Quorum Business Solutions, Inc.
13070 Richmond Ave. #1100, Houston, TX 77042

Many gas pipeline companies struggle with lost-andunaccounted-for-gas (L&U) and it can be a significant
cost to their bottom as shown below.

•

You will need a full-time project management team
that fully understands the measurement process and
“best practices.”

As shown in Figure 1, by reducing L&U from 6/10 percent
to 1/4 percent, a typical company with a 2 Bcf daily
throughput could achieve $10 million annually in bottom
line benefits based on $4.00 gas prices.

•

You will need programs and checklists to ensure full
and adequate coverage of work.

•

You will need someone with strong data mining
expertise, along with a thorough knowledge of gas
measurement systems.

MMBtu Lost Annually

•

Determine early on if you have the experts you will
need, or contract that experience.

MMtu Annual Throughput
Average Percentage of L&U

TWO VERY IMPORTANT RULES TO FOLLOW

730,000,000
0.6%
4,380,000
730,000,000
0.25%

MMBtu Annual Throughput
Average Percentage of L&U

1,825,000

MMBtu Lost Annually

4,380,000

MMBtu Lost Annually at .6 Percent

(1,825,000) MMBtu Lost Annually at .25 Percent
2,555,000
$4.00
$10,220,000

MMBtu Potential from Loss Reduction
Price per MMBtu
Value Potential from Loss Reduction

NOTE: For simplicity, the formula assumed a Btu factor of 1,000.

FIGURE 1.

KEY CONSIDERATIONS
Now that you see the carrot, you need to consider the
key issues to achieving the goal, and making it
sustainable.
•

First, you will need management’s “buy in” and the
company must be willing to make changes. Those
changes involve implementing industry “best
practices” for measurement and gas loss control,
i.e.,
– A really good, state-of-the-art, measurement
collection, balancing, and reporting system,
– Pipeline segmentation for loss control,
– Well trained people in both the field and
measurement support,
– Regional Specialists,
– The proper equipment for testing and calibration,
– Good standards and procedures, etc.

The first important rule to follow for a successful lost
gas turnaround project is that you must have dedicated
experts who make no assumptions.
You cannot have field technicians audit meter stations
unless you are sure of their expertise on all of the devices
they will encounter, and that they will do a complete audit
of the stations. Complete means to review everything,
from technician skills, equipment used, certifications, and
all equipment present at the site.
And you cannot have measurement systems support
people review their own procedures, processes, and
systems use. To not use outside expertise in these areas
will doom the project from the start.
One of the main benefits from performing an L&U
Turnaround project with outside contract assistance is
that the outside contractors bring with them extensive
industry experience and “best practices” that guide the
program, train the field and office technicians, and outline
a reinvestment program that provides value in return for
the dollars spent.
The other very important rule to follow is that the
program must be organized and a thorough “A to Z”
program.
ONE ASSUMPTION YOU SHOULD MAKE
The one assumption you should make at the beginning
is that you will find problems across all processes,
systems, designs, operational procedures, people skills,
test equipment, etc. This is typical and that is why you
need to perform a complete, thorough review with people
you are sure are experts.
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FIELD AUDIT PREPARATION
We focus on determining which meter stations to audit
as soon as possible because it takes significant lead
time to schedule the field audits with third party
witnesses, and to match the normal operating schedule.
There are two major considerations in selecting meter
stations for field audits and you should accomplish both:
1. Getting the biggest bang for the buck.
2. Getting an oversight on all types of meters, EFMs,
people, divisions, etc. across the entire system.
Factors that should be considered in selecting meter
stations for field audits that give the quickest reductions
in L&U are:
•

High volumes stations should be audited first
because of the 80/20 rule where 80% of the volumes
may be flowing through 20% of the stations.

•

Audit delivery meters before receipt meters because,
99 times out of 100, measurement error caused by
physical devices will record less gas than actually
flowing through the meters. Exceptions should
however be made if large volume receipt stations
are suspected of pulsation problems.

•

Consider performing full gas plant audits to include
all gas and liquid meters if gas plants are not isolated
from the pipeline system balancing with inlet and
tailgate meters.

•

Include large volume receipt meters near recip
compressors because of potential square root error.

•

Include stations using V-Balls for flow control.

•

Include stations reflecting problems found in meter
test/inspection reports, especially very dirty plates
and liquids in the runs.

Other factors for selecting meter stations for field audits
will depend on what is found through analysis of the
physical balancing and reporting system, review of
system balancing reports, and other data analyses.
Once you make the initial selection, make sure you have
covered:
• All types of meters (orifice, turbine, rotary,
ultrasonic, etc.)
• All types of station designs (chromatographs,
accumulated samplers, flow control, run control,
filter separators, bidirectional meters, etc.)
• All districts or regions because of different
procedures, assignments, skill sets, etc., and
• Some non-custody meters used for pipeline
segmentation.
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You should ensure a full coverage as shown above
because of differences across the system. You don’t need
to visit every site that is identified with the same problem.
After seeing a small number of sites with the same
problem, you can most likely determine what may be
causing the problem(s) and therefore give direction to
field technicians on how the problem should be fixed.
PREPARING FIELD AUDIT PACKAGES
The following documents should be printed, evaluated,
and sent out to the field with the field audit teams. An
initial evaluation of these also serves to fine-tune the
stations selected for field audits.
• Current configuration log (EFMs)
• 3 most recent months of event logs & error logs
(EFMs)
• 3 most recent months of hourly flow data (EFMs)
• 12 most recent months of charts (Dry Flows).
• 12 most recent months of Meter Volume
Statements.
• 3 most recent Meter Test/Inspection/Proving
Reports
• Meter Change Reports associated with the
period beginning with the first Test/Inspection/
Proving Report.
• Copies of the station design schematics, if
located.
• A copy of the original meter mic form.
A review of these documents may provide clues to
significant problems that would benefit prioritizing the
field audit performance.
SCHEDULING LOGISTICS
It is extremely important to notify gas control of planned
field audits because a station can only be fully audited
when gas is flowing. It is also a good practice to have
gas control operate station actuators and flow gas under
both normal and unusual conditions that may be found
in the station historic data.
Important factors in scheduling the audits are:
• You want to witness the technicians normally
assigned the stations so you can evaluate their
knowledge and skills, and their equipment used
for testing and provings.
• You want to audit the station at the normal times
for testing and provings to both reduce the
amount of field time required, and to see the
stations in there normal condition (You do not
want to see plates just cleaned a couple of days
before the audit).
• You want to follow an organized travel schedule
to reduce the amount of travel between stations
being audited.

ANALYZING SYSTEM DATA
Another data source for selecting stations for field audits
will be analysis of the measurement system data. This
should begin on the first day of the engagement. Use
SQL, or another database query tool, to analyze the
system data for anomalies. Consider including the
following in the data mining analysis:
•
•
•
•
•

•
•
•
•
•
•
•

•
•

•
•
•
•
•
•
•

Default factors such as 1000 Btu, 60 degrees
temperature, etc.
Meters showing a change in plate size without
an appropriate change in differential.
Meters showing differential or pressure
exceeded the respective spans.
Meters showing differential or pressure < 20%
or > 80% of their spans.
Meters showing flow > 1440 minutes for any day
except for the change back from daylight
savings.
Meters showing flow time evenly divisible by 60
minute increments.
Meters where the calculated flow extension
((DP*AP) ^.5) <> 2% of reported flow.
Meters where the flow extension * C Prime varies
from the final volume by > 2%.
Meters where the adjusted energy factors varies
by > 2%.
Meters showing DP, SP, flow time, and flow
extension but reporting zero flow.
Meters showing zero DP, SP, flow time, and flow
extension but reporting flow.
Btu values remaining unchanged from one test
to another, or where chromatograph readings
appear unchanged.
Meters where original and adjusted Btus vary >
2%
Gas qualities where Btu changed > 2% or gravity
changed >.005 compared to the previous
sample.
Meters reporting flow when DP is below the low
point cutoff.
Fuel meters with expected flow showing zero
flow.
Meters with beta >.6 without flow conditioners.
Meters with hard edits.
Meters where original and final volumes changed
>1%.
Meters flagged to recalculate and overlay EGM
data.
Meter ids and orifice plate sizes that are exact
standard or default sizes.

ANALYSIS OF THE MEASUREMENT SYSTEM
BALANCE REPORTING
Another source of information for both selecting stations
for audits and for determining overall accuracy of
reporting is the system balance report.
The report should follow the format shown below:
Mcf

MMBtu

Custody Receipts
Less
Custody Deliveries
Fuel Used
Known Gas to Atmosphere
Hydrocarbons & Water Removed
Change in Linepack (+/–)
Lost & Unaccounted For Gas
Percentage (L&U / Receipts)
FIGURE 2

Key items for consideration:
•

Consider the reasonableness of the fuel being
reported. Is all fuel metered and the meters reflected
in the balance report, in the right segments? If some
compressors operate without fuel meters, is the fuel
calculated and reported under dummy meters in the
balance report?

•

Does the report include known “gas to atmosphere”
for blowdowns, blowouts, flared gas, etc.? If not, it
should be. Estimates can be included for all junior
runs tested each month to cover the gas released to
atmosphere. This should be done by segment.

•

If liquids (hydrocarbons and water) are being
collected and hauled away, they should be reflected.
Use best estimates to equate Mcf and MMBtu to
the amounts of liquids believed removed each
calendar month, and periodically verify with run
reports.

•

Does the report show changes in linepack from one
month end to another? Is it reasonable and is it
reflected within each appropriate segment? If not,
you will want to begin doing this. You will want to
review the formulas used along with the points,
pressures and temperatures are taken along pipe
with major swing potential.

•

Compare the Mcf and MMBtu gas loss percentages.
Note that if they track (fairly close from month-tomonth) both in the segments and for the entire
pipeline, then you should suspect no serious
problems with gas quality determination. If they vary
significantly however, you will need to consider a
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very thorough review of how gas quality is
determined and applied.

to identify reported problems, and to seek additional
information as necessary.

Another key piece of information from the monthly
system balance report is the gas loss percentages. When
comparing these percentages, you should suspect
independent problems with “quality errors” if the two
percentages do not track.

SYSTEM EDITOR REVIEW

These problems will be identified through office data
analysis and field audits, with one exception. That
exception is the assignment of chromatographs to
metering stations.

Measurement systems sold by third party vendors
contain edit capabilities to both identify and report
problem data, missing data, etc. These third party
systems also have the capabilities of setting ranges on
meters to identify potential problems with Btu factors,
differentials, static pressures, temperatures, etc. Verify
that the editors are being used appropriately, and acted
on timely.

The proper time to analyze chromatograph
assignments will be on the conclusion of the Meter
Confirmation Process, when you know the location
of all stations and what is immediately upstream and
downstream of each station.
THE METER CONFIRMATION PROCESS
When beginning a Lost Gas Turnaround Program you
should ask yourself the following questions:
• Are all meters that should be included in the
balance report in the report?
• Are they in the correct segments?
• Are they reflected correctly as receipts and
deliveries?
To determine the answers, you will need to confirm the
accuracy of the system data with the field technicians.
All key meter data should be extracted from the system
database, analyzed and sent to the field for confirmation.
Include data on meter type, characteristics (EFM?,
chart?, size run?, size plate?, etc.), purpose (custody?,
check?, zone balancing?, receipt?, delivery?, etc.),
location, etc.
Strongly consider using a “positive confirmation” process
that requires each technician to review, confirm, or
correct information, and return the form(s).
Also ask the field technicians to:
• Identify the meters immediately upstream and
downstream of each meter.
• Identify meters they know of that are not included
in the system list.
• Identify any known problems at each meter
station (i.e. equipment not working, pulsation,
liquids, not designed correctly, etc.)
During the normal course of a Gas Loss Turnaround
Project there is an ongoing office review team and a field
audit team. This confirmation process should begin as
soon as possible and will continue until completed. The
office team will perform the confirmation process but
will coordinate with the field audit team for assistance,
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In addition to supporting the field audit team throughout
the project, the office review team will need to review
and evaluate the use of the system editors.

If the measurement system was developed in-house,
verify that it contains full edit capabilities and the ability
to monitor anomalies as discussed above.
Data editors should address whether data received is
accurate, complete, etc. Some are included in the list
presented in the section titled “Analyzing System Data”
on the previous page.
PROCESS REVIEW — MEASUREMENT SUPPORT
GROUP
The office team should also perform a detailed review of
all processes performed by the Measurement Support
Group from a monthly close through a subsequent
monthly close.
Key questions you will be seeking answers to are:
• Is the group adequately staffed?
• Do they have the appropriate skills?
• Are they receiving adequate training in new
systems and equipment?
• Do they know the pipeline system, segments,
stations, meters, etc.?
• Are they fully capable of using the system
balancing system and its full functions?
• Are they working correctly, efficiently, and timely
to identify potential errors, control gas losses,
and close data to the allocation or sales systems/
• Do they work appropriately with field technicians
and measurement specialists?
• Are they auditing third party measurement data?
REVIEW — OUTSIDE CONTRACT SUPPORT
If support services, such as chart integration, has been
outsourced, consider having a selection of charts reintegrated by other service providers to test the accuracy
of the current service.

•

Assign a minimum of two “trained” auditors to each
audit team. If using “Regional” Measurement
Specialists, one should be from the region under
audit and the other should be from an outside region.
This helps eliminate mistakes that may be created
by technician or station familiarity.

•

Witness the technician first in all tests, then correct
and teach later. It is very important to observe each
technician to evaluate his or her knowledge and
skills. You may want to consider having a member
of the training staff assigned to assist on the audit
so they can make first hand judgments also on the
training the technicians need and are getting.

•

If you are unsure of the knowledge and capabilities
of your field auditors (potentially Measurement
Specialists in training), contract expert assistance
for a minimum of one week to assist and train each
field auditor. A mistake here can doom the entire
program.

If a member of the training department accompanies
the field audit team, he or she should be assigned
the additional duties of 1) logistics for the week, 2)
getting lunch for the team so they can eat at the
station and not lose valuable time, 3) taking digital
pictures of the station and its problems, 4) overseeing
the end-of-day write-up of each station, 5) making
audit checklists available, and 6) assisting in taking
measurements of each meter run.

•

The audit team should carry certified meter test
equipment as a backup should they find that
technicians don’t have proper equipment, or that it
isn’t certified. The equipments should be as accurate
as the transducers being used.

Consider performing field audits on a four-day week,
Monday through Thursday. This allows the field
auditors time on Fridays to conduct other necessary
business, to finish all write-ups from the week
finished, and time to review plans for the next week.

•

Consider having “Sunday Night Supper Meetings”
where the field audit team meets the area managers
and technicians being audited during the following
week. Be open about the process, the extensive
amount of time required at each station, and that
the audit is not a “witch hunt” to identify any
individual poor performers.

•

Begin each morning by meeting the assigned
measurement technician early to 1) review station
schematics, 2) review original micing sheets if kept
in the field, 3) to review his or her equipment
certifications, and 4) to resolve questions the office
team may have on the meter confirmation process.

•

On completing the write-up at the end of each day,
review the audit package for the next day.

FIELD AUDIT PERFORMANCE
GUIDELINES FOR THOROUGH FIELD AUDITS
The number one guideline to ensure that a station audit
is complete and accurate is “never assume” anything.
Don’t assume the technician’s equipment is accurate.
Don’t assume the technician knows how to perform his
or her duties correctly. Don’t assume the EFM
configuration data is correct, etc.
Some key guidelines for performing Lost Gas Turnaround
Projects include:
•

•

•

Determine early if you will be developing an ongoing
Measurement Specialist Group (see the later section
on Measurement Best Practices). If so, involve them
early in the process of station selection, logistics,
etc.

•

Carry a Square Root Error (SRE) indicator, bore
scopes, and different size micrometers.

•

Carry extra orifice plates and seal rings of standard
run sizes should you need to make quick fixes and
find the technicians don’t have the items.

•

Carry plates with very small holes, below minimum
beta, to determine if gas is flowing below cutoff
points.

•

Carry a couple of gas sample bottles should the need
arise to take a spot sample and to use when a
technician doesn’t have a sample bottle on hand for
demonstrating his or her skills in taking samples.

•

Carry sample bottles to capture liquids for later
analysis, should it be necessary.

•

Carry a previously determined certified gas sample
to be run against chromatographs as an “unknown”
should you discover that certified gas being used at
a site is not appropriate or old and doesn’t calibrate
correctly.

•

Carry a digital camera and laptop to capture pictures
of each station and problems identified. The pictures
will aid later discussions, reporting, and station fixes.

Considering an audit team consists of two Measurement
Specialists (one possibly an outside contractor to train
the Specialist) and a member of the training department,
predetermine responsibilities.
The first decision is to determine who is “in charge.”
Normally that person would be the one with the most
experience. If both Specialists are equally experienced,
assign that responsibility to the Specialist from outside
the region and most unfamiliar with the technicians or
stations.
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The Specialist with the least amount of familiarity to the
station technician should be responsible for reviewing
the technician’s testing (meters, chromatograph, spot
samples, etc.). The unfamiliarity makes it easier to be
thorough and not overlook steps.
THE USE OF CHECKLISTS
Based on experience, it is extremely valuable to use
checklists throughout the conduct of the field audits.
They will serve to make documentation easier, to list AGA
standards, and to ensure nothing is overlooked.
The standard checklists used by Quorum and a number
of major transport companies include:
Technician’s Test Equipment
Station Design
Meter Tube - Orifice
Meter Tube - Ultrasonic
Meter Tube - Turbine
Meter Tube - Rotary
Orifice Plates
Gauge Lines
Gas Samplers
Chromatographs
Ultrasonic Meter Test
Orifice Meter Test
Turbine Meter Test/Proving
Rotary Meter Test/Proving
SRE and GLE
The checklists should contain the industry standards and
guidelines, along with the procedural steps for testing.
They should also contain sufficient space for
documenting information and problems.

Assistant Auditor
The Assistant Auditor should walk the station and review
it against the schematics. He is responsible for looking
for leaks, checking valves, and reviewing all peripheral
equipment such as filter separators, flow control devices,
run control devices, dampening bottles, etc.
With the assistance of the Trainer (or someone else), the
Assistant Auditor performs measurements and
completes the appropriate checklists for the station
design, meter runs, orifice plates, gauge lines, gas
samplers, etc.
Trainer (or other assistant)
The Trainer, in addition to the duties discussed earlier in
the “Guidelines for Thorough Field Audits” will take digital
pictures of the station, runs, and problems noted by the
specialists.
He or she will also assist in taking measurement and will
call Gas Control to change flows as necessary to properly
test all equipment under normal and extreme operating
conditions.
SPECIAL NOTE ON THIS PAPER
It is not the author’s intent in this paper to provide a
detailed step-by-step list of procedures for performing
meter tests and provings, nor to list all of the AGA and
industry standards. These are understood in the industry
and should be documented in the checklists.
From this point forward the discussion on field audits
will address key points and special review work.

INITIAL ASSIGNMENTS

KEY NOTES — STATION DESIGNS

Basic assignments for a field audit would include:

It is important to take pictures of the station design, and
especially the upstream and downstream header
configurations.

Lead Auditor (Specialist)
The Lead Auditor should make all decisions and be
responsible for witnessing the meter tests and provings,
chromatograph tests, and technician’s qualifications. If
the Lead Auditor determines that the technician’s
equipment may not be accurate, he should have the
technician perform the first test with the normal test
equipment. It should then be re-performed with the audit
team’s backup equipment, and that backup equipment
should be used for the balance of the tests.
The Lead Auditor should have the technician perform
the first test on his or her own without interruption. If not
done correctly, correct the technician and work together
on the remaining runs. This similarly applies to testing
the chromatograph.

A review of the station schematics will identify
underground header configurations which should be
drawn on the Station Design Checklist if you can’t make
a photocopy.
KEY NOTES — METER RUN DESIGNS
The meter runs need to be measured to ensure
compliance with AGA specifications. The measurements
can be handwritten on the checklist designs, or written
on “stickman” drawings (should your checklists not
contain run pictures with specifications).
In addition to taking measurements, ensure:
•
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Straightening vanes, or other flow conditioners, are
in place, and in the right location (verification of
condition will be accomplished by bore scoping or

removing “end caps”).

KEY NOTES — ORIFICE PLATES

•

The temperature probe and test well are in the right
locations, set to the right depths of the pipe, and
carry a proper medium.

Be prepared to take a close up digital picture of both the
upstream and downstream side of the orifice plate as it
is removed.

•

The static pressure tap is in the proper location and
uses the right size tubing.

•

The differential taps are in the proper location on
orifice runs and are not configured with takeoff tees.

Pictures of dirty plates provide evidence of problems in
the gas stream, support estimating potential
measurement error, and show evidence on how the gas
flows through the meter through striations.

•

Gauge lines on orifice meters, if used, slope correctly
and are the right size tubing.

•

The gas analysis tap for chromatograph or
accumulated sampler, and spot sample tap, are in
the right locations and are also of the right depth.

•

The sample line for the chromatograph or sampler
should be proper size tubing and the shortest
distance possible from the run to the chromatograph
or sampler. There should be no liquid traps, and the
line should be “heat traced” to a chromatograph.

•

All valves should be “full opening.”

There may be other devices installed on meter run piping,
such as flow regulators, valves, controllers, etc. These
should be properly located on piping, off the run, so not
to interfere with a conditioned gas flow.
Other notes:
Grandfathered Runs
Just because the AGA has grandfathered some run
designs doesn’t mean that they are accurate. Determine
the purpose and accuracy required. If justified, replace
old grandfathered runs being used for custody
measurement. Those runs can be used for zone
balancing meters.
Oversized Orifice Runs
There are a lot of twenty inch runs being used and these
are not accurate for custody measurement and should
be considered only for zone balancing.
Pipe Welds
A number of companies have made their own meter runs
or made changes through welding. Cutting and welding
on a meter run will create measurement problems and
can cause significant measurement error.
Fittings

Consider using the special plates with small holes to
test for flowing gas below cutoff points.
Consider changing plates as necessary to maintain
differentials between 20 and 80 percent of the transducer
range. Alternative procedures would include realigning
run control, if used, and changing transducer ranges.
In addition to testing the plate don’t forget to mic the
seal rings.
ON CONCLUDING TESTS AND PROVINGS
On concluding all meter tests and provings, the Lead
Auditor should have the technician verify the accuracy
of the characteristics loaded in the EFMs.
The Run ID should be verified to both the mic sheet and
the flange stamp. They should all agree.
Another step to perform with orifice runs, not part of a
routine test, is to do a “field pulsation test” by locking in
a true zero, closing both the high and low dp sides and
observing to see if there is any differential shift in the
EFM.
BORE SCOPING RUNS
Be prepared to blowdown and bore scope runs:
• If you need to determine if straightening vanes
are in place.
• If you are unsure when the tubes were last
cleaned and you need to determine the condition
of the tubes.
• If you note dirty plates.
Note that it is not necessary to bore scope all runs off
the same common header. The decision on which runs
to look at, if looking only for dirt and/or liquids, should
be based on 1) the amount of flow, and 2) the run at the
farthest end of a header.
When gas flows equally through a series of runs off a
common header, dirt and liquids tend to accumulate
more at the last run off a common header.

While taking measurements and checking runs for
compliance, leak test all fittings.
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TESTING FOR SQUARE ROOT AND GAUGE LINE
ERROR
Earlier we discussed performing the field test for potential
square root error. If you detect any pulsation with a visible
shifting of differential during the field test, if the station
is located near any reciprocal compressors, or if you
suspect any noise in the lines due to misaligned flow
regulators, perform a square root error test.
Take three separate readings and average them for the
square root error at the flange taps. When transmitters
are not close mounts, the steps should be repeated at
the ends of the gauge lines. Gauge line error is then
determined by subtracting the second average
calculation from the first calculation of square root error.
Note that the acceptable level for square root error is
set at 1/10 percent.

FOLLOW-UP STEPS FOR DIRTY GAS AND LIQUIDS
When observing dirty plates and liquids in the gas stream,
it becomes necessary to isolate the source of the problem
and correct it.
This may require determining the makeup of liquids: Is it
water, hydrocarbons, compressor oil, or something else?
You may have to send a sample to a lab to get a
fingerprint of the manufacturer as a way of determining
where it comes from.
QUANTIFYING THE RESULTS AND MAKING
RECOMMENDATIONS
Quantifying the results is as simple as multiplying the
meter’s throughput by the potential error factor that can
be extrapolated from various studies that have been
published over the years.

MISCELLANEOUS DEVICES
Don’t overlook miscellaneous devices around the
metering station. These may include the following:

Most primary element problems will cause the meters to
record lower volume deliveries than actual. An exception
is square root error that will have an opposite effect in
the lower ranges.

Scrubbers and Filter Separators
These would normally have been installed to remove dirt
and liquids. If you note dirty gas or liquids on plates,
check these devices to see that they are working
correctly. They may be clogged and not dumping
automatically or filters may be sized incorrectly to be
working effectively.

Errors in secondary recording devices can be more easily
calculated by running laptop flow calculations with both
the wrong and correct data.

Run Actuators

The errors can be looked at in two ways: Either as an
amount lost that has a direct relationship to the amount
of gas being retained for L&U on a percentage basis, or
by multiplying the losses by a conservative price per
MMBtu.

Test these to see that they are set correctly to perform
run control based on correct differential ranges. Also
verify that they open valves slowly enough to even out
pressures and not dish plates.

Once these calculations are determined, you should build
value propositions by developing the offset costs for
implementing the recommendations. Those with the best
value propositions should be implemented first.

Flow Control Devices

KEY BEST PRACTICES

Ensure these are properly located to not affect the gas
flow upstream of measurement. Also, if you find more
than one used side-by-side check to see that they
operate in tandem so not to cause noise in the gas
stream.

Below are two of the more significant industry best
practices to reduce and control L&U.

Pressure Regulators
Ensure these are properly located to not affect the gas
flow upstream of measurement. Also check the pressure
drops to ensure they aren’t significant to cause water or
hydrocarbon liquids to drop out of the gas stream.
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Accountability
Leading pipeline companies have made operating teams
accountable for controlling the L&U in their responsible
areas. Some of the key components to this concept are:
• Teams are awarded bonuses when they achieve
preset results,
• They are given equipment and training necessary
to achieve and control accurate measurement,
• The pipelines have been segmented and they
are aligned with specific pipeline segments and
meters,
• They are given access to the physical measurement
system data,

•

They have Regional Measurement Specialists to
assist them in both the field and office.

Measurement Specialists
A large number of companies have created positions of
regional or division measurement specialists whose
responsibilities include:
• Meeting routinely with facility planners and
engineering to review new station designs and
existing design changes,
• Meeting routinely with and gas control to identify
potential measurement problems on the
systems,
• Assisting the training function through field
hands-on training and the certification of skill
sets,
• Leading routine field audits on large volume
stations, new stations, and stations that have
undergone change,
• Working with field technicians and gas
measurement services to design system
balancing controls, and to monitor gas losses
across the systems.
• Meeting regularly with gas measurement
services to monitor system changes and
reporting, and
• Participating in (and guiding) emergency
response audits if significant errors occur.

Accounting & Operational Issues with Lost &
Unaccounted-For Gas, a 60 minute live televised
broadcast, March 9, 2001, Southern Gas Association
Corporate Telelink Network
“How to Implement a Successful Lost Gas Turnaround
Project,” July through October 2002, (4 articles in a 4
part series), Pipeline & Gas Journal
How to Implement a Successful Lost Gas Turnaround
Project, November 14, 2002, a 90 minute live televised
broadcast, Southern Gas Association Corporate Telelink
Network
Rick is also the author of an industry white paper that
identifies the industry’s “Best Practices for Measurement
Control,” a number he helped develop.
Rick leads the Process Solutions Group at Quorum
Business Solutions, Inc., a company with over 150
professionals supporting the natural gas industry with
offices in Houston, Dallas, and Calgary. Quorum is the
leading provider of integrated computer software
systems for the natural gas industry, and is best known
in the industry for its “TIPS System” for gas plants.

People assigned these responsibilities need to be
knowledgeable of:
• AGA specifications and industry measurement
standards,
• measurement equipment and techniques,
• how to access and use the physical
measurement balancing and SCADA systems,
and
• how to perform analytical analyses.
BACKGROUND ON THE AUTHOR
The Pipeline and Gas Journal recognizes Rick Feldmann
as “one of the industry’s leading experts on lost-andunaccounted-for gas. He has over ten years experience
performing “Lost Gas Turnaround Services” on contract
for most of the major pipeline transportation companies,
in addition to gathering and processing companies, and
a number of LDCs.
His credentials include:
“Lost & Unaccounted-For Gas: Chasing the Silver Bullet,”
July 1998, Pipeline & Gas Journal
“Controlling Lost and Unaccounted For Gas in
Distribution Systems,” July 2000, Pipeline & Gas Journal
Rick Feldmann
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AUTOMATION SYSTEMS FOR GAS TRANSMISSION AND
DISTRIBUTION PIPELINES
Doug Osburn
Automation Solutions Inc.
930 Gemini, Houston, TX 77058

The automation systems that control and measure natural
gas flow in transmission and distribution pipelines often
involve two systems. The system that controls the gas
flow in a pipeline is called a SCADA (Supervisory Control
and Data Acquisition) system and an AMR (Automated
Meter Reading) system measures the amount of gas
flowing into, and out of, the pipeline. These automation
systems which can be completely separate or combined
are widely distributed throughout the service area of a
pipeline and must rely heavily on long-distance
communication technologies to telemeter the data
necessary to coordinate and monitor pipeline activities.
This is the most challenging aspect of the automation
problem as the communication system is the most
exposed component to service interruptions and
degradation. Strategies should be implemented in the
system design that will maintain continued safe
operations of the pipeline during periods of
communication failure.
SCADA SYSTEMS
Traditionally, SCADA systems have been distinguished
from plant automation systems as they are designed to
automate and monitor assets that are widely distributed
geographically. SCADA systems are commonly deployed
to automate remote assets that are distributed
throughout cities, states, continents, or on a global basis.
The control and monitoring activities necessary to
maintain appropriate operation of these distributed
assets are usually performed by field devices that are
located at each site. The performance of the field devices
and the assets they control are monitored and supervised
from host computers at a central location such as a
control room.
Typically, host computers provide visual performance
measures to allow operational personnel to evaluate
asset conditions and status. The data representing these
conditions and status is received by the host computer
from the field devices over a telemetry system. Data entry
methods are also provided to enable adjustments to
control targets and thresholds in the field devices to
maintain appropriate operation of the assets. In this
discussion of SCADA systems there are three major areas
of focus.
•
•

Field Devices — Field devices are equipment that is
located at a remote asset to perform on-site control,
data acquisition and monitoring.
Telemetry System — The telemetry system connects
the field devices and the host computer.
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•

Host Computer(s) — Host computers provide
collection, presentation and analysis of data from
the field devices. In addition, the host computers
support data entry methods to enable supervisory
adjustments to the control that is performed by the
field devices.

AMR SYSTEMS
AMR systems gather metering data that documents the
purchase and sales of natural gas. This metering data is
crucial to the transmission or distribution company as it
documents how much gas has passed through a point,
a custody transfer point, on the pipeline and in doing so
has changed ownership. The metering data is
subsequently passed on to accounting departments for
validation and billing purposes. AMR systems have
architectures similar to SCADA with field devices that
meter gas flow at distributed assets, host computers that
collect the meter data, and telemetry systems that
connect the field devices and host computer.
FIELD DEVICES
Field devices that were used in early SCADA systems
were primary data acquisition devices with very little
control capabilities. As microprocessors and memory
costs became more affordable more control capabilities
were incorporated into the field devices. These
capabilities are modifiable through programming or
configuration to address different automation
applications. This autonomy decentralized control and
improved the overall reliability of the system by reducing
communication loads on the telemetry system and by
locating control at the remote site where it cannot be
interrupted by communication failure or degradation. In
contrast to SCADA, field devices used in AMR systems
usually only perform data acquisition and the calculations
necessary for metering natural gas.
There can be two fundamentally different kinds of data
in SCADA and AMR field devices. Users typically think
of data that is updated in the field device on a scheduled
basis as control and data acquisition functions are
processed. When this data is communicated to the host
computer the most current value of the data is sent. This
data is often referred to as real-time or current data.
In some applications however, the field device saves data
values along with the date and time at which the data
value was sampled, in its local memory. This data may
be retained in the memory of the field device for the

purposes such as auditing gas meter calculations. Often
there is also a relationship between the values and time
stamps that is significant to interpreting the events that
generated the data. The block of data is referred to as a
“data set”. An example of a data set could be a snapshot
of a spectrum of vibration data associated with a piece
of rotating machinery. Another example could be the
cycle of an oil field rod pump which is called a “Card”. In
all of these cases the loss of a piece of data can reduce
the integrity of the whole block of data. As a result, the
communication of data sets such as gas metering audit
data from field devices to host computers requires
special consideration.

the device for the targeted application. This programming
can include complicated control algorithms, alarm
detection and notification strategies, and communication
logic. The overall performance and success of the
SCADA system can be greatly affected by the quality of
this programming.
Some RTUs have the capability to perform control and
data acquisition algorithms and gas metering calculations
simultaneously. Combining these functions into one
device can significantly reduce the installation and
communication costs.
EFMS AND CORRECTORS

RTUs
The field devices that are used in SCADA systems have
traditionally been called RTUs, Remote Terminal Units.
Today RTUs are generally hardened, compact;
computers that can be installed in environmentally
exposed locations. Other industrial devices such as PLCs
(Programmable Logic Controllers) which were originally
developed for automotive and discrete parts
manufacturing have also been used in SCADA
applications where less stringent environmental
requirements allow. SCADA specifications such as those
below can have an impact of the selection of RTUs versus
PLCs.
•
•
•

Operating temperature range: -40 to 85 Degrees
Centigrade
Low power consumption: Less than 100 mV
Class 1 Division 2 hazardous area certification

Additionally, RTUs have other internal data management
differences from PLCs such as the capability to collect
and communicate data sets, which supports more
efficient usage of a particular telemetry method.
RTUs generally have a flexible mix of I/O to allow a RTU
design to be applied to different automation applications.
•
•
•
•
•

Analog Inputs: 0 to 5 VDC, or 4 to 20 ma
Analog Outputs: 0 to 5 VDC, or 4 to 20 ma
RTD inputs interface platinum resistance
temperature measurement devices which are
commonly used in EFM applications.
Pulse inputs for which the SCADA standard is 0 to
10 kHz
Digital Inputs and Outputs can support DC or AC
signals however, AC inputs/outputs can require
interfacing relays which can be problematic in
meeting hazardous area classifications.

The I/O supports data acquisition to monitor the
conditions and status of an asset, and also supports
adjustment of control elements such as heaters, motors
and valves to affect changes in the measured conditions
or status. RTUs usually do not initially have the
intelligence to perform these data acquisition and control
tasks. A user that has knowledge about how to operate
a facility or piece of equipment must first enter this
knowledge into the RTU by programming or configuring

EFMs and gas correctors are field devices that narrowly
target gas metering. The automation logic and I/O
capabilities of these devices are specifically tailored to
performing gas metering calculations in compliance with
standards that are sanctioned by AGA, American Gas
Association. The AGA calculations compensate for the
changes in density that occurs when a gas changes
temperature and pressure. The result of the calculation
is a mass flow rate with units of mass per time such as
million pounds per hour. In addition to the AGA
calculations federal and state regulatory agencies require
that gas metering devices store the raw data that is used
in the density calculation for 35 days. This archived data
is made available to host computers through the
telemetry system for the purpose of auditing the
calculations performed by the metering device.
EFMs and correctors usually have environmental and
power requirements similar to those establish for RTUs.
They are often installed in remote locations off the grid
where solar cells and batteries are the only power
alternatives. The power requirement in some gas
correctors is small enough to allow them to operate over
extended periods on D-size batteries with no recharging
system.
TELEMETRY SYSTEM
Telemetry systems in SCADA provide a long-distance
data connection between the field devices and the host
computer. Traditional telemetry methods have included
communication over leased telephone lines which are
simply called “Leased-lines”, radios of all types,
microwave systems and satellite. The advent of longdistance networking standards for the Internet however,
has made a big impact on SCADA communications.
Routers, bridges, firewalls, and access servers have
extended corporate intranets further into the field. These
far flung networks based on IP technologies have brought
greater performance and reliability than the previous
SCADA technologies. Emerging standards in the cell
phone industry such as CDMA and GPRS provide
wireless connections between a field devices and the
Internet. Once the field device is connected to the
Internet a host computer is able to communicate with
the device from any location.
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The key consideration in the design of a SCADA system
is that communication interruptions and performance
degradation will occur regardless of the technology. This
is in part due to the many points of exposure to
environmental and human factors in long-distance
communication technologies.
HOST COMPUTERS
The host computer system can involve one computer or
many networked computers which are connected to the
field devices by the telemetry system. The purpose of
the host computer depends on the mission of the system.
In SCADA systems the host computer provides a means
to monitor and evaluate the performance of the controls
being performed at the remote assets. In addition data
entry methods are provided to enable adjustments to
control targets to correct for deviations from the desired
operating points. Generally, this activity is performed from
a central control room that is typically manned by
operations personnel on a 24/7 basis.
In simpler SCADA systems the host computer may run
autonomously in an unmanned facility but is designed
to notify appropriate personnel through annunciation,
paging, telephone call-out and email when performance
measures exceed alarm tolerance. The system should
also aid service personnel responding to the alarm with
data to isolate and diagnose the problem.
These SCADA host systems are often based on HMI
(Human Machine Interface) software products that
provide tools for the development of interactive graphics
representing conditions and status received from the field
devices. Additionally, HMI products provide alarm
indication and annunciation capabilities, data entry
methods to change control targets and alarm thresholds,
and data logging capabilities.
AMR host computers have requirements similar to
SCADA host computers for alarming, presentation and
functions. However, the primary mission of the AMR host
computer is to collect the substantial amount of audit
data that is retained in the EFMs and correctors. This
data is received by the host computer from the field
devices over the telemetry system and is subsequently
passed on to gas accounting for data validation and
billing purposes.
SCADA COMMUNICATION STRATEGIES
The measure of the amount of information that can be
conveyed over a given telemetry method is call the
“bandwidth”. The bandwidth of a long-distance telemetry
system is a commodity that has significant value and that
can be purchased and sold. One can think of a telemetry
system as a data transportation system or an information
pipeline through which information can be shipped. The
bandwidth of this data transportation system is a measure
of the greatest amount of information that can flow through
that pipeline at a given time.
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Generally communication loads which consume
bandwidth on a given telemetry system are not constant
or deterministic. There can be momentary bursts of traffic
that can consume significant bandwidth for a very short
period of time. There can also be extended periods of
high communication traffic during working hours and
periods of low volume traffic during evening and early
morning hours. If at a time of high volume, an extra load
occurs that causes the entire traffic level to exceed the
bandwidth of the telemetry system, data delivery can be
delayed or interrupted. In the worst cases data can be
lost. In order to achieve reliable and economical SCADA
or AMR communications it is not advisable to utilize all
of the bandwidth of a given telemetry method. In addition,
scheduling communication transactions to distribute
loading over periods of time, to take advantage of periods
of low traffic, and to leave overhead for spontaneous
communication events that can result during upsets, is
key to the overall performance and success of a SCADA
or AMR system.
In both SCADA and AMR systems the communication
transactions to convey data from field devices to the
host computer can be automatically triggered on a
scheduled basis. The rate at which these communication
events are scheduled is one of the first considerations
in the design and implementation of a SCADA or AMR
system. Users often attempt to schedule communication
transactions at rates that are not reasonable for a give
telemetry method. For example, the rates used to
communicate to field devices over PSTN (Public
Switched Telephone Network) would not be the same
as those used in a 100 MB TCP/IP Ethernet network.
Additionally, a high rate of communication could be
scheduled for one field device that would prohibit
communication with any other devices in the application.
The judgment as to how often it is necessary to
communicate with a given field device is a critical step
in the implementation of a SCADA or AMR system.
In larger SCADA systems there can be thousands of
remote sites and field devices. Due to the bandwidth
constraints it is generally not possible or economical to
communicate with each of these field devices fast
enough to perform routine control functions from the host
computer. If an individual control loop has an execution
interval of one second, it would be necessary for the
host computer to send a control output to the appropriate
field device at least once per second. As a general rule
one second communication rates with even one device
would use an unacceptable amount of bandwidth. In
addition, long-distance communication technologies
have many points of exposure to service interruptions
or degradations. If communication between the host
computer and the field device is interrupted or delayed
the control located in the host computer would no longer
be affective. A better strategy that can survive telemetry
degradation and failures is to perform control, data
acquisition and alarm or event monitoring functions in
the field device which is located at the remote asset. In
this architecture the host computer performs a
“supervisory” function under which adjustments to

control targets and alarm thresholds in the field device
are made on a relatively infrequent basis.
In SCADA and AMR systems communication
transactions are typically scheduled to occur over a
period of time or at a particular time of day in order to
use available telemetry bandwidth effectively. The
scheduling of communication events is controlled by the
host computer. As a result, Master-Slave protocols as
opposed to Peer-to-Peer protocols are used. The
communication event which is initiated by the host
computer is called a “Poll”. In a simple Polling scenario
the host computer will send a request for data message
over the telemetry system to a field device. Subsequently
the field device responds with a message that contains
the requested data. In more complicated protocols there
maybe other steps such as acknowledgements however,
the key is that the host computer initiates the
communication transaction and the field device
responds. This is a Poll.
There are several other types of communication events
in addition to Polls and there are several types of Polls
depending on how the transaction is initiated.
Interval Polling
In Interval Polling, the host computer initiates a
communication transaction by making a request for
current or real-time data from a field device periodically
based on a pre-established interval. This interval is
generally defined for each field device in an application.
The polling rate for a particular device may be faster or
slower than others depending on the criticality of the
asset or application to which the field device is applied.
Generally, the polling interval is a compromise between
the timeliness of the data and the need to establish a
baseline communication loading on a particular telemetry
method. The polling interval can also be synchronized
with the host computer clock to synchronize polls with
periods of low traffic and to further control
communication loading.
In RTU, EFM and Corrector field devices performing gas
metering calculations Interval Polls can be initiated to
request the EFM data that is archived in the field device.
These communication transactions are initiated with a
request for data from host computer however, the field
device can respond with a massive block of data that
must be managed as a group or a “data set”.
Demand Polling
In Demand Polling the communication transaction, the
request for current or real-time data, is initiated from the
host computer on an event such as a user input. As with
Interval Polling the host computer initiates a request for
data message that is sent to the field device. The main
difference is that a Demand Poll is not scheduled and
can happen at any time.

As with Interval Polls, Demand Polls can also initiate
requests for natural gas metering data that is archived
in RTU, EFM and Corrector field devices for audit
purposes.
Unsolicited Messages
Unsolicited messages are initiated by a field device on
an event or alarm circumstance and are referred to as
Exception Reports or Cryouts. In these situations the
field device initiates the communication transaction by
sending a message without a prior request message from
the host computer. As with Demand Polling an unsolicited
message can be received by the host computer at any
time.
Exception Reports are unsolicited messages that are
generated by a field device to convey specific data
regarding an event or alarm detected by the device.
Cryouts are unsolicited messages that are generated by
a field device to request that the host computer Poll the
device in response to an event or alarm detected in the
device.
It is usually a good practice to use Interval Polling
sparingly as a compromise between receiving data on a
timely basis and establishing a baseline load on a
telemetry system for reliable service. For the special
circumstances such as alarm notification or to service
personnel with critical data Demand Polling and
Unsolicited Messaging can have a low impact with regard
to added bandwidth consumption but can provide timely
data at critical junctures.
INTEGRATION FRUSTRATION
The management of communication protocols and
telemetry methods associated with large geographically
distributed data gathering and control systems has
become a complex application that is not adequately
solved in leading SCADA and AMR systems. In the past,
software manufacturers have focused on communication
software only as a necessary add-on to their core
product. These “drivers” were generally software
modules called DLLs (Dynamic Link Libraries) that could
not run in a standalone mode and that usually support
only one protocol and telemetry method. Additionally,
the drivers were written to the proprietary API (Application
Programming Interface) of a particular core product
insuring that they will be incompatible with other
manufacturer’s products. Finally, the current business
climate further emphasizes the need to integrate different
protocols and telemetry systems into SCADA and AMR
systems.
•

Today’s corporate strategy of growth through
acquisitions often necessitates the consolidation of
equipment and systems communicating in various
protocols over different telemetry methods, both
current and legacy. Consolidation is difficult however,
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in an atmosphere of reduced budgets and restricted
capital expenditures which is typical following most
corporate acquisitions.
•

•

•

As businesses expand, contract or redirect their
resources to meet changes, the automation system
must also react to these changes in a timely manner.
Lost opportunity, increased operating costs, and
mounting profit losses, are incurred if changes must
be accumulated for a window of opportunity when
the automation system can be taken out of service
for updates. Even safety is impacted when facilities
and equipment are operated under temporary
methods while awaiting integration into the
mainstream automation system.
Historically, parallel data acquisition systems have
been installed and maintained to accomplish the
automation missions of different business groups.
For example, the gas measurement and the gas
control business groups within pipeline companies
and utilities often have completely separate systems.
Consolidation to reduce operating and support costs
has been difficult due to incompatible
communication methodologies.
Due to the unacceptable costs of replacing installed
equipment and the competing standards movements
the need for SCADA and AMR systems to support
different protocols will continue for the foreseeable
future.

CONCLUSION
Automation systems that support both SCADA and AMR
have three major component areas.
•
•
•

Field Devices
Telemetry Systems
Host Computers

The issues of communication affect each one of these
areas and often have the largest impact on the success
of the system.
•

•
•

It is rare that a SCADA or AMR application can be
found that relies on devices from a single
manufacturer speaking a single protocol. While most
device manufacturers provide there own software
or firmware that will allow the host computer to
receive data from the device, it is unusual that it
would also support and communicate with a
competitor’s device. Additionally, SCADA and AMR
applications typically utilize different class of devices
that are not intended to communicate within the
same platform.
Different telemetry systems may be necessary to
provide coverage to all of the areas to which the
system is applied.
Host computer communication software should
integrate the protocols and telemetry into a cohesive
system

Doug Osburn
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METER SELECTION FOR VARIOUS LOAD REQUIREMENTS
Mike Haydell
Centerpoint Energy
2500 Hwy 14, New Iberia, LA 70560

INTRODUCTION:
Gas meters have become known as the “CASH
REGISTER” of the natural gas industry. With today’s
competitive energy markets and the environment of FERC
order 636, natural gas measurement has become an
increasingly important issue. It is therefore the duty of
measurement departments, to select equipment and
design installations that are both efficient and economical.

Rotary meters have a set of rotating vanes or impellers
that counter rotate inside a chamber. Each rotation of
the vanes carry a known quantity of gas though the meter.
(See Figure 2.)
ROOTS Rotary Positive Displacement Operating Principle

HISTORY OF GAS MEASUREMENT:
The diaphragm meter, as we know it today, was first
developed in 1847. Rotary measurement was introduced
in 1923. Development of the turbine meter began after
World War II and was introduced in 1963.
POSITIVE DISPLACEMENT METERS:
Positive displacement (diaphragm and rotary) meters,
measure gas quantities by the successive filling and
emptying of chambers of known quantity. This can be
compared to a cook adding quantities of ingredients to a
recipe with a measuring cup. This motion is transferred, by
a mechanical linkage, to an “index” or read-out device which
is graduated in the appropriate units (usually cubic feet).
Diaphragm meters accomplish this with a set of bellows
which are filled and then emptied through a set of sliding
valves. As one compartment of the bellows fills, the other
is emptying. (See Figure 1.)
Diaphragm meters are available with capacities ranging
from domestic loads (175 cubic feet per hour) to
commercial and industrial loads (10,000 cubic feet per
hour) per hour, at base conditions.

Position 1

Position 2

Position 3

Position 4

FIGURE 2. Operation of Rotary Meters

Capacities of rotary meters range from 800 to 102,000
cubic feet per hour, at base conditions.
These meters typically have working pressures of 175#,
with some sizes ranging to 400#, 600#, 900# and 1440#.
INFERENTIAL METERS:
Inferential meters measure gas volumes based on physical
properties of the gas being measured. Turbine and orifice
meters are two types of inferential measurement.
Similar to a child’s pinwheel, Turbine meters use gas
velocity to spin a turbine wheel. This spinning motion is
linked to an index by means of a gear train. The higher the
rate of flow, the faster the spin, therefore registering higher
volume on the index over a given period of time. Figure 3
shows the construction of a typical Turbine meter.

Because of their construction, these meters are limited
to working pressures of 100# or less. Some models,
though are available with 500# cases.

FIGURE 1. Operation of Positive Meters
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FIGURE 3. Construction of a Turbine Meter

Turbine meters have the advantage of high capacity, for
a given size but limited low flow characteristics.Orifice
meters consist of “PRIMARY” devices (orifices) and
“SECONDARY” devices (chart recorders or flow
computers). Measurement is achieved by recording
pressure and the differential created by the flow across
the orifice. Calculations are then made using various
parameters (such as meter tube size, orifice diameter,
etc.) to determine gas volumes. Rules governing orifice
measurement can be found in the A.G.A. Report No. 3.

Once it is determined that the system can handle the load (or
what improvements or changes have to be made) the form is
sent to the Measurement Department for meter selection.

DESIGN PARAMETERS:
Several parameters have to be considered when selecting
measurement equipment for a particular load. These
would include: load characteristics, equipment pressure
requirements, system capabilities, site restrictions, etc.

Various types of loads require different sizing criteria.
For example; consider the load in Figure 4. It consists of
several types of gas burning equipment and may be
sized, based on a “DIVERSITY FACTOR.” Experience
shows that this type of load may be sized using a factor
of 60% to 75% of total connected load.

The Louisiana Division of CENTERPOINT ENERGY uses
the form shown in fig. 4 to provide this information to
the various departments involved in meter selection.

As a contrast, the load shown in Figure 5 is a DEMAND
type load and has to be sized for full capacity of the
connected equipment.

This form must be submitted when application for service
is made for connected loads of 1500 cfh or more or for
pressure requirements above 4 oz.

If a load is in question, sometimes it is practicable to
research actual usage of similar operations in other areas.
This technique is possible, for example, in the case of
the new “Super Stores” where the connected load may
exceed the actual usage.

The form is completed by Marketing personnel and sent
to the Engineering Department for a determination of
system capabilities.

Measurement studies the load and decides on the meter
size based on the type of load.
The Division Chief Engineer makes the final approval and
the form is then sent to the field for installation.
SIZING FOR VARIOUS TYPES OF LOADS:

METER CAPACITIES:

Engineering “plugs” the proposed load into it’s pressure
studies and determines if the system can support the load.

Once a load for a customer has been determined, it is
time to select the equipment. Meter capacity tables are

FIGURE 4.

FIGURE 5.
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pressure of the regulator upstream of the large meter
thus allowing flow through both meters.

necessary for this procedure.
Manufacturers rate the capacities of their meters at a “BASE”
pressure and at pressures up to the working pressure of the
meter. Figure 6 is a typical meter capacity table.
GAUGE
PRESSURE
4 OZ.

MTR. SIZE
DIFF.
2" W.C.
MAX. ALLOW.

5#

2" W.C.
MAX. ALLOW.

10#

2" W.C.
MAX. ALLOW.

15#

2" W.C.
MAX. ALLOW.

25#

2" W.C.
MAX. ALLOW.

50#

2" W.C.
MAX. ALLOW.

100#

2" W.C.
MAX. ALLOW.

750

1600

1000

3000

5000

10000

1600
1600
1840
2070
2080
2480
2320
2840

1600
1600
1840
2070
2080
2480
2320
2840
2640
3750
3360
5000
4480
7170

2200
2200
2530
2840
2860
3420
3190
3960
3630
4900

3000
3000
3450
3880
3900
4660
4350
5400
4950
6700
6300
9370
8400
13400

5000
5000
5750
3450
6500
7760
7250
9000
8250
11100
10500
15600
14000
22400

10000
10000
11500
12900
13000
15550
14500
18000
16500
22300
21000
31200
28000
44800

FIGURE 6.

SPECIAL CONSIDERATIONS:
When selecting meters, for various applications, special
considerations need to be taken into account. For
instance: rotary and turbine meters should be used only
where gas is relatively free of foreign materials (such as
dust) that may cause undue wear on close tolerance parts.
Strainers or filters should be used is such applications.
In situations where the minimum flow is only a small
percentage of the maximum flow, (such as a pilot load
on a large boiler) low flow measurement must be taken
into account. This can be accomplished by using a
combination of large and small capacity meters in
conjunction with regulators, set at different pressures
and an orifice plate (choke). Figure 7 illustrates the layout.
The regulator upstream of the small meter is set at 10#,
for instance. The regulator upstream of the large meter
is then set at 5#.
Under low flow conditions, the regulator upstream of the
larger meter (T-60) is “locked-up” because of the higher
pressure of the regulator ahead of the smaller meter (3M).
This allows flow through the small meter and prevents
flow through the large meter. As the flow increases, the
choke downstream of the small meter reaches critical
flow causing the pressure downstream to fall to the set

FIGURE 7.
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In locations where seasonal loads vary, parallel meters
could be the used. During the “off season” one of the
meters can be shut-in. This would allow the single meter
to operate towards the upper limit of its range rather than
both meters operating in the lower ends of their capacities.
With measurement personnel now using “Transfer Provers,”
accessibility to field test meters is an issue. Normally the
provers are installed in a vehicle or trailer necessitating
ample “maneuvering space” near the meter installation. All
too often, location becomes a problem. In situations such
as this, meters should be selected that are small, compact
and easily removed from the line. This allows the technicians
to bring the meter to the prover for test.
MEASUREMENT AT ELEVATED PRESSURES:
When it is necessary to measure natural gas at pressures
other than “base pressure”, the Measurement Supervisor
has several options. These would include: pressure
compensating indexes, fixed factor measurement,
mechanical or electronic integrators and flow computers.
Basic economics will dictate the best choice for selecting
from these options. Pressure compensating indexes or
fixed factors should be used only on smaller loads (such
as steam cleaners or small boilers) where a regulator, of
adequate capacity, is installed upstream of the meter.
This will assure a constant pressure for measurement.
Mechanical or electronic integrators can be used on
larger commercial loads. These instruments will
compensate for any fluctuating pressure (or temperature)
on the meter. Full blown flow computers should be used
on large industrial loads, where there may be multiple
meter runs. These devices will store information, such
as pressure, temperature, uncorrected and corrected
volumes, etc. for retrieval by laptop or “on-line”.
CONCLUSION:
Because meter sizing is not an “exact science”, prior
experience and common sense should be used when
selecting measurement equipment for various load
requirements. Load profiles and operating characteristics
should be carefully studied and equipment selected
accordingly. Using over sized
meters will result in poor
measurement during periods of
low flow; under sizing will cause
undue wear on meters and
possibility customer equipment
problems.
Even though the ± 1/4% accuracy
Measurement Personnel strive
for, is not always possible, it is
possible to select measurement
equipment that is economical,
efficient and safe.

Mike Haydell

DESIGN AND IMPLEMENTATION OF MARKET BASED:
SAFE, RELIABLE & COST EFFECTIVE METERING AND
REGULATING FACILITIES
Tom Quine
Northstar Industries
126 Merrimack St., Methuen, MA 01844
PATENT AND COPYRIGHT STATEMENT
Northstar Industries, Inc. has prepared this educational
material.
Certain designs and concepts are presented which are
protected by US Patent #6,176,046: Portable Premanufactured Natural Gas Delivery Systems.
This material is copyright protected and cannot be
reproduced without the written permission of Northstar
Industries, Inc.
AGENDA
•
•
•
•

FIRST WAVE LESSONS LEARNED
GAS AND ELECTRIC REQUIREMENTS FOR
SITING
DESIGN CONSIDERATIONS
CONCLUSIONS

The successful players in the next wave will adapt their
development process and address these core issues.
LESSONS LEARNED
Natural Gas interconnects for Power
• Interconnect Process Not Well Defined Up Front
• Too many cooks: Pipeline, LDC, EPC Contractor
at Site.
• Project Financing and Business Case Did Not
Consider This.
• Interconnect Agreements Had Gaps
• Fuel Management SCADA System Not Clearly
Defined
• Market Base Electric Sales Versus Fixed
Contract
GAS INTERCONNECT REQUIREMENTS
• Adequate Natural Gas Fuel Supply: Pressure and
Capacity
• Understanding of Pipeline Tariff to Close the Deal
• Project Financing and Business Case in Place
• Workable Interconnect Agreements
• Pipeline Hot Tap and Side Valve Site
• Pipeline Metering, FCV, SCADA, and Power
• Lateral Alignment to Plant Site
• Lateral Facilities: Scrappers, MLV, CP, Odor,
Power
• Fuel Management SCADA System
• Pre-heating for Pressure Cut and Dew Point
• Gas Regulation and Sub-meters for Ct and
Domestic Needs
• Fit for Duty and OQ Project Team
• O&M, Emergency and Field Services Plan
PROJECT IMPLEMENTATION

OVERVIEW
The first wave of natural gas fired and market based
power generation assets have been installed. The results
have been mixed from a fuel supply, electric market and
project finance basis.
Load growth is still occurring and new assets will be
required.

•
•
•
•
•
•
•
•
•
•
•

Feasibility Analysis
Preliminary Engineering
Permits
Contract Supply and Transport
Procurement
Final Design
Qualified, Materials, People, and Procedures
Pre-manufacturing
Installation
Project Documentation
Commission and Train

The next wave of power projects will benefit from the
lessons learned over the past three years.
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PRELIMINARY ENGINEERING
•
•
•
•
•
•
•
•
•
•

Explore the Project Background and Need
Determine Authority Having Jurisdiction
Define Design Criteria by Discipline
Select Major Equipment
Determine Permits and Approval
Establish Siting Criteria
Establish Site Selection and Site Layout
Create Process Flow Diagrams
Establish Cost and Schedule
Present Data to Authority

DESIRED FEATURES OF M&R FACILITIES

ALTERNATE CONFIGURATION
Deregulation:
•
•
•
•
•
•
•

Has resulted in staff reductions
Has resulted in new players in the marketplace
Has resulted in new functionality requirements
Has resulted in shorter schedules
Has resulted in market base projects
Has resulted in new new power projects
Has resulted in alternate new configurations:
Gas Quality, Remote Monitor and Control,
Functionality, M&R CP, SCADA, Shared
Measurement.

Safety, Reliability and Cost Effectiveness
The following section illustrates traditional and Alternate
designs for facilities as well as highlighting features
favorable to all metering and regulating facilities.
•
•
•
•
•
•

Ease of Maintenance
Ease of Access
Ergonomic Design
Simplicity
Appropriate Levels of Redundancy
Cost Effectiveness

TRADITIONAL CONFIGURATION
Traditional sites were comprised of multiple buildings with
separate ownership from the pipeline and enduser. These
facilities were stick built on site. Schedules were long
and economics were rate based.

ALTERNATE

TRADITIONAL SITE
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PRE-MANUFACTURED MODULAR GAS FACILITIES:
US PATENT #6,176,046

Each Module Independent Unit or Combined Complete
Facility: Filtering, Metering, Preheating, Odorization,
SCADA and Regulatory Facility.

DESIRED ATRIBUTES OF ALL M&R FACILITIES
Safety, Reliability and Cost Effectiveness

METERING AND FCV

REGULATORY AND OPP

ERGONOMIC DESIGNS

HIGH PRESSURE GAS

GAS HEATING
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HAZARDOUS AREA PLAN
REMOTE HEAT SOURCE

ODORIZATION

SYSTEM ARCHITECTURE PLAN

People
Protection

Equipment
Protection

VOLTAGE MITIGATION GOALS
SCADA SECURITY AND POWER

SCADA DESIGN
ELECTRICAL DESIGN
ESTABLISH HAZARDOUS AREA PLAN IN PHASE 1:
• Design, Procure and Install Equipment
Accordingly
CONDUCT AC - MITIGATION WHERE NECESSARY:
• Personnel and Equipment Protection
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•
•
•

Develop P & ID
Develop I/O List
Develop System Architecture
Select Equipment
Determine PMI
Select Communication Links

CONTROL ROOM SCADA, COMMUNICATION,
SECURITY DOCUMENTATION AND PMI

CONCLUSION
The implementation of a successful project depends
upon a capable team performing preliminary engineering,
design, procurement, installation, training, and
documentation.
Deregulation has added new pipeline interconnects,
shortened the schedules, created the need for new types
of facilities and created market based projects.
The successful players in the next century will accomplish
their objectives in concert with customers and suppliers
by sharing facilities, sharing information, finding win-win
situations and UNDERSTANDING THEIR ROLES IN THE
MARKETPLACE

CONTROL ROOM HARDWARE

SOFTWARE

Tom Quine
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GTI METERING RESEARCH FACILITY UPDATE
Edgar B. Bowles, Jr. and Marybeth G. Nored
GTI Metering Research Facility Program, Southwest Research Institute
6220 Culebra Road, San Antonio, TX 78238-5166

INTRODUCTION
The Gas Technology Institute (formerly the Gas Research
Institute) sponsors a comprehensive flow measurement
research, development, and commercialization (RD&C)
program aimed at improving natural gas metering
performance in the field. This paper summarizes some
of the recent accomplishments of the research program
at the Gas Technology Institute (GTI) Metering Research
Facility (MRF), a high-accuracy natural gas flow
calibration laboratory capable of simulating a wide range
of operating conditions for the industry’s research,
calibration, and testing needs. The MRF, located at
Southwest Research Institute (SwRI) in San Antonio,
Texas, supports a variety of GTI-sponsored research and
third-party test and calibration activities. Major research
initiatives currently being funded by GTI (formerly known
as the Gas Research Institute or GRI) include ultrasonic
and turbine flow meter research and gas sampling
methods research. Over the past year, GTI has also
funded Coriolis flow meter research and the development
of a new energy flow rate meter concept. Through its
portfolio of projects addressing priority research needs,
the GTI natural gas measurement program provides
significant benefits to the natural gas industry.

Measurement Plan prepared by the Operating Section
of the American Gas Association (AGA). This plan
recommended the development of an independent,
qualified flow test facility that would be operated under
the sponsorship of the gas industry. This facility had to
be capable of providing performance data on a broad
spectrum of meter types and sizes over a wide range of
flow conditions. In response to this recommendation,
GTI initiated the MRF program with Southwest Research
Institute in 1987.
To cover the wide range of flow conditions necessary
for the research and testing needs of the natural gas
industry, development of the MRF1 included three primary
components: a High Pressure Loop (HPL), a Low
Pressure Loop (LPL), and a Distribution Meter Test Stand
(DTS). Table 1 lists the operational ranges for all three
systems. The HPL and LPL are re-circulating flow loops,
while the DTS is a “blow-down” type system. Each
system can flow either natural gas or nitrogen.
Parameter
Max. Rate (MSCFH)
Max. Rate (ACFH)
Pressure (psig)
Gas Temp. (°F)
Pipe Size (inches)
Specific Gravity

HPL
7,084
84,000
150-1,200
40-120
2-20
0.55-0.97

LPL
610
43,600
20-210
40-120
1-8
0.55-0.97

DTS
2.5
2,500
0-40
Ambient
up to 2
0.55-1.0

TABLE 1. Metering Research Facility
Operational Ranges
An on-line, laboratory-grade gas chromatograph is used
for detailed analysis of the test gas.

FIGURE 1. GTI Metering Research Facility

METERING FACILITY DEVELOPMENT
The Metering Research Facility program was initiated
by GTI in the late 1980s in direct response to a growing
need within the natural gas industry for improvement in
the state-of-the-art of gas flow measurement. The
concept of a natural gas industry metering research and
calibration facility was first proposed in the Gas Industry

Flow measurement accuracy on the order of 0.1 to 0.25%
is achieved in the HPL, LPL, and DTS through the use of
individual gravimetric primary calibration systems. Sonic
nozzles, gas turbine meters, and laminar flow elements
are also used as secondary transfer standards. The
gravimetric calibration system for the High Pressure Loop
is shown on Figure 2.
An example of the performance of the MRF is illustrated
by Figure 3, which plots orifice meter discharge
coefficients (Cd) from the HPL against similar data from
other international flow calibration laboratories.
In addition to serving as a test bed for GTI-sponsored
research, the MRF is available to any other interested
parties for test and calibration services. The MRF
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This document represents the first industry guidelines
on the use of ultrasonic flow meters for natural gas
applications. Report No. 9 is fundamentally different from
most other gas flow meter standards in that it is
performance-based and does not include dimensional
and other mechanical specifications associated with the
meter installation. Instead, the report states that the flow
meter must perform within specified measurement error
limits when installed per the meter manufacturer’s
recommended installation configuration.
Since the publication of Report No. 9, the AGA
Transmission Measurement Committee has proposed
that a flow performance verification test be included in
the next revision of the report to help ensure that meters
perform within the specified measurement error limits.
This verification test would allow a manufacturer to
validate recommended installation configurations and
allow meter users to compare meter performance and
installation requirements under a common set of piping
configurations. It is also anticipated that the next revision
of Report No. 9 will include a small number of
recommended installation configurations.
During the past year, the MRF research program has
assisted the AGA TMC with the revision of Report No. 9
by producing test data on various meter installation and
operational effects. Commercially-available multi-path
ultrasonic gas flow meters from ABB Totalflow, Daniel
Flow Products, FMC/Kongsberg, and Instromet
Ultrasonic were tested during the course of this test work.
FIGURE 2. GTI MRF High Pressure Loop Weigh Tank

technical staff also provides assistance with meter station
design and helps troubleshoot metering problems in the
field. In addition, the MRF offers training courses on meter
station design and operation.
ULTRASONIC GAS FLOW METER RESEARCH
In June 1998, the AGA Transmission Measurement
Committee (TMC) published its Report No. 9, entitled
Measurement of Gas by Multipath Ultrasonic Meters.2

Figure 4 shows a flow meter skid used for part of the
MRF test program in 2002 and 2003. This skid included
three parallel meter runs containing an 8-inch diameter
4-path Daniel ultrasonic flow meter, a 6-inch diameter
4-path Daniel ultrasonic flow meter, and a 3-inch
diameter Instromet positive displacement flow meter. The
two ultrasonic flow meter runs were fitted with a
perforated-plate type) flow conditioners upstream of the
meters.

0.610

250 mm Orifice Meter Tube Calibration
0.608
0.606

β = 0.75
AGA - 3 (RG) equation for flange tapped orifice coefficient
95% confidence interval for RG equation
Water data
NEL
DHL
NIST

Orifice Cd

0.604
0.602
0.600

Natural gas data
Gasunie
British Gas
Ruhr Gas
CEAT
GRI MRF HPL

0.598
0.596
0.594
0.592
0.590
105

106

107

Pipe Reynolds Number

FIGURE 3. GTI MRF High Pressure Loop 10-inch
Diameter Orifice Discharge Coefficient Data

FIGURE 4. Ultrasonic Flow Meter Skid Package
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The flow meter skid shown in Figure 4 was used to test
for various meter installation effects, including the effects
of an upstream and downstream header. In addition, the
low flow rate performance of the ultrasonic meters was
compared to the performance of the positive
displacement meter to help determine if the low-end
range of the ultrasonic meters can achieve comparable
measurement accuracy levels to that of a typical positive
displacement meter. Other operational effects, such as
line pressure variation, on meter performance were also
investigated. At the time this paper was being written,
the results of the MRF test work had not yet been
compiled in a GTI Topical Report. However, as of the
date of the 2003 American School of Gas Measurement
Technology, a GTI report documenting the findings of
this MRF research work should be available to the public.
Previous ultrasonic meter installation configuration tests
performed at the MRF[3],[4],[5],[6] demonstrated that each
flow meter/flow conditioner combination produces
unique operational characteristics due to differences in
the flow rate calculation algorithms and acoustic path
configurations. The ability of a meter to compensate for
a velocity profile distortion determines the amount of bias
there will be in the meter error.
In addition to the recent test work, the MRF research
program has also quantified meter performance effects
due to a diameter mismatch between the meter body
and the adjacent meter tube. Diameter mismatches, in
either the upstream or downstream direction, within the
+1.0% of pipe diameter limit specified in AGA Report
No.9, did not result in any additional error for the
ultrasonic flow meters tested.
TURBINE GAS FLOW METER RESEARCH
Due to advances in recent years in gas turbine flow meter
technology, the AGA Transmission Measurement
Committee is in the process of revising AGA Report No.
7 - Measurement of Gas by Turbine Meters.[7] In support
of this effort, a research program at the MRF has been
evaluating the measurement performance of both
conventional and new, high-capacity turbine meter
designs. Both single- and dual-rotor meters have been
included in the study.
A number of turbine meter installation and operational
effects are being investigated in detail as part of the MRF
research program. Recent testing has focused on
nominal 6-inch diameter meters having either
conventional 45º rotor blade angles or ‘extendedcapacity’ 30º rotor blade angles. These meters have been
tested in the meter installation configurations referenced
in AGA Report No. 7 (i.e., the ‘recommended,’ ‘shortcoupled,’ and ‘close-coupled’ configurations (see Figure
5). The meters have also been evaluated with the
International Standards Organization (ISO) 9951 ‘highperturbation’ piping configuration installed upstream. The
effect of line pressure variation on meter accuracy has
also been studied.

FIGURE 5. Turbine Meter Under Test in a ‘Close-Coupled’
Configuration at the MRF

Test results have found that the single-rotor and dualrotor meter configurations do not exhibit significantly
different measurement performance and both meter
types demonstrate improved measurement accuracy
with effective flow field conditioning at the meter inlet.
Additionally, the MRF test results have demonstrated that
changes in line pressure (between atmospheric and 160
psig) can produce significant shifts in meter calibration.
The magnitude and direction of the calibration shifts are
generally a function of meter design. The current MRF
research is expected to result in an updated specification
for meter performance tolerances.
A summary of recent MRF turbine meter research results
was presented in a technical paper[8] at the 2002 AGA
Operations Conference and was also published in a GTI
Topical Report.[9]
NATURAL GAS SAMPLING RESEARCH
Proper natural gas sampling methodologies are critical
to the accurate determination of natural gas heating
value. Improper sampling technique can distort the
composition of the natural gas sample, which will directly
affect the accuracy of the heating value and indirectly
affect the accuracy of the volumetric flow rate (through
errors in the gas properties, such as gas density).
Because of the importance of accurate sampling of the
natural gas flowing through a pipeline, GTI, the American
Petroleum Institute (API), and the U.S. Minerals
Management Service (MMS) have been funding a
consortium research project to document the causes of
gas sample distortion and to implement procedures that
produce accurate sample analysis. Much of this
consortium research work has been carried out at the
MRF. The research results have lead to a recent revision
of the industry standard for gas sampling methods, i.e.,
the API Manual of Petroleum Measurement Standards
(MPMS), Chapter 14.1 - Collecting and Handling of
Natural Gas Samples for Custody Transfer.[10]
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This comprehensive research program has looked at all
aspects of natural gas sampling methodology. Various
types of spot- and composite-sampling methods, as well
as on-line analysis methods, have been studied. Causes
of gas sample distortion that have been identified include
thermodynamic phase changes, molecular adsorption1
(on the surfaces of solids or liquids), sample probe
location, filtering of the sample gas, and cleanliness of
the gas sampling equipment. Once a gas sample has
been distorted, its composition has been altered and,
thus, its heating value will be erroneously determined
based on the altered composition.
Recent MRF gas sampling methods research has been
directed toward improving the accuracy of the
hydrocarbon dew point temperature calculated from the
common equation of state (EOS) models used by the
U.S. natural gas industry. Inaccurate prediction of the
hydrocarbon dew point temperature by analytical means
can be a contributing factor in sample gas distortion.
Accurate estimation of the hydrocarbon dew point
temperature is highly dependent on the percentages (or
characterization) of the heavier hydrocarbons in a gas
mixture (i.e., hexane (C6) and heavier). Experiments are
being run on a wide range of natural gas blends to
measure the hydrocarbon dew point temperature for
comparison with calculated values (see Figure 6).

Department of Energy. The device is designed to measure
a small number of process variables (e.g., gas sound
speed, diluent concentrations, pressure, temperature,
and volumetric or mass flow rate) to determine energy
flow rate in real time, and at normal pipeline operating
conditions. This new device is expected to be a more
cost effective approach to determining energy flow rate
than the conventional approach of combining
measurements from a volumetric flow meter and gas
chromatograph. Further sensor development, laboratory
testing, and field-testing at gas transmission pipeline
sites are currently being completed. A photograph
showing one of the prototype measurement sensor
enclosures is shown in Figure 7 below. Technical reports
on this device are available from GTI.[14],[15]

FIGURE 7. Energy Flow Rate Meter Prototype
Measurement Sensor Enclosure

FIGURE 6. Natural Gas Phase Diagram Showing
Hydrocarbon Dew Point Temperature

Results of recent gas sampling research at the MRF were
summarized in a technical paper[11] presented at the 2002
AGA Operations Conference. In addition, two GTI Topical
Reports[12],[13] on the subject have been published.
OTHER MRF RESEARCH
In addition to the ongoing work described above, the
MRF program is currently involved in other natural gas
measurement research. For example, a prototype energy
flow rate meter is under development at the MRF. As
noted above, this work is receiving funding from the U.S.

Also in 2003, orifice flow meter research, funded by GTI,
is planned for the MRF. At the time this paper was written,
this work had not yet begun. There are two components
to the 2003 orifice flow meter research program at the
MRF. Test work will be performed to acquire additional
data on the orifice meter expansion factor. The
International Standards Organization recently adopted
a new equation for the calculation of the orifice meter
expansion factor coefficient. The new ISO equation
produces values that vary slightly from those produced
by the equation referenced in the AGA orifice meter
standard (i.e., AGA Report No. 3 - Orifice Metering of
Natural Gas[16]). The new MRF data will provide better
insight as to the differences between the two expansion
factor equations.
The second component of the MRF orifice flow meter
research program in 2003 is an investigation of the effect
of bent orifice plates on meter accuracy. Some data are
available on this subject, but additional data are needed.
An extensive test matrix is planned to assess the effect
of bent orifice plates. A GTI Topical Report summarizing
the findings of the MRF orifice flow meter research in
2003 should be available to the public by the end of the
calendar year.
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CONCLUSIONS
GTI’s applied flow measurement research program
continues to address the priority needs of the natural
gas industry. This paper summarizes some of the recent
measurement research activities at the MRF. A complete
listing of all MRF research reports and technical papers
is available from GTI (www.gri.org) or the MRF website
(www.grimrf.org).

11. Kelner, E., D. L. George and M. G. Nored, “Natural
Gas Sampling Techniques - Recent Research
Results,” Proceedings of the American Gas
Association Operations Conference, Chicago, IL,
May 2002.
12. Behring II, K. A. and E. Kelner, “Metering Research
Program: Natural Gas Sample Collection and
Handling-Phase I,” GRI Topical Report No. GRI-99/
0194, GRI, Chicago, IL, August 1999.

REFERENCES
1. Johnson, J. E., et al., “Metering Research Facility
Design,” GRI Topical Report No. GRI-91/0251, GRI,
Chicago, IL, March 1992.
2. Measurement of Gas by Multipath Ultrasonic Meters,
American Gas Association Transmission
Measurement Committee Report No. 9, American
Gas Association, Arlington, VA, June 1998.
3. Grimley, T. A., “Performance Testing of Ultrasonic
Flow Meters,” 15th North Sea Flow Measurement
Workshop, Kristiansand, Norway, October 1997.
4. Grimley, T. A., “The Influence of Velocity Profile on
Ultrasonic Flow Meter Performance,” Proceedings
of the American Gas Association Operations
Conference, Seattle, WA, May 1998.
5. Grimley, T. A., “Performance Testing of 12-Inch
Ultrasonic Flow Meters and Flow Conditioners in
Short Run Installations,” GRI Topical Report No. GRI01/0129, GRI, Chicago, IL, January 2002.
6. Grimley, T. A., “Effects of Diameter Mismatch and
Line Pressure Variations on Ultrasonic Gas Flow
Meter Performance,” GRI Topical Report No. GRI02/0031, GRI, Chicago, IL, April 2002.

13. Kelner, E., C. L. Britton (Colorado Engineering
Experiment Station, Inc.), K. A. Behring, II, and C. R.
Sparks, “Natural Gas Sample Collection and
Handling - Phase II: Experimental Testing Under
Simulated Field Conditions,” GRI Topical Report No.
GRI-01/0069, GRI, Chicago, IL, January 2003.
14 Behring II, K. A., E. Kelner, A. Minachi, C. R. Sparks,
T. B. Morrow, and S. J. Svedeman, “A Technology
Assessment and Feasibility Evaluation of Natural Gas
Energy Flow Measurement Alternatives,” Final
Report, Tasks A and B, Southwest Research Institute
for the U.S. Department of Energy, Morgantown
Energy Technology Center, Morgantown, WV, May
1999.
15. Morrow, Thomas B., E. Kelner, and A. Minachi,
“Development of a Low Cost Inferential Natural Gas
Energy Flow Rate Prototype Retrofit Module,” Topical
Report to GRI and the U.S. Department of Energy,
GRI Contract No 5097-270-3937, DOE Cooperative
Agreement No. DE-FC21-96M33033, October 2000.
16. Orifice Metering of Natural Gas, American Gas
Association Transmission Measurement Committee
Report No. 3, American Gas Association, Arlington,
VA, June 2000.

7. Measurement of Gas by Turbine Meters, American
Gas Association Transmission Measurement
Committee Report No. 7, American Gas Association,
Arlington, VA, June 1996.
8. George, D. L., “Turbine Meter Test Results Installation Configuration Effects,” Proceedings of
the American Gas Association Operations
Conference, Chicago, IL, May 2002.
9. George, D. L., “Progress Report: Effects of Line
Pressure and Gas Density on Turbine Meter
Measurement Accuracy,” GRI Topical Report No.
GRI-03/0050, GRI, Chicago, IL, May 2003.
10. Collecting and Handling of Natural Gas Samples for
Custody Transfer, Manual of Petroleum Measurement
Standards, Chapter 14.1, 4th Edition, American
Petroleum Institute, Washington, D.C., August 1993.
Edgar B. Bowles, Jr.

2003 PROCEEDINGS

PAGE 172

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

AGA CALCULATIONS — OLD VS NEW
Brent E. Berry
ABB-Totalflow
Pawhusk Road, Bartlesville, OK 74005

SECTION 1 — BACKGROUND
This paper is intended to help bridge the gap between
the Old AGA-3 equation (hereafter referred to as AGA3-1985) and the New AGA-3 equation (hereafter referred
to as AGA-3-1992). As such the paper begins with a
background section aimed at assisting those who are
mostly familiar with the factored form of the orifice
metering equation.
Factored VS Fundamental Flow Rate Equation Form
Of the following two equations, which are published in
the AGA-3-1985 standard?
(a) equation 1
(b) equation 2
(c) both equation 1 and 2
(d) don’t know

Cd
1–β

4

QV =

Y π d 2 2 gc ρf ∆P
4
ρb

Qv = C’ hw Pf

(eq 1)

where,

C’ = Fb Fr Y Fpb Ftb Ftf Fgr Fpv

Why are there different forms of the equation anyway?
The first factored form of the equation was introduced
in 1935 with the publication of Gas Measurement Committee Report No. 2. Before that time the factors were
not in use. Factors are a convention that allow various
terms of the fundamental equation to be calculated
individually. This allows tables to be generated for each
factor which can then be used to estimate volumes.
These tables were especially useful before the availability
of computers and programmable calculators. They are
still used and will continue to be used, but their usage is
diminishing with the advent of electronic instrumentation.
Cd, Coefficient of Discharge
If the old factored equation is all you have been using, you
may have never really dealt with Cd. Basically, Cd is
imbedded in the old factored equation as part of (Fb * Fr).
Reviewing equation 1 of this document you will notice Cd
is included as part of AGA-3-1985’s fundamental equation. It has always been there, simply hidden by the factors.
Most of the research and development undertaken over
the last several years was for the purpose of deriving a
more accurate, technically defensible correlation between
a published Cd equation and actual laboratory data. This
is at the heart of the changes in AGA-3-1992.
What is the purpose of Cd in the fundamental equation?

(eq 2)

The correct answer is (c). Both equations are actually
published in the 1985 standard and they are both
equivalent within their scope of applicability. Equation 2
is often referred to as the factored form of the AGA-3
equation. It can be found on page 38 of the 1985
standard as equations (59) and (60). Equation 1 is the
fundamental orifice meter equation. It can be found on
page 25 of the 1985 standard and is actually a
combination of equations (3) and (7) on that page.
Equation 1 describes the theoretical basis, the physical
and practical realities of an orifice flow meter. Equation
2, the factored equation, is based on or derived from
equation 1. Why bring all this up now? If you are like this
author was at one time, you might only be familiar with
the factored equation. If so, I recommended you become
more familiar with the fundamental form of the equation.
Firstly, because this form more readily facilitates
comparing AGA-3-1985 and AGA-3-1992. Secondly, you
will be more comfortable with the new AGA-3-1992
standard. Thirdly, because it more clearly describes
orifice meter dynamics.

Cd =

true flow ratesppi
theoretical flow rate

The true flow rate is determined in a laboratory by
weighing or by volumetric collection of the fluid over a
measured time interval and the theoretical flow rate is
calculated. Then a discharge coefficient (Cd ) is computed
as a correction factor to the theoretical flow rate. This
data is all generated over varying flow rates, fluid types
(Reynolds number conditions) and various geometries
(diameters). Once all the data is taken then an empirical
equation is derived which allows us to compute Cd over
many combinations of conditions.
That is what Cd, the coefficient of discharge is. It is a
high falutin’ fudge factor. The developers of the new
equation have taken advantage of newer technology in
more numerous testing labs to gather more real world
data over a wider set of operating conditions. They have
also postulated on a new form of the Cd equation that
they believe more closely correlates to the fluid dynamics
associated with the physics of an orifice meter. This
means the new Cd is based more on first principles than
the older one. You might say it has a higher falutin’ index
than the older coefficient of discharge.
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Why does the theoretical equation not match the real
world exactly?
In trying to keep orifice metering practical, simplifying
assumptions are sometimes made. It is simply not always
possible, practical or necessary to perfectly model the
real world. Some of the things influencing the theoretical
equation, causing it not to model the real world exactly
are:
(1) It is assumed there is no energy loss between the
taps.
(2) The velocity profile (Reynolds number) influences are
not fully treated by the equation. It is assumed that
some installation effects and causes of flow perturbations (changes) are insignificant.
(3) Different tap locations affect the flow rate. Tap
location is assumed for a given Cd.
Through rigorous testing, you could develop a unique
Cd for each of your orifice meters. This technique, referred
to as in-situ calibration, is something like proving a linear
meter. However it is somewhat bothersome since you
need a unique Cd for each expected flow rate. Economics
usually make in-situ procedures unfeasible.
Therefore, the goal is to develop a universal Cd that
everyone can use. To accomplish this, one must control
their orifice meter installation well enough so that it
replicates the same orifice meters used in the laboratory
from which the universal Cd equation was derived. This
is referred to as the law of similarity. If your orifice meter
system is acceptably similar to the laboratory’s then your
Cd will be acceptably similar to the laboratory derived
C d. That is why edge sharpness, wall roughness,
eccentricity and flow conditioning, etc. are so important.
Ideally your flow measurement system would be exactly
the same as was used in the laboratory.
Density
If the old factored equation is all you have been using,
you may have never really dealt with density. Looking
back at Equation 1 of this document you will notice two
symbols, ρf and ρb. The symbol ρ (pronounced rho) is
used to represent density.
ρf = density at flowing conditions
ρb = density at base conditions
Most measurement systems do not have density as a
live input, so density is computed from other data that is
available. When the fluid being measured is a gas, density
is computed from other data as follows:

Density at Base Conditions
(eq. 4)
Notice Pf, Tf, Zf, Gi, Pb, Tb, and Zb in eq 3 and eq 4. These
represent temperatures, pressures, specific gravities and
compressibilities. It is these variables that eventually
make there way into the old factors Ftb, Fpb, Ftf, Fgr, and
Fpv (see Section 3 of this document for more information).
Leaving densities in the fundamental equation, rather
than hiding them in a plethora (abundance) of factors,
seems less confusing and more instructive.
Real VS Ideal Gas Specific Gravity
One other item of note regarding the density equations
is that they are based on Gi , ideal gas specific gravity.
Most systems have historically provided Gr , real gas
specific gravity, which is different. Additionally AGA-8
requires Gr as an input, not Gi . Strictly speaking,Gi is
related to Gr with the following equation.

Practically speaking the measurement system does not
usually have enough information available to solve the
above equation. Part 3 of the new standard makes the
following statements regarding this issue.
“the pressures and temperatures are defined to be at
the same designated base conditions....”. And again in a
following paragraph, “The fact that the temperature and/
or pressure are not always at base conditions results in
small variations in determinations of relative density
(specific gravity). Another source of variation is the use
of atmospheric air. The composition of atmospheric air —
and its molecular weight and density — varies with time
and geographical location.” 3
Based on this, and several of the examples in the standard, the following simplifying assumptions are made:

(eq. 5)

Density at Flowing Conditions
(eq. 3)
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This equation for Gi is exactly like the one shown as
equation 3-48 on page 19 of Part 3 of the new standard.

Conclusion
These are the major new equation concepts you might
need to learn if the older factored equation is all you are
familiar with. A more detailed comparison between the
fundamental equation and the factored equation is
presented in Section 3. The following section summarizes
changes to the new standard.
SECTION 2 — SUMMARY OF CHANGES TO THE
STANDARD
Change 1, Document Organization
Rather than one document, the standard is now
published in 4 parts, each of which is a unique document.
Part 1 – General Equations and Uncertainty Guidelines
The mass and volumetric flow rate equations and their
theory are discussed. The empirical equations for Cd and
Y are presented. Uncertainty guidelines are presented
for determining possible errors associated with using the
standard.

TABLE 2-1
Fundamental Equation Nomenclature Changes
AGA-3-1985
Equation

AGA-3-1992
Equation

Velocity of
Approach
Symbol

velocity of
approach
equation

Dimension
Conversion
Constant

Numeric
Constant*

*Nc is combined with other constants before solving the equation.
These other constants are a function of the system of units chosen.

physics of an orifice meter you would not expect it to
change. However, nomenclature was slightly modified.
eq. 1, AGA-3-1985 Fundamental Equation

Part 2 – Specification and Installation Requirements
Mechanical specifications are presented for the orifice
meter. In particular orifice plates, plate holders, sensing
taps, meter tubes and flow conditioners are discussed.

eq. 7, AGA-3-1992 Fundamental Equation

Part 3 – Natural Gas Applications
The fundamental equation, as presented in Part 1, is not
restricted to a specific fluid or system of units. Part 3
provides a guide for forcing the equation to compute
volumes assuming the fluid is natural gas and the inchpound system of units. It is in appendix B of this part
that a factored form of the equation is developed.
Part 4 – Background, Development, Implementation
Procedures and Subroutine Documentation
The history and evolution of the equation is included in
this part beginning with Report No. 1 from the 1920s. A
description of the research that was undertaken to derive
the new equation is presented. Implementation procedures, guidelines, and subroutine recommendations are
also documented to assist programmers with implementing the new equation on computers. Intermediate results
are also available to assist with program verification.
Inclusion of computer related documentation of this sort
is completely new for the AGA-3 standard and recognizes
both the need for a computer to solve the new equation
and the availability of computers to accomplish this.
Change 2, The nomenclature of the fundamental equation
was modified slightly.
It is important to note that the fundamental equation did
not actually change. Since it is based on the actual

Change 3, Cd — New coefficient of discharge solution
requires an iterative solution
As was stated earlier, Cd is at the heart of the changes
for AGA-3-1992. Many people spent substantial time and
effort in various countries conducting tests to provide
new data that could be used to empirically derive a better,
more technically defensible coefficient of discharge.
Once the data was gathered and accepted, talented
people, using computers, derived a Cd equation that has
a high degree of correlation with all the new data. This
means that, within the stated uncertainties of Part I of
the new standard, you can feel confident that when
applied as specified by the standard, the new Cd equation
will produce dependable answers.
The tricky part about Cd is that one needs to know the
flow rate to compute it. But one also needs the Cd to
compute the flow rate. This is a sort of catch 22. In a
situation like this we say the equation is not in closed
form. This is why you will hear people say an iterative
solution is required to compute the new Cd.
What does iterative solution mean? It means you, (or more
likely a computer) begin with an estimate for Cd. Based
on that Cd, an estimated Reynolds Number, Flow Rate and
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a subsequent new Cd are computed. The two Cd values
(Cd_old and Cd_new ) are compared and if they differ by
more than an acceptable threshold, the process is
repeated. Each time the process is repeated the most
recent Cd is retained for comparison with the next one
being computed. Eventually, the difference between
C d_old and C d_new become so small it is safe to
assume the proper Cd value has been obtained. API
designers estimate that, most of the time, no more than
three iterations will be required. I believe no more than
10 iterations were ever required on the test cases. An
exact procedure is outlined in Part 4 of the new standard
under Procedure 4.3.2.9. In that procedure the threshold
for determining acceptable convergence is six significant
digits (0.000005).
Change 4, Thermal effect corrections on Pipe and Orifice
diameters are required
In the AGA-3-1985 standard an optional orifice thermal
expansion factor, Fa , was specified to correct for the error
resulting from thermal effects on the orifice plate diameter.
In the AGA-3-1992 standard this type of correction is
not optional. It is required. Additionally you must also
make corrections for thermal effects on the pipe diameter.
Another new requirement is that these corrections cannot
be tacked onto the end of the equation as a factor. They
are to be applied on the front end as adjustments to the
diameters themselves. Therefore, the end user should
be supplying diameters at a reference temperature
(68 DegF), and the device solving the equation should
be adjusting the diameters based on the difference
between the reference temperature and the actual fluid
temperature.
This means that virtually none of the equation can be precomputed and re-used. Even though the new equation
does not have Fb , there are portions of the equation that
depend only on the diameters. In the past, we would compute those portions of the equation only when the
diameters manually changed. Now, since the diameters
are a function of temperature they, and everything based
on them, must be computed on a continual basis.
Assume the measurement system is supplied dr , orifice
diameter at reference temperature and Dr , pipe diameter
and reference temperature. Before these diameters can
be used anywhere in the flow rate calculation they must
be corrected for thermal effects with the following
equations.
Corrected orifice diameter

Corrected pipe diameter
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Change 5, Downstream expansion factor, requires
additional compressibility
The equations for upstream expansion factor have not
changed. However to compute the downstream
expansion factor, real gas effects must now be accounted
for. This means an additional Z, compressibility
calculation is required when computing the downstream
expansion factor.
If your system measures static pressure downstream,
but you do not want to incur the additional processing
to compute another Z for the expansion factor, there is
something you can do.
You can compute the upstream pressure as follows and
use it to compute the upstream expansion factor.

where N is a conversion constant from differential
pressure to static pressure units.
If you employ this technique, you must be careful to use
Pf1 for all occurrences of static pressure in the flow rate
equation. You cannot use upstream pressure in some
places and downstream pressure in others.
Change 6, Fpv, supercompressibility is computed using
AGA-8
Many people have been using NX-19 to compute Fpv for
natural gas. The new standard specifies AGA-8.
A new AGA-8 standard was published in late 1992. That
standard documents two possible ways to compute Fpv.
One method is referred to as gross method, the other is
referred to as detailed method. The gross method is
supposed to be simpler to implement and require less
computing power than the detailed method. Having
worked with both, I can tell you that compared to either
of these methods NX-19 processing requirements are
relatively minuscule (small).
As a user, there are two major distinctions between the
gross and detailed methods you should consider.
1. The gross method accepts the same composition
data you are used to supplying for NX-19 (specific
gravity, percent CO2 and N2). The detailed method
requires a total analysis. What constitutes a total
analysis depends on each measurement site.
Generally, composition through C6s is considered a
total analysis. Sometimes C7s or C8s or C9s might
need to be broken out. The detailed method of the
equation will support this if needed.
2. The gross method is applicable over a narrower
range of operating conditions than the detailed
method. The gross method was designed to be
applicable for pipeline quality natural gas at normal

TABLE 2-2 - AGA-8 Ranges of Applicability
QUANTITY
NORMAL RANGE
EXPANDED RANGE
Relative Density (Gr)
0.56 to 0.87
0.07 to 1.52
Gross Heating Value
477 to 1150 Btu/scf
0.0 to 1800 Btu/scf
Mol Percent Methane
45.0 to 100.0
0.0 to 100.0
Mol Percent Nitrogen
0.0 to 50.0
0.0 to 100.0
Mol Percent Carbon Dioxide
0.0 to 30.0
0.0 to 100.0
Mol Percent Ethane
0.0 to 10.0
0.0 to 100.0
Mol Percent Propane
0.0 to 4.0
0.0 to 12.0
Mol Percent Butanes
0.0 to 1.0
0.0 to 6.0
Mol Percent Pentanes
0.0 to 0.3
0.0 to 4.0
Mol Percent Hexanes Plus
0.0 to 0.2
0.00 to Dew Point
Mol Percent Helium
0.0 to 0.2
0.0 to 3.0
Mol Percent Hydrogen
Assumed 0.0
0.0 to 100.0
Mol Percent Carbon Monoxide
Assumed 0.0
0.0 to 3.0
Mol Percent Argon
Assumed 0.0
0.0 to 1.0
Mol Percent Oxygen
Assumed 0.0
0.0 to 21.0
Mol Percent Water
0.0 to 0.05
0.0 to Dew Point
Mol Percent Hydrogen Sulfide
0.0 to 0.02
0.0 to 100.0
Flowing Pressure
1200 psia (8.3 MPa)
20,000 psia (140 MPa)
Flowing Temperature
32 to 130 Deg F (0 to 55 DegC)
-200 to 400 DegF (-130 to 200 DegC)
Note: This table taken from Table 1, page 3 of AGA-8 Standard 5
pipeline pressures and temperatures. For example,
the gross method supports up to 0.02% Hydrogen
Sulfide, while the detailed method supports up to
100% Hydrogen Sulfide.

Change 9, 50 ppm tolerance on computer solutions
expected

The following table summarizes the range of applicability
for the two methods. The Normal Range column applies
to the gross method. The Expanded Range column
applies to the detailed method.

“The implementation procedures in this document
provide consistent computed flow rates for orifice meter
installations which comply with other parts of this
standard. A particular implementation may deviate from
the supplied procedures only to the extent that the final
calculated flow rate does not differ from that calculated
using the presented implementation procedure using
IEEE Standard 754 double precision arithmetic by more
than 50 parts per million in any case covered by the
standard.” 4

Change 7, Implementation guidelines for computers are
provided
As mentioned earlier, Part IV provides these guidelines
and test cases to check out a program. Inclusion of
computer related documentation of this sort is
completely new for the AGA-3 standard and recognizes
both the need for a computer to solve the new equation
and the availability of computers to accomplish this.
Change 8, Older factored form of equation not as
prominent

Part 4 of the standard states:

Change 10, Pipe Taps not supported by new standard
The coefficient of discharge research did not include pipe
taps. Since Cd is a function of tap location, the new Cd
equation does not support pipe taps. The standard directs
you back to the AGA-3-1985 standard to handle pipe taps.
Change 11, Zb for air changed

This has already been discussed. The factored approach
is relegated to an appendix in Part 3 of the new standard.
Strictly speaking, appendices are not considered a
binding part of the standard. They exist for informational
purposes. The implementation guidelines in Part IV do
not even mention factors as such. See Section 3 of this
document for more detail.

Air’s compressibility at base conditions was changed
from 0.99949 to 0.99959
Change 12, Uncertainty statement was revised
Optimistically, the AGA-3-85 uncertainty statement was
approximately 0.5%. The new statement is approximately
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0.5% for Cd plus uncertainty in other measured variables.
Typical is probably between 0.6% and 0.7%.

•

Meter tube diameter tolerances were changed
For Any Diameter
old
range of 0.1 to 0.75 %
depending on Beta

This may sound as if the new equation has as much
uncertainty as the old. However, it appears the AGA-31985 uncertainty statement was very optimist and, strictly
speaking, was not technically defensible over all the
operating conditions for which it was being used.

new

0.25% regardless of Beta

For Max-Min Diameter
The new standard is expected to improve the uncertainty
by 0.1% - 0.5%. 6

old

range of 0.1 to 0.75 % depending
on Beta

Regarding this issue, a summary of statements taken
from Part 4 of the new standard follows:

new

0.5% regardless of Beta

The orifice equation in use through AGA-3-1985 was
based on data collected in 1932/33 under the direction
of Professor S.R. Beitler at Ohio State University (OSU).
The results of these experiments were used by Dr. Edgar
Buckingham and Mr. Howard Bean to develop the
coefficient of discharge equation.
In the 1970’s, researchers reevaluated the OSU data and
found a number of reasons to question some of the data
points. This analysis identified 303 technically defensible
data points from the OSU experiments. Unfortunately it
is not known which points were used by Buckingham/
Bean to generate the discharge coefficient equation.
Statistical analysis of the Regression Data Set (the new
data set) showed that in several regions, the Buckingham/
Bean equations did not accurately represent that data.4
This means that the uncertainty statement in the AGA3-1985 standard cannot be substantiated in all cases.
Changes 13-18, Changes to Part 2 – Specification and
Installation Guidelines
Since this paper mostly deals with the equation, details
about changes to the installation requirements are only
mentioned in brief here.
•
•

Diameters’ reference temperature is 68 Degrees
Fahrenheit.
Minimum orifice bore thickness is specified
old
no statement
new
bore must be larger of
(e >= 0.01d) or (e > 0.005) inch

•

Orifice plate thickness specification was changed
Table has same values, but statement restricting
range of applicability to (hw < 200 in. H2O) and (Tf <
150DegF)

•

Meter tube roughness specification was changed
old
300 microinches in all cases
new
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•

Eccentricity requirement was changed
old
new

•

Perpendicularity requirement added
New statement that orifice plate plane must be kept
at an angle of 90 degrees to the meter tube axis.

This concludes the overview of changes in the new orifice
metering standard.
SECTION 3 - MORE ON FACTORS
In this section a table is developed to more clearly show
the relationships between the fundamental and factored
equation forms (both AGA-3-1985 and AGA-3-1992). A
complete derivation of factors will not be shown here. Both
the 1985 and 1992 standards already document those
derivations. To be more instructive, the density terms of
equations 1 and 2 are shown being calculated using density
equations 3 and 4. Additionally, within the density
equations, Gi is computed based on equation 5. These
equation numbers refer to equations in this document.
1985-AGA-3 fundamental equation shown with density
equations included
Substituting density equations (eq. 3 and eq. 4) and ideal
gas gravity equation (eq. 5) into the AGA-3-1985
fundamental equation (eq. 1) results in equation A-1 as
shown on page 180.

TABLE 3-1 Fundamental Equation Terms included in Factored Equation Terms
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Substituting equations as shown above results in
equation A-2 below.

Equation A-2

Substituting equations as shown above results in
equation A-1 below.

SECTION 4 — PART 4’S NEW EQUATION
PROCEDURES
To date, most publications in the public domain have
included summaries of the new equations as presented
in Parts 1 and 3 of the new standard. Since Part 4 of the
new standard is intended as a guide for those taking on
the task of implementing the equation, it seems appropriate to include a summary of it here. This does not
provide all the necessary information to completely
implement the new equation, but it should give you a
feel for the scope of work involved.
General Outline of Solution Procedures

Equation A-1

AGA-3-1992 fundamental equation shown with density
equations included
Substituting density equations (eq. 3 and eq. 4) and ideal
gas gravity equation (eq. 5) into the AGA-3-1992
fundamental equation (eq. 7) results in equation A-2 as
shown below.

For this example it is assumed the fluid being measured
is natural gas. The general outline of the solution
procedures for flange-tapped orifice meters is as follows:
1. At Tf, calculate terms that depend only upon orifice
geometry: d, D, b, EV and Cd correlation terms.
2. Calculate the upstream flowing pressure, Pf from
either Pf2 or Pf1 and Dp.
3. Calculate required fluid properties (Gi, Rhof, and
Rhob) at Tf, Pf and other specified fluid conditions.
4. Calculate the upstream expansion factor.
5. Determine the converged value of Cd.
6. Calculate the final value of Qb.
Detailed Outline of Solution Procedures
1. At Tf , calculate terms that depend only upon orifice
geometry: d, D, b, E V and orifice coefficient
correlation terms.
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Calculate corrected orifice diameter

Calculate corrected pipe diameter

3. Calculate required fluid properties (Gi , Rhof , and
Rhob) at Tf, Pf and other specified fluid conditions.
Using AGA-8 Compute Zb Gas at (Tb and Pb) and Zf Gas
at (Tf and Pf), Then, compute Gi , Rhof and Rhob using the
following formulas
Ideal Gas Gravity

Calculate Beta

Flowing Density
Calculate velocity of approach term
Base Density
Note: In the following equations A0 through A6 and S1
through S8 are references to constants that are
documented in the standard.

4. Calculate the upstream expansion factor.
Compute orifice differential to flowing pressure ratio, x

Calculate orifice coefficient of discharge constants

Compute expansion factor pressure constant Yp

Compute expansion factor

5. Determine the converged value of Cd.
5.0 Calculate the iteration flow factor, F i, and its
component parts, F lc and F lp, used in the C d
convergence scheme.
Additional Tap Term for small diameter pipe
Compute Cd’s Iteration flow factor, FI

2. Calculate the upstream flowing pressure, Pf from
either Pf2 or Pf1 and Dp
5.1 Initialize Cd to value at infinite Reynolds number
0
d
C
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5.2 Compute X, the ratio of 4000 to the assumed
Reynolds number

General Outline of Solution Procedures
For this example it is assumed the fluid being measured
is natural gas and that the inch-pound units of measure
are used. The general outline of the solution procedures
for flange-tapped orifice meters is as follows:

5.3 Compute the correlation value Fc and its derivative
Dc, of Cd at the assumed flow, X

1. At Tf, calculate terms that depend only upon orifice
geometry: d, D, b, Ev and Fn.
2. Calculate the upstream flowing pressure, Pf from
either Pf2 or Pf1 and Dp.
3. Calculate factors associated with densities at Tf, Pf
and other specified fluid conditions. These factors
include Fpb, Ftb, Ftf, Fgr, and Fpv.
4. Calculate the upstream expansion factor.
5. Determine the converged value of Cd e.g. (Fc + Fsl ).
6. Calculate the final value of Qb.

5.4 Calculate the amount of change to guess for Cd

Detailed Outline of Solution Procedures
1. At Tf , calculate terms that depend only upon
orifice geometry: d, D, b, Ev and Fn .
Calculate corrected orifice diameter

5.5 Update the guess for Cd

5.6 Repeat steps 5.2, 5.3, 5.4 and 5.5 until the absolute
value of
is less than 0.000005.
6. Calculate the final value of Qv, the flow rate at base
conditions.

Calculate corrected pipe diameter

Calculate Beta

Calculate velocity of approach term
SECTION 5 — PART 3’S NEW EQUATION FACTORS
As stated earlier, a factored form of the new equation is
developed in appendix B of Part 3 of AGA-3-1992. To date,
most publications in the public domain, have included
summaries of the new equation as presented in Parts 1
and 3 of the new standard. Since these presentations have
not covered the factored form of the equation, a
presentation of new equation procedures based on the
factored equation form is included in this section.
For reasons stated earlier, the factored form is not
recommended for most implementations. However, in
the context of comparing the old and new equations,
the factored equation is presented in this section for
instructional purposes. As derived in Appendix B of Part
3, the factored equation form is as follows:
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Calculate Fn

2. Calculate the upstream flowing pressure, Pf from
either Pf2 or Pf1 and Dp

3. Compute Factors associated with densities (Rhob
and Rhof )

Step 5.3 Calculate the orifice Calculation Factor Fc

Step 5.4 Calculate the orifice Slope Factor Fsl

Compute Zbgas and Zfgas using
appropriate AGA-8 method.
4. Calculate the upstream expansion factor.
Compute orifice differential to flowing pressure ratio, x

Step 5.5 Repeat steps 5.2 through 5.4 until Cd, e.g. (Fc +
Fsl) changes are acceptably small
7. Calculate the final value of Qv , the flow rate at
base conditions.

SECTION 6 — TOTALFLOW’S IMPLEMENTATION OF
NEW ORIFICE EQUATION FOR GAS
Compute expansion factor pressure constant Yp

Compute expansion factor

This section describes Totalflow’s realtime implementation of the new orifice metering equations. As previously
shown in Section 2, equation 7 of this document, the
fundamental equation for volumetric flow rate is stated
as follows.

5. Determine the converged value of Cd , e.g. (Fc +
Fsl ).
Step 5.1 Assume a value for Cd

eq. 7 (restated), AGA-3-1992 Fundamental Equation

Assume Cd = (Fc + Fsl) = 0.6

Form of the Equation

Step 5.2 estimate a value for Reynolds Number by first
estimating Qv

Part 4 of the new standard exists for the purpose of
providing implementation procedures that, when
followed, produce consistent results for most all
computer systems. Additionally, Part 1 of the new
standard recommends Part 4 procedures be followed.
The recommended implementation procedures
provided in Chapter 14.3, Part 4, allows different
entities using various computer languages on
different computing hardware to arrive at nearly
identical results using the same standardized input
data.1
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Additionally, since Part 4’s implementation uses the
equation’s fundamental form it is more easily adapted
to a mass flow equation and can also be handily adapted
to other sets of engineering units.
For these reasons this implementation is based on Part 4
of the new standard. This means that factors, as such,
are not part of this implementation. However, the
equation is still solved as a collection of various terms.
These terms are themselves factors of the equation, but
they are not the classic collection of factors historically
associated with the AGA-3 equation.
The new standard has clearly relegated the older factored
form of the equation to a less prominent position by
putting it in an appendix. It is clear the authors of the
new standard are moving toward the more fundamental
form of the equation.

where,

eq. 9

Equation 9 above contains a flowing density term (ρ f )
that, as discussed in Section 1 of this document, is computed using the following gas density equation.

eq. 3 (restated) Density at Flowing conditions
Substituting equation 3’s density solution into equation 9,
results in the following equation for Fip.

Integration and Time Related Issues

eq. 10 Fip with gas density equation included

Equation 7 is a rate equation which must be integrated
over time to produce a quantity (volume or mass). Since
the orifice metering standard does not specify integration
requirements, these techniques are left to each system
designer. Much of this section is devoted to describing
techniques for integrating the fundamental flow rate
equation to produce volume.

Equation 10 above contains a ideal gas gravity term Gi
that, as also discussed in Section 1 of this document, is
computed using the following equation.

As illustrated below, portions of the equation are
computed at different times. The possible times are:
Table 6-1 Names of Calculation Time Periods

Time Period
CONST (constant)
SEC (second)
VOLP (Vol Period)

NEW_VOL_CONST
NEW_COMP

Description
Computed once, never change
Computed once per second
(sample period)
Computed once per volume
calculation period (user
adjustable)
Computed when static values
are manually changed
Computed when new gas
analysis data is received

Fip
To begin describing these time domain issues, the
fundamental equation is rewritten such that the portion
of equation 7 under the radical (e.g. ) is set apart as a
separate entity. Part 4 of the standard refers to this
portion of the equation as Fip. For consistency we refer
to it likewise here.

eq. 5 (restated) Gi computed from Gr
Substituting equation 5’s ideal gravity solution into
equation 10, results in the following equation for Fip.

eq. 11 Fip with Gr used instead of Gi
Equation 11 shows the form of Fip used in this implementation to compute gas volumes. However, portions of
Fip are computed on different time periods. To illustrate
those portions of Fip, the following equations are provided.

eq. 12 Constants within Fip equation

eq. 13 Supercompressibility within Fip equation

This results in equations:
eq. 8

eq. 14 Extension within Fip equation
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TABLE 6-2 Summary of Calculation Time Periods
Variable Name

Equation Being Computed

Time Period for Computation

See equations in Part 4 of standard or
Section 4 of this document.

VOLP
NEW_VOL_CONST and
NEW_COMP
VOLP
But portions are computed on
different time periods as shown
in following three table entries for
CONST
Computed once, never
changes.
VOLP

SEC
The extension is computed and
integrated each second until
VOLP, when it is used in the
volume calculation.

Restating the Fip equation in terms of the variables solved
for in equations 12, 13 and 14 results in an Fip equation
of the following nomenclature.

This logic and math execute each second thereby always
providing the upstream static pressure for use throughout
the whole equation.
Averaging Techniques

eq. 15 Fip with time dependent factors shown
With this final representation of Fip , we can now construct
a table showing each portion of the flowrate equation
(equation 8) and their respective computation time
periods. See Table 6-2 above.
Static Pressure and Expansion Factor
As mentioned in Section 2 of this document, if downstream expansion factor is used then an additional Z
(compressibility) calculation must be performed. To avert
the need for this additional processing, this implementation always uses the upstream static pressure thereby
allowing computation of the upstream expansion factor.
The user is allowed to specify either up or down stream
for location of the static pressure sensing element. If the
upstream location is specified, that pressure measurement is used without modification. However, if the downstream location is specified then the upstream pressure
is computed as:

Type 1 Averages
Averages constructed from one second samples taken
only during times of flow are maintained for the real time
measured variables of differential pressure, static
pressure, and flowing temperature.
Type 2 Averages
Averages constructed from all one second samples
(regardless of flow) are also maintained for the same
variables.
Type 1 averages are stored in the historical record for
periods in which some quantity (volume or mass)
accrued. Type 2 averages are stored for periods in which
zero quantity accrued. This technique provides adequate
volume adjustment averages for downstream processing
but also supports site operations with averages for
pressure and temperature even when there is no flowrate.
In older Totalflow devices Type 1and 2 averages were
always based on linear values. In newer Totalflow devices
either linear or square root averages can be specified.
Other New Implementation Features
• Different Z (compressibility) calculation methods are
available. These include the latest AGA-8 methods and
NX-19. Additionally Fpv can be turned off if desired.
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• VOLP, Volume calculation period defaults to one hour,
but is user selectable. Selections offered are 1, 2, 5,
10, 30, and 60 minutes.

ELSE IF (Fpv Method = NX19_GRAVITY)
Compute Ft and Fp using NX19 Gravity Method

• Up to 23 composition variables for supporting AGA-8
ip
F
detailed method are supported.

ELSE IF (Fpv Method = NX19_METHANE-GRAVITY)
Compute Ft and Fp using NX19 Methane Gravity
Method

• Selectable static pressure tap location is supported.

ENDIF

ip
F
•const
Selectable differential pressure tap type is supported.

Calculate Base Density

• Higher static pressure transducers are supported. Up
to 3500 psi is currently in use.
Algorithmic Detail of Realtime Implementation of New
Equation for Gas
The following is a more detailed summary of periodic
computations performed by this implementation for
solving the new orifice equations (AGA-3-1992). The
periods referred to in this section are those same periods
summarized in Table 6-1. Please note that the following
equations are based on using linear averages, if square
root averages are selected, then square roots are
performed before they one second summations take
place.
CONST PERIOD

NEW COMP PERIOD & NEW VOL CONSTS PERIOD

SEC PERIOD
IF (Pressure Tap Downstream)
Calculated Upstream Static Pressure, Pf

ELSE

ENDIF

IF (DP > DP_ZERO_CUTOFF) (If Flow Exists)

Currently the same calculations are being performed for
each of these two periods. Future optimizations could
result in different calculations being performed for each
of these two periods.
Perform Fpv Pre-Calculations
IF (Fpv Method = AGA-8 gross)
Compute AGA-8 gross method precalcs (e.g. AGA8 terms that are function of composition) Using
AGA-8 gross method Compute Zbgas
ELSE IF (Fpv Method = AGA-8detail)
Compute AGA-8 detail method precalcs (e.g. AGA8 terms that are function of composition) Using
AGA-8 detail method Compute Zbgas
ELSE IF (Fpv Method = NX19_FIXEDFTFP)
Accept user supplied Ft and Fp values
ELSE IF (Fpv Method = NX19)
IF ((Gr < 0.75) AND (CO2 < 15%) AND (N2 < 15%))
Compute Ft and Fp using NX19 Gravity Method
ELSE
Compute Ft and Fp using Methane Gravity Method
ENDIF
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ENDIF
VOLP (VOL PERIOD)
(THIS ONLY EXECUTES IF THERE WAS FLOW
DURING THE VOLP)

Construct averages from one second accumulators

Additional Tap Term for small diameter pipe

Calculate Fpv at Tf , Pf and other specified fluid
conditions (using NEW_COMP precalcs).
At Tf , calculate terms that depend only upon orifice
geometry: d, D, b, Ev and orifice coefficient correlation
terms.
Calculate corrected diameters and Beta

Calculate velocity of approach term

Calculate orifice coefficient of discharge constants
Note: In the following equations A0 through A6 and S1
through S8 are references to constants that are documented in the standard.

IF

(Fpv Method = OFF)
Fpv = 1.0

ELSE IF (Fpv Method = AGA-8gross)
Calculate Z f gas using AGA-8 gross method then
calculate Fpv

ELSE IF (Fpv Method = AGA-8detail)
Calculated Z fgas using AGA-8 detail method then
calculate Fpv

ELSE IF (Fpv Method = NX19_FIXEDFTFP OR
NX19_GRAVITY OR NX19_METHANE-GRAVITY)
Calculate Fpv using NX19 method and previously
supplied ft and fp
END IF
Calculate the upstream expansion factor.
Compute orifice differential to flowing pressure ratio, x

Compute expansion factor pressure constant Yp

Compute expansion factor
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Calculate Fip

Cd_step.6

Repeat steps 2,3,4 and 5 until the absolute
value of
is less than 0.000005.

Calculate the final value of qm , the mass flow rate at
line conditions.
Determine the converged value of Cd.
Cd_step.0

Calculate the iteration flow factor, Fi , and
its component part, Fip. Re-use the Fip computed earlier. Then use these in the Cd convergence scheme.

Compute Cd’s Iteration flow factor, FI

Calculate the final value of Qv , the volumetric flow
rate at base conditions.

Calculate the final value of Volb , the volume at base
conditions for the Volume Period

If Fic < 1000 Fip

Section 7 - NOMENCLATURE
Cd_step.1

Cd_step.2

Cd_step.3

Initialize Cd to value at infinite Reynolds
number

Compute X, the ratio of 4000 to the
assumed Reynolds number

Compute the correlation value Fc and its
derivative Dc, of Cd at the assumed flow, X

V

Cd_step.4

Cd_step.5
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Calculate the amount of change to guess
for Cd

Update the guess for Cd
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a1

Linear coefficient of thermal expansion of the
orifice plate material

a2

Linear coefficient of thermal expansion of the
meter tube material.

b

Beta. Ratio of orifice plate bore diameter to meter
tube internal diameter (d/D) at flowing temperature,Tf.

Cd

Orifice plate coefficient of discharge.

Cd0

First flange-tapped orifice plate coefficient of
discharge constant within iteration scheme.

Cd1

Second flange-tapped orifice plate coefficient
of discharge constant within iteration scheme.

Cd2

Third flange-tapped orifice plate coefficient of
discharge constant within iteration scheme.

Cd3

Forth flange-tapped orifice plate coefficient of
discharge constant within iteration scheme.

Cd4

Fifth flange-tapped orifice plate coefficient of
discharge constant within iteration scheme.

Cd_f

Orifice plate coefficient of discharge bounds flag
within iteration scheme.

d

Orifice plate bore diameter calculated at flowing
temperature Tt.

D

Meter tube internal diameter calculated at
flowing temperature Tf.

dr

Orifice plate bore diameter calculated at
reference temperature Tr.

Dr

Meter tube internal diameter calculated at
reference temperature Tr.

Dc

Orifice plate coefficient of discharge
convergence function derivative.

Pmair

Measured air pressure.

DP

Orifice differential pressure.

Pmgas

Measure gas pressure.

e

Napierian constant, 2.71828.

π

Pi, 3.14159

Ev

Velocity of approach factor.

qm

Mass flow rate at actual line conditions

Fc

Orifice calculation factor for Cd (Used differently
in Parts 3 and 4)

qv

Volume flow rate at actual line conditions.

Qv

Volume flow rate per hour at base conditions.

F sl

Orifice Slope Factor for Cd

R

Universal gas constant.

Fl

Iteration flow factor

ReD

Pipe reynolds number.

F lc

Iteration flow factor — independent factor.

ρb

Density of the fluid at base conditions, (Pb, Tb).

F lp

Iteration flow factor — dependent factor.

ρbair

Air density at base conditions, (Pb, Tb).

Fmass

Mass flow factor.

ρbgas

Gas density at base conditions, (Pb, Tb).

Fb

Basic orifice factor.

ρf

Density of the fluid at flowing conditions, (Pf, Tf).

Fr

Reynolds number factor.

Tb

Base temperature.

Fpb

Pressure base factor.

Tmair

Measured temperature of air.

F tb

Temperature base factor.

Tmgas

Measured temperature of gas.

F tf

Flowing temperature factor.

Tf

Flowing temperature.

F gr

Real gas gravity factor.

Tr

Reference temperature of orifice plate bore
diameter and/or meter tube internal diameter.

F pv

Supercompressibility factor.

Td

Downstream tap correction factor.

Fa

Orifice thermal expansion factor.

Ts

Small meter tube correction factor.

gc

Dimensionless conversion constant.

Tu

Upstream tap correction factor.

Gi

Ideal gas relative density (specific gravity).

Vol b

Quantity Volume at base conditions

Gr

Real gas relative density (specific gravity).

X

k

Isentropic Exponent.

Reduced reciprocal Reynolds number (4000/
ReD).

m

Mass.

Xc

Mr air

Molar mass (molecular weight) of dry air.

Value of X where change in orifice plate coefficient of discharge correlation occurs.

Nc

Unit conversion factor (orifice flow).

Y

Expansion factor.

N1

Unit conversion factor (Reynolds number).

Yp

Expansion factor pressure constant.

N3

Unit conversion factor (expansion factor).

Zb

Compressibility at base conditions (Pb, Tb).

N4

Unit conversion factor (discharge coefficient).

Z b air

Air compressibility at air base conditions (Pb, Tb).

N5

Unit conversion factor (absolute temperature).

Zbgas

Gas compressibility at gas base conditions (Pb,
Tb).

Nvtime

Time Interval Constant used in flowrate
integration algorithm to produce quantity volume

Zf

Compressibility at flowing conditions (Pf, Tf).

Pb

Base pressure.

Zmair

Air compressibility at air measurement conditions, (assumed Pb, Tb).

Pf

Static pressure of fluid at the pressure tap.

Zmgas

Pf1

Absolute static pressure at the orifice upstream
differential pressure tap.

Gas compressibility at gas measurement conditions, (assumed Pb, Tb).

Pf2

Absolute static pressure at the orifice downstream differential pressure tap.
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A REVIEW OF THE REVISIONS TO API 14.3/AGA 3–PART 2
Tom Cathey
JW Measurement Company
515 N. Sam Houston Parkway, Houston, TX 77060

INTRODUCTION
In April of 2003, revisions to the specification and
installation requirements for orifice meters was published
by the American Gas Association in the form of the AGA
Report No. 3–Part 2, Fourth Edition. The revisions or
changes in the following categories are significant when
compared to the 1991 Third Edition publication of AGA
Report No. 3 and will be discussed in greater detail
throughout this paper:
•
•
•
•
•
•

Flow Conditioners
Required Meter Tube Lengths
Meter Tube Surface Roughness
Orifice Plates
Thermometer Well Location
Pulsation Environment

FLOW CONDITIONERS
Flow conditioners are divided into two categories:
flow straighteners and isolating flow conditioners. Flow
straighteners are defined as “Devices that remove or have
limited ability to accurately replicate the orifice plate
coefficient of discharge database values.” Isolating flow
conditioners are defined as “Devices that effectively
remove the swirl component from the flowing stream
while redistributing the stream to produce flow conditions
that accurately replicate the orifice plate coefficient of
discharge database values.”
The 1998 Uniform Concentric 19-Tube bundle is
considered a flow straightener and the physical
specifications are considerably different from the
requirements listed in the 1991 publication for
straightening vanes. The individual tubes must be of
uniform smoothness, outer diameter and wall thickness.
Commercially available seamless carbon steel tubing is
readily available and most commonly used. The individual
wall thickness of the tubes shall be less than or equal to
2.5% of the published internal diameter. For example:
The individual wall tube thickness for a 3” schedule 40
meter tube (3.068”) must be .025 X 3.068 or 0.0767” or
less. The individual tubes must be chamfered on both
ends not less than 50% of the wall thickness by 45
degrees. The tubes must be arranged in a cylindrical
pattern and the individual tube outer walls must come in
direct contact with each other. The outside diameter of
the tube bundle must be a minimum of 95% of the
published internal diameter of the meter tube and can
obviously be no greater than the published internal
diameter. In order to ensure that the bundle outer tube

walls come in direct contact with each other and achieve
an outside diameter greater than or equal to 95% of the
published inside diameter of the meter tube, the correct
O.D. tubing must be used as illustrated in the table below
for schedule 40 piping.
Meter
Tube ID ”
3.068
4.026
6.065
7.981
10.020

Vane
Tube O.D. ”

Minimum Vane
Bundle O.D. ”

19/32
13/16
1-3/16
1-5/8
2

2.9146
3.8247
5.7618
7.5820
9.5190

The required length of the tube bundles must be
as follows:
•
•
•

3 X NPS for 2”
2.5 X NPS for 3” & 4”
2 X NPS for 6” and above

Flow conditioners not meeting the requirements of the
1998 Uniform Concentric Tube Bundle are considered
as Other Flow Conditioners. While the 2000 publication
does not recommend any particular type of flow
conditioner, specific criterion for evaluation of installation
and/or flow conditioner testing is provided. These tests
define the meter tube lengths and flow conditioner
locations for acceptable performance. Significant
research and numerous flow studies have been
conducted since 1991 to test various flow conditioner
designs with repeatable and acceptable results.
REQUIRED METER TUBE LENGTHS
A beta ratio of.75 should be used as the design criteria
for new orifice meter installations. The 2000 publication
provides required minimum installation lengths for meter
tubes with no flow conditioners in Table 2-7 and minimum
installation lengths for meter tubes with the 1998
Concentric 19-Tube Flow Straighteners in Tables 2-8a
and 2-8b. Two configurations to be noted for tubes
without flow conditioners in Table 2-7 are:
•
•

Two 90°elbows in perpendicular planes where
S<5Di
Any other configuration (catch all category)

For the two 90° elbows in perpendicular planes, the
recommendation is 95 published inside diameters
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beginning at beta ratios of .50 through .75. For
configurations not specifically addressed in Table 2-7,
145 published inside diameters are recommended for
beta ratios of .40 through .75.
For tubes with The Uniform Concentric 1998 19-Tube
Bundle, there are multiple configurations that are not
allowed at the higher beta ratios. This means that it is
not possible to find an acceptable location for the 1998
Concentric 19-Tube Bundle downstream of the fitting
for all values of upstream length. A few examples follow:
•

Single 90° tee used as an elbow but not as a
header element for beta ratios of .67 and higher.

•

Partially closed valves (at least 50% open) for
beta ratios of .60 and higher.

•

500 micro inches for diameter ratios greater than
or equal to 0.6

•

The minimum roughness shall no be less than
34 micro inches for all diameter ratios.

ORIFICE PLATES
There are revisions to 8 inch and 24 inch plates in the
2000 publication as well as maximum allowable
differential pressures for all meter tube diameters.
Changes in recommended thickness for 8 inch and 24
inch orifice plates are as follows:
Recommended Orifice Plate Thickness

Required minimum lengths for other types of flow
conditioners are not specified although flow testing in
situ and at flow-testing laboratories is addressed. Many
companies have now changed their engineering
standards to accommodate other types of one and two
piece flow conditioners such as those produced by
Gallagher, Canadian Pipeline Accessories and Daniel.
METER TUBE SURFACE ROUGHNESS
In the 1991 and 2000 publications, sections 2.5.1.1
through 2.5.1.1.3 address the inside surface of meter
tubes. There are several changes for tubes greater than
12 inches in diameter and a minimum surface roughness
is specified for the first time. To illustrate the changes
more clearly, the 1991 requirements are listed followed
by the 2000 requirements.
1991
•

300 micro inches for beta ratios less than 0.6

•

250 micro inches for beta ratios greater than or
equal to 0.6
2000

For meter runs with nominal diameters of 12 inches or
smaller:
•

300 micro inches for diameter ratios equal to or
less than 0.6

•

250 micro inches for diameter ratios greater than
or equal to .60

•

The minimum roughness shall not be less than
34 micro inches for all diameter ratios

•

For meter runs with nominal diameters larger
than 12 inches:

•

600 micro inches for diameter ratios equal to or
less than 0.6
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1991
2000
1991
2000

8”
24”

.125”
.250”
.375”
.500”

The maximum recommended differential pressure was
200” W.C. for all tube diameters and plate bores in the
1991 publication. The exception was the 8 inch plate
with a .125” thickness which was limited at 150” W.C. to
prevent plate deflection. In the 2000 publication,
maximum recommended differential pressures are listed
in Table 2-3. These differential pressures apply to
stainless steel orifice plates at a maximum operating
temperature of 150°F. For all orifice flange fittings or
unions, the maximum differential pressure is listed at
1000 inches of water column. For other orifice fittings
(single and dual chamber) differential pressure
maximums vary from a minimum of 180” to a maximum
of 1000”.
THERMOMETER WELL LOCATION
The required lengths downstream of the orifice plate
related to thermometer well location remain unchanged
from the 1991 to the 2000 publication. In the 1991
publication, the thermometer well could be located
between 12 –36” upstream of the straightening vane. In
the latest revision, the thermometer well may be located
no closer than 36” upstream of the flow conditioner inlet
PULSATION ENVIRONMENT
Pulsation is addressed in section 2.6.4 of the 2000
publication. The allowable pulsation environment is
stated as follows:
D P rms / D P avg £ 0.10
or:
“Accurate measurement of flow with an orifice meter
operating under pulsating flow conditions can be ensured
only when the root mean square of the fluctuating
differential pressure amplitude normalized over
differential pressure time mean does not exceed 10%.”

This applies to single frequency pulsations caused by
reciprocating compressors or releif/blowdown valves and
to broadband flow pulsation or noise caused by throttling
valves. There is currently no reliable means to adjust for

indicated pulsation and it is stated that attempting to do
so may actually introduce more error.
Every effort should be made to eliminate the source of
the pulsation which can usually be accomplished through
proper design of the facility.
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A NEW PERSPECTIVE ON MEASUREMENT
THE IMPACT OF MEASUREMENT IN A
CHANGING BUSINESS ENVIRONMENT
David Wofford
Shell Gas Transmission, LLC
1301 McKinney, Suite 700, Houston, TX 77010
The measurement of hydrocarbons has evolved
significantly through the years, from both a technical and
business application perspective. Developments and
advances in technology have made the measurement of
hydrocarbons more precise, efficient and available.
Changes in the energy business environment have
placed the measurement of hydrocarbons into a more
significant role within organizational and industry
business processes.
A HISTORICAL OVER VIEW OF THE NEED TO
MEASURE
The Roman’s discovered the value in measuring and
controlling the flow of water throughout the aqueducts
of their cities in order to better manage resources and
serve the needs of the populace. The Chinese first
developed pipeline systems made of bamboo and wood
to transport hydrocarbons and water from supply regions
to consumption areas. These early concepts and
applications of natural resource acquisition, delivery and
management were provisional to the needs of primarily
Agrarian societies. The resources were consumed within
the context of meeting the basic needs of people within
the scope of their existence.
The onset of the Industrial Age changed the value and
applications of the available natural resources to
societies. No longer were these resources only applicable
to agriculture, cooking, and lighting (via torches and
lamps). These resources now were used as energy
sources to ultimately create products and power. Oil and
gas could be burned to create steam from water, which
in turn could be applied to drive machinery that could
produce more work output than humans alone.
As the properties of hydrocarbons became better
understood, such could be processed and refined into
sub products that had even greater uses. These products
could be used as raw materials to create other products,
such as textiles, fertilizers, chemicals and additives for
other products, or as end products such as fuels. As the
uses for hydrocarbons grew, so did the value. The
measurement of hydrocarbons and the subsequent
refined products began to take on greater importance
because of the increased value of such.
One of the greatest technological innovations that
dramatically affected the hydrocarbon industry was the
invention of the inter nal combustion engine. This
invention enabled the direct use of hydrocarbons as a
fuel to power machinery. Since the energy contained
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within the hydrocarbons could be directly utilized to drive
the machine, rather than indirectly as with the generation
of steam, machines became more compact and mobile.
Machines became available to virtually everyone as an
affordable means of transportation, such having
revolutionized the means by which the entire world
functions.
But the key to it all was still the hydrocarbon. The
hydrocarbon based fuel must be available to operate
the machinery around which the world functions. This
has given even greater value to the hydrocarbon and
the ultimate measurement and quantification of such.
As technology has continued to advance, not only are
the quantities of hydrocarbons impor tant, but the
composition and quality of the hydrocarbons as well.
MEASUREMENT IN THE “OLD” ENERGY BUSINESS
The “Energy” business was born per the Industrial Age.
Fuels were needed to power machines. An entire industry
evolved from the need to discover, gather, transport,
refine and deliver fuels. Because these fuels were of
value, such had to be measured.
The measurement of fluids was accomplished by
physically determining the amount of the fluid that passed
a given point. The principals of these measurements were
founded in applying the physical properties of the fluids
to the principals of geometry and physics of the medium
in which the fluid traveled. These measurements were
part of operating the transport systems to move the fluids
from one point to another.
The measurement of fluids was accomplished by strictly
mechanical means. The most common means to
measure was by passing the fluids though a restriction
to create a pressure drop. The drop in pressure would
be measured and related to the conditions under which
the fluid was contained and a rate of flow determined.
Devices were developed to record the measurement of
pressure drop (differential pressure), static pressure, and
temperature of the fluid. These recordings were then
interpreted in relation to time in order to determine
quantities.
The most common means of measuring hydrocarbon
fluids became the orifice plate. A thin plate was placed
in the pipe. The plate had a bore (usually concentric within
the plate and pipe) through which the flowing fluid would
pass. The pressure on each side of the plate would be
measured to determine the pressure drop. This means

of measuring the flowing fluid proved very reliable in that
the systems withstood very harsh conditions and
required little maintenance.
Other types of meters were also developed to measure
hydrocarbon fluids. Turbine meters, wedge meters,
displacement meters and others began to become
commonly employed to measure hydrocarbons. All were
mechanical systems and were employed per the
conditions that existed relative to the needs and
quantities of the fluids to be measured. The systems
employed to record the measurements of the fluids were
also of strictly mechanical means, and required
subsequent interpretation to determine quantities.
Measured quantities of hydrocarbons were then reported
to administrative groups within the energy organization.
The accountants would then apply the price per unit of
fluid to the total quantity for the time period and a
statement would be forwarded to the party with which
the transaction took place. The process was no different
than any other business transaction, such as dry goods
or groceries. The product was priced, the quantities
measured or counted, the total price determined and
the transaction finalized. The sequence of events in
creating and finalizing the transaction were fixed and very
simple. A to B, B to C, C to D, and so on. The need to
measure or count units was just a necessary step in the
process and was a physical function left to those who
operated the pipeline systems.
These were the means by which the energy business
and the measurement of hydrocarbons existed for many,
many years. Subtle changes would occur per the
development of some new mechanical measuring or
recording systems, but for the most part, no significant
impacts were realized as far as the role of measuring
within the organization.

This all changed in 1978 per the passage of the Natural
Gas Pricing Act. This legislation was the cornerstone for
the means by which natural gas is traded today, in terms
of energy rather than just quantity. Sudden and dramatic
increases in the value of natural gas, as well as other
hydrocarbon based fuels, brought to light the need to
consider the quality of the product, not just the quantity.
It became the difference in buying a bicycle or a sports
car. Both are transportation vehicles to get you from point
A to point B, but one has significantly more features and
performance characteristics than the other, and thus, the
difference in value to the consumer.
Now natural gas was exchanged in terms of BTU’s or
Therms. The total amount of energy delivered was the
basis for the transaction. Computing equipment had
been implemented into the business processes, but
measurement still was very labor intensive.
MEASUREMENT AND ENERGY GO “HIGH TECH”
The introduction of the microprocessor meant a new era
for measurement. Computers could now be employed
to record measurements, calculate volumes, store
information and communicate with other information
systems. Microprocessors also allowed the development
of gas quality systems that could be implemented at the
measurement facility. Such instruments were previously
limited to the central laboratory. Fluid composition and
quality could now be determined “On Site”.
Various devices could be interfaced together in order to
combine the recordings of measured physical variables,
compositions and thermal values to render a total
delivered energy quantity. This information could be
made available to business units within organizations
much faster in order that such could be applied to
commercial transactions on a more timely and precise
basis.

AN EVOLUTIONARY STEP
Along came the microprocessor, a small silicone based
chip that could perform a multitude of mathematical
functions that normally required the efforts of many
people operating many machines to reach the same
result. Computing had been around for a while, but such
was not available to everyone. Large mainframes
dominated the information management world and the
use of such was limited in scope to the rigid structural
environment of the system. Mainframe time was limited
and expensive. The PC microprocessor introduced
affordability and accessibility into the equation.
Until this time, hydrocarbons were traded virtually in
terms of only quantity. “How much” was the only real
issue. Content of the quantity and how much total energy
was available were not so important. Gas was still cheap
and the determination of quantities was very labor
intensive. Detailed determinations of compositions and
energy values were even more complex and had marginal
monetary value to the transaction.

Energy could now be transacted upon in virtual “Real
Time”. The historic waiting period to gain access to vital
information because of energy measurement, data
processing and information provision to business units
had been reduced tremendously by the development and
implementation of computing and information
technologies.
The microprocessor also enabled new research and
development to occur with existing primary measurement
devices, as well as the development of new primary
measurement systems. Greater precision could be
obtained by employing newly developed measurement
and calculation mechanisms per the acquisition and
implementation of better research data. New primary
measuring elements, such as ultrasonic meters, were
developed for use in measuring fluid flows. Computing
power enabled these meters to be implemented on a
production basis because the huge amounts of data
acquisition and processing required to precisely and
successfully utilize these systems could now be
accomplished.
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These technologies that spawned the creation of new
measurement, recording and communication systems
created huge amounts of data to be managed. ClientServer based information systems were developed to
efficiently receive, process, validate and transmit this
information to business systems. Mor e and better
information could now be derived, processed and utilized
with much less required work and human intervention.
ENERGY GETS “REAL TIME”
Readily available and precise information changed the
scope of the energy business. Energy could now be
traded in “Real Time”. Precise quantities of energy could
be transacted upon on a daily or even hourly basis, at
different prices and under different conditions. The
energy market place now resembled the stock market.
A key to this market concept being successful, though,
was the integration of the measurement of products into
the business cycle mainstream. No longer could
measurement be maintained as an upstream process
whose product slowly trickled into the business cycle
for “end of period” processing. The function had to be
an integral part of the dynamic process that enabled
business to be conducted and finalized “Now”. Huge
monetary benefits to all interested parties were at stake.
Not only was measurement an engineering and
operations process, but now a vitally integrated business
necessity.
Because of this new integration into the business
relationship, measurement personnel had to be more
knowledgeable of the energy business process. Also,
personnel had to have greater cognizant understanding
of other business processes, such as accounting,
finance, contract administration and commodities trading
practices and implications. Measurement was now a truly
“Business” process, not just another step that was
necessary in the core operation of the pipeline system.
This also created a need for measurement personnel with
new skills and education. Not only were engineering and
operations principals important, but also proficiencies
in business disciplines and processes. The new
“Measurement Man” was now required to wear more
hats, have broader understandings of the entire
engineering, operations and business processes, and
continually develop new proficiencies as technologies
and businesses practices progressed.

Discussions among today’s industry measurement
managers not only focus upon the engineering and
operations aspects of the process, but as much upon
the business related implications of the measurement
processes as well. Highlighted topics at today’s industry
conferences are often the impact of LAUF (Lost and
Unaccounted For) product, minimizing the “after the fact”
processes of having to “scrub” measurement data in
order that such may be immediately applicable to current
business transactions, and the continuing development
and implementation of measurement information
technologies that are integrated directly into the primary
business system platforms of the organization.
ENERGY MEASUREMENT AND THE FUTURE
So where does measurement go from here? What are
the important aspects of the entire measurement process
in relation to the dynamic environment of today and
tomorrow’s energy business? These are issues that shall
be explored, defined and implemented by energy
measurement professionals.
All of the answers are not currently known, but there is
one significant aspect of the energy business
environment that will be at the top of the agenda. Industry
measurement professionals must work in concert
together in the development and implementation of
measurement technologies, applications and practices.
No longer is any energy organization an “island”. Industry
wide participation and acceptance must be achieved in
order to ensure that energy measurement is, and
continues to be, performed with technical, business and
ethical integrity.
This concept will not be limited to energy in America,
but will have global implications. Energy today, all energy,
whether raw or produced, is a global commodity. Industry
organizations worldwide are working to develop
standards and practices that are globally applicable and
acceptable. Today and tomorrow’s measurement
professionals must actively participate within this
endeavor in order to ensure that our industr y and
organizational interests, concerns and ideas ar e
satisfactorily addressed and considered in order that the
future of measurement in the energy operations and
business environments is an integral part of the future
energy industry.

David Wofford
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PROBLEMS UNIQUE TO OFFSHORE MEASUREMENT
Wayne T. Lake
Independent Measurement Consultant

INTRODUCTION
As the worldwide demand for oil and gas forces offshore
exploration into waters off the continental shelves into
depths of over a mile deep, capital expense spending
(CapEx) and production operation expense (OpEx)
budgets are slashed and the Environmental Health and
Safety (EH&S) requirements as well as some companies’
goals for a ‘greener image’ raises the standards of
operations even higher, the demands placed on accurate
hydrocarbon measurement with minimal maintenance,
space and weight requirements becomes increasingly
greater. These financial, governmental and technical
challenges coupled with normally high flow rates and
therefore wide flow range requirements have enhanced
the development and application of new technology such
as ultrasonic gas and liquid meters, multiphase flow
meters, microwave and near infared (NIR) water cut
analyzers, coriolis flow meters for oil and gas and
compact orifice meter tubes utilizing isolating flow
conditioners and liquid meter provers. This paper will
attempt to provide guidelines in selecting, installing and
operating this equipment to insure cost effective designs
and reliable operation with a high degree of accuracy.
Since the author’s background is primarily in project
design, emphasis will be placed on the decision process
of selecting, installing and commissioning metering
equipment.
DESIGN DILEMMAS
Nearly every E&P project group responsible for the
design, engineering and fabrication of an offshore
production platform goes through a decision process
whereby conventional measurement equipment (orifice
meters for gas sales and pipe provers for liquid turbine/
displacement meter calibration) are compared to
alternative equipment based on space and weight
requirements. The project groups’ responsibility to
reduce CapEx by installing compact metering must be
balanced by operational factors such as reliability or
mean time between Failure (MTBF) which translates to
OpEx, safety, governmental and contractual
requirements and approval of interested parties (partners,
purchasers and pipeline operators).
Recently, regardless of country location, depth of water
or fluid application (oil or gas field), there is nearly always
a very strong consideration for the use of Multiphase
Flow Meter (MPFM) for well testing and/or allocation
mainly due to the estimated reduction of topsides weight
and space when compared to conventional separators

and associated metering equipment. The vendors have
what appears to be an infinite supply of information to
support the installation of MPFM in various applications.
Engineering studies have shown that ‘alternative metering
concepts (multipath ultrasonic meters for gas and compact
provers for liquids) with the same accuracy of today’s
conventional concepts, might reduce space and weight
by more than 50% compared to present layouts. The total
cost savings might be twice the actual procurement cost
of the metering skid.’1 Although this does not address
reliability, it is inferred that these alternative devices are
as reliable as their conventional counterparts. Another
engineering study conducted on behalf of North Sea
operators estimated (based primarily on vendor’s input)
the MTBF for multi-path ultrasonic meters to be 2 hours
of downtime over a period of 78 years or an estimated
‘uptime’ of 99.9997%! However, this may not be the case
as an offshore platform in the North Sea that recently
installed 13 ultrasonic meters have reported 11 failures
within the first two years of operation. The lack of reliability
in emerging technology is not always the case, as with
compact provers that have proven to be a real workhorse
in offshore applications, some with well over 100,000
cycles or ‘piston strokes’ between failures in offshore crude
oil applications.
Lately, a very common equipment selection discussion
revolves around the application of conventional orifice
versus multi-path ultrasonic measurement equipment for
the custody transfer of natural gas. Arguments supporting
the use of the ultrasonic meter over orifice include space
and weight saving, increased flow rangeability, reduced
pressure drop, inherent diagnostics, reduced
maintenance (calibration), tolerance to entrained liquids
(wet gas) and improved accuracy to name a few.
DEEP WATER EXPLORATION CHALLENGES
The incremental cost ($/lbm) to support topsides facilities
on a deep water floater such as a Tension Leg Platform
(TLP) is estimated to be 5.5 $/lbm (excluding deck, drilling
facilities and hull) which translates into $180,000 for 100’
of 20” Sch 120 pipe with two pair of 600# RF flanges.
This estimated incremental cost does not reflect any
associated cost savings for possibly decreasing the deck
size and weight by reducing the size of facility equipment
such as orifice meters or liquid provers. Another deep
water challenge is the potential for hydrate formation in
flow lines as the seabed temperature at 3000+’ of water
is 34°F which is accentuated by the unbelievable
approximate cost to work over a subsea completed well

2003 PROCEEDINGS

PAGE 197

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

at this depth of $12,000,000. These significant cost
factors force every deep water project team to investigate
new ways to reduce weight and space or ‘footprint’ of
topside measurement equipment and to work with
vendors to develop new equipment to measure relatively
small amounts of free water and/or water vapor for
hydrate control.
ENVIRONMENTAL CONCERNS
There are various international, regional and national
conventions, agreements and laws that define
operational standards for oil-contaminated effluents and
discharge water from offshore platforms and facilities.
Typically, the average discharge limits of oil in water is
29-40 mg/l (36-50 ppmv for 0.8 SG oil) over a period of
30 days with maximum discharge levels 42-100 mg/l.
Some major oil companies have endorsed self imposed
‘greener’ guidelines to further reduce emissions;
BPAmoco plans to maintain total current emissions levels
(that meet or exceed regional guidelines) regardless of
new field development or production rates. These
conservative discharge limits place increased demands
on separation facilities and associated measurement
equipment in mature oil fields where water cuts are
greater than 60-80%.

requires extreme rangeablity in flow rate and of course
accuracy is considered to be essential, the author’s
preference is to use two or more conventional, concentric
orifice meters installed in parallel as follows:
•
•
•
•

The above design when using 0.2-0.6 orifice to pipe ratio
(ß) and 30-150 inches of water column (IWC) differential
pressure for normal operations and a maximum ß of 0.66
and 300 IWC differential pressure for emergency capacity
operations will provide a flow range of 80 to 1 with an
estimated random uncertainty in volume of less than
±0.75%. This uncertainty may be validated from the
following sources:
•
•

FLUID PROPERTY AND OPERATIONAL ISSUES
•
Today’s typical offshore platform location of sales or
allocation measurement equipment is downstream of
final phase separation facilities (no dehydration of gas,
if not compressed) and immediately before the fluid
leaves the platform in a subsea pipeline. The measured
fluids at this point, although separated as well as
economically possible, are typically at hydrocarbon and
water dewpoint for gas and at bubble point for liquids.
Neither of these above described fluids conditions are
considered ideal for custody transfer measurement and
sampling. In the event of any upset in the production
separators, liquids may carry over the top thus allowing
liquids in the gas line or gas may carry under allowing
free vapors in the liquid line. Even without an occasional
operational upset, any normal cooling of gas due to
ambient temperatures or inevitable pressure drop due
to frictional piping losses will cause liquids to condense
and likewise any pressure drop in the liquid line will allow
free gas to evolve. These potential separator and resulting
multiphase fluid problems will cause numerous metering
problems such as liquid accumulation near the orifice
plate, cavitation in liquid meters, problems in obtaining
a representative sampling from gas streams, repeatability
in proving of liquid meters and if liquids are introduced
to an on-line gas chromatograph, catastrophic failure of
the analyzer.
EQUIPMENT SELECTION FOR OPTIMAL DESIGN
SOLUTIONS
For offshore fiscal gas metering applications where
economic space constraints require a compact design
with a high degree of reliability, life of field design criteria
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low loss, isolating flow conditioner with a
minimum of thirteen (13) pipe diameters
upstream meter tube
maximum thickness allowed orifice plates
single, 0-400 IWC differential pressure range
smart type transmitter
orifice flange taps oriented above the pipe
centerline (12 o’clock preferred) with transmitters
installed on direct mount, full bore manifolds

•
•

offshore, wet gas pipeline accumulated system
energy and volume balance of <0.2%
flow conditioner tests results from Southwest
Research Institute (SWRi)2
orifice discharge coefficient data from API 14.3
Part 1
mass error due to plate bending by Jepson and
Chipchase3
differential pressure transmitter field calibrations

With all the vendor ‘information’ available and the
emphasis to reduce deck space to save CapEx and
reduce maintenance in order to save OpEx, it would be
very easy to conclude that the multi-path ultrasonic is a
better choice over the orifice meter for offshore, wet gas
applications. After all, the ultrasonic meter is reported to
be more accurate than the orifice (when wet calibrated),
more tolerant of the effects of wet gas, require
significantly less deck space and maintenance and have
greater flow range capability.
However, let’s take an objective look at each of these
comparison claims starting with the accuracy claim.
Regardless of the vendors’ statements on meter
accuracy, keep in mind that the reliability or mean time
between failure (MTBF) is also extremely important when
depending on the meter’s output for the monthly
accounting statement so that a loss of data for any reason
will always produce negatively biased errors (losses to
the seller) such that a downtime of one (1) hour in a
contract month will cause a –0.14% error and an eight
(8) hour downtime will cause a –1.1% error.
The implementation of an isolating flow conditioner
installed at a proper distance upstream (13-17 pipe
diameters overall from last piping disturbance to the
plate) will not only reduce the upstream length
requirements historically required for an orifice meter but

lab tests have shown a near perfect correlation and
excellent precision with the API 14.3 Reader-Harris/
Gallagher (RG) empirical coefficient of discharge equation
(data base using 45-80 diameters of straight pipe
upstream) over a wide range of ß ratios. This
improvement in measurement is due to the isolating flow
conditioner’s capability to eliminate any effects from
upstream piping and create an ideal flow pattern or
axisymmetric velocity profile, free of swirl for virtually all
worst case disturbances.
There is an inherent overall uncertainty advantage of the
orifice over the ultrasonic in that the orifice is an inferential
head type device with flow computed as a function of
the square root of differential pressure and fluid density
as opposed to the ultrasonic meter, a linear device so
that any error in density will have roughly twice the
additive effect on the ultrasonic.
As stated above, the use of dual orifice meter runs with
isolating flow conditioners upstream, taps rotated above
centerline, smart transmitters mounted directly on fittings
by means of full bore manifolds, higher differential
pressure ranges and thicker plates with ( ratios up to
0.66, allows for a flow range of 80 to 1, prevent dishing
of orifice plates from inadvertent blow downs and provide
for an accurate, reliable wet gas system balance
(<±0.2%) with minimal maintenance requirements.
Although, the issue of improved wet gas tolerance have
not been fully evaluated at this date (data is currently
being compiled as part of the GRI sponsored Wet Gas
Metering JIP conducted at CEESI), the use of self
draining, full bore direct mount manifolds and tap rotation
above pipe centerline minimizes any detrimental effects
in the impulse lines. Regarding reduced maintenance,
the smart type transmitters appear to be very stable
requiring less frequent calibrations, making this a moot
point as most companies prefer to have qualified
technicians carefully check all metering components on
a monthly basis, especially if the gas volume is significant.
Offshore gas volume measurement facilities may be
complimented with reliable, accurate on-line gas
chromatographs (GC) to providing real time energy
measurement provided the GC is installed properly as
follows:
•
•
•
•
•

sample probe installed with the tip in the center
third of the pipe
use heat traced, 1/8” SS tubing to insure no
liquid drop out and minimal lag time
heated regulator (located near the probe) to
insure no condensation due to J-T cooling
1/8” SS heat traced tubing from the regulator to
the GC sample inlet
emergency shut off solenoid valve in the sample
line — fail upon high-high level alarm from the
production separator

•
•
•

inlet sample filter types and sizes to minimize
possibility of liquid contamination without
removing any heavy end hydrocarbons
protect sample exhaust manifold from wind
velocity effects
appropriately blended, tested and heated
calibration gas

For offshore fiscal liquid metering applications (custody
transfer and allocation), where deck space, cost
effectiveness, pressure drop, fluid stability (bubble point)
and accuracy are critical issues, meters may be installed
as follows:
•
•
•
•
•
•
•

dual (parallel) metering is preferred
locate meter/prover at least one deck below
separator
use oversized, low loss piping to minimize
pressure drop
operate separators at highest liquid level,
especially during proving
install small volume prover upstream of meter(s)
install separator control valve(s) downstream of
metering
locate sample probe downstream of meter(s) in
a vertical pipe section

The above design does not require a pump to increase
pressure above the bubble point, but simply uses the
fluid hydraulic head pressure and meter component
location to maintain sufficient pressure for metering and
proving. This design has been validated to provide
repeatable 3 results (repeatability <0.05% for five
consecutive runs) where repeatability is defined as
follows:
Repeatability (%) = (Vhigh –Vlow) * 100/Vavg
The type of meter selected should be based on the
particular application depending on gravity, flow rate,
viscosity, sand production and water cut (if operating
separator in two phase mode). Regardless of meter
principal of operation or type, low pressure drop sizes
and models are required.
CORROSION SOLUTIONS AND PREVENTION
The issue of external corrosion due to high humidity, sea
spray, salt water washdowns and deluge systems is
common to all offshore facilities. Solutions to corrosion
problems include the use 316 SS over 304 due to
increased resistance from chloride pitting due to 3-4%
molybdenum content. Care should be given to insure all
components are resistant to corrosion as if two stainless
steel components are fastened with a mild steel, even if
cadium plated, the result will be evident in a matter of
weeks or even days. The use of Denso ‘Petrolatum tape
systems’ in highly corrosive environment such as offshore
facilities can significantly reduce the effects of a salt laden
atmosphere. All electrical conduit should be PVC coated
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using SS fasteners and bulkhead connectors with SS or
fiberglass enclosures.
PREVENTING UNNECESSARY PROBLEMS DURING
COMMISSIONING
Several common, some preventable and some inevitable
problems are encountered during the commissioning
phase of the construction project. These problems are
caused from the use of sea water for hydrostatic pipeline
testing, careless deposits of foreign materials and debris
from drill bit cuttings, welding slag and sand blast
particles, acids and produced sand during the well
completion process and the application of extreme
physical force to overcome unexpected resistance. Many
of these problems are preventable and with a little
planning and control may be completely avoided by
following a few simple guidelines:
•

•
•
•
•

allow measurement technicians to commission
new equipment — this will allow technicians to
become familiar with equipment before actual
operation begins as well as protecting
equipment from destruction by the construction
gorillas
remove turbine and displacement meters and
orifice plates from the line and bypass the prover
until final commissioning is complete
clean taps and orifice fitting slot of rust and
debris
provide for the supply of air free water for prover
waterdraw
do not operate the GC during the first week to
month of production operations — use a fixed
composition in the flow computer and edit the
data as required

NET OIL MEASUREMENT ON HIGH WATER CUT
PLATFORMS, EARLY WATER DETECTION FOR
HYDRATE CONTROL IN DEEPWATER SUBSEA FLOW
LINES AND THE APPLICATION OF MULTI-PHASE
FLOW METERS (MPFM)
Due to the gradual watering of wells in mature oil fields
and the eventual use of water flood techniques to
enhance production, a well’s water cut (fraction of water
of produced in total liquids) may increase to 90% and
above. This increase in water cut will significantly
increase the total produced fluid resulting in problems in
adequate phase separation and water handling
capabilities of an offshore platform. When trying to
accurately measure net oil for allocation and reservoir
management purposes with real time reporting, meet
desired production expectations at minimal OpEx budget
of management and adhere to increasingly stringent
effluent requirements, the implementation of emerging
technology measurement devices is essential. This
equipment ranges from the use multiphase flow meters,
coriolis meters for volume and water cut, microwave and
near infrared or NIR principle devices for water cut and
for some applications, the combination of these devices
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to complement and work in concert. Extreme diligence
is required when selecting the types of equipment to be
employed to insure the user’s objectives are met. Coriolis
and microwave techniques may be used successfully, if
installed and applied appropriately. However, both of
these methods are subject to increased errors in net oil
at very high water cuts (i.e., ±10% error in net oil at 90%
water cut). NIR devices, relatively new on the market,
may be a better fit for very high water cut applications or
monitoring interstage rejection water processing.
The investigation into measurement equipment for early
water detection for hydrate control in deepwater, subsea
flow lines has caused project groups to consider a wide
range of equipment and methods. These include
downhole devices using a combination of venturis in
series and annular capacitance techniques, sand
monitoring (acoustical) devices to listen for the sound of
ice crystals bouncing along the pipe, system pressure
drop to predict pipeline clogging due to reduced
hydraulic area from ice and the use of modified MPFM.
Some of these methods might work but none have been
proven in the field.
Multiphase flow meters for well test and allocation are
being considered for several reasons both onshore and
offshore. The potential for economic benefits from using
MPFM for well testing offshore range from increased
production by use of test lines as flow lines, reduced
size and weight as compared to a test separator, reduced
well test time and possibly, improved measurement. Each
application must be carefully evaluated considering
range of types of wells to be tested, gas void fractions,
effects of salinity, viscosity, accuracy of data and usually
government or royalty owner approval.
When considering the MPFM for allocation keep in mind
that although this is not sales, it is fiscal measurement
and a 10% error could be very costly to your company’s
bottom line. However, MPFM may be the best fit for
service method when marginal fields are introduced into
existing facilities and the only other alternative is
additional processing facilities or isolated phase
separation for measurement purposes only.
SUMMARY AND CONCLUSIONS
In summary, the fiscal measurement of hydrocarbons on
offshore facilities, although sometimes more expensive
than onshore counter parts, can be very accurate, reliable
and cost effective if common sense is employed:
•
•
•
•

work around the problems you cannot control
apply the KISS principle (Keep it Simple Stupid)
and apply emerging technology carefully
respect Mother Nature and protect the
equipment
use the pipeline balance to monitor results

Working around the problems you cannot control requires
that you first recognize the problem such as wet gas,

bubble point crude or liquid carry over from separators
and then finding tools, equipment, orientation and
location to prevent failure thus insuring reliable, accurate
measurement.
The application of the KISS principle could not be more
important than when selecting high volume metering
equipment for the fiscal measurement of natural gas
offshore in today’s project management economy.
Emerging technology equipment should be carefully,
realistically and objectively evaluated before being
installed offshore.
Respecting Mother Nature means protecting the
equipment by using corrosive resistant materials and
adequately protecting equipment from the forces of
nature.

REFERENCES:
1. ‘Metering Study to Reduce Topsides Weight’ by Nil-Rik
Hannisdal Aker Engineering presented at North Sea
Workshop, October 1991.
2. ‘Effects of Swirl and Velocity Profile Asymmetry on
Flow Conditioner Performance for Orifice Meters’ by K.A.
Behring and T.B. Morrow presented at 1998
FLOWMEKO.
3. ‘Field Experience with Hod Metering ’ by Sidsel E.
Corneliussen Amoco Norway Oil Co. presented at the
North Sea Workshop, October 1991.
4. ‘Effect of Buckling on Orifice Meter Accuracy ’ by P.
Jepson and R. Chipchase J. Mechanical Eng. Sc. Vol 17
No 6 1975.

A Gas Pipeline Energy Balance is defined as the %
difference between the total re-delivered energy from the
pipeline and the total delivered energy into the pipeline
as follows:
Energy Balance = ∑Re-Delivered-∑Delivered (MMBTU)
∑Re-Delivered
A well designed and operated system with a tight balance
may be used to monitor the performance of
measurement equipment and identify problems early.
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OVERALL MEASUREMENT ACCURACY —
DETERMINATION AND INFLUENCE
Paul J. La Nasa
CPL & Associates
P.O. Box 801304, Houston, TX 77280-1304

ABSTRACT
This paper presents methods for determining the
uncertainty of both differential and positive metering
stations. It takes into account the type of meter, number
of meters in parallel, type of secondary instruments, and
the determination of physical properties. The paper then
relates this information to potential influence on system
balance.
INTRODUCTION
Gas measurement uncertainty is a function of the
following items:
•
•
•
•

Selection of the appropriate metering device
Correct Installation of the metering device
Proper operation and processing of the metering
information
Proper maintenance of the metering device

Understanding how measurement uncertainty applies to
metering requires a basic knowledge of the terminology
and assumptions used in the calculation of measurement
uncertainty.
Measurement uncertainties can be categorized as the
following:
Pseudo

Pseudo uncertainties are potential human
errors or those associated with the
malfunction of an instrument. Once
identified, these errors can usually be
corrected and are not included in the
calculation of measurement uncertainty.

Random

Random uncertainties are potential
measurement errors that have an equal
chance of being higher or lower than the
true value of the measured variable. If a
large number of measurements are made,
the random error in the individual
measurements cancel and the mean of the
measurements will be approximate to the
correct value.

Systematic Systematic uncertainties are measurement
errors that are directional or contain a bias.
Because these errors are directional, they
do not cancel as additional measurements
are made.
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Random uncertainty reduces as the number of
measurements increases. However, additional
measurements will not reduce the systematic uncertainty.
Because the random and systematic uncertainties are
characteristically different, the calculation of each must
be performed independently. The combination of the two
independently performed calculations then forms the
total measurement uncertainty.
The elements of the random and systematic uncertainties
are classified as either independent or dependent and
must be determined before the total measurement
uncertainty can be obtained. The determination of gas
measurement uncertainty has been and is addressed in
numerous industry articles and standards publications.
Three such articles and publications that were referenced
in the preparation of this paper are: (1) Norman and
Jepson, (2) Tiemstra, Rans, and Backus, (3) AGA Report
No.3 Part 1 — 1990. However, for the purposes of
evaluation, this paper will not concern itself with the
influence of the interdependence of variables but will
utilize the calculation procedure given in A.G.A. Report
No. 3 (API MPMS 14.3, ANSI 2530, GPA 8185-90) Part I
— 1990 to determine the orifice meter measurement
uncertainty and will apply the same metrology to the
positive meter (turbine, rotary, or diaphragm meter)
measurement uncertainty.
The uncertainty for a single meter run is evaluated from
the random and systematic uncertainty of the primary
element (orifice, turbine, rotary, or diaphragm meter) and
its instrumentation. The uncertainty of the primary
element includes the uncertainty associated with the flow
coefficient, expansion factor, diameter of the meter run,
diameter of the orifice plate bore, and calibration of the
positive meters.
For an Individual meter run:
UTM = URM + USM
Where
UTM = Total meter run uncertainty
URM = Meter run random uncertainty
URM = √ Σ(URi )
USM = Meter run systematic uncertainty —
USM = √ Σ(USi )

The percent random uncertainty contributed by each
variable, URi , is defined as follows:

The total systematic uncertainty is determined using the
USM equation.

URi = ( Xi × Ai )2

USM = √ Σ(USi )

The sensitivity coefficient of each variable at the point of
evaluation, Xi, can be determined by calculating the
results for the conditions of evaluation, R, and the change
in the result, DR, produced independently by the
accuracy variation of each variable at the conditions of
evaluation and substituting into the following equation:

However, since the criteria applied for the determination
of the sensitivity coefficient, can vary and is specific to
an application, the sensitivity coefficients used for the
orifice meter uncertainty were chosen from A.G.A. Report
No.3 (API MPMS 14.3, ANSI 2530, GPA 8185-90), Part
1 — 1990 and similar sensitivity coefficient were
developed for the positive meters. The use of these
particular sensitivity coefficients can result in a small
understatement of the uncertainty estimates resulting
from not accounting for the interdependence of some of
the elements.

(∆RR )

Xi =

The percent accuracy of each variable at the point of
evaluation, e.g., average differential pressure, is
determined as follows:
For variables whose accuracy is stated as function of its
full-scale value, the percent accuracy is the value of the
accuracy at full scale, AF, divided by the value of the
variable at the conditions of evaluation, VCE.
Ai =

(VA ) × 100
F

CE

As an example, assume that one of the variables is a
differential pressure value whose accuracy is stated as
0.1% of full scale, its full scale is 100 and the point of
evaluation is 50. The percent accuracy of the variable at
the point of evaluation, Ai, would be:
Ai =

( 0.00150× 100 ) × 100 = 0.2%

The sensitivity coefficient of the variable at the point of
evaluation, Xi , could be determined by calculating the
results, R, using the point of evaluation value of 50, then
calculating the change in results, ∆R, using the point of
evaluation value, 50, changed by 0.2%. These two
numbers would be inserted into the equation for Xi to
determine the sensitivity coefficient of the variable at the
point of evaluation.
For variables whose accuracy is stated as a function of
reading, the percent accuracy is the same though out
its range.
The systematic uncertainty of each variable is determined
using the accuracy of the calibration standards as an estimate
of its contribution to the total systematic uncertainty (USM ).
USi = ( Xi × Ai )2
The accuracy of the calibration standards (A i ) are
expressed as a percent of reading so they can be
substituted directly into the USi equation along with the
sensitivity coefficients (Xi ) calculated for the appropriate
element to determine the systematic uncertainty
contribution by each variable.

DIFFERENTIAL METER UNCERTAINTY
The variable elements of a gas orifice meter measurement
uncertainty calculation are as follows:
Differential Pressure, dp
Static Pressure, Pf
Flowing Temperature, Tf
Gas Relative Density, Gr
Gas Compressibility Factor, Zf & Zb (Fpv)
Orifice Meter Coefficient of Discharge, Cd
Orifice Bore Diameter, d
Meter Tube inside Diameter, D
Expansion Factor, Y
Differential Pressure Calibrator, dpc
Static Pressure Calibrator, Pfc
Flowing Temperature Calibrator, Tfc
Gas Relative Density Calibrator, Grc
To calculate the measurement uncertainty for a multiple
meter run station, the variables that are independent on
a per run basis are differential pressure, static pressure,
temperature, and meter run tolerances. The variables
common to all runs in the station are the relative density
(specific gravity), gas composition, and calibration
standards.
The total percent measurement uncertainty for a meter
station is as follows:
UTS = URS + USS
Where
UTS = Total orifice meter station uncertainty
URS = Total orifice meter station random uncertainty
USS = Total orifice meter systematic uncertainty
The total orifice meter station random uncertainty is given as:
URS =

√( )
Σ

URi 2 
2 
per Run + Σ(U )
per Station
Ri
√n
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Where n is the number of meter runs. And the total orifice
meter station systematic uncertainty, USS, as:

√

USS = Σ(URi )2  per Run
Since there are numerous combinations of equipment,
operating conditions, and calculation methods existing
for orifice metering, it is impossible to establish a single
base line uncertainty relationship. The most practical
approach is to provide uncertainty ranges for the most
typical orifice metering combinations.
POSITIVE METER UNCERTAINTY (ULTRASONIC,
TURBINE, ROTARY, AND DIAPHRAGM)
The variable elements of a gas positive meter
measurement uncertainty calculation are as follows:
Static Pressure, Pf
Flowing Temperature, Tf
Gas Relative Density, Gr
Gas Compressibility Factor, Zf & Zb
Positive Meter Linearity, PML
Positive Meter Calibrator, PMpc
Static Pressure Calibrator, Pfc
Flowing Temperature Calibrator, Tfc
Gas Relative Density Calibrator, Grc
To calculate the measurement uncertainty for a multiple
meter run station, the variables that are independent on
a per run basis are positive meter calibration or proof,
static pressure, and temperature. The variables common
to all runs in the station are the relative density (specific
gravity), gas composition, and calibration standards.
The total percent measurement uncertainty for a meter
station is as follows:
UTS = URS + USS
Where
UTS = Total orifice meter station uncertainty
URS = Total orifice meter station random uncertainty
USS = Total orifice meter systematic uncertainty
The total positive meter station random uncertainty is
given as:
URS =

√( )
Σ

URi 2 
2 
per Run + Σ(U )
per Station
Ri
√n

Where n is the number of meter runs. And the total orifice
meter station systematic uncertainty, USS, as:

√

USS = Σ(USM )2  per Run
Since there are numerous combinations of equipment,
operating conditions, and calculation methods existing
for positive metering, it is impossible to establish a single
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uncertainty relationship. The most practical approach is
to provide uncertainty ranges for the most typical positive
metering combinations.
ENERGY DETERMINATION UNCERTAINTY
The measurement of total energy received or delivered
is customarily the product of the measured volume and
the heating value (Hv) per unit volume. The heating value
per unit volume is typically an inferred measurement
resulting from a chromatographic analysis of a
representative sample of the gas being received or
delivered. In addition to heating value per unit volume,
relative density (specific gravity) used in the determination
of volume is also obtained from the chromatographic
analysis. Industry standards, which address the
performance of chromatographic analysis, the
calculation of heating value per unit volume, and relative
density of a gas sample, are:
•
•

(4)ASTM D 1945-96 (GPA 2261-95) — Standard
Test Method Analysis of Natural Gas by Gas
Chromatography
(5)ASTM D 3588-98 (GPA 2172-96) — Standard
Practice for Calculating Heat Value,
Compressibility Factor, and Relative Density
(Specific Gravity) of Gaseous Fuels

The industry standards, ASTM D 1945-96 (GPA 226195) and ASTM D 3588-98 (GPA 2172-96) provide a
precision statement for repeatability and reproducibility
as a function of the mole fraction of each component in
the gas mixture. The repeatability is the expected
precision within a laboratory using the same equipment
and the same analyst. The reproducibility is the expected
precision when different laboratories using different
equipment and different analysts use the same method.
Tables 1 and 2 provide the given repeatability and
reproducibility tolerances.
Component
Mole %

Repeatability
%

0 to 0.1
0.1 to 1.0
1.0 to 5.0
5.0 to 10
Over 10

0.01
0.04
0.07
0.08
0.10

TABLE 1.
ASTM D 1945-96 Precision Repeatability Criteria

Component
Mole %

Reproducibility
%

0 to 0.1
0.1 to 1.0
1.0 to 5.0
5.0 to 10
Over 10

0.02
0.07
0.10
0.12
0.15

TABLE 2.
ASTM D 1945-96 Precision Reproducibility Criteria

The individual component reproducibility tolerances were
combined using the square root of the sum of the squares
method as shown in ASTM D 3588-98 (GPA 2172-96) to
obtain a precision statement. This is a common
methodology employed when determining the tolerance
of calculated values containing random individual
elemental tolerances. Chromatographic analysis and the
calculations of Hv and relative density performed using
industry standards, ASTM D 1945-96 (GPA 2261-95) and
ASTM D 3588-98 (GPA 2172-96), will produce heating
value results to within ± 0.25% and relative density results
to within 0.003 relative density units for a typical pipeline
natural gas having the following composition:
Mixture
Component
Methane
Ethane
Propane
Isobutane
n-Butane
Isopentane
n-Pentane
n-Hexane
Nitrogen
Carbon Dioxide
BTU/Ft3

1036.06
0.582

Mole
%
96.5222
1.8186
0.4596
0.0977
0.1007
0.0473
0.0324
0.0664
0.2595
0.5956

Ideal Gross Hv per Real Ft3
@14.73 & 60°F
Real Relative Density
@14.73 & 60°F

Since the ASTM D 1945-96 repeatability and
reproducibility criteria originated from a statistical
examination of interlaboratory test results, it includes the
influences of properly prepared calibration gas standards.
The Hv and relative density precision values assume that
the sampling methods and sampling systems utilized
provide a representative sample of the flowing gas stream
for analysis.

SYSTEM BALANCE INFLUENCE
Engineering departments can use metering station
uncertainty information in selecting the type of equipment
to be use in a meter station. Equipment can be selected
to meet a system balance expectation or uncertainty. It
can be used by gas control departments to estimate
when the uncertainty of a meter station’s measurement
is increasing. It can be used to help manage lost and
unaccounted-for numbers. If all one type of equipment
is installed on the inlet and all of another type on the
outlet, the metering system may not produce the desired
system balance results. It can be used by maintenance
to understand on which pieces of equipment to
concentrate their efforts.
REFERENCES
1. Calculation defines uncertainty of unaccounted-for
gas, Norman, R and Jepson, P., Oil & Gas Journal Report
April 6, 1987
2. Comparison of Orifice and Turbine Meter Accuracy,
Tiemsyra, P., Rans, R., and Bacus, H., American Gas
Association Distribution/Transmission Conference April,
1991, Nashville, Tennessee
3. Orifice Metering of Natural Gas and Other Related
Hydrocarbon Fluids, Part 1 — 1990, General equations
and uncertainty guidelines. American Gas Association
Report No. 3, Third Edition, Arlington, VA, October 1990.
4. Standard Test Method Analysis of Natural Gas by Gas
Chromatography — ASTM D 1945-96 (GPA 2261-95)
5. Standard Practice for Calculating Heat Value,
Compressibility Factor, and Relative Density (Specific
Gravity) of Gaseous Fuels — ASTM D 3588-98 (GPA
2172-96)

Paul J. LaNasa

2003 PROCEEDINGS

PAGE 205

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

PULSATION EFFECTS ON ORIFICE METERING
CONSIDERING PRIMARY AND SECONDARY ELEMENTS
Robert J. McKee
Southwest Research Institute
6220 Culebra Road, San Antonio, TX 78238

INTRODUCTION
The use of orifices for commercial flow measurement
has a long history dating back more than 50 years.
Orifices are extensively used in the United States natural
gas, petroleum and petro-chemical industries and are
important as one of the most practical ways to meter
large volumes of gas flow. These meters are very reliable
and cost effective; and if properly used, can be relied
upon to give accurate results.
Proper use normally requires the steady flows for which
orifices were intended and for which the orifice coefficients
were developed. In actual field installations, flow is often
not steady but subject to the periodic changes in pressure
and velocity that are referred to as pulsation. Pulsation
can be caused by compressors, pressure regulators,
control valves, fluctuating loads, or by flow-induced
phenomena within the piping. It is known and well
recognized that pulsation causes errors in orifice meter
results. In fact, A.G.A. Report No. 3 on Orifice Metering of
Natural Gas, which is also API 14.3 and ANSI/API 2530,
clearly states that: “Reliable measurements of gas flow
with an orifice cannot be obtained when appreciable
pulsation . . . are present at the measurement point.”

can be judged to be acceptable or unacceptable for
accurate flow measurement. When the meter site
conditions are found to be unacceptable for accurate
measurement, pulsation control techniques are available,
as part of the SGA/GMRC program, to eliminate the
pulsation.
PRIMARY ELEMENT ERRORS DUE TO PULSATION
Pressure and flow variations in the flow stream cause a
change in the differential pressure across an orifice, which
is a basic error in indicated flow.
Square Root Error
The most fundamental error at an orifice is the square
root error (SRE). SRE results from averaging the
differential pressure from a square law device before the
taking the square root. The differential pressure across
an orifice is shown in the basic orifice relationship,
Equation 1, which confirms that ∆P is proportional to
flow rate squared. This square law relationship is also
shown in Figure 1.

∆P = KQ 2

[1]

Although the potentially adverse effects of pulsation are
well recognized, the nature of resulting error mechanisms
and what should be done to correct such problems have
not been well publicized. Discrepancies in orifice flow
measurement are often reported by operating companies
and in the open literature, but the amplitude of the
associated pulsation and the resultant errors are seldom
measured or even considered. This paper will describe
the types of pulsation-induced errors and measurements
that should be made to identify pulsation effects on orifice
metering. Pulsation affects both the orifice itself and the
secondary system causing different errors in each part
of the measurement system.
The first step towards eliminating pulsation-induced errors
lies in identifying and understanding the error producing
mechanisms. Through a continuing research effort,
sponsored by the Gas Machinery Research Council
(GMRC) of the Southern Gas Association (SGA), progress
has been made in understanding the effects of pulsation
on orifice metering. The dominant error mechanisms can
now be identified and quantified. Effects on the
secondary measurement equipment can also be
identified and their relative importance considered. With
proper pulsation measurements, conditions at an orifice
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FIGURE 1. Orifice Relationship that
Results In Square Root Error

Let us consider a flow that is modulating or pulsating,
the differential pressure will follow the square law curve
so that the average value of ∆P will not occur at the same
point at which the average value of velocity occurs.

Because of the square law relationship, the average value
of differential pressure is always higher than the ∆P, which
corresponds to average flow. The difference between
the average differential pressure and the differential
pressure that corresponds to average flow is referred to
as SRE. This is a real condition or increase in ∆P that
exists at the orifice plate. The SRE is independent of the
secondary system used and is a direct result of averaging
the differential pressure before determining the flow rate.
A mathematical definition of SRE can be developed from
the fact that the average flow is proportional to the
average of the instantaneous square root of ∆P as
opposed to the square root of the average ∆P. That is to
say, if the square root of the differential pressure is taken
at every instant in time, and these square root values
are averaged, the result will represent the correct flow in
the absence of other errors. The incorrectly indicated
flow is represented by the square root of the average
differential pressure. Comparing the incorrect to the
correct averaging can be expressed in Equation 2, where
the percentage error in flow is related to the difference
between the square of average ∆P and the average of
square roots of ∆P:

Ef% =


∆P – 
∆P

∆P

* 100

[2]

There are many approximate equations for SRE in the
literature, but most of those that predate 1983 are
incomplete. Because of the details that were omitted from

earlier analysis, little progress was made in quantifying
SRE until recent developments under the GMRC’s
program at SwRI, which developed Equation 2. As a
result of these advancements, a device called the square
root error indicator (SREI), which uses Equation 2 with a
microprocessor to measure SRE, has been developed
and patented. The SREI digitizes the differential pressure
signal and determines the amount of SRE at an orifice.
Using a fast response differential pressure transducer
and an SREI, any company can determine if they have
pulsation problems at their orifices.
To illustrate how SRE functions to measure or represent
the error at an orifice, a sequence of pulsating flow tests
have been performed. In these tests, two orifices in series
measured the same flow stream. One orifice was isolated
from pulsation by upstream and downstream pulsation
isolation filters, so that it experienced steady flow at the
same time the second orifice was exposed to pulsation
of various frequencies. The difference between the flow
inferred at the orifice subjected to pulsation, and at the
steady flow orifice is the total pulsation induced error.
The heavy line in Figure 2 shows the amplitude of this
total error over a range of frequencies used in the testing.
The SRE was also measured during these tests and is
plotted as the light line in Figure 2. The results of these
tests clearly indicated that SRE accounts for most of
the total error at an orifice in pulsating flow. Thus, SRE
can be measured and used to indicate the presence of
pulsation-induced error at an orifice. It is evident in the
graph of Figure 2 that there are some other smaller errors
at an orifice in pulsating flow.

FIGURE 2. Total Pulsation-Induced Error and SRE at Various Frequencies
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Inertial Error
Inertial error is one of the other primary element errors
that can be clearly identified. Equation 1 does not
describe the complete pulsation response of an orifice
because it was developed with the assumption of steady
flow. Developing an orifice equation from time dependent
unsteady flow considerations, including the unsteady
continuity and momentum equations results in Equation 3:

∆P(t) = KV(t)2 + L

dV(t)
dt

[3]

In this equation, L is a coefficient of the rate of velocity
change, which is dependent on certain dynamic
properties of the orifice. Just as with a solid object, when
gas is in motion through an orifice and the differential
pressure changes (decreases), the gas tends to remain
in motion due to its inertia. As a result of this inertia, flow
velocity changes lag behind differential pressure changes
and the simple relationship between ∆P and flow is
distorted. On the orifice relationship plot as flow changes,
the differential pressure is not always on the square law
curve, which can be seen in Figure 3.
Inertial effects do distort the differential pressure, but are
unlike SRE in that inertia does not increase the average
∆P. Therefore, if we correctly average ∆P, the inertial error
is eliminated but SRE is present. If the instantaneous ∆P’s
are square rooted to eliminate SRE, the inertial error
appears because it involves a change in the time varying

FIGURE 3. Inertial Effect on Orifice
Coefficient for Rapidly Varying Flow

differential pressure. Fortunately, the inertial error is not
as large as the SRE. In fact, inertial effects are insignificant
unless the pulsations are fairly large in amplitude and at a
relatively high frequency. It is, however, partially because
of inertial errors that SRE measurements should not be
used to correct measured flows, but primarily to determine
if pulsations are adversely affecting an orifice installation.
Results from a large number of tests are plotted in
Figure 4. The plot shows the residual error versus the
differential pressure modulation. Residual error is defined
as actual measured error in flow minus the SRE. If SRE

FIGURE 4. Orifice Response to Pulsations

PAGE 208

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

were the only error in orifice measurement, then the
residual error would be zero.
In Figure 4, the residual error is near zero in the region
where the differential pressure modulation is below 40
percent. Differential pressure modulation is the zero to
peak variation in differential pressure divided by the
average differential pressure. At larger modulations, above
40 percent, Figure 4 clearly demonstrates that residual
error becomes negative as a result of the inertial effect.
Figure 4 also shows that for pulsation frequencies below
100 Hz, the inertial effect is generally small. Inertial effects
are important if the pulsations are above 40 percent ∆P
modulation, and the frequency is above approximately
100 Hz. When inertia of the flow through an orifice does
become significant, the differential pressure for a given
flow is reduced. Thus, a negative error with respect to
the SRE is produced. The most important feature
demonstrated in Figure 4 is that up to a level of 40 percent
differential pressure modulation, which corresponds to
approximately 1 percent SRE for simple pulsation
patterns, the response of an orifice to pulsation is
predictable. At most metering installations, inertial effects
will not cause significant errors.
Coefficient Shifts
The final error that affects the primary element, as a result
of pulsation, is coefficient shift. In all of the discussion
to this point, it has been assumed that the orifice flow
coefficient, K, is constant. However, it is known that under
some conditions a change in the orifice coefficient is
possible. Figure 5 shows the results of a coefficient shift.

downstream of the orifice, there has been no verifiable
or consistent indication of coefficient shifts. However,
many of these tests were performed at relatively low
pressures and without the highest accuracy obtainable.
This area of identifying possible coefficient shifts is the
subject of continuing research efforts.
There is one exception that is significant for a few
applications. The testing described above has been
conducted on orifices with flange taps. SRE and inertial
effects are applicable to other pressure tap locations
such as vena contracta or pipe taps. The orifice
coefficient for these other tap locations, and particularly
for pipe taps, is not constant and is adversely affected
by pulsation. For pipe tap orifices, pulsation definitely
causes coefficient shifts. The dynamic response of a pipe
tap orifice installation, with respect to changing
coefficients, is such that it is not recommended for use
where pulsation might be present.
SECONDARY ELEMENT ERRORS DUE TO
PULSATION
Secondary recording systems always include pressure
sensing lead lines, which will be referred to as gage lines,
and chart recorders or electronic transmitters. Pulsation
causes several types of secondary systems errors or
incorrect responses, which can be as important or even
more-significant than the primary element errors.
With flow, especially pulsating flow, through an orifice
run, acoustic resonances can be excited in the attached
gage lines. Typically, a quarter-wave pressure pulsation
will develop in a gage line with the main piping or orifice
end as a node, and the closed end or pressure transmitter
end as a pulsation maximum. Such acoustic resonances
in gage lines can have two very significant effects on the
recorded differential pressure.
Gage Line Amplification

FIGURE 5. Effect of a Shift in Orifice Coefficient

Swirl and flow profile distortions are known to cause
coefficient variations up to several percent. Furthermore,
pulsation are known to cause distortion of average velocity
profiles so there is reason to believe that pulsation was
the cause of coefficient shifts. Because of other errors, it
is difficult to specifically isolate pulsation-induced shifts
in orifice flow coefficients. Throughout most of the orifice
flow testing sponsored by SGA/GMRC and conducted
at SwRI, with pulsation sources both upstream and

The first effect is an amplification of the pulsation. An
example of this is shown in Figure 6, which illustrates an
actual case history and exemplifies the potentially
adverse effects of high gage line pulsation. In this
installation, both a chart recorder and an electronic
transmitter are connected to the orifice. If pulsation
readings at the transmitter had been used to determine
SRE instead of pulsation at the flange taps, greater errors
would have been predicted than actually existed at the
orifice. SRE measured at the orifice was 0.17 percent,
while SRE measured in the gage line at the electronic
transducer was 11.8 percent. The SRE indicated at the
chart end of the gage line was low at approximately 0.3
percent. If the flow rate indicated by the chart had been
corrected for SRE measured at the transmitter, then the
inferred flow would have been more than 11 percent low.
In these tests, an SREI was used to measure the SRE at
the orifice and also at other points along the gage lines.
The SREI has been licensed for commercialization; and
these devices make monitoring the pulsation and
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FIGURE 6. Results of Gage Line Amplification of Pulsations

determining the SRE simple and direct. When using an
SREI, it is essential to recognize that SRE is a
fundamental error that occurs at the orifice, and can be
correctly measured only at the orifice taps. SRE for orifice
flow condition acceptability should not be measured at
the recorder or at the distant ends of pressure sensing
lines.

Gage Line Attenuation
Gage lines can also attenuate, distort or hide the presence
of pulsation as shown in Figure 7. In this situation, which
has been observed at a number of field installations, there
are pulsations in the orifice run. The average ∆P, as seen
across the orifice taps and on the chart, is high and
incorrect.

FIGURE 7. Attenuation of Pulsation in a Gage Line
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Because of gage line attenuation, if an attempt were made
(using proper high frequency response instrumentation)
to determine the differential pressure modulation or the
SRE at the chart location, no indication of the error would
be present. The chart recording is in error, but there is no
way for the measurement engineer, technician or operator
to be aware of the pulsation. Proper instrumentation
needs to be placed across the orifice taps without the
normal lengthy gage lines attached.

Research into gage line shifts is relatively new and the
precise causes have not yet been completely quantified.
Gage line pressure shifts have been measured under
laboratory and field conditions. Figure 9 shows the results
of some careful laboratory measurements where a gradient
in static pressure along the gage line was verified.

Gage Line Shifts
The second type of problem that pulsation in a gage line
can cause is a shift in the indicated pressure. While
pressure shifts due to gage lines have long been
suspected, they have only recently been measured and
verified. Figure 8 is an indication of what has been
observed when careful measurements are made at points
“a” and “b” on a gage line. Not only is the pulsation
amplitude different between points “a” and “b,” but the
average static pressure is different. This distortion of the
differential pressure is totally a result of the gage line,
and not the orifice, but it can substantially affect the flow
measurement.
FIGURE 9. Static Pressure
Measurements Along a Gage Line

The causes of pressure distortions in gage lines include
rectification and kinetic energy effects. These occur most
predominantly in gage lines that do not have a uniform
inside diameter. Rectification results from the fact that
losses for flow into the gage line are not the same as
losses for flow out of the gage line. Research is still in
progress to define these pressure distortions, while
methods for predicting the amount of gage line shift are
being developed. Typically, gage line shifts are one to a
few inches of water. In measuring a single static pressure,
gage line shift makes little difference; however, in
determining a differential pressure, the error can be
significant. It has been found that if the pulsation in the
main pipe and the gage lines are small, gage line shifts
are less likely. If pulsations are kept to a minimum, the
chances of avoiding any significant error due to gage line
shift are greatly improved.
Pressure Transmitter and Recorder Response
FIGURE 8. Typical Pressure Signals
in a Gage Line with Pulsations

As a practical matter, gage line shift can sometimes be
observed when metering valves are pinched. If the
manifold valves leading to the recorder are pinched until
the chart paint reduced, a change in average indicated
differential pressure could often be observed. This
process merely indicates that gage line errors are
probable, but neither reading is necessarily correct.
Instead of pinching valves, excessive pulsation at the
orifice should be eliminated.

Secondary system errors can result from the response
of the differential pressure transmitter or chart recorder
to pulsation. Most of the differential pressure transducers
used in gas metering, including mercury and bellows
recorders, and electronic ∆P cells and transmitters, have
a very poor frequency response. Typically, these devices
will not track changes in the differential pressure that
are more rapid than two cycles per second. Therefore,
they do not follow the actual ∆P across the meter. These
instruments cannot be used to determine the amplitude
or even the presence of pulsation. Because such devices
tend to average the differential pressure, they contain
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some SRE; but because of gage line amplifications or
attenuation, it is not necessarily the correct SRE. The
signal from a pressure transmitter, which has a very low
frequency response, does not contain the information
necessary to determine the amount of SRE. It would be
of no value to connect a computer that samples and
calculates flow 200 times each second to a transmitter
with a 2 Hz frequency response.
Row computers have an important place in flow
measurement, but they are not a panacea for pulsationinduced errors. The electronic monitoring and calculation
of flow can also cause errors or inconsistency in results.
An example of this, in Figure 10, illustrates a situation
where a differential pressure transmitter with an adequate
frequency response was being used on a process gas
orifice meter. The plant’s computer was used to compute
the gas flow rate, but as indicated, the sample rate was
every 6 seconds. Because of a dump valve cycle in the
plant process, there was a 3 second transient in the flow
every 12 to 13 seconds. The computer did not calculate
the correct flow for several reasons, including the fact
that the apparent average differential pressure was not
the true time average, and the amplitude of modulation
that might be associated with SRE was also not a correct
indication. No matter what flow computer is used, if its
sample rate is not adequate for the pulsation in differential
pressure, it will not yield reliable results.

chart recorder is unable to follow the pulsation waveform.
Typically, charts exposed to pulsation will not respond
or paint at all and will appear smooth. If, on a 100 inch
chart, the average flow corresponds to 72 inches and
pulsation in the pipe are such that a 10 percent SRE is
present, then the chart should show pulsation from just
over 100 to below 45 inches. In other words, the upper
half of the chart should be solid paint, but this is not
what is actually observed.
Chart paint is often caused by phenomena other than
orifice run pulsation. Sometimes chart paint is caused
by actual periodic changes in the average flow rate such
as engine governor hunting, regulator valve adjustments,
or small adjustments in flow balance between parallel
orifice runs. Even with steady flow and no pulsation in
the orifice run, if there are pulsations that develop in the
gage lines, a change in ∆P on the chart can result which
will return to normal, causing paint, when the gage line
pulsation decay. Figure 11 is a chart record with paint
from an installation where no pulsations were detectable
in the main line piping. It should be clear that the presence
of chart paint does not mean that pulsations are present.
The last example in Figure 12 was taken from an
installation at which a pulsation filter vessel could be
valved in or out of service. With flow passing through
the filter and no pulsation presence, the chart shows
some paint that due to flow variation from the variable
speed compressor. With no change in average flow or
local conditions, the filter bottle was bypassed such that
pulsation developed at the orifice. Although the nature
of the paint change was little, the important change was
the increase in ∆P and the corresponding error in flow
that resulted from the pulsation.
SUMMARY AND CONCLUSIONS

FIGURE 10. Computer Sampling in
the Presence of Flow Transients

Chart Paint
Chart recorders are commonly used to monitor the
differential pressure at an orifice. It is frequently thought
that chart paint is a result of pulsation at the orifice.
However, chart paint is almost never a direct reproduction
of pulsation by the recorder. Pulsations in gas piping
systems are typically found above 5 Hz and below 100
Hz, with the 15 to 45 Hz range being very common. The
frequency response of a chart recorder is usually less
than 2 Hz. Chart recorders are not able to accurately
respond to most pulsation.
At best, chart paint is a distorted, damped, and incomplete
representation of pulsations which are greatly suppressed
in amplitude. In these cases, use of a fast clock will not
produce an accurate ∆P record because the pen of the
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In view of the different types of pulsation-induced errors
that can occur at the primary element and in secondary
systems, it is useful to review what should be done to
minimize pulsation effects on orifice measurement.
Because the less definable influences of pulsation on
orifice measurements, such as the inertial effect, average
to zero over time, and because most of the available ∆P
transmitter or chart recorders have a slow response, the
first step is to obtain the average differential pressure.
This average should be taken often enough to account
for normal variation in the flow rate. The second important
step is to then place a fast response pressure transducer
across the orifice taps and using an SREI, or at least an
oscilloscope, measure the SRE, or determine if there are
any significant differential pressure modulation at the
orifice. If the measured SRE is small, such as less than
0.2 percent, or if there are no noticeable pulsation, the
orifice installation will have a high probability of yielding
acceptable readings. If the measured SRE is at or over
1.0 percent, or a very significant modulation in differential
pressure exists, then the pulsation are large enough to
cause other errors and will probably cause gage line
problems. Such pulsation should be corrected or

FIGURE 11. Chart Record from an Orifice without Pulsations

eliminated through the use of acoustic filtering and
pulsation control technology. If the measured SRE is in
the middle range between 0.25 and 1.0 percent, then
there are some additional checks that should be made
and decisions that must be addressed by the operating
company. For example, at a measured SRE of 0.5
percent, there will be approximately 1/2 percent positive
bias in the flow and the possibility of other errors which,

depending on the service, may or may not be acceptable.
The third step, in any event, should be to use the fast
response pressure transducer at the chart recorder or
transmitter locations. This will not indicate the correct
SRE value, but it will indicate if the pulsation have been
amplified or significantly distorted along the gage lines.
If not all of these dynamic checks of the orifice installation
indicate an error, the installation will most likely be

FIGURE 12. Orifice Chart Record without and with Pulsations
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acceptable. If, however, there are pulsation errors
present, they should be corrected.

transmitters are not exposed to the actual pulsation
environment, resulting in incorrect indications of flow.

In conclusion, the following statements are derived from
the work accomplished to date, and can hopefully guide
the application of this information and future
investigations:

• When pulsation are present in the gage line, shifts in
average pressure can cause direct errors in measured
flow.

• Pulsations cause errors at the orifice primary elements,
including the most significant square root error, and
other errors, such as inertial effects and coefficient shift.
• The amount of SRE can be measured with an
instrument or the proper techniques and transducers,
and can be used as an indicator of the severity of
pulsation at an orifice.

• Chart recorders and the normal metering transmitters
cannot follow the frequency of pulsation and cannot
be used to detect, measure, identify or compensate
for pulsation.
• Where pulsations are eliminated or properly controlled,
orifices can provide highly reliable and accurate gas
flow measurements.

• Pressure sensing gage lines can amplify, attenuate
and distort pulsation such that recorders or

Robert J. McKee
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PULSATION REDUCTION BY ACOUSTIC FILTERS
FOR METERING APPLICATIONS
Robert J. McKee
Southwest Research Institute
6220 Culebra Road, San Antonio, TX 78238

INTRODUCTION
Because of the adverse effects of pulsations on orifice
and other types of flow meters there is for many
installations, a need to eliminate or decrease the
amplitude of pulsations in the piping. This task has been
the primary domain of acoustical piping designers who
have had both theoretical and practical field experience
in such areas. The most common and effective treatment
for pulsation control is the design and installation of
acoustic filters. However, most filters designed by novices
are not effective and are costly to operate because of
pressure drop losses. This paper discusses the basic
principles and considerations in acoustic filter design.
There are many small compressors such as well-head
gathering compressors that cannot justify the cost of a
thorough acoustic analysis in order to protect the nearby
orifice meter from excessive pulsations and
accompanying square root error. This paper will make an
effort to demonstrate design procedures related to a
specific type of acoustic filter to be used to reduce
pulsations in most simple metering applications. The
specific filter is a symmetrical in-line low pass filter. The
important elements of this filter can be summarized in
the following points:
1. The inlet line is located at the acoustic center of the
first chamber of the filter.
2. The first chamber of the filter, the choke tube, and
the last chamber are all the same acoustical length.
3. The choke tube connects the acoustical centers of
each filter chamber.
4. The outlet line is located at the acoustical quarter
point of the final chamber.
It is fully realized that this is a specialized filter design
and other types of designs could be recommended but
this particular filter design was chosen because of its
conservative and foolproof aspects. Drawings of the
physical aspects of the acoustic filter piping are shown in
the Appendix.
WHERE DO PULSATIONS COME FROM?
Pulsations in metering applications can be generated by
reciprocating compressors, centrifugal compressors, flow
induced phenomena, or turbulent sources. The primary
focus of this paper is directed toward filtering the most
persistent pulsations that are produced by reciprocating
machinery.

A reciprocating compressor produces pulsation at
compressor crankshaft RPM and its multiples. Pulsation
frequencies are generally expressed in cycles per second
(Hertz). A 300 RPM compressor produces pulsation at 5
hertz, 10 hertz, 15 hertz, and higher multiples. Most
compressors (for natural gas services) are double-acting
and compress gas on the head and crank end of the
cylinder. Double-acting cylinders tend to produce more
pulsation at the even multiples of RPM and less at the
odd multiples. Therefore, a 300 RPM double-acting
cylinder will produce its strongest pulsation at 10 hertz.
When compressors have more than one cylinder, the
crankshaft phasing of the cylinders will also cause certain
multiples to be higher than others. For example, if two
double-acting cylinders are phased 90’ apart they will
produce a significantly higher pulsation level at four times
RPM. In the case of a 300 RPM machine and two doubleacting cylinders phased 90 degrees apart there will be a
high fourth harmonic or 20 hertz. Generally, the higher
multiples (sometimes called compressor harmonics or
compressor orders) will contain less energy than the
lower orders.
WHAT ARE THE IMPORTANT CHARACTERISTICS OF
LOW PASS FILTERS?
The single most important factor of a low pass acoustic
filter is its natural frequency. The volume-choke-volume
configuration exhibits a relatively low natural frequency
in comparison with the acoustic halfwave natural
frequencies of the chamber and choke tube lengths. At
frequencies below the filter natural frequency, there will
be no attenuation of pulsations passing through the filter.
There will be a sharp attenuation starting at about 20
percent above the natural and extending out to several
hundred hertz. It is very important to understand that
pulsations at the natural frequency of the filter will actually
be magnified by as much a 10 to 40 times. Therefore, it
is very important that the natural frequency of the filter
system not be frequency-coincident with pulsations. This
can be accomplished in two ways. The filter natural
frequency can be placed 20 percent below the RPM of
the compressor or it can be placed halfway between the
first order of the maximum RPM and second order of
the minimum RPM.
HOW TO CALCULATE THE BEST FREQUENCY FOR
THE FILTER NATURAL FREQUENCY
This procedure will assist in a correct design for placing
the filters natural frequency below the fundamental RPM
or between the first and second RPM orders of the
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compressor. The following two cases illustrate the
calculations and limitations:

CALCULATING THE FILTER CHAMBER INSIDE
DIAMETER

Case 1: Placing the filter natural frequency F0 below the
fundamental order.

To ensure sufficient attenuation of pulsation above the
filter natural frequency, the bottle or filter chamber IDB
should be at least 2.5 times the choke tube diameter IDC.

F0 =

RPMmin

IDB = 2.5* IDC

(60)(1.2)

Where:
F0 = filter natural frequency of filter system
RPMmin = the minimum actual operating RPM of the
compressor
Case 2: Placing the filter natural frequency between the
first and second orders.
F0 =

CALCULATING THE FILTER
ELEMENT ACOUSTIC LENGTH
To complete the acoustic filter design, the acoustic length
of each bottle and the acoustic length of the choke tube
are all equal. This length is calculated based on the
following equation.
Lf =

RPMmin * 2 + RPMmax
(60) (2)

This frequency F0 must be at least 20 percent separated
*2
max
from RPM
and RPMmin
. This 20 percent detuning will
60
60
ensure that the filter natural frequency is not excited by
the compressor.
CALCULATING THE INSIDE DIAMETER OF THE
CHOKE TUBE
The inside diameter (ID) of the choke tube should be as
small as pressure drop limits will allow because larger
choke tubes require large volumes to create effective
filters. A standard procedure is to limit the gas flow velocity
to 100 feet per second as implemented in the following
equations.
q = 0.327

MMSCFD(T+460)Z
P

IDC =
Where:
MMSCFD
T
P
Z
q
IDC

PAGE 216

=
=
=
=
=
=

3

ft
( sec
)
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gas pressure (psia)
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c

IDC

√ 2 F 0 IDB

= 0.225

c

IDC

(ft)

F0 IDB

Where:
c = gas velocity of sound (feet per second)
An equation and method for calculating gas velocity of
sound is shown in the Appendix.
Because of acoustic end effects, the physical length choke
of the tube should be slightly shorter than the calculated
acoustic length. The acoustic length must be reduced a
total of 1.2 times the ID of the choke so that the physical
length has the proper acoustic effect.
EXAMPLE CALCULATIONS (CASE 1)
General Information
A set of reciprocating compressors operating over an
RPM range of 300 to 400 RPM is causing pulsation at a
metering site approximately 500 feet from the
compressors. The compressors single-act on occasion.
The maximum flow rate through the meter site is approximately 31.5 MMSCFD. The discharge temperature is 84°F
and the pressure is 925 psia. The ratio of specific heats
is 1.32. The gas specific gravity is 0.62 and the
compressibility is estimated to be 0.947. The velocity of
sound is calculated to be 1371.9 feet per second.
Solution
The natural frequency of the filter system should be
placed below the fundamental compressor frequency,
since single-acting is possible. The highest possible
placement of the filter natural frequency is 4.17 Hertz.

The choke tube volume flow rate is 5.735 feet3 per second.
The choke inside diameter of 3.548 inches is elected.
The bottle inside diameter is calculated to be at least
8.87 inches but this would produce a very long
cumbersome installation; therefore, a 22.626-inch inside
diameter is selected instead. This will produce a bottle
chamber acoustic length of 11.62 feet (single chamber).
To account for the acoustic end effects, 1.2 times the
choke diameter is subtracted from the characteristic filter
length to give a choke tube length of 11.26 feet.
EXAMPLE CALCULATION (CASE 2)
General Information
A reciprocating compressor operating over an RPM range
of 300 to 360 RPM is causing pulsation at a metering
site approximately 200 feet from the compressor. The
compressor has no mechanism to single-act. The maximum flow rate through the meter site is approximately
10.5 MMSCFD. The discharge temperature is 120°F and
the pressure is 925 psia. The gas specific gravity is 0.62
and the compressibility is estimated to be 0.947. The ratio
of specific heats is 1.32. The velocity of sound is calculated
to be 1416.5 feet per second.
Solution
The natural frequency of the filter system can be placed
between the fundamental and second compressor
frequency since single-acting is not possible. The best
placement of the filter natural frequency is 8.0 Hertz. This
is 25 percent below the minimum second order and 33
percent above the fundamental compressor order. The
choke tube flow rate is 2.038 feet3 per second and the
choke tube is calculated to be 1.933-inch inside diameter
so a 1.939-inch pipe is selected. The calculated bottle
diameter is 4.848, which would again produce an
awkward layout, so a 13.124-inch ID is selected. The
filter characteristic length of 5.888 feet is calculated and
the physical length of the choke tube is calculated to be
5.694 feet.
MECHANICAL CONSIDERATIONS
If a single-bottle design is selected the internal choke
tube should be restrained at both ends to ensure that
the cantilever lengths on each side of the baffle are not
resonant mechanically. The baffle should be dished head
with thickness approximately the same thickness as the
bottle wall. If a two bottle design is selected, the branch
connections should be saddles or pads. Weld-o-lets
should be avoided because of the high stress riser they
inflect on the bottle wall. Elbows in the choke tube are
acoustically irrelevant as long as the center line length is
used for the length. Elbows do serve as acoustical to
mechanical coupling points and should be avoided if
possible. The filter bottle should be securely restrained
to ensure mechanical stability and an external choke
should be restrained to ensure that the mechanical natural

frequency is not coincident with the half wave resonant
frequency of the acoustic length.
OTHER PULSATION REDUCTION APPROACHES
In some cases, careful design of meter installations can
be effective in reducing or eliminating the chances of
pulsations. Meter installations should be designed so that
the piping is not resonant and so that the orifices or other
meter is located at a velocity minimum. This involves the
meter tube length being unrelated to acoustic wave length
and being symmetrically about the orifice or other meter.
Restrictions or additional orifice plates installed at various
locations in a pipe can dissipate some of the energy in
pulsating waves. To be effective these pulsation
restrictions are sized to create pressure drops and thereby
require an increase in compression horsepower.
Pulsation plate performance is dependent on adjacent
pipe configuration and frequency content of the
pulsations. In some cases, pulsation plates cause higher
frequency resonances and increased amplitudes of
pulsations.
Surge volumes or single-bottle filters such as scrubbers
or separators generally do reduce pulsation levels,
however, they are not always effective and their specific
frequency responses vary with the installation.
CONCLUSIONS
It is theoretically possible to reduce pulsations at metering
sites with acoustic filters so that little or no pulsation will
influence flow measurement. The two examples illustrate
that the bottle-to-choke diameter ratio of 2.5 is usually
increased to ensure practical physical construction on
the system. Reduction of choke tuber pressure drop
could be reduced even further by the use of a bell mouth
entrance fitting. Bell mouths are common when a singlebottle design is selected. It is advantageous to have an
experienced acoustical engineer evaluate your filter
design practically if the installation or the metering
accuracy is critical. If the filter natural frequency is placed
below the compressor fundamental, it is possible to be
conservative on the low side. However, if the natural
frequency is to be placed between the first and second,
it is important to be accurate in both calculations and
physical construction. Other methods for reducing
pulsation are not as effective and foolproof as acoustic
filters.
APPENDIX
Speed of Sound Calculation
The velocity of sound can be approximated by the
following expression:
c = 1.354

√

kTZ
G
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where:
c = velocity of sound (feet per second)
k = ratio of specific heats
T = gas temperature (degree R)
G = gas specific gravity
Z = real gas correction factor at flowing conditions

FIGURE 2.

FIGURE 1.
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LESSONS LEARNED FROM THE
API CHAPTER 14.1 GAS SAMPLING PROJECT:
AN OVERVIEW OF COMMON CAUSES OF GAS SAMPLE DISTORTION
AND INFORMATION NEEDED FOR PROPER GAS SAMPLING
Eric Kelner and Darin L. George
Southwest Research Institute
6220 Culbera Road, San Antonio, Texas

INTRODUCTION
Over the past seven years, the Gas Technology Institute
(GTI), the American Petroleum Institute (API) and the
United States Minerals Management Service (MMS),
have co-sponsored an extensive natural gas sampling
methods research program at the GTI Metering Research
Facility (MRF), located at Southwest Research Institute
(SwRI). The results of this research provided a basis for
the revision of Chapter 14.1 (i.e., Collecting and Handling
of Natural Gas Samples for Custody Transfer) of the API
Manual of Petroleum Measurement Standards (MPMS).
The revision is complete and was published in 2001.

is suitable as an instructional tool and as a guide to
sampling system design and sampling techniques. The
standard is written primarily for field personnel. It provides
the technical background necessary to understand and
apply basic hydrocarbon mixture thermodynamics to
natural gas sampling in order to avoid gas sample
distortion.

The API Chapter 14.1 Working Group, a research steering
committee consisting of natural gas sampling experts
from major oil and gas companies, provided input that
helped focus the project on improving current field
practices. The research identified several causes of
natural gas sample distortion, as well as techniques for
avoiding gas sample distortion. The research data
illustrated how errors in calculated gas properties, such
as heating value and density, can occur as a result of
poor sampling technique.

This paper draws on the information in the revised
Chapter 14.1 and presents an overview of three common
causes of gas sample distortion: (1) sample distortion
due to equipment and processes that cause the sample
gas temperature to drop below the hydrocarbon dew
point temperature, (2) sample distortion caused by dirty
or contaminated sampling systems and (3) sample
distortion caused by sampling system components
fabricated from materials known to affect the integrity of
a natural gas sample. Recommendations for avoiding
gas sample distortion according to the revised Chapter
14.1 are presented below. This paper begins with a
discussion of the importance of the hydrocarbon dew
point in gas sampling methodology and sampling system
design, followed by an introduction to the natural gas
phase diagram.

THE 2001 REVISION OF API CHAPTER 14.1

HYDROCARBON DEW POINT

The 2001 revision of Chapter 14.1 of the API MPMS
provides guidance for obtaining representative samples
of natural gas through spot, composite, and continuous
sampling methods. It focuses on the practical application
of thermodynamic principles that, if ignored, can cause
a gas sample to become distorted, resulting in a biased
gas analysis. If a biased analysis is used to calculate the
heating value or other properties of the sampled gas,
errors in excess of 10 percent may occur.

The hydrocarbon dew point is defined as the pressure
and temperature at which hydrocarbon constituents in
a natural gas mixture begin to change phase. For
instance, if the temperature of a natural gas mixture is
reduced while the pressure remains constant,1 the
temperature at which hydrocarbon condensation begins
to occur is the hydrocarbon dew point temperature. If
the pressure of a natural gas is increased while the
temperature remains constant,2 the pressure at which
hydrocarbon condensation begins is the hydrocarbon
dew point pressure.

The revised Chapter 14.1 builds on the knowledge
contained in the previous version by identifying several
specific causes of natural gas sample distortion. Chapter
14.1 discusses gas sample distortion in detail and
provides recommendations for avoiding it. The standard
1

This process is known as an isobaric (or constant pressure)
temperature reduction. It is the process that occurs when using a
“chilled mirror device” to determine dew point in the field.
2
This process is also known as an isothermal (or constant temperature)
pressure increase and is similar to processes used for determining
the dew point in a laboratory.

The hydrocarbon dew point of a natural gas differs from
the water dew point in that the latter describes the
pressure and temperature at which water vapor
contained in the gas mixture begins to condense. Some
gas mixtures will reach the water dew point temperature
before reaching the hydrocarbon dew point temperature
during an isobaric temperature reduction. This paper
focuses on the hydrocarbon dew point because of its
influence on heating value. This distinction should be
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kept in mind during any discussion of natural gas
thermodynamics.

HYDROCARBON DEW POINT AND NATURAL GAS
SAMPLING

Retrograde condensation is a phenomenon that occurs
in many common natural gas mixtures. It is characterized
by the presence of two hydrocarbon dew points at a given
pressure or temperature. Retrograde condensation can
occur during isobaric temperature increases, or during
isothermal pressure reductions. Retrograde behavior is
characteristic of natural gas and should be considered
when sampling a natural gas stream and when designing
gas sampling systems.

The hydrocarbon dew point is perhaps the single most
important property in natural gas sampling. If the sample
temperature is allowed to drop below the hydrocarbon
dew point temperature, a significant loss in hydrocarbon
content can occur, resulting in errors in volumetric flow
rate, heating value and other gas property calculations.

A phase diagram or phase envelope describes the phase
change behavior of a natural gas mixture. It can be used
to illustrate the effect of natural gas sampling processes
on natural gas.
Figure 1 shows a typical phase diagram for natural gas.
The line A-B is the bubble point curve. The bubble point
is reached when an infinitesimal amount of gas appears
during an isothermal pressure reduction of a liquid
hydrocarbon mixture.

Pressure (psia)

THE PHASE DIAGRAM

Tests conducted at SwRI on spot sampling methods
showed that the impact of dropping below the
hydrocarbon dew point temperature contributes to
increased random and bias error in the calculated heating
value and density. The phase diagram shown on Figure
2 illustrates how different processes common in natural
gas sampling can cause the temperature of the sampled
gas to fall below the hydrocarbon dew point.
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FIGURE 2. A typical natural gas phase (P-T) diagram
showing several processes common in natural gas
sampling. These processes can cause condensation — a
fundamental cause of gas sample distortion.

FIGURE 1.
A typical natural gas phase (P-T) diagram.

Path 1-2 represents the process that occurs when natural
gas flows through a regulator or partially closed valve.
The cooling associated with the pressure reduction is
known as the Joule-Thompson effect. Condensation and
sample distortion can occur during this “throttling”
process.

The line B-E is the dew point curve. It represents the
range of pressures and temperatures at which gas/liquid
phase changes occur with a natural gas mixture.

The cooling can be offset through the application of heat
to the sampling system. Path 1-3 shows the potential
impact of adding sufficient heat to the system to offset
the cooling effect.

The points along line B-D represent the pressures and
temperatures at which retrograde condensation occurs.
The points on this line represent retrograde phase
behavior. Retrograde condensation can occur during
common natural gas sampling processes.
The line D-E is the lower or normal dew point curve.
Condensation associated with the conditions defined by
this curve may occur during a pressure increase, such
as when compressing a gas sample from a vacuum
gathering system into a sample cylinder.
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Path 4-5 shows how condensation of a sample can occur
if the sample container is exposed to an ambient
temperature below the hydrocarbon dew point
temperature.
THE EFFECT OF A PHASE CHANGE ON HEATING
VALUE
The potential impact of condensation on the heating
value of natural gas can be illustrated graphically. Figure
3 shows the potential effect of 41 OF gas sampling
equipment on a 1,500 BTU natural gas with 0.85 mole

percent n-hexane through n-decane (labeled as C6+)
components and a hydrocarbon dew point of 91OF. Table
I shows the gas composition associated with the figure.
The vertical axis on the left shows the vapor (gas) fraction,
on a molar basis. The liquid fraction is simply 1 minus
the vapor fraction. The vertical axis on the right shows
the change in vapor fraction BTU.
As the temperature is reduced below the hydrocarbon
dew point temperature, hydrocarbon constituents
condense in order of decreasing molecular weight. This
condensation causes the vapor fraction of the mixture
to decrease and a corresponding decrease in the heating
value of the vapor fraction.
As the gas temperature is reduced below the
hydrocarbon dew point, there is a large decrease in
heating value associated with a small amount of liquid
condensation. At a temperature of 41 OF, the loss in
heating value amounts to over 70 BTU/SCF.
The mass and weight of liquid produced by condensation
of the natural gas in Figure 3 can be estimated. Assume
that a representative sample of natural gas is contained
in a standard 300 cc constant volume sample cylinder.
When the temperature is reduced to 41OF, condensation
occurs and the vapor fraction decreases by
approximately 2.9 mole percent. The percent decrease
in the mass of the vapor fraction for this particular gas
mixture is 7.5 percent. The total mass of gas (vapor) at
75 psia and 91OF is approximately 0.0045 lbm. If 7.5
percent of the mass condenses, then the liquid contained
in the cylinder will weigh approximately 0.00034 lbf. This
is only a fraction of the weight of a dime. This small
amount of liquid can account for significant losses in
gas sample heating value, yet it is difficult to detect
without sensitive laboratory instruments.
The process described is similar to the process shown
by Path 4-5 in Figure 2 and illustrates how a phase
change can cause a decrease in heating value. Now
Vapor Fraction and Change in Vapor Fraction BTU
for MRF 1500 BTU Mix with 0.834% C6 + at 75 PSIA
1 .01
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Vapor/Feed Ratio
Change in Vapor Fraction BTU

MRF 1,500 BTU Mix
Component
Mole Percent
Methane
64.107
Ethane
10.33
Propane
7.128
Iso-butane
2.174
Normal-butane
6.386
Iso-pentane
1.874
Normal-pentane
2.307
Normal-hexane
0.538
Normal-heptane
0.187
Normal-octane
0.086
Normal-nonane
0.023
Normal-decane
0.016
Nitrogen
3.939
Carbon Dioxide
0.906
Total
100.001
TABLE 1. The 1,500 BTU/SCF natural gas mixture used to
calculate the values in Figure 3.

consider a very small amount of condensed
hydrocarbons (weighing less than a dime) located within
a component of a sampling system, such as a sample
valve. This could occur during the pressure reduction
process described by Path 1-2 in Figure 2. If the small
amount of condensed hydrocarbons is swept into the
sample cylinder during sampling, a significant increase
in heating value can result.
This discussion illustrates the magnitude of the impact
of phase changes on natural gas samples. In practice,
the effect of a distorted gas sample on calculated gas
properties is very difficult to predict. The effects of poor
sampling technique on gas samples taken under actual
laboratory and field conditions are far more complicated
and cannot be accurately predicted using current
technology.
THE NEED TO CORRECTLY CHARACTERIZE THE
GAS WHEN COMPUTING HYDROCARBON DEW
POINTS

FIGURE 3. The vapor fraction and change in vapor
fraction BTU associated with condensation of a 1,500
BTU/SCF natural gas mixture.

Ongoing research at SwRI has sought a useful, accurate
method for predicting hydrocarbon dew point
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Clearly, it is crucial for a natural gas stream to be above
its hydrocarbon dew point during sampling to avoid
sample distortion. If enough is known about the gas
composition before the sample is taken, the dew point
can be estimated using any of a number of commercial
software packages. Small amounts of heavy
hydrocarbons, n-hexane and heavier, can strongly affect
the dew point of a gas. Unfortunately, many process gas
chromatographs (GCs) cannot identify these heavier
components separately, and only report a “lumped C6+
fraction” in their results. Using this lumped fraction
incorrectly can lead to a significant underestimate of the
dew point, and to sample distortion.
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Pressure (psia)

Figure 4 shows an example of several phase diagrams
for the same gas, all computed by assuming different
compositions for the hexanes and heavier hydrocarbons.
The results were compared to the phase diagram
computed from the certified gas composition, to
determine the potential errors due to poor
characterizations. The worst case was obtained by
treating the lumped C6+ fraction as 100% normal hexane.
Using this characterization gave computed dew points
as much as 35°F below the curve computed from the
certified gas composition. The best characterization in
this example used the actual composition of the gas
through nonane (C9), and treated the heavier components
as a “lumped C9+ fraction.”

FIGURE 4. Potential errors in phase diagrams computed
using incorrect characterizations of heavy hydrocarbons.

In general, the SwRI research indicates that a natural
gas composition must be known through nonane for its
dew point to be computed with reasonable accuracy.
This information can be obtained by analyzing the stream
using a GC capable of detecting hexanes and heavier
hydrocarbons separately. This may require a sample to
be carefully obtained and sent offsite for analysis.
Treating a lumped C6+ fraction as pure hexane will
consistently cause the dew point to be underpredicted,
and can lead to sampling errors.
GAS SAMPLE DISTORTION DUE TO THE SAMPLE
GAS TEMPERATURE DROPPING BELOW THE
HYDROCARBON DEW POINT TEMPERATURE –
LABORATORY AND FIELD TEST RESULTS
The Gas Processors Association (GPA) spot sampling
methods and three composite samplers were tested with
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several gravimetrically prepared natural gas mixtures in
static (non-flowing) conditions. The deviations in
calculated heating value and density for the gas samples
obtained during the tests are shown in Figure 5.
1,500 Btu/scf MRF Mixes (4), 75 psia, 110°F
10 .0 0
r [lbm/ft 3 ] at 60° F, 14.73 psia
Hv [Btu/real cf] at 60° F, 14.73 psia

Difference [%]

temperatures using only process GC data through C6.
Phase diagrams have been computed using several
software programs, different equations of state
(equations that predict the behavior of a gas mixture with
temperature and pressure changes), and different
“characterizations” of the heavy hydrocarbons in the gas
mixture. These characterizations make assumptions
about the relative amounts of hexanes and heavier
components in the lumped C6+ fraction. Not surprisingly,
the characterization method had the largest influence
on the accuracy of the predicted phase diagram.
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FIGURE 5. The deviation in calculated heating value and
density using analyses obtained from samples taken
with equipment at temperature below the hydrocarbon
dew point temperature.

When the temperature of the sampling hardware was
below the hydrocarbon dew point, all methods produced
distorted gas samples. Some sampling methods
produced samples that were enriched, causing an
increase in the sample heating value and density. Other
methods produced samples that were depleted, causing
a decrease in the sample heating value and density. All
of the methods produced highly variable results,
suggesting that a phase change occurred during
sampling.
The results from the composite sampler tests in Figure 5
(Methods 10, 11 and 12) led to subsequent field tests to
better understand the operational limits of composite
samplers. In-situ tests were conducted at a gas pipeline
site in northwest Colorado. Four composite samplers
were installed on a pipeline that was flowing 1,100 BTU/
SCF natural gas, and exposed to ambient conditions 6070OF below the hydrocarbon dew point. The composite
samples were analyzed and the calculated heating value
and density of each sample were compared to the
average values acquired from on-line gas chromatograph
(GC) analyses. After approximately six months of testing,
heated enclosures were installed on the composite
sampling systems to stabilize the ambient air temperature
around the samplers at approximately 100OF.
Test results from one composite sampling system are
shown in Figure 6. Results after the heated enclosures
were installed showed a significant improvement, with
each system providing samples with heating values and
densities that agreed with the reference to within +/0.75%, nominally.
The 2001 revision of Chapter 14.1 of the API MPMS
states that the sample gas temperature must remain 2050OF above the hydrocarbon dew point temperature at
all times during sampling. If the sampling process
involves a pressure reduction, additional heat must be

added at or upstream of the point of pressure reduction
to offset the Joule-Thomson effect (approximately 7OF
per 100 psi of pressure decrease).
Chapter 14.1 recommends the use of steam, hot water,
or electrical heat tracing, catalytic heaters and insulation
to provide heat to the sample gas. If the ambient
temperature will keep the sample gas at 20-50OF above
the hydrocarbon dew point temperature, heating is not
required. Previous research suggested that the fill-andempty spot sampling method might heat the sample
cylinder enough to avoid hydrocarbon phase change
problems in cold ambient conditions. Experiments were
conducted in 2001 and 2002 to monitor the sample
cylinder temperature during the fill-and-empty process,
and determine the method’s self-heating ability at
different line conditions and ambient temperatures. It was
found that the method does heat the sample cylinder,
Composite Sampler #3 — All Cylinders
Installed at Powder Wash, CO
Heated Enclosures Installed on 1/26/00
10
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6

hydrocarbons contained in compressor or machine oil
contaminate sampling equipment. Figure 7 shows the
impact of several residues left in a sample cylinder. The
hydrocarbon residue is a 50/50 mixture of SAE-30
compressor oil and n-hexane through n-decane. The
liquid hydrocarbon residue caused a reduction in the
heating value and density of the gas sample.
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CV
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w/H
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CV
w/HC
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Clean

FIGURE 7. The impact of several residues left in a
sample cylinder. The hydrocarbon residue is a 50/50
mixture of SAE-30 compressor oil and n-hexane through
n-decane.
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FIGURE 6. Composite sampler field test results showing
the effect of placing a heated enclosure around the
sampling system.

especially in cold weather, but does not generate enough
heat to be used on saturated gas when the initial sample
cylinder temperature is lower than the pipeline gas
temperature.
If sample cylinders are exposed to temperatures below
the hydrocarbon dew point temperature after sampling
(Path 4-5 in Figure 2), the sample can be recovered by
heating it to 140OF or 20-50OF above the hydrocarbon
dew point temperature, whichever is lower, for at least
two hours prior to analysis.
GAS SAMPLE DISTORTION CAUSED BY DIRTY OR
CONTAMINATED SAMPLING SYSTEMS
The previous discussion showed that the presence of
liquid hydrocarbons affects the integrity of a natural gas
sample. Liquid hydrocarbon contaminants are not always
natural gas constituents. Occasionally, heavier

If there is reason to believe that any part of the sampling
system has been contaminated, the system must be
thoroughly cleaned to obtain a representative natural gas
sample. Several cleaning methods were tested on
contaminated sample cylinders during the research
project. Figure 8 shows the results of one series of
cleaning tests. The results indicate that most methods
leave some residual. Steam cleaning was the most robust
method evaluated during the research.
If a gas sample is taken using a cylinder that has not
been sufficiently purged, or if air or other contaminants
have leaked into the sampling system, then the integrity
of the sample will be compromised, even if the sampling
method is performed correctly. Figure 9 shows the effect
of a nitrogen leak on the heating value and density of a
gas sample obtained during sample cylinder cleaning
tests at SwRI. The nitrogen increases the density and
reduces the heating value of the sample. The errors can
be significant and might not have been discovered if only
the heating value of the sample was considered. The
effect is similar if air is introduced into the system during
sampling.
The 2001 revision of Chapter 14.1 recommends that
sample systems be designed so that they can be
thoroughly cleaned and that a procedure for cleaning
sampling systems and sample containers be established.
Chapter 14.1 recommends that sample cylinders be
cleaned prior to each sample collection.
2003 PROCEEDINGS
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FIGURE 9. The effect of nitrogen that has leaked across
the seals of a floating piston cylinder during a particular
set of tests.
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tested that did not adversely impact the gas heating value
and density determination (Figure 10).
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FIGURE 8. Cylinder cleaning tests conducted with 300 cc
constant volume sample cylinders.

Sample containers and sampling systems must be dried
and purged, or evacuated, after cleaning. Nitrogen,
helium, and dry instrument-quality air are acceptable for
drying sample containers and sampling systems. Blanket
gases may be used to pre-charge sample containers.
The blanket gas must be selected so that the analytical
device will not interpret it as part of the sample.
GAS SAMPLE DISTORTION CAUSED BY SAMPLING
SYSTEM COMPONENTS FABRICATED FROM
MATERIALS KNOWN TO AFFECT THE INTEGRITY OF
A NATURAL GAS SAMPLE.
Many materials commonly used to fabricate sampling
system components can distort gas sample integrity.
Highly porous materials and components with large
surface areas are likely to cause adsorption or ‘sticking’
of hydrocarbon molecules to the surface of the material,
that produce a corresponding reduction in heating value.
If the temperature and/or pressure of the system
changes, adsorbed molecules can be released from the
material surface and can re-enter the sample stream,
causing an increase in the heating value. This
phenomenon cannot be eliminated by cleaning the
sampling system.

The 2001 revision of Chapter 14.1 recommends the use
of inert and non-porous materials in gas sampling
systems. 304 or 316 stainless steel is generally
recommended as a suitable material for sampling
systems. Carbon steel is not recommended because of
the potential for chemical reactions with the components
in the gas, which can result in sample distortion.
Furthermore, carbon steel is susceptible to high corrosion
rates, particularly when used in wet or sour gas sampling.
The use of dissimilar materials is discouraged due to
the potential for high corrosion rates and gas sample
distortion.
Valve seats, o-rings, and other types of seals should be
made of elastomers that will not degrade when the
sample gas makes contact. With the exception of Nylon
11, or its equivalent, Chapter 14.1 does not recommend
the use of plastic tubing in natural gas sampling systems.
For sour gas applications, Chapter 14.1 recommends
the use of special linings or coatings, such as epoxy or
8. 00
ρ [lbm /f t ] at 60 °F, 14.73 ps ia
Hv [ Btu/real cf ] at 60 °F, 14.73 psia
3
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Steam is identified as the most effective sample system
cleaning agent. Water containing corrosion inhibitors or
other chemicals that may contaminate the sampling
system should be avoided. Solvents, such as acetone
and liquid propane, that do not leave a residue after
drying are considered acceptable. Decon Contrad 70®,
or equivalent, is also acceptable. Other cleaning methods
may be used, if testing can prove their effectiveness.

2. 00
0. 00
-2.00
-4.00

Several common tubing materials of different diameters
and lengths were tested to determine the impact on gas
sample integrity. Clean stainless steel tubing was found
to have little or no impact. Most plastic tubing materials
had an impact on sample integrity, with polyethylene
causing a reduction in heating value and density of over
6 percent. This is believed to be caused by solid-surface
adsorption. Nylon 11 was the only plastic tubing material
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FIGURE 10. The effect of several types of plastic tubing
on a 1,250 BTU/SCF natural gas.

other suitable coatings. Soft metals, such as brass,
copper, and aluminum are not recommended.
CONCLUSIONS
Unrepresentative (distorted) natural gas samples can be
collected through improper sampling methods and poorly
designed sampling systems. Errors derived from the
calculation of gas properties, such as heating value and
density, based on analyses of distorted gas samples may
exceed 10 percent. These errors will propagate through
the energy flow rate equations, resulting in an error in
the calculated energy flow rate.
Gas sampling research conducted at SwRI over the last
seven years has identified several causes of gas sample
distortion. Three causes of gas sample distortion are (1)
sample distortion due to equipment and processes that
cause the sample gas temperature to drop below the
hydrocarbon dew point temperature, (2) sample
distortion caused by dirty or contaminated sampling
systems and (3) sample distortion caused by sampling
system components fabricated from materials known to
affect the integrity of a natural gas sample.
The 2001 revision of Chapter 14.1 (i.e., Collecting and
Handling of Natural Gas Samples for Custody Transfer)
of the API Manual of Petroleum Measurement Standards
includes discussions of these and other causes of gas
sample distortion. Chapter 14.1 provides
recommendations for obtaining representative gas
samples by avoiding gas sample distortion. It
emphasizes the importance of avoiding the hydrocarbon
dew point temperature and recommends the use of the

hydrocarbon phase diagram as a design tool to keep
sampling equipment temperatures above the
hydrocarbon dew point temperature. The revision also
emphasizes the critical need for sampling equipment
cleanliness and recommends that sampling system
designs include features that allow them to be thoroughly
cleaned in a timely manner. Chapter 14.1 also addresses
the importance of avoiding components fabricated from
materials known to cause gas sample distortion, such
as many types of plastic tubing.
Technicians and engineers responsible for obtaining
natural gas samples should be aware of the factors that
cause sample distortion. The causes of sample distortion,
such as the hydrocarbon dew point temperature,
sampling equipment material selection, and equipment
cleanliness should be considered when obtaining gas
samples and when designing gas sampling systems.
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ULTRASONIC METER FLOW CALIBRATIONS
CONSIDERATIONS AND BENEFITS
Joel Clancy
Colorado Engineering Experiment Station, Inc. of Iowa
2365 240th Street, Garner, IA 50438

INTRODUCTION
The primary method for custody transfer measurement
has traditionally been orifice metering. While this method
has been a good form of measurement, technology has
driven the demand for a new, more effective form of fiscal
measurement. Ultrasonic flowmeters have gained
popularity in recent years and have become the standard
for large volume custody transfer applications for a
variety of reasons. Most users require flow calibrations
to improve meter performance and overall measurement
uncertainty. Although AGA Report No. 9, Measurement
of Gas by Multipath Ultrasonic Meters [Ref 1], currently
only recommends flow calibration for ultrasonic
flowmeters, the next revision will likely require flow
calibration for all ultrasonic custody transfer applications.
What considerations then, should be taken when
choosing to flow calibrate an ultrasonic flowmeter? What
are the benefits to the user? What should a user expect
from a flow calibration? What kind of performance should
the customer expect or accept from an ultrasonic meter?
These areas, as well as others will be explored and
considered.
PRE-CALIBRATION INSPECTION AND METER
INSTALLATION
Upon receiving the ultrasonic flowmeter at the calibration
facility, a thorough inspection is started. Ultrasonic
meters are often very large with attached electronic
instruments so the inspection of the ultra-sonic flowmeter
begins before it comes out of the box. A damaged
shipping container indicates that the meter may have
visible damage or damage to electronic components that
will be harder to find. Open the crate and inspect the
electronics. Ensure that all electronic boards are securely
fastened to the junction box that houses the electronics.
Look for any signs of damage or any loose parts or
fittings. Inspect the meter body. Ensure that the
transducers are not damaged. Ensure all cables are
securely fastened.
When installing the meter in the piping system, inspect
the holes where the pressure taps penetrate the meter
body on the inside surface. Any burrs or protrusions on
the pressure taps can create pressure reading errors and
must be removed prior to calibration. Ultrasonic
flowmeters are often sold with upstream and downstream
spool pieces. There may be identification stamps on the
meter and accompanying spool pieces, make sure the
identification numbers match. The meter and spool
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pieces may have alignment pins. Check the alignment
as it is not unusual to find the pins do not provide good
alignment. Spool pieces may come separately from a
different supplier. In this case ensure that the internal
diameter of the spool pieces matches the internal
diameter of the meter. Drawings typically accompany
the meter and spool pieces. Assemble the meter parts
as shown in the drawings. Flow conditioners sometimes
fail when first used. Inspect the flow conditioner to ensure
the manufacturing and assembly is complete. Some flow
conditioners need to be pinned as they can move around
inside the pipe when installed. It is important that all
upstream components that can affect the flow conditions
at the meter remain exactly the same in use as they were
during the calibration.
Meters that have been in use in the field are often
recalibrated. These meters do not have original shipping
containers and are often partially disassembled for
shipping. Inspect the cables carefully ensuring all cables
are with the meter and that no damage has occurred.
Inspect the inside surfaces of the meters. There is often
a build-up of contaminants. Ensure the pressure taps
are clear. The customer may want the meter calibrated
in the condition it arrives in, referred to as an “As Found”
calibration, then cleaned and recalibrated clean, referred
to as an “As Left” calibration. In the past few years, more
data has become available on how well ultrasonic
flowmeters perform with thick layers of contaminants on
the transducers and pipe walls. Any difference in
performance of the meter between the “As Found” and
“As Left” calibration may be very useful to the customer.
Once the meter and spool pieces have been installed in
the test section the instrumentation can be installed and
the meter can be powered up. Pressure and temperature
transmitters are now installed. Dual instrumentation is
preferred. When dual instrumentation is used any
differences in readings can be identified quickly allowing
the calibration to proceed smoothly. The communication
lines are then connected to the meter. The most common
communication options are RS-485, RS-232, or Ethernet
communication. One communication output is used to
communicate flow and meter status information to a
computer running software provided by the
manufacturer. Another output is also connected to the
meter. This output is a second flow signal from the meter.
The second output may be an RS-485 output or the
meter may produce a frequency output, which is
proportional to flow passing through the meter. If an older
meter is received from the field for recalibration it may
require some communication switch changes to allow

communication with the calibration facility. These
changes are well documented and are returned to their
initial settings once the calibration is complete.

failures. Unusual signals can be produced from a variety
of problems to include a bad set of transducers, incorrect
wiring, etc.

The location of the thermal wells should be noted. AGA
Report No. 9 discusses the appropriate placement of a
thermal well stating 2 to 5 pipe diameters downstream
of the ultra-sonic meter. In the case of a bi-directional
meter, AGA 9 calls for a thermal well placement of 3
diameters from either ultrasonic meter flange face.
Although thermal well placement is defined in AGA 9,
some users elect to choose a different location for their
thermal well(s). Caution should be taken here. Often
thermal wells are placed upstream of a flow conditioner.
The pressure drop created by the flow conditioner also
creates a corresponding temperature drop known as the
JT (Joules Thompson) effect. You have, therefore, a
different temperature at the meter than is being recorded
by the temperature transmitter. Proponents of this type
of temperature measurement design look to the design
and expense that has gone into the conditioning of the
flow. Flow conditioners can help produce a good,
symmetrical flow profile; given the upstream flow
conditions are not extremely severe. A great deal of
thought, design and cost goes into ensuring a good,
uniform flow profile, before the gas reaches the meter. If
the thermal well is placed at a position downstream of
the flow conditioner, the profile becomes slightly skewed.
However, research has shown that placing the thermal
well directly upstream of the meter does not adversely
affect meter performance. This technique also ensures
accurate temperature measurement at the meter. Many
users, therefore, place the thermal well at 3 or 5 diameters
upstream of the meter.

Once pre-flow is finished, the calibration begins. The flow
is taken up to the highest flow rate requested by the
customer. If no flow-rates have been specified by the
customer, the flow-rate is taken to the maximum flowrate suggested by the manufacturer. At the high flowrate there may be enough flow noise to cause chord
failure. That is, the flow noise is of a sufficient level to
weaken the signal received by the meter. It is important
to monitor the system carefully when increasing flow to
the highest flow-rate. If any components like flow
conditioners are going to fail then this is the time when
failure is most likely to happen. Any unusual noises or
large changes in noise may indicate that a system
component is experiencing failure.
When flow at the highest flow-rate has been established,
the calibration system is allowed to stabilize. Ultrasonic
meter calibration systems may be composed of large
piping systems with a considerable amount of volume
between the standards used to accurately measure flow
during the calibration and the ultrasonic meter being
calibrated. It is important that any pressure fluctuations
that may be present in the system due to changes in
flow-rate are allowed to dissipate. When stable flow
conditions have been observed for an adequate length
of time, calibration data can be taken from the ultrasonic
meter being calibrated and the calibration system.
Several data points may be taken at a single flow-rate.
The number of data points may be specified by the
customer, or it may be left to the judgment of the
calibration system operator.

METER CALIBRATION
Test section pressurization, leak check, and pre-flow are
now performed. As the meter body pressurizes, dual
pressure instrumentation is checked for good agreement.
Pre-flow is generally conducted at 60 to 80% of the meter
capacity. Pre-flow typically lasts for 15 to 30 minutes.
The pre-flow allows the meter and test section piping to
come to the flowing temperature of the gas. Dual
temperature instrumentation is checked for good
agreement. During pre-flow, several piping and
instrumentation conditions are checked. Flow
conditioners are often a source of flow noise. The amount
of noise being generated by the flow conditioner is
monitored during pre-flow. Any unusual mechanical
noises may be an indication that the flow conditioner is
coming apart or vibrating violently. Installing a thermal
well too close to a flow conditioner can cause thermal
well vibration. This installation can produce several
problems. This vibration can cause problems for the
ultrasonic meter. The introduction of noise inhibits the
meter’s ability to function properly. The thermal well
vibration also creates a heating effect that will produce
a temperature measurement error at the ultrasonic. When
performing pre-flow, the performance of all the flow
transducers is monitored to ensure there are no chord

Data may be acquired using two separate computer
systems. One system will be running software supplied
by the manufacturer that will interrogate the meter while
a data point is taken and another system will acquire
data from the calibration system. Typically, these two
systems acquire data during the same time period.
Obtaining the calibration log file from the meter’s software
data logs can prove to be an important tool once the
meter is put into service. This initial log collected at the
time of the calibration can provide information such as
speed of sound, or gain level to limit ratios on a chord
by chord basis to name a few. This initial log file collected
at the time of the flow calibration is often referred to as
the meter’s baseline or fingerprint. When collecting logs
throughout the life of the meter, the baseline logs can be
used as a reference. Any deviations from the ratios
observed at the calibration can be used as a way to
troubleshoot potential problems with meter performance.
GENERAL DESCRIPTION OF A CALIBRATION AND
CALIBRATION SYSTEMS
Calibrations are performed by placing a flow standard in
line with the ultrasonic flowmeter being calibrated. The

2003 PROCEEDINGS

PAGE 227

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

flow standard is used to accurately measure flow and
has been calibrated using standards that are traceable
to NIST or some other national standard. As long as there
are no leaks in the system between the standard and
the meter being calibrated it can be assumed that the
two meters are passing the same amount of flow. There
may only be one standard or there may be many that
can be placed in parallel in the flow stream to produce a
wide flow-rate range.
There are two basic types of calibration systems. Figure
5 shows a calibration system on an existing natural gas
pipeline. When the large valve on the pipeline is closed
slightly a differential pressure across that valve is
produced. The differential pressure across that valve
provides a motive force to push flow through the
calibration system. As the main pipeline valve is closed
further, more flow is pushed through the calibration
system. In this manner a wide flow-rate range can be
passed through the calibration system allowing the
calibration of a wide range of meter sizes. At very low
flow-rates, fine flow control can be accomplished by
throttling with a smaller valve inline with the meter being
calibrated.
There are advantages to this type of system. Because
the pipeline is passing flow constantly, very long data
points or many data points at a single flow-rate can be
taken. The meter being calibrated is flowing under actual
pipeline conditions. There are potentially many gas
chromatograph outputs available to monitor gas
composition so a stable gas composition can be assured.
Because there are gas chromatographs placed at
metering stations along the pipeline any variations in gas
composition can be seen well in advance as the gas
proceeds through the line. This type of system can hit
very high flow-rates allowing calibration of the largest
ultrasonic meter sizes.
The disadvantages of this type of system vary. The
pressure drop at a given location will have limitations.
This does not affect ultrasonic calibrations but can be a
consideration when calibrating meters like orifice meters
that need to create a pressure drop. The calibration
system has to operate at the pressure in the pipeline.
This means that a meter to be used in a low-pressure
system may have to have a flange with a higher pressure
rating installed temporarily for the calibration. The quality
of the data may be affected by the pipeline stability. If
the line pressure is rising or falling, it may not be possible
to acquire data. Typically however, pressure, temperature
and gas composition are quite stable.
The second type of system typically used is shown in
Figure 6. This type of system is referred to as a
pressurized loop. Prior to flowing, the loop is pressurized
with gas to the desired flowing pressure. Flow through
the system is created by a compressor that must run
continuously while calibrating. Flow control valves can
be placed in the system for flow control. Heat exchangers
in the system allow some temperature control.
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A pressurized loop system also has certain advantages.
The flow in pressurized loop systems can be precisely
controlled. The temperature in a pressurized loop can
be varied over a limited temperature range allowing the
effects of different flowing temperatures to be
investigated. The composition of the flowing gas can be
varied by injecting different components into the loop.
The disadvantages of a pressurized loop calibration
system include high operating expenses. This is because
the compressor(s) must be operating continuously. The
suction pressure on the compressor must be maintained
above some minimum value, which places a limitation
on the differential pressure across the loop. This
limitation, as well as limitations to compressor capacities
and line size is typically the primary contributing factors
to flow limitations on a pressurized loop based calibration
system. [Ref. 2]
AS FOUND, AS LEFT AND AGA 9
Although not a standard, AGA Report No. 9 is a useful
tool for the end user to use as a basic guideline for
ultrasonic meters. While most users use this as a
guideline for acceptance criteria, not all use this as hard
and fast pass-fail criteria. Many users look at the “asleft” performance of the meter.
Observe the following example of two twelve inch
ultrasonic meters: Meter “A” (Table 1, Figure 1) meets
AGA 9 criteria both in linearity and in offset (% error).
Meter “B” (Table 2, Figure 2) does not meet AGA 9 criteria
in offset; however it does meet the linearity criteria. Note
the “as-left” results of meter A. This example uses the
AGA 9 Flow Weighted Mean Error (FWME) adjustment.
Applying this adjustment to the meter does not correct
for the non-linearity of the meter and therefore makes
the meter read slow at the high end and fast at the low
end. Conversely, Meter “B” is quite linear. The as-left
adjustment allows this meter error to be reduced to less
than 0.04%, after the FWME adjustment is applied,
throughout the entire range. While Meter “B” does not
meet AGA 9 criteria, this meter exhibits better
performance after adjustment.
AGA REPORT NO. 9 CALIBRATION FACTOR
CALCULATION EXAMPLE
A 12-inch ultra-sonic flowmeter is to be calibrated with
a maximum flow-rate of 100 ft/sec. The customer has
requested that calibration data be taken in compliance
with AGA Report No. 9 with a minimum flow-rate at a
meter velocity of 1 ft/sec. The calibration facility operator
sets up the calibration plan shown in Table 1.

TABLE 1. 12-INCH METER “A” RESULTS SUMMARY
Velocity
ft/sec
100
70
50
30
20
10
4
1

% Error
As Found
-0.69
-0.5
-0.4
-0.32
-0.3
-0.26
-0.2
-0.01

% Error
As Left
-0.19
0
0.1
0.18
0.2
0.24
0.3
0.49
Sum =

% Full
Scale
100%
70%
50%
30%
20%
10%
4%
1%
2.85

% F.S x
Error
-0.69
-0.35
-0.2
-0.096
-0.06
-0.026
-0.008
-0.0001
-1.4301

TABLE 2. 12-INCH METER “B” RESULTS SUMMARY
Velocity
ft/sec
100
70
50
30
20
10
4
1

From the above results, a FWME can be calculated.
Utilizing the data from the above table, the Percent Full
Scale must be determined. This value is calculated as
follows.

IndicatedFlowrate
x100
MaximumFlowrate

Now the percent full-scale values are multiplied by the
percent error (as found) values. This leaves the resulting
value in the percent full-scale times error column in table
1. The percent full-scale and percent full-scale times error
columns are then summed. With these summed values,
a FWME can be calculated. This is done by dividing the
summed percent full scale, times percent error value, by
the summed percent error value. From table 1, we
calculate the following.

% Error
As Left
0.03
-0.01
0
0.02
-0.01
0
0.02
0.05

% Full
Scale
100%
70%
50%
30%
20%
10%
4%
1%

% F.S x
Error
0.75
0.497
0.36
0.222
0.142
0.072
0.0296
0.0077

Sum =

2.85

2.0803

Meter “B” Results

% Error

PercentFullScale =

% Error
As Found
0.75
0.71
0.72
0.74
0.71
0.72
0.74
0.77

Velocity (Ft/sec)

−1.43
FWME =
= −0.50175
2.85

FIGURE 2.
Meter “B” Results with Correction Applied.

Once the FWME is derived, a calibration factor can be
computed. The calibration factor (or calibration
correction) is then entered into the meter software and
the meter is adjusted electronically. The calibration factor
is calculated as follows.

AGA 9 acceptance criteria are a good tool for the user
to utilize. Many custody partners will agree to use these
criteria as a basis for “pass or fail”, in order to have an
accepted agreement prior to flow calibrating the
ultrasonic meter. However, the above example shows
why some users may choose to accept a meter that does
not meet AGA 9 criteria.

CalibrationFactor =

100
= 1.0050
100 + FWME

ALTERNATIVE METHODS FOR METER
ADJUSTMENT

Meter “A” Results

% Error

AGA 9 also allows for alternative methods for adjusting
the meter. One popular method that is being used by
several ultrasonic meter manufacturers is a second order
polynomial curve fit. This method would better fit or
adjust meter A in the previous example. Note the below
results (Table 3, Figure 3) showing the same meter and
it’s new as-left condition utilizing a second order
polynomial curve fit. This linearizes the meter quite well,
leaving the meter error at less than 0.04% through the
entire range.
Velocity (Ft/sec)

FIGURE 1.
Meter “A” Results with Correction Applied.
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TABLE 3. METER “A” WITH 2ND ORDER
POLYNOMIAL ADJUSTMENT APPLIED
% Error
As Found
-0.69
-0.5
-0.4
-0.32
-0.3
-0.26
-0.2
-0.01

% Error
As Left
-0.03
0.03
0.03
0.02
-0.01
-0.03
-0.03
-0.03

% Full
Scale
100%
70%
50%
30%
20%
10%
4%
1%

% F.S x
Error
-0.69
-0.35
-0.2
-0.096
-0.06
-0.026
-0.008
-0.0001

% Error

Velocity
ft/sec
100
70
50
30
20
10
4
1

Meter “A” Results with PWL Adjustment

Velocity (Ft/sec)

FIGURE 4.
Meter “A” Results with PWL Adjustment Applied
Meter “A” Results – Polynomial Adjustment

% Error

METER RANGEABILITY AND CALIBRATION POINT
SELECTION
Depending upon the application and station throughput,
users may choose to install one large ultrasonic meter,
two mid-sized meters, or several, small ultrasonic meters.
This is true for both new meter stations, and stations
being retro-fitted with ultrasonic flowmeters.
Velocity (Ft/sec)

FIGURE 3.
Meter “A” with 2nd Order Polynomial Adjustment Applied

Another method being used by one meter manufacturer
is a Piece-Wise Linearization (PWL) technique. This
method allows the user to adjust the meter at the time
of the flow calibration, such that all points theoretically
fall directly on the 0.0% error line throughout the entire
range (Table 4, Figure 4). This same technique can also
be incorporated in the user’s flow computer, however,
this typically does not allow for a verification check after
such adjustments have been made; where the PWL
coefficients installed directly in the meter allow for a
verification checkpoint to be run at the time of the flow
calibration. Note Figure 4 below showing a PWL
adjustment.
TABLE 4. METER “A” RESULTS WITH PWL
ADJUSTMENT APPLIED.
Velocity
ft/sec
100
70
50
30
20
10
4
1

PAGE 230

% Error
As Found
-0.69
-0.5
-0.4
-0.32
-0.3
-0.26
-0.2
-0.01

% Error
As Left
0
0
0
0
0
0
0
0

% Full
Scale
100%
70%
50%
30%
20%
10%
4%
1%
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% F.S x
Error
-0.69
-0.35
-0.2
-0.096
-0.06
-0.026
-0.008
-0.0001

Note one example where nine, 12 inch orifice meter runs
were replaced with one 30 inch ultrasonic flow meter.
This decreased the user’s maintenance costs
considerably. For a new meter station, with the same
throughput, this would decrease costs for pressure,
temperature, and differential pressure transmitters.
Additionally, this station requires less flow computers,
valves, and piping to name a few. Proponents for such
an installation point to these areas as the benefits of
installing one, large volume meter.
The above installation does have disadvantages,
however. Having one, large volume meter can make
meter re-calibration difficult. Additionally, many users feel
that installing a single meter would be “putting all your
eggs in one basket”. If the meter becomes inoperable,
the pipeline’s measurement would be adversely impacted
if a second meter was not available for measurement.
Because of this philosophy, some users would, for
example, choose to install two 16 inch meters for their
fiscal measurement. This would enable the user to have
a second meter in the event that one might fail. It also
allows for ease in maintenance, such as pulling the meter
and meter run for cleaning or sending off for recalibration.
The above examples can and do drive where the meter
will operate within its range. Once again, depending upon
station design, users should flow calibrate the meter
where they expect to operate this meter. In the case of
the 30 inch meter above, the user, knowing the meter
would not be used below 10 ft/sec, chose to calibrate
down to 5ft/sec. Many users are pushing the lower limits
of ultrasonic meters in an effort to reduce the costs of

installing secondary low-flow custody meters (such as a
turbine or PD meter). Because of this, and improved
curve fitting methods, many users are flow calibrating
down to 1 or 2 ft/sec with expectations of operating at
that low end for short periods of time. Due to potential
thermal gradients and meter repeatability at this low
operating range, the meter’s uncertainty is reduced, but
for many users the tradeoff is beneficial, as the costs of
installing a second low flow meter are not incurred.
Data is typically taken at a minimum of six flow-rates.
AGA Report No. 9 specifies flow-rates of qmin, 0.10qmax,
0.25qmax, 0.40qmax, 0.70qmax, and qmax. Additional data
points may be requested at specific flow-rates by the
customer if the meter is to be used in a specific flowrate range. Once the initial calibration is complete, the
appropriate adjustment(s) should be applied
electronically to the meter. After the adjustment has been
made, a verification calibration is typically conducted.
The user typically chooses between one and three
verification points to be run in order to ensure the
adjustment was applied correctly and works
appropriately.
POST CALIBRATION CONSIDERATIONS
Once the calibration is complete, data should be
reviewed by the user. Once the data has been accepted,
a security jumper is set (if available) to set the meter into
a “read-only” mode. This security feature inhibits any
accidental (or intentional) changes that might be made
to the meter’s metrology configurations.
Shipping instructions should be provided to the
calibration facility in order to ensure proper and timely
delivery to the end location. The meter and its associated
piping should be end capped and sealed such that no
debris or dirt can enter the meter and/or meter tube
internal section.
Once the meter is installed in the user’s pipeline, a
communications check should be performed. Ensure
proper responses to the flow computer. A log file should
be collected for your records. This data should be

reviewed paying specific attention to individual
transducer path data. If the meter is under flowing
conditions, this log file should be compared to the meters
baseline logs taken at the time of the flow calibration.
Some users choose to take daily logs for the first week
to add to the meter’s baseline data. This allows for several
sets of baseline data to be collected while the meter is
still typically in a new and clean condition. Most users
will then take monthly logs. These logs can then be
trended with previous logs to ensure path ratios are
remaining constant and that no anomalies have occurred
with other log file data. During the course of monitoring
these data, differences may be noted. For example, a
speed of sound difference may be observed. Often, this
deviation from the trend may not be due to problems
with the ultrasonic meter. Frequently, the user may
instead discover problems with pressure or temperature
measurement, or a problem with the gas chromatograph.
If these instruments are checked and known to be in
proper working condition, further investigation should
be conducted by reviewing the meter’s log files. Specific
attention should be given to individual path speed of
sound, gains, performance, and signal to noise ratios to
name a few. If any of these differ from recent trends in
the meter’s performance, this may point to potential
problems with the ultrasonic meter. Your company’s
ultrasonic measurement specialist and/or the meter
manufacturer should be consulted if an abnormality is
discovered.
SUMMARY
Today’s users continue to demand improved performance
on measurement. Improved technology, and the widespread use of ultrasonic metering has allowed enhanced
performance and improved overall measurement
uncertainty. A key part of this equation is the flow calibration
of ultrasonic meters being used for fiscal measurement. A
knowledgeable user should have a good understanding of
areas to look at during the calibration process, as well as
options available with respect to operating range, number
of data points, and meter rangeability. Once operational,
the user should use the diagnostic tools available to monitor
the health of the meter.

FIGURE 5.
Pipeline Based Calibration Facility.
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FIGURE 6.
Pressurized Loop Based Calibration Facility.
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UNDERSTANDING THE DIFFERENT STANDARDS
THAT GOVERN MEASUREMENT
An Overview of the Different Standards That Govern Measurement
Ronald E. Beaty PE
Premier Measurement Services, Inc.
19302 Allview Lane, Houston, TX 77094
A number of questions should be answered regarding
the origin of Measurement Standards used in the United
States.
Why do we need measurement standards?
Who decides when a standard will be written?
What group undertakes the preparation of a
document?
How much time is spent writing a document?
Who decides the document is adequate and
approves it use?
Are there any checks and balances?
No national standards for measurement were accepted
until the early 1930’s. The use of installation and
volumetric calculation procedures required an individual
contract agreement for each custody transfer delivery.
The founders of the American Gas Association (AGA)
commissioned research by the United States National
Bureau Standards (NBS) to development data that would
lead to their first orifice meter standard, AGA Report No.
1. The AGA issued the first revision of the orifice meter
standard Report No. 2 later in the 1930’s. In 1963, the
initial version of AGA Report No. 3 governing orifice
measurement was published. AGA voted to retain the
title, AGA Report No. 3 for all subsequent revision.
The American Petroleum Institute (API) assumed the lead
in getting the Orifice Meter Standard approved as an
American National Standard by the American National
Standards Institute (ANSI) in 1978. The Gas Processors
Association (GPA) joined with the AGA and the API to
develop the first truly national standard for Natural Gas
Fluids Measurement for Concentric Square-Edged
Orifice Meters that was published in 1990 thru 1992. Part
2 of the standard, Specification and Installation
Requirements, was revised in 2000.
A significant question regards the personnel that staff
the API, AGA and GPA Measurement Committees. The
API Committee On Gas Fluids Measurement is staffed
with representatives of the member companies, expert
measurement consultants, academics, and government
employees of the Bureau of Land Management (BLM)
and Mineral Management Service (MMS). The AGA and
GPA Committees are similarly staffed. The committee is
driven by new technical advanaces or new data about
the meters. The parent committees of the various
Measurement Committees must approve the
development of a new standard. The API allows a
specified period of time to complete the development of
the standard. If the standard is not completed as
scheduled, it will be rescheduled and or allowed to be

sunseted. Meetings are characterized by open technical
discussion. Care is taken during these discussions to
restrict the conversation only to the technical issues.
Standards were developed for the positive displacement
meter, the turbine meter, the ultrasonic meter, etc. in the
same way.
API STANDARDS
The API publishes standards covering both oil and gas
measurement. All of these standards are available
individually or in a compilation known as the Manual of
Petroleum Measurement Standards. Chapter 14 is
dedicated to natural gas fluids and contains eight
sections.
Section 1–Collecting and Handling of Natural Gases
Samples for Custody Transfer was published in 2001 and
generally was not widely used in 2002.
Tests showed that several incorrect statements and the
results from limited data should be corrected. The tests
showed how important a properly cleaned sample
cylinder is for assuring a precise analysis. Steam cleaned
cylinders produced the most accurate samples for
analysis. This was accomplished by advocating the use
of heated sample lines and heated sample cylinders to
ensure single-phase measurement. Tests of the multiple
methods contained in the old standard revealed that
some of the methods differ greatly from the results
expected. The two best methods identified for sampling
natural gas based on all of the tests are the purge and fill
and the helium pop procedures. Pigtails are needed to
assure temperature stability with any of the multiple filling
procedures.
Section 2–Compressibility Factors of Natural Gas Other
and Related Hydrocarbon or AGA Report 8 was
reaffirmed in 1999.
This document contains the formulas to correct the
volume measured for compressibility (formerly super
compressibility). The method was developed by AGA in
cooperation with the Gas Research Institute (GRI). The
research work was extensive requiring a number of
research man-hours. The result is a document that may
be used for a partial analysis through a defined range of
temperatures and pressures. An extended or full analysis
is required beyond this range. The uncertainty of the
formulas increase as the pressure and temperature
deviate more from the first defined range that was
previously discussed.
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API STANDARDS
Section 1–Collecting and Handling of Natural Gas
Samples For Custody Transfer
The standard was published in 2001. It is intended to
assist the user in correctly sampling of single phase
natural gas production. Proper preporation of the sample
container is discussed. The proper sampling procedures
are outlined. The need for heated regulator and heat
traced tubing is explained.
Section 3–Concentric, Square-Edged Orifice Meters is
divided into 4 Parts.
Part 1–General Equations and Uncertainty
Guidelines was reaffirmed in 1999.
Part 2–Specification and Installation
Requirements was revised in April 2000.
Part 3–Natural Gas Applications was reaffirmed
in 1998.
Part 4–Background, Development, Implementation Procedures and Subroutine
Documentation was reaffirmed in 1999.
The orifice meter standard is comprehensive and lengthy.
The committed decided to separate the document into
four parts to make revisions only in the areas where they
were needed. The function of each section is evident
from the titles. Part 1 provides the derivation of the
general calculation equations and uncertainty guidelines.
Part 2 provides the specifications of the upstream and
downstream meter tubes and fittings. The specifications
for the orifice plates are redefined. The meter tube lengths
are totally revised based on extensive testing with each
data set verified by two or more laboratories with
worldwide creditability. Part 2 has been rewritten and
published in 2000. Part 3 uses the formulas developed
in Part 1 and applied them to natural gas measurement.
Part 4 provides implementations procedures for the
calculation of the measured volume and needed
subroutine documentation to allow individual
programmers to be assured the program is accurate.
Parts 1 and 3 are being rewritten to include new dat that
is currently developped or is under development.
Section 4–Converting Mass of Natural Gas Liquids and
Vapors to Equivalent Liquid Volumes was reaffirmed in
1999.
The standard was developed by the GPA to standardize
the calculation procedure to convert the mass measured
to gallons of a given component in the case of liquids or
MCF of a given component in the case of natural gas.
Section 5–Calculation of Gross Heating Value, Specific
Gravity, and Compressibility of Natural Gas Mixtures From
Compositional Analysis–was revised in 1996 and is GPA
2172-96. The document contains the approved method
for calculating relative density and saturated, partly
saturated and dry heating value at any selected pressure
base.

PAGE 234

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

Section 6–Continuous Density Measurement was revise
in 1998. An erratum was also published in 1998.
This standard addresses the installation, operation and
calibration of densitometers. A densitometer is calibrated
using a pycnometer. A pycnometer is simply a spheroid
with an inlet valve attached to n internal filling tube with
an exit valve located in the perpendicular plain. The
volume and mass of the pycnometer is known at a
pressure and temperature defined in the standard.
Correction factor formulas for other temperatures and
pressures are supplied. A concern has arisen concerning
the sealing of the shut off vaules that may require an
errata to be prepared. The standard is also undergoing
a revision which may make an errata unnecessary.
Section 7–Mass Measurement of Natural Gas Liquids
(GPA 8182-95) was reaffirmed in 1999.
This standard brings together the best designs for mass
measurement metering. A standard mass meter station
consists of a standardized meter (turbine meter, PD meter
or orifice meter), a densitometer, and a continuous
sampler operated proportional to flow. Excellent
accuracy has been obtained when the measurement
devices are properly installed, operated and tested. The
standard requires the temperature and pressure of the
meter and the densitometer to be the same or vary only
within a range prescribed in the standard. The range of
temperature and pressure differences allowed is
controlled by the product being measured.
Section 8–Liquefied Petroleum Gas Measurement was
published in 1997.
The major thrust of this standard is to provide direction
regarding how to calculate liquid volumes using an orifice
meter.
API publishes two additional gas measurement standards
of major interest to the community:
Chapter 20.1–Allocation Measurement
Chapter 21.1–Electronic Gas Measurement.
Allocation Measurement addresses how gas and liquid
production will be divided between the various
producers. The producers and the pipeline operators are
faced with a significant task as environmental conditions
and pressure losses in the system normally result in
condensation of hydrocarbons. The normal result is
greater amounts of liquid being delivered than were
delivered to the system. Greater problems will occur with
deeper water production in the Gulf of Mexico. The
standard guides the operator to an equitable allocation
of the product. It is being rewriten to address the
concerns serious that have been documented.
Electronic Gas Measurement addresses flow computer
installations. It begins with pressure transducers and the
temperature transducer. The standard defines the
amount of data to be reported and stored. Testing

frequencies are discussed. It is being rewriten to address
the serious concerns that have developped since the
document was published.
AGA STANDARDS

computer codes for C+ language programming. This will
provide a means to verify the ultrasonic meter calculation.
AGA Report No. 11: Measurement of Gas by Coriolis
Meters
The report is expected to be released by August 2003.

The AGA publishes several reports that should be
extremely useful to the total user community

GPA STANDARDS

AGA Report No. 4A: Natural Gas Contract Measurement
and Quality Clauses
The revision of this report was completed in June 2001
to reflect the new gas quality requirements.

The GPA publishes a number of standards used for gas
measurement and gas quality determinations. Most
natural gas contracts rreference GPA analytical
procedures.

AGA Report 5: Fuel Gas Energy Metering
Develop of new techniques for gas analysishas
necessitated the revision of the document and the TMC
has begun the revision.

The GPA has published four revised standards since
2000. They are;
2100-00; Tentative Method for the Qualutatuve
Determination of COS in Propane.

AGA Report No. 6: Transfer and Critical Flow Provers
A new task group has been formed to revise this
discontinued report for proving pulse output meter.

2186-02: Extended Analysis of Liquids by GC

AGA Report No. 7: Measurement of Gas by Turbine
Meters
The report is being jointly revised by the DMC and the
TMC. The expected completion date is 2004.

2145-03: Physical Constants for Hydrocarbons

AGA Report No. 9: Measurement of Gas by Multipath
Ultrasonic Meters
The report is being revised to incorporate the knowledge
gathered from the field and laboratory tests. The revision
is expected to be available by mid june 2004

2261-00: Analysis of Natural Gas by GC

A new version of GPA Engineering Data Book is being
perpared. The tentative release date 2004.
CONCLUSIONS
Standards bring the best, most knowledgeable persons
together to develop industries.
Standards are sound technically grounded documents.

AGA Report No. 10: Speed of Sound in Natural Gas
The report has recently been completed. It is expected
to be released in early June 2003. The report contains

Standards eliminate confusion in the industry and assure
fair dealing.

Ronald E. Beaty
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REPORT ON API 21.1 EGM STANDARD
Brent E. Berry
ABB-Totalflow
Pawhuska Road, Bartlesville, OK 74003

A QUICK WORD ABOUT NOMENCLATURE

•

The intent was to address minimum requirements
based on current technology, yet not circumvent the
use of future, more capable technology or more
stringently specified systems.

•

The scope included both differential and linear
meters. The scope originally included various types
of hydrocarbon fluids, but in the interest of
expediency, it was decided to treat different fluids
individually, starting with gas and moving to liquids
later. As of this writing, work is currently underway
on API 21.2 Electronic Liquid Measurement.

Since this report references both itself and the 21.1
standard, the following nomenclature has been adopted
to make it clear which document is being referenced.
report - references this document, the one you are
now reading.
standard references the 21.1 standard, unless
otherwise noted.
section and subsection both refer to portions of
the API 21.1 standard.
document is a generic term that could be
referencing either document. Hopefully the context
will make it clear which document is being
referenced.
INTRODUCTION
In September of 1993 API published a new section of
the Manual of Petroleum Measurement Standards titled
Chapter 21 Flow Measurement Using Electronic
Metering Systems, Section 1 Electronic Gas
Measurement. This report provides an overview of the
API 21.1 document with the intent of serving as a primer
and something of an introduction to the publication.

API 21.1 CONTENTS
API 21.1 consists of nine major subsections, three appendices and 10 figures. The subsection titles are:
1. Introduction and Scope
2. Description of an Electronic Gas Measurement
System
3. Referenced Publications
4. Electronic Gas Measurement System Algorithms
5. Data Availability
6. Audit and Reporting Requirements
7. Equipment Installation
8. Equipment Calibration and Verification
9. Security
The appendices are:

The 21.1 standard was developed by representatives
from the American Petroleum Institute (API), American
Gas Association (AGA) and Gas Processors Association
(GPA) member companies with input from equipment
manufacturers and others. The 21.1 standard represents
the first API publication in the field of electronic metering
systems.
Work on the standard began much earlier than 1993 with
initial meetings taking place as early as mid 1989. Early
on, ground rules were established that served as mission
statements guiding the efforts of all involved in the
publication of the standard. Those ground rules are
summarized as follows:
•

The intent was to define such things as algorithms
and audit trail requirements for using electronic flow
computers and associated equipment for custody
transfer.

•

The intent was not to produce a comparative study
between the accuracy of chart and electronic based
systems.
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A. Rans Methodology for System Flow Measurement
Algorithms
B. Averaging Techniques
C. Calibration and Verification Equipment
Subsection 1.1 – INTRODUCTION AND SCOPE
The major paragraph of the scope statement is as follows,
“This standard describes the minimum specifications
for electronic gas measurement systems used in the
measurement and recording of flow parameters of
gaseous phase hydrocarbon and other related fluids for
production and transmission custody transfer
applications utilizing industry-recognized primary
measurement devices. For the purpose of this standard,
electronic correctors of the type used on linear meters
were not considered to constitute an electronic gas
measurement system.”

Some notable elements of the scope are,
•
•
•
•

Minimum specifications
Gaseous phase hydrocarbon
Production and Transmission applications
Linear electronic correctors not considered

Subsection 1.2 — ELEMENTS OF A GAS
MEASUREMENT SYSTEM
Main system elements presented in subsection 1.1
include:
•

Primary Device is the basic meter run including the
orifice plate, turbine, rotary or diaphragm meter.

•

Secondary Devices are used for sensing such
process variables as static pressure, differential
pressure, temperature, and density.

•

Tertiary Device is an electronic computer that is
designed to correctly calculate flow and that can
receive information from the primary and/or
secondary devices.

Also introduced in subsection 1.2 are the concepts of
transducers, transmitters and signal processing. In
practice, transducer and transmitter are often used as
synonymous terms. Strictly speaking, this is not correct
and the standard attempts to provide instruction in this
regard.
“Transducers respond to changes in the measured
parameters with a corresponding change in electrical
values. These devices are referred to as transmitters
when they have been specifically designed to convert
the transducer’s electrical output to a signal suitable for
transmission over distances greater than could otherwise
be achieved.”
Hybrid EGM systems currently exist which render the
definitions of these traditional terms (secondary devices,
tertiary devices, transducers and transmitters) inadequate
as descriptors of the systems’ components. These hybrid
systems have evolved to lower cost and decrease
uncertainties.
Several different configurations are currently in use. For
example, some flow computers interface to standard
1-5Vdc or 4-20ma external transmitters. Others interface
directly to transducer low level analog signals, while yet
other flow computers connect directly to newer digital
transducers using either serial or parallel techniques.
Sometimes the transducers share electronics with the
flow computer and both reside in the same enclosure.
Add to this the concept of smart transducers/transmitters
and yet another set of scenarios exists. Smart transducers/transmitters generally provide lower
measurement uncertainties by digitally compensating for
temperature and pressure effects on the transducer’s
sensing elements and associated components.

Usually, smart transducers/transmitters perform
compensation algorithms internally and provide
compensated values to the flow computer, but some
system designs rely on the flow computer to perform
transducer compensation algorithms.
Therefore, in addition to the traditionally defined terms,
the 21.1 standard attempts to allow all these
configurations by including statements such as “The
tertiary and secondary devices, as well as the primary
device, may be contained in one or more enclosures, or
packaged separately.” And in another statement, “The
electronic flow computer has no effect on the accuracy
of either the primary or the secondary device, except
where characterization may be performed.”
Subsections 1.2.2 and 1.2.3 define terms and symbols
used throughout the document. Subsection 1.3
references publications cited within the 21.1 standard.
These sections are not reviewed in this paper.
Subsection 1.4 – ELECTRONIC GAS MEASUREMENT
SYSTEM ALGORITHMS
Subsection 1.4 defines algorithms for both differential
and linear measurement systems. Only differential
systems are presented in this report.
The standard defines component algorithms that, when
applied as recommended, collectively result in a
composite algorithm suitable for computing a desired
quantity such as mass, energy or volume. These
algorithms are not intended to supplant already published
work. Instead the standard references other equation
standards when possible. Only generalized equations
germane to the topic at hand were included in the 21.1
standard.
The primary goal of subsection 1.4 is to define the
minimum acceptable frequencies for solving equations
and measuring inputs to those equations.
1.4.2 Differential Meter Measurement
In differential metering, a total quantity (volume, for
example) is determined by integration of a rate equation
(AGA3 / API 14.3, for example) over a specified time
interval. The equation form of this integration operation
is presented in the 21.1 standard as:

Qt = ∫ qt * dt
t0
t

(eq 1)

where,
t0

∫t

Qt
qt
dt

=
=
=
=

integration operation from time t0 to time t
quantity accumulated between time t0 and time t
rate equation for quantity per unit of time
delta time between integration samples

For illustration purposes, this report assumes the rate
equation of eq 1 is based on AGA3/API 14.3. The 21.1
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standard allows this rate equation to be factored into
two component algorithms that can be solved on two
different time domains. This is loosely related to the older
AGA3 rate equation that often was described by two
component algorithms as:

•

The IVimp component of the flow rate equation shall
be calculated and summation performed at least
once per second. It is further recommended that the
sampling frequency and the integral value calculation
frequency be performed at the same time interval.

(eq 2)

•

The Integral Multiplier Period, the period at which
IMVimp and Qimp are computed, shall not exceed one
hour. An Integral Multiplier Period of less than one
hour shall be such that an integral (whole) number
of multiplier periods occurs during one hour.

Qh = C’ * Extension
where,
Qh

= Flow Rate (cubic feet / hour)

C ’ = Fb * Fr * Y .....

(one component)

Extension =

(second component)

Hw * Pf

Since the new AGA3/API 14.3 standard no longer uses
the older [C prime * Extension] paradigm and since the
21.1 standard’s algorithms were to generically discuss
time domain issues rather than re-state equations in other
standards, new terms were introduced to discuss the
time domain issues. Those terms are:
imp

= Integral Multiplier Period, a unit of time for
specifying the frequency for performing a
complete volume calculation.

Qimp

= Quantity (volume) accumulated for the integral
multiplier period.

IVimp

= Integral Value, one of the two components of
the flow rate equation (like the older Extension).

Putting all this together into a composite algorithm results
in:



Qimp = IMVimp *

timp

IVimp dt

(eq 4)

t0

where,

imp = Integral Multiplier Period of time period not to
exceed one hour.
dt

= integration period not to exceed one second

IVimp =

hw * Pf , at a minimum

IMVimp = the remainder of the flow rate equation not
included in IVimp.
Rans Methodology

IMVimp = Integral Multiplier Value, the second component
of the flow rate equation (like the older C prime).
IMVimp is the value resulting from the calculation
of all other factors of the flow rate equation
not included in IVimp.
Using these new terms, the volume algorithm is
presented in the 21.1 standard as:

Qimp = IMVimp * IVimp

(eq 3)

Where IVimp is the portion of the flow rate equation that
must be integrated on relatively fast time periods, and
IMVimp is the portion of the flow rate equation that can
be computed on a slower time period, the Integral
Multiplier Period.
Four minimum acceptable criteria are established in
subsection 1.4 of the 21.1 Standard. They are:

For all timing requirements mentioned in section 1.4,
slower periods can be used if they can be qualified as
acceptable. The 21.1 standard provides a tool to help
conduct this qualification process. This tool is included
in appendix A and is called the Rans Methodology.
The Rans Methodology is a statistical evaluation method,
developed by Mr. Rick Rans, to estimate the maximum
amount of measurement uncertainty that exists for any
given flow pattern across an orifice plate or linear type
meter.
First, The Rans Methodology evaluates the uncertainty
as a function of both flow pattern and calculation
frequency. Second an evaluation of the additional
uncertainty resulting from doing portions of the flow rate
calculation using averages is conducted.
A detailed analysis based on the Rans Methodology is
beyond the scope of this report.
Averages

•

•

The minimum sampling frequency for any dynamic
input variable shall be once every second. This
includes such variables as static pressure, differential
pressure and temperature.

Portions of the IMVimp equation, such as expansion factor
and compressibility, are dependent on the dynamic input
variables.

The IVimp component of the flow rate equation must
include at least the Square Root of Static Pressure *
Differential Pressure.

Since IMVimp can be computed on a time period slower
than the dynamic input variables are sampled, the
dynamic input variables must be averaged over the
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longer time period. The 21.1 standard allows four different
types of averages.
These averages are described algorithmically in appendix
B of the standard. They are:
•
•
•
•

Flow-dependent time-weighted linear
Flow-dependent time-weighted formulaic
Flow-weighted linear
Flow-weighted formulaic

Flow dependent means that each sample is used to
update the average’s accumulator only during times of
flow. Therefore, each sample’s contribution to the
average is turned on and off as a function of the presence
of flow resulting in an average during times of flow.
Flow weighted means that each sample in the average’s
accumulator is multiplied by the flow rate at the time the
sample is taken. Therefore, each sample’s contribution
to the average is weighted by the flow rate. This is an
interesting concept, since the flow rate isn’t really known
until some time later (the integral multiplier period).
Therefore, the flow rate used in this case is some
approximation of the actual flow rate.
Linear means that each sample in the average’s
accumulator is simply applied in engineering units. (e.g.,
PSI for pressure, Degrees F for temperature, in. H2O for
differential pressure).

1.5 DATA AVAILABILITY
Subsection 1.5 defines data availability requirements for
both differential and linear measurement systems. Only
differential systems are presented in this report.
Although many people think the 21.1 standard applies
only to electronic, remote, battery operated devices that
compute rates and quantities, the 21.1 standard’s
authors did not intend to limit the scope that much. The
authors intended to write a standard that applied to
systems of various acceptable configurations and, as
such, they intended to allow rates and quantities to be
computed in office systems too. They also allowed for
portions of the audit trail to be constructed of either
electronic or hard copy records. This subsection and the
next (1.6 Audit and Reporting Requirements) reflect
this intention more than anywhere else in the standard.
These two subsections (1.5 and 1.6) are closely related
and frequently restate the same requirements from
different perspectives and in different ways.
1.5.1.1 Differential Meter On-site Calculations
This subsection describes information that must be
available on-site, or be collectable on-site with a portable
data collection device. For the most part, subsection 1.5
is a succinct itemization of required data items, most of
which are as follows:
•

Formulaic means that each sample in the average’s
accumulator is applied as a function of the form of the
primary element’s fundamental equation. Thus, for
differential meters the square root of each sample is taken
before addition takes place. For linear meters, each
sample is simply added in engineering units.

1.5.1.1.1, Historical data spanning the time since the
last completed data collection period including, but
not limited to the following:
•

At least hourly average values for temperature,
pressure and differential pressure. Also, relative
density, energy content, composition and
density, if they are live inputs.

•

At least hourly quantity totals.

•

Dates and times for all averages and totals.

•

Total quantity accumulated during each contractually specified measurement period.

Low Flow Detection
As indicated by the term flow dependent above, deciding
when there is and when there is not flow is something
the EGM is expected to do.
If everything was perfect and stayed that way, there
would be no need for special low flow detection logic. A
differential pressure of zero would mean no flow and that
would be the end of it.

•

1.5.1.1.2, Input variable values affecting measurement such as meter run reference diameter (Dr),
orifice bore reference diameter (dr), the calibrated
span of the pressure, differential pressure and
temperature transducers.

•

1.5.1.1.3, Instantaneous readings or displays for the
live values of pressure, differential pressure,
temperature, flow rate, accumulated quantity and
alarm conditions. Other live inputs (such as density)
shall be available if used.

•

1.5.1.1.4, An electronic or hard copy record
including, but not limited to:

The reality is that things, such as transducer calibration,
drift and therefore a need to define an artificial zero (low
flow cutoff point) exists.
Therefore, the 21.1 standard mentions this requirement
in subsection 1.4.2.3 Low Flow Detection by simply
stating, “A low flow cutoff point for differential meters
should be determined by the contractually concerned
parties based upon realistic assessment of site conditions.”
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•

•

“As found” and “As left” equipment calibration
values.

•

Old and new values for changes to any input
variable that will affect the calculated quantities.

•

A summary of alarm or error conditions affecting
measurement.

•

A daily summary indicating the hours or percentage of time for flow or no flow.

•

The date and time of all events in the record shall
be identified chronologically.

1.5.1.1.5, A quantity statement including, but not
limited to, daily custody transfer totals and average
pressure, differential pressure and temperature and
other live inputs (such as density) if they are used.

•

1.5.1.1.6, The unique identification number of the
metering system.

•

1.5.1.1.7, All original data, plus all subsequent local
edits to that data.

•

The primary reason for retaining historical data is to
provide support for the current and prior quantities
reported.

•

The data specified in this subsection will provide
sufficient information to apply reasonable adjustments when the electronic gas measurement system
has stopped functioning; is determined to be out of
accuracy guidelines; or measurement parameters are
incorrectly recorded.

Within the introduction of subsection 1.6 some new
terms, such as quantity transaction record and event log
are used. Most of the succeeding paragraphs in
subsection 1.6 are devoted to defining these terms and
the minimum acceptable data that composes the data
records to which this term refers.
1.6.2 Quantity Transaction Record
“The quantity transaction record is the set of historical
data and information supporting the quantity or
quantities of volume, mass, or energy. The quantity
transaction record is to be identified by a unique
alphanumeric identifier denoting a specific electronic
metering device and primary device.”

1.5.1.1 Differential Meter Off-site Calculations
•

Data required on-site includes, but is not limited to:

•

1.5.1.2.1, Instantaneous readings or displays for the
live values of pressure, differential pressure, temperature, flow rate, accumulated quantity and alarm
conditions. Other live inputs (such as density) shall
be available if used.

•

1.5.1.2.2, The unique identification number of the
metering system.

•

1.5.1.2.3, Data required off-site includes, but is not
limited to the same data as is required in 1.5.1.1 (onsite calculations) with the exception of 1.5.1.1.3.

•

1.5.1.2.4, Indications of alarm or error conditions
shall be available off-site.

1.6.2.1 Daily Quantity Transaction Record for
Differential Meters
This subsection itemizes the data elements that, at
minimum, must be included in the daily record. They are:
•
•
•
•
•
•
•
•

date period
time
quantity
flow time
differential pressure average
flow temperature average
static pressure average
relative density average (if live)

Although flow integral is not required, it is stated that, in
certain situations, it can provide valuable information.
When do Day’s begin and end?

1.6 AUDIT AND REPORTING REQUIREMENTS
Subsection 1.6 defines audit and reporting requirements
for both differential and linear measurement systems.
Only differential systems are presented in this report.

The daily quantity transaction record is the average or
summation of data collected during a contract day. One
daily quantity transaction record ends and a new one
begins:

Some key elements of the introduction to subsection
1.6 include:

•
•

•

•

The audit trail shall include, but is not limited to,
transaction records, configuration logs, event logs
corrected transaction records and field test reports.
The records and reports in this section may be
created on-site, off-site or a combination of both.
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Once, at the end of each contract day
Any time one or more constant flow parameters are
changed

1.6.2.3 Hourly Quantity Transaction Record for
Differential Meters
This section itemizes the data elements that, at minimum,

must be included in the hourly record. They are:
• date period
• time
• quantity
• differential pressure average
• flow temperature average
• static pressure average
• relative density average (if live)

The date and time of all events in the log shall be
identified chronologically.
1.6.6 Corrected Quantity Transaction Record

Although flow integral is not required, it is stated that, in
certain situations, it can provide valuable information.

With this subsection, the 21.1 standard recognizes that
adjustments to original quantity transaction records are
sometimes necessary, and specifies the data to be kept
when this occurs. The need to make these changes
results from:

When do hours begin and end?

•

Constant flow parameters were not available at the
time of calculation

•

Constant flow parameters were found to be in error
at a later date

•

Dynamic flow parameters were found to be in error
at a later date, usually due to
• calibration error
• transducer failure
• adverse operating conditions

The hourly record is the average or summation of data
collected and calculated during a maximum of 60
consecutive minutes. One hourly quantity transaction
record ends and a new one begins,
•
•

Once, at the end of each hour
Any time one or more constant flow parameters are
changed

There are 24 hourly quantity transaction records for each
contract day plus additional quantity transaction records
for each time one or more constant parameters are
changed.

The corrected quantity transaction record reflects
changes to the original constant and/or dynamic flow
parameters used in the calculation of the final quantity
transaction record. The purpose of the record is to:

1.6.3 Algorithm Identification
An algorithm identifier is to be provided to identify the
calculations performed by the system. This can be
provided in various ways, such as a software or
manufacturer’s version code.
1.6.4 Configuration Log
This log is to contain and identify all constant flow
parameters used by the system to generate quantity
transaction records. The 21.1 standard provides a table
of elements that must be in the configuration log. As
always, this is a minimum acceptable list that can be
expanded on.
For differential meters, this table contains such things
as,
•
•
•
•
•
•
•
•
•

Meter Identifier
Date and Time
Contract Hour
Atmospheric Pressure (if appropriate)
Pressure Base
Temperature Base
Meter Tube Reference Inside Diameter
Orifice Plate Reference Bore Diameter
Etc.

1.6.5 Event Log
Each time a constant flow parameter (see 1.6.4 above)
that can affect the quantity transaction record is changed,
the old and new value, along with the date and time of
the change, shall be logged.

•

identify reasons for all corrections

•

provide the original and corrected constant and
dynamic parameters used

•

to clarify the adjusted quantities to be applied to the
meter and quantity accounting statements

The original quantity transaction record is to remain intact
as a permanent record. This original record, in combination with the most recent corrected quantity transaction record, provides a detailed tracking of the custody
transfer quantities.
The next two subsections pertain, for the most part, to
installation, verification and calibration of the secondary
devices. Since many people are already familiar with
these devices, a detailed description is not presented
here. In lieu of this, an outline of the next two subsections
of the 21.1 follows,
1.7 EQUIPMENT INSTALLATION
1.7.1 Transducer/Transmitters
1.7.2 Gauge/Impulse Lines
1.7.3 EGM Devices and Assoc. Communications
1.7.4 Peripherals
1.7.5 Cabling
1.7.6 Commissioning
1.8 EQUIPMENT CALIBRATION AND VERIFICATION
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1.8.1 Scope
1.8.2 Devices Requiring Calibration/Verification
1.8.3 Calibration and Verification Procedures
1.8.3.1 Pressure and Temperature Devices
1.8.3.2 Pulse Counters
1.8.3.3 Analyzers
1.8.3.4 Densitometers and Gravitometers
1.8.4 Frequency of Verification
1.8.5 Ambient Temperature and Pressure Effects
1.8.6 Calibration and Verification Equipment

1.9.3 Integrity of Logged Data — Restates the requirement for an event log and calibration reports.
1.9.4 Algorithm Protection — Changing the algorithms
used to calculate quantities is to be protected even more
rigidly than the restriction method described in paragraph
1.9.2. Field operations and accounting office personnel
are not to be authorized to change these algorithms.

1.9 SECURITY

1.9.5 Original Data — Simply states that there shall be
no changes to the original data.

1.9.1 Access — This subsection restricts access to the
metering system to the owner or the owner’s contractually
designated representative for the purpose of calibrating
or altering the function of the metering system.

1.9.6 Memory Protection — This subsection requires a
backup power supply, or nonvolatile memory, capable
of retaining all data in the unit’s memory for a period not
less than the normal data collection interval for the unit.

1.9.2 Restricting Access — States that the system
should deny unauthorized access for the purpose of
altering any input variables that may affect measurement.
A unique security code of at least four characters is to
be provided in support of this requirement.

1.9.7 Error Checking — Simply states that an effective
system of error checking shall be utilized each time data
is transferred from one data storage device to another
and that detected errors shall prevent the use of incorrect
data.

Instead of a security code, other measures, including
mechanical, may be used to restrict access.

CONCLUSION

A security code may also be used to grant access for
the purpose of collecting data.

Being the first of its kind, the 21.1 standard probably
has room for improvement. However, considering the

FIGURE 1.0 - Elements Of A Gas Measurement System
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FIGURE 2.0 Prominent Data Flows within an EGM System

issues being dealt with, it is a very good initial effort. It
should provide valuable guidelines for evaluating
Electronic Gas Metering Systems for Custody Transfer.
Although not a complete treatment of the 21.1 standard,
it is hoped this report will serve as an adequate
introduction to it. Time and space did not allow linear
meter presentation within this report. However, the linear
meter subsections within the 21.1 standard are presented
with the same level of detail as are the differential meter
subsections. Perhaps a sequel to this report, including
the linear meter presentation will be forthcoming
If you are interested in receiving a copy the API 21.1
standard it can be ordered from the American Petroleum
Institute. When ordering, refer to Chapter 21.1,
Electronic Gas Measurement, First Edition, August
1993, Order No. 852-30730.

Brent E. Berry
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TRANSIENT LIGHTNING PROTECTION FOR ELECTRONIC
MEASUREMENT DEVICES
Patrick S. McCurdy
Presented by: Dick McAdams
Phoenix Contact Inc.
P.O. Box 4100, Harrisburg, PA 17111-0100
INTRODUCTION
Technology advances in the world of semiconductors
and microprocessors are increasing at a breathtaking
pace. The density of transistor population on integrated
circuits has increased at a rate unimaginable just a few
years ago. The advantages are many: faster data
acquisition, real time control, and fully automated
factories, to name a few.
Semiconductor technology is also prevalent in field
mounted instrumentation and electronic measurement
devices. Unfortunately, a tradeoff to the increased
performance is the susceptibility of these semiconductor
devices to voltage and current transient events. The
minimum results are unreliable instrumentation readings
and operation, with periodic failures. The worst case
result is a completely destroyed measurement device.
Such power surges are often the work of mother nature.
Lightning, which according to the National Weather
Service strikes some 40 million times annually in the U.S.,
is a leading cause of failure in electronic measurement
devices. When these devices are field mounted the
vulnerability greatly increases due to their remote location
and outdoor installation.

per year by geographic region. A relationship can be
made between thunderstorm days and flash density (i.e.,
the number of lightning-to-ground flashes in a specified
period over a certain area, expressed in flashes/km2
[Table 1]).
As can be seen, depending on the region, locations such
as Tampa, Florida or Columbia, South Carolina can have
over 70 thunderstorm days per year. This corresponds to
about 25 flashes/km2/year. Although this is on the high
side, roughly one half of the continental U.S. experiences
up to three cloud-to-ground events/km2/year, or equivalent
of about ten discharges per square mile per year.
Lightning damage to electronic equipment might be
thought of as a remote possibility. Perhaps something
that is as unlikely as winning the lottery. In fact the
chances of winning the lottery in Florida are 1 in 14
million; the chances of getting hit by lightning are 1 in
600,000.

It should be noted that although the most devastating
source of transient voltage and current activity is
lightning, there are other sources. Some of these include
static buildup, human error, inductive load switching, and
utility capacitor switching.
This paper explores lightning effects on electronic
measurement devices, and methodologies for preventing
damage including lightning arrester technology,
shielding, grounding and surge protection devices (SPD).
The discussion will also cover various coupling methods
for transients, and national and international standards
that can help in evaluation and application of the proper
surge protection network.
LIGHTNING MAGNITUDE AND FREQUENCY
Most of the continental United States experiences at least
two cloud to ground flashes per square kilometer per
year. About one half of the United States will see three
cloud to ground events per square kilometer per year.
This is equivalent to about 10 discharges per square mile
per year. An Isokeraunic map of thunderstorm days
developed by ANSI/NFPA 780-1992 is shown in Figure 1.
This shows the average number of thunderstorm days

FIGURE 1.
Isokeraunic Map Showing Mean Number of
Thunderstorm Days per Year.
Number of Thunderstorm
Days per Year
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Flash Density per Square
km per Year
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TABLE 1.
Relationship between thunderstorm days per year and
number of lightning-to-ground strokes in a specified
period and geographic area.
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COUPLING METHODS
Lightning effects can cause damage to sensitive
electronic equipment in several ways, including: direct
coupling, inductive coupling, and capacitive coupling.
Direct coupling (Figure 2) is associated with lightning
energies on the incoming conductors. Ground paths
become saturated, and the transient energy seeks other
direct paths to ground. Unfortunately, this is usually
through unprotected electronic equipment such as
measurement instrumentation.
An analogy can be made between direct coupling of
lightning transients and flooding that occurs because of
overfilled storm drains. Just as ground circuits become
saturated with electrons in the case of a lightning strike,
storm drains become saturated with fast flowing water
in torrential downpours. The results are also similar in
that the water seeks another path to ground which could
be across a busy highway or through someone’s
backyard.

• Magnetic flux line’s (MFL) intensities are greatest near stroke.
• Greater (MFL) frequencies create higher voltages.
• As (MFL) crosses circuit area, damaging voltages are generated.

Surge current
seeks an alternate
path

High

Rate of
Current Flow

I1

Rate of

I2

Current Flow

FIGURE 3.
Inductive coupling is produced by the magnetic
flux lines generated during a lightning strike.

Inductive coupling (Figure 3) is produced by the magnetic
flux lines generated during a lightning strike. As much
as 70V/meter of cable can be induced by lightning strikes
that are more than a three-dimensional mile away. In other
words, lightning does not have to strike the ground to
inductively couple transients. Electronic equipment and
measurement devices can experience inductive coupling
from a cloud to cloud lightning event.
Capacitive coupling (Figure 4) is derived from positive
or negative charge ions passing over conductors.
Shielding is one method used to bleed off these charges
to negate any capacitive coupling effects. However, to
minimize ground-loop problems caused by potential
differences along the cable shielding, it’s best to ground
the shielding on instrumentation signals only at one end.

Equipment
Damage

• A lightning stroke creates strong local voltage fields.
• Highly charged electrons are attracted or repelled to electrical
circuits.
• High inrush or outrush currents are formed which can damage
electrical circuits.

Equipment
Damage
High

Rate of
Current Flow

I1

I2

Rate of
Current Flow

FIGURE 4.
Capacitive coupling is derived from positive and
negative charge ions passing over conductors.

STANDARDS AND WAVEFORMS

When the rate of current flow is greater than
the earth’s ability to absorb the current flow,
an alternate path is found.
Surge current
seeks an alternate
path

Equipmen t
Damage
High

Rate of
Current Flow

I1

I2

Rate of
Current Flow

FIGURE 2.
Direct coupling results from lightning energies
on the incoming lines.
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In the days before microprocessor devices, engineers
didn’t have to worry about protecting their equipment
from voltage and current transients. Since the
proliferation of microprocessor based equipment, the
need for protection against transients has become
necessary. To define the areas of hazard, characteristics
of transients, and protection product performance
several national (ANSI/IEEE) and international (IEC)
standards were created.
The ANSI/IEEE C62.41 is used primarily in North America
as a guide for selection of surge protection devices (SPD).
Table #2 shows the different equipment locations, test
waveforms, open circuit voltage, and short circuit current
specifications as defined by ANSI/IEEE C62.41. Factory
floor measurement devices would be covered under
Category B and field mounted measurement devices
under Category C.

Location/
Category

Waveform

Category A:
Long Branch
Circuits and
Outlets, Data
Wall Outlets.
Category B:
Major Feeders
and Short
Branch Circuits
(Distribution
Panels).

0.5µs - 100kHz
Ring Waveform
Test

Category C:
Outdoor
Overhead Lines,
Service
Entrance.

Open
Circuit
Voltage
6,000V

Short
Circuit
Current
200A

0.5µs - 100kHz
Ring Waveform
Test

6,000V

500A

1.2 x 50µs High
Impedance Test

6,000V

n/a

8 x 20µs Current
Impulse Test
8 x 20µs Current
Impulse Test

n/a

3,000A

n/a

10,000A

TABLE 2.
ANSI/IEEE C62.41 Transient Environment Test Criteria

The International Electrotechnical Commission (IEC)
specification IEC 1312 defines several specifications
related to lightning susceptibility. The categorizations,
test waveforms, voltage and current peaks are similar to
the ANSI/IEEE C62.41. However, one unique
classification of the IEC 1312 is the definition of a true
lightning test waveform, the IEC 1024 10 x 350µS (Figure
#5) waveform. The IEC 10 x 350µS waveform describes
transient characteristics which more closely represent
the amount of energy associated with a real field lightning
event. The IEC 10 x 350µS waveform describes a
transient current event with a 10µS rise time to 60kA
and a 350µS decay to half energy or 30kA. This is
approximately 200 times greater energy than the ANSI/
IEEE 8 x 20µS waveform, Figure 5). The IEC 10 x 350µS
allows a true lightning survivability test to be performed
on a surge protection device. This will be discussed
further in the following pages.

and low inductance ensures the maximum performance
of a SPD.

FIGURE 5.
µ
The IEC 1024 10 x 350µS waveform shown in comparison
to the 8 x 20µS waveform. TheµIEC 10 x 350µS
allows
µ a true lightning survivability test to be
performed on a SPD.

PROTECTION STRATEGIES

GROUNDING

Surge protective device (SPD) is the common term used
to describe products that protect sensitive electronic
equipment from damaging transient voltages. A surge
protective device acts as a high impedance connection
between power or signal line and ground, under normal
operating conditions. Upon sensing a fast rising voltage,
the SPD becomes a low impedance “short circuit” to
ground to divert the unwanted energy safely away from
the sensitive electronic equipment. Since the transient
condition occurs for a maximum time duration of
approximately 20 microseconds, this short low
impedance state occurs very quickly. After diverting the
energy to ground the SPD then “resets” itself back to
the normal high impedance state.

One of the key factors to protect any sensitive industrial
equipment is a low impedance earth ground. The
National Electrical Code (NEC) targets 25 Ohms.
However, 25 Ohms is a target. A ground resistance of 5
Ohms or less is preferred. Since the performance of any
surge arrester is enhanced by a highly conductive path
to earth ground, lightning currents are diverted from
seeking other sensitive industrial equipment paths. The
impedance of the earth ground consists of both a
resistive and a reactive component of the grounding
conductor. The formula V-IR + L(di/dt) can be used to
show the voltage potential that a SPD must deal with
when shunting transient energy to ground. The voltage
drop is a function of the resistance (R) and the inductance
(L). Skin effect and the path taken by the conductor
(straight, bends, etc.) have a direct effect on the ground
path inductance. A ground path of both low resistance

Industrial equipment, control systems, and electronic
measurement devices can be damaged from lightning
induced transients entering the control system through
the power source. Also common is damage caused from
such “back door” entrances as data communication
lines, antenna connections, analog and digital I/O and
phone modems. A typical control cabinet could contain
a variety of instrumentation systems. A common
application would consist of a programmable logic
controller (PLC) with standard 24V dc relay logic, 4-20mA
field transmitter inputs and a radio modem for sending
compressed data packets back to a central control
station. The distributed I/O system utilizes an RS-422
full duplex data protocol. By evaluating this standard
system shown in figure #6 we find that there is a potential
for transient damage at any of the points from the data
line to the power line.
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P o w e r sup p ly
120 or 220 a c

A nten na
c oa x

D a ta c o m /te le c o m p o rt,
RS-232, R S-422 , RS-485

D ig ital I/O
24 V dc

A na log I/O
0-10 V & 4-20 m A

FIGURE 6.
To be completely protected a typical remote terminal
unit (RTU) requires protection for all copper
pathways leading into the device.

The ANSI/IEEE C62.41 specifications shown in table 2
are a good guideline for selecting SPDs for protecting
against the damage of indirect lightning effects. The
components used by most SPD manufacturers include
the independent use or a cascade use of Metal Oxide
Varistors (MOVs), Silicon Avalanche Diodes (SADs) and
Gas Tube technology. In our typical field mounted control
system example indirect lightning effects are common
on the 24V dc discrete I/O, the 4-20mA analog signals,
the RS-422 data communication and the telephone
modem applications.
For protecting the power system the effects of a direct
lightning strike need to be considered. AC power lines
are directly linked to the outside world. The use of larger
gauge wire in power conductors allows these conductors
to carry higher direct lightning surges. Because of these
anticipated long duration lightning surges, a test standard
using the IEC 1024 10 x 350µS waveform should be used
when selecting the protection device. A “lightning
arrester” utilizing an ARC Chopping Principle (Figure 7)
can safely divert this energy from AC power lines. A
lightning arrester specified at 60kA based on the 10 x
350µS waveform will handle energy that would easily
destroy one rated at 100kA to 150kA based on the ANSI/
IEEE 8 x 20µS. A comparison of energy handling,
response time, and clamping voltage for different
protection components is shown in Table 4.
NETWORKED APPROACH
To safely protect sensitive industrial control systems from
the direct and indirect effects of lightning a networked
approach is necessary. Unfortunately, you cannot simply
install one product and protect everything. The
internationally recommended practice is to build a
networked surge suppression system. This includes a
lightning arrester technology on the AC power lines, and
SPDs on the analog and digital I/O, communication lines,
and data lines.
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µ

FIGURE 7.
The ARC Chopping Principle. A lightning arrester
technology which will handle a direct lightning strike
condition (IEC 10 x 350µS) on the AC main service
entrance while minimizing follow throughµcurrent.
FLASHTRAB
Spark Gap
60kA
10 x 350µS
1,000V
rise time
dependent

Metal
Oxide
Varistor
40kA
8 x 20µS
5V - 600V
nanosec.

Gas
Discharge
Tube
10kA
8 x 20µS
90V
microsec.

Suppressor
Diode
0.5kA
8 x 20µS
5V-300V
picosec.

TABLE 4.
Performance comparison of different SPD technologies.

AC POWER LINES — THREE STEPS
Step One — Main Service Entrance. Facility AC power
lines are the direct link to the outside world. Since the
wire gauge of power conductors is large, so is the
pathway for lightning induced surges. The IEC 1312
guidelines suggest that surge currents of up to 60,000
amps based on the IEC 1024 10 x 350µS waveform
(Figure 5) can be expected at the facility service entrance.
To take this initial hit a surge protection device utilizing
the arc chopping principle must be employed. The ARC
Chopping device is a new technology spark gap. The
problem with traditional spark gap technology has been
the susceptibility to follow-on currents which can cause
nuisance tripping of upstream circuit breakers or fusing.
The spark gap devices that feature the patented ARC
Chopping Principle avoid this by their unique follow-on
current extinguishing capabilities. The technology shown
in Figure 7 consists of two electrodes positioned opposite
each other, held in place by a barrier and separated by a
baffle. This arrangement and spacing of electrodes is
called “ARC Chopping” and provides reliable ignition of
the arc, which is then chopped by the baffle into several
smaller arcs. This effect diverts the lightning current while
self extinguishing the follow-on current before up stream
circuit protection devices have time to trip. A protection
system featuring this technology can be chosen in three
phase enclosure systems with UL listing.

Step Two — Distribution and Subdistribution Circuits.
The lightning arrester just described will let through a
residual transient of approximately 5kA which takes the
form of the ANSI/IEEE 8 x 20µS waveform. The second
step for protection of the AC power system will address
this transient energy. A metal oxide varistor (MOV) based
product with the capability to handle at least 40kA based
on the 8 x 20µS waveform should then be installed at
your critical power distribution circuits. Systems are
available for all popular three phase and single phase
power configurations. It is important to select a product
that features pluggable and testable protection elements
with failure indication. This is important because of the
inherent characteristics of MOVs to fail over time. Each
time a surge is discharged, the metal oxide crystals
weaken and eventually form a direct short to ground. The
rate at which MOVs fail is totally dependent on the number
and magnitude of transients. If a MOV fails at this stage,
the direct short to ground poses several problems. The
least critical of which would be a circuit interrupt from an
upstream breaker or fuse. More critical is a potential fire
hazard. A MOV can actually leak enough current on an
AC power line to heat up to the point of catching fire.
Step Three — Equipment Power Protection. The
transient energy left after the step two protection should
be too small to cause destructive damage to the power
source of your sensitive equipment. However, it will still
cause dissipative damage over time. Dissipative damage
occurs when semiconductor materials are subjected to
continuous small energy transient voltage. The
semiconductor junctions are actually pitted away over
time until pathways open and the device eventually fails.
Transient protection at this stage should feature a hybrid
protection circuit with MOV, gas tube, and surge arresting
diode technology. The three stage hybrid circuit gives
sufficient coarse protection with the gas tube and MOV,
while providing fine protection with the surge arresting
diode. Packaging is available in a convenient DIN-rail
mounting format and with the option of removable
protection elements. Also, features such as LED or
remote warning contacts should be considered for
indication of MOV failure.
ANALOG AND DIGITAL I/O PROTECTION OF
CONTROLLERS AND INSTRUMENTATION
A typical programmable controller or industrial computer
has many areas of surge threat. We have just covered
the power supply protection. However, there are several
“back door” areas that also need to be considered. Signal
lines typically run between a control device and a field
mounted measurement and / or transmitter device. To
have total coverage a surge protection device (SPD)
should be installed at both ends of the I/O.
A digital I/O circuit can utilize MOVs in the circuit from line
to ground. However, an analog circuit, which is a floating
ground circuit, cannot be referenced to ground. As an
MOV ages, it leaks to earth causing a ground reference
that can damage or cause signal error. Since most digital
or power supply I/O circuits are referenced to earth ground,

there is no problem with designing protection circuits with
MOVs in common mode, line to ground. The most effective
digital or analog protection circuits utilize a three-stage
protection scheme with MOV, suppresser diode and gas
discharge tube. This hybrid circuit is in series with the
application. Packaging is available in DIN-rail mounting
for protecting the control side and also in a field mounted
pipe nipple for protecting the field side.
DATA AND TELECOMMUNICATION CIRCUITS
Probably the most sensitive (and almost never protected)
circuits are the data and telecommunication ports of
control systems and electronic measurement devices.
Any time a data or telecommunication line is routed
through a facility or outdoors, it is susceptible to transient
energies that can damage network cards and spread
the damage through the entire control system.
To protect these data systems again requires protection
at both ends of the transmission path. Twisted wire pairs
and coaxial protection can be added to divert damaging
transients from getting into the systems. These systems
are usually high speed and cannot withstand high levels
of line impedance. MOVs should never be designed into
telecom or data circuits. They will lower and mis-shape
data signals that travel on cables or phone lines. In many
cases the signal will just stop transmitting if the wrong
type of surge protection device is installed. Every data
network is different. Specific surge arresters are designed
to function properly with networks like ethernet and token
ring. In industrial applications, networks that utilize RS485 serial communications can be connected together
by D-Sub style transient protection devices or hard wired
data protection devices. To protect telecommunication
lines, a multiple-pair protection system of single outlet
protection devices can be utilized.
CONCLUSION
To properly protect industrial equipment, electronic
measurement devices and control systems from the
direct and indirect effects of lightning a networked
approach of lightning arrester and surge protective device
technologies is required. Coupling methods, grounding,
and surge protection device performance need to be
considered. By addressing both the lightning energies
and the I/O data structure, you can engineer a highly
reliable protection network to
safely protect your entire control
systems from even a direct
lightning strike.

Patrick S. McCurdy
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AN OVERVIEW AND UPDATE OF AGA 9
Charles W. Derr
Presented by John Lansing
Daniel Division of Emerson Process Management
9720 Old Katy Road, Houston, TX 77055

ABSTRACT

Meter Requirements: Meter Body

The American Gas Association has published (June,
1998) a recommended practice; Report No. 9;
Measurement of Gas by Multipath Ultrasonic Meters.,
This paper reviews some of the key contents of A.G.A.-9
including recommended meter performance
requirements, design features, testing procedures, and
installation criteria. An update for the committee work In
progress for year 2001 and beyond is integrally included.
The paper addresses some of the most commonly asked
questions by new users of the document.

Manufacturers are urged to publish the overall lengths
of their ultrasonic meter bodies. This is to help skid and
other designers who may not be familiar with ultrasonic
metering to define metering section dimensions. The
meter length itself is Not considered part of the approach
or discharge meter tube minimum length requirements.
The inside diameter of the ultrasonic meter should be
within 1% of the upstream tube’s diameter.

A.G.A.-9 was drafted by the A.G.A. Transmission
Measurement Committee (TMC) which incorporated many
of the recommendations in the GERG Technical
Monograph 8 (1995) and certain related OIML
recommendations. After two years of technical discussions,
balloting, and revisions, the document represents the
consensus of several dozen metering experts in the US
and Canada. They represent a cross-section of senior
measurement personnel in the natural gas industry. The
ISO/TC 30 standard currently being written for ultrasonic
meters has mostly adapted A.G.A.-9 information and is
adding various additional pieces of operating practice
information, precautions and recommendations. A much
larger data base now exists for performance and
calibration history of USMs, including additional test data
for piping, flow conditioners and valve interaction.
SELECTIVE REVIEW OF A.G.A. REPORT
Scope of Report
A.G.A.-9 was developed for multipath ultrasonic transittime flow meters, used for the measurement of natural
gas. A multipath meter is defined as one with at least
two independent acoustic paths used to measure transit
time difference of sound traveling upstream and
downstream.
Meter Requirements: Codes and Regulations
A.G.A.-9 makes statements which are design instructions
for manufacturers of meters. One reason this approach
was taken was to insure the end user that an ultrasonic
product would be safe and consistently manufactured.
Unless otherwise stated, the meters are to be suitable
for use in an area which is subject to the requirements of
the U.S. Department of Transportation’s regulations in
49 C.F.R. Part 192, (Transportation of Natural and Other
Gas by Pipeline: Minimum Federal Safety Standards).

The value of 1% was based mainly on early European
studies and also work performed at the Southwest
Research Institute’s GRI/MRF (Gas Research Institute/
Metering Research Facility) in San Antonio, Texas.
Other meter requirements in this document include antiroll devices (feet), pressure tap location on the meter,
and standard meter markings.
These requirements were based on field experience and
the lessons learned from other metering technologies.
Meter Requirements: Ultrasonic Transducers
Ultrasonic transducers are not common pipeline devices
and many operators are unfamiliar with their properties.
A.G.A.-9 includes clear directions to the manufacturer
for the specification, marking, and testing of transducer
pairs. These instructions are valuable because they will
alert users as to the pertinent information that may affect
the performance of the meter. A.G.A.-9 also requires that
transducers be manufactured so that they may be
exchanged and requires instructions for the exchange
process.
Meter Requirements: Electronics
Much discussion was given to the issue of electronics
and its evolution with time. The goal of the committee
was to require electronics which were well tested and
documented, but to allow improvements without placing
a larger than necessary burden on the manufacturer. This
idea is evident throughout the document but is especially
relevant in the electronics and firmware sections.
The electronics output section includes two suggested
types, serial and frequency, along with a list of others.
Serial communication is suggested because the
ultrasonic meter is clearly a very “smart” instrument and
much of its usefulness relies on the internal information
contained in the meter. The frequency output is a
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convenient option, especially in locations which are
configured for turbine meter inputs.
A.G.A.-9 also mentions analog outputs, direction
indicator, a low-flow cutoff, and volume accumulators.
Meter Requirements: Computer Programs
Since ultrasonic meters are electronic, the computer
programs and information contained in the electronics
of the meter are extremely important. A.G.A.-9 requires
that it be possible to interrogate the meter and determine
its calibration parameters. It also requires that the meter
be securable, so that accidental or undetectable changes
can be prevented.
Alarms and diagnostic functions are clearly addressed
under the computer programs heading. These sections
were difficult to compose because of the subtle
differences associated with every different path
configuration imaginable. The data that is required is of
three main types; velocity, gas speed-of-sound and
electronic failure. The velocity data is to indicate flow
profile irregularities or velocity range exceptions and to
calculate volume rate from average velocity times area.
The speed-of-sound data is to be used as a diagnostic
tool to check for erroneous transit time measurement
errors. Other information is required to judge the quality
of the data such as “% of accepted pulses.”
Performance Requirements
The heart of A.G.A.-9 is contained in the Performance
Requirements section. A.G.A.-9 separates ultrasonic
meters into two categories; smaller than 12” and meters
which are 12” and larger. The division was created to
allow looser performance requirements for smaller
meters where tolerances are more difficult to maintain.
The flow regime is also divided into regions. Essentially
there are two regions, one low flow region and one high
flow region. The flowrate dividing them is called the
transition flowrate (Qt). Manufacturers are to provide the
numerical values for minimum, maximum, and transition
flowrates. There is a requirement that the maximum value
be at least ten times greater than the transition flowrate.
The maximum error allowable for an ultrasonic flow meter
is ± 0.7% for large meters and ± 1.0% for small meters.
This error expands to ±1.4% below the transition
flowrate. Within the error bands, the error curve for any
individual meter may not span more than 0.7%, or one
half the height of the error bounds for large meters. This
is the linearity specification written in terms of the error
curve. The repeatability of the meters must be ± 0.2%
for the higher velocity range and is doubled for the lower.
These limits specify the performance of the meter prior
to the application of any flow calibration adjustment, or
in other words are a dry calibration requirement. A.G.A.-9
was written in this fashion to provide a very clear and
logical picture in which to view a meter’s performance
based on readily available data, the error curve. The dry
calibration requirement itself was deemed necessary to
PAGE 250

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

discourage any haphazard construction of meters with
the intention of “correcting” them in the final stages
through flow calibration.
Individual Meter Testing Requirements
Individual meters are to be tested to strict tolerances for
leaks and imperfections. A.G.A.-9 also specifies a Zeroflow Verification Test and a Flow-Calibration Test
procedure (although a flow-calibration is not required).
These requirements were written mainly for consistency.
After flow calibration, the user is given any number of
options for adjustment (within the dry calibration limits
described above), however the flow-weighted mean error
method is suggested. More sophisticated linearization
techniques are also allowed.
Installation Requirements
A.G.A.-9 was written from the perspective of experienced
gas measurement experts however each person freely
admitted that they were still learning. This is evident and
factually stated in the sections on installation requirements.
Rather than specify numerical values for up- and downstream pipe diameters, A.G.A.-9 requires test-supported
recommendations from manufacturers of ultrasonic flow
from an installation effect (both with and without a flow
conditioner) or the meters. These recommendations can
take one of two forms. The manufacturer may define an
up- and down-stream meter configuration which will not
be biased by more than 0.3% manufacturer may specify
the flow profile deviation which will not bias the output of
the meter by more than 0.3%. The user is also cautioned
that protrusions, internal surface condition, thermowell
position, valve noise, and flow conditioners may influence
the meter’s performance characteristics.
A G A 9 YEAR 2001 UPDATE
This document has been published exactly three years
as of this writing. Currently a committee task group has
identified sixteen (16) areas to be addressed. Tasks have
been assigned to various committee members.
These include studying and recommending more explicit
instructions for meter tube lengths, roughness and
auxiliary taps, speed of sound field testing accuracy
recommendations, piping elbow, flow conditioner use
and basically sharpening up
areas of generalities.
The reader of the A.G.A.-9
document is well advised to
spend the time to read and follow
examples in the appendix
section. There is some very good
technical information that will
increase the viewer’s general
knowledge of UltraSonic meters.
Charles W. Derr

PROPER TESTING OF ODORANT CONCENTRATION LEVELS
Paul D. Wehnert
Heath Consultants Incorporated
9030 Monroe Road, Houston, TX 77061

ABSTRACT

FACTORS WHICH AFFECT ODOR QUANTITY

Proper odorant monitoring is required to keep natural
gas utilities under compliance with federal and state
regulations. These monitoring requirements are generally
handled through a combination of events including;
injection rate calculations, customer complaint calls,
routine service personnel tests, odor concentration tests
and chromatographic analysis. In the world today it is
critical to have appropriate documentation to support
proof that proper odorization of natural gas is occurring.
This process will ultimately protect the public and
hopefully keep us all from litigation.

We talk about accurate means of computing volumes of
odorant put into the natural gas distribution system. How
are we then able to determine that the odorizer is
functioning properly at all times? We have many types
of odorizers that employ several means of dispensing
odorant into the distribution system. Many of these
systems are affected by contaminants in the odorizer
and are we able to identify when this is occurring? A
natural gas company must certainly determine which
type of odorizer; injection, bypass or wick that is best
for each particular piping application.

REQUIREMENTS FOR ODORIZATION

We are in the age of industry deregulation and open
access within our natural gas transmission piping
networks. We are now able to get natural gas from
numerous geographic locations including; the Gulf of
Mexico, West Texas, Oklahoma, Western Canada and
the Plains States to name a few. We once knew
consistently well where we were getting our natural gas
and what quality and natural occurring odorants were
contained in this source. We now have a “blend” which
can certainly affect chemical reactions with different
odorant blending in the pipeline.

Odorization of natural gas is regulated under Federal
Department of Transportation (DOT) Title 49 Part 192.625.
The code basically states “a combustible gas in a
distribution line must contain a natural odorant or be
odorized so that at a concentration in air of one-fifth the
lower explosive limit, the gas must be readily detectable
by a person with a normal sense of smell.”
This regulation since it was first introduced has always
led to considerable discussion in regards to exactly what
is a person with a normal sense of smell? We as humans
all have varying abilities through our olfactory senses to
detect odors. It has been proven in scientific studies that
age, gender, physical ailments such as allergies and
cigarette smoking all effect one’s ability to detect odor.
This has left us with a very “qualitative” means of detecting
odorant through the use of the nose and a testing device
that provides us the gas in air mixture. Many then ask the
question why not use a more “quantitative” means to
provide us with the odorant concentration?
We have odorizers that can provide us extremely accurate
volumes of odorant being put into the gas distribution
system. We also have extremely accurate means of
measurement to determine gas volumes downstream of
the odorizer. This then becomes a very simple
mathematical computation of odorant volume verses
natural gas measurement. This sounds all well and good
but we must certainly remember that there are many other
factors which affect the quantity and quality of the odorant
that can be completely out of our control.

This open access and “blending” now allows for various
gas quality issues including the formation of distillates
in the pipeline that can literally absorb odorant from the
natural gas stream. Steps must be taken to insure that
when the formation of liquids is occurring that they are
removed from the system.
Other factors involve pipe wall absorption in the case of
newly installed plastic pipe. Generally higher concentrations of odorant are added during the initial commissioning of a new pipeline to in affect “pickle” the line.
Internal corrosion of steel pipelines can produce internal
contaminants that can react chemically through oxidation
and certainly affect odorant concentration.
FACTORS WHICH AFFECT ODOR QUALITY
We have mentioned physical ailments in the case of
allergies and smoking. These conditions can certainly
affect one’s olfactory senses and their ability to detect
the smell of odorant.
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It is certainly possible for natural gas to travel through
the soil from pipeline leaks and have odorant removed
by soil absorption. A gas company must determine the
appropriate blend of odorant for their particular
geographic location.

recommendation in regards to the calibration of each
instrument to insure that the device is maintained and
functioning properly.

The presence of external odors within the dwelling such
as cooking, perfumes and cleaning products can
certainly cause a masking and or a distraction situation
and not allow an individual to differentiate the smell of
odorant.

A comprehensive odorant monitoring program involves
several other pieces of information besides the odorant
“sniff” test with the odorant concentration instrument.
Yes, this is the requirement but most natural gas
companies employ other means to insure that proper
odorant is maintained in the distribution system.

ODORANT MONITORING PROGRAM

ODORANT CONCENTRATION INSTRUMENTS
The current regulation for odorant concentration testing
is primarily met with the use of electronic instruments.
These instruments all employ the use of the human nose
as stated in the regulation to determine the gas in air
mixture at which an individual can detect the smell of
odorant. There are currently three (3) instruments
available for this use.
BACHARACH ODOROMETER
This instrument is manufactured by the Bacharach
Instrument Company and employs the use of a flow
meter with glass and steel floats where conversions with
a calibration chart for gas density and concentration are
required.
HEATH CONSULTANTS ODORATOR
This instrument is manufactured by Heath Consultants
Incorporated and employs the use of solid-state
electronics for the digital display of gas in air mixtures.
YZ INDUSTRIES DTEX
This instrument is manufactured by YZ Industries and
employs microprocessor-based electronics and internal
data logging of gas in air mixtures.
Regardless of the type of portable electronic instrument
that is utilized, it is imperative that when conducting
odorant concentration “sniff” tests that the gas company
employees are fully trained and experienced in the use
of the instrument. The operator must be familiar with the
operating manual to insure that they are following
manufacturers operating procedures. Many gas
companies conduct annual testing of their employees
to insure that they are familiar with the testing device
and that they in fact can detect the smell of odorant.
One such example would be to present the testing device
to each gas company employee on an annual basis and
allow them to run a test. This not only provides training
that the employee understands the use of the particular
instrument but also determines each employee’s ability
to detect the odorant. As mentioned earlier just like with
the public we to will have employees with varying abilities
in their olfactory senses which must be known and
documented. We must also follow the manufacturer’s
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Accurate records should be maintained on odorant
injection rates and along with measurement records we
can determine odorant levels in relation to gas volume.
It is also important to keep complete records in relation
to odorizer inspections to document proof of properly
maintained and functioning equipment.
The tracking of customer leak calls to central dispatch is
extremely important. A natural gas company generally
has system averages throughout the year of daily leak
calls. This is a direct result of how well your odorization
program is working. We will always have leaks within
the distribution system, in customers’ homes, pilot lights
and in the street and when this occurs the public must
be able to detect the odor and make the call. In the event
these averages increase could signify that the odorant
is being put in the system at a more substantial rate than
normal. In the event the leak call averages drop could
signify that there may be problems at the odorizer or in
the piping network to initiate further action.
The simplest verification that natural gas has an odor is
generally done by the customer service technician on
daily routine calls. A simple box checked as “yes” or
“no” on the service form that odorant can be detected
at an appliance or meter set in the case of a changeout. This will not verify that the odorant is detected at
the appropriate concentration but it will signify that it
does have an odor either absent, weak or strong.
The odor concentration meter tests will be performed
on a periodic basis throughout the year and documented
with the appropriate forms. We must remember that the
more random tests that are conducted throughout the
distribution system the better informed we will become
on the effectiveness of our odorization program.
The use of “quantitative” analysis instrumentation such
as titrators, analyzers and chromatographs for the
chemical analysis is another vital step in odorant
monitoring. These instruments provide for real-time
determinations of total sulfur and in many cases
individual mercaptan and sulfide component levels.
A combination of all the mentioned items will provide a
natural gas company adequate records on the success
of their odorization program. We must remember that
conditions are continually changing and we must be

aware of the occurrences within our system. We need to
analyze each piece of information and act accordingly
when one or a combination of items looks out of the
normal. Investigations must them be carried forward and
solutions provided to insure adequate odorization.

Houston Atlas - Scout H2S Analyzer

CHROMATOGRAPHIC ANALYSIS

Scintrex - OVD-229

The use of titrators, analyzers and chromatographs are
several methods employed for quantitative sulfur
analysis. A variety of detectors are used including lead
acetate tapes, chemiluminescence, flame photometric
and electrochemical technologies. These detector
technologies provide for total sulfur calculations and in
many cases for complete component separation. These
concentrations can generally be displayed in a variety
of forms from grains, parts per million and pounds of
odorant per gas volume. These instruments can be
configured for laboratory use where samples are brought
in or placed directly on the pipeline for real-time
calculations. A number of communications packages are
available for transfer of information directly to a
centralized gas control. These “quantitative” methods
of determining actual odorant concentrations in the gas
stream does not meet the Federal requirement for
odorant reporting under DOT 192.625. It does however,
provide another piece of information in terms of
evaluating the overall effectiveness of the odorization
program.

This instrument is manufactured by Scintrex and utilizes
the electrochemical cell in a portable application for the
detection of individual sulfur components.

A variety of manufacturer’s including but not limited too
the following are available:
Del Mar - Sulfur Lab 2000
This instrument is manufactured by Del Mar Scientific
and have various models employing lead acetate tape
and GC columns for the detection of total sulfur and sulfur
species.
Barton - OM-10
This instrument is manufactured by Barton Instruments
and has various models employing an electrolytic
analyzer / titration cell for the detection of total sulfurs.
OdorEyes Systems - Accu/Line
This instrument is manufactured by OdorEyes Systems
and employs the use of an electrochemical sensor to
measure total sulfurs.
Galvanic Applied Sciences Inc. - Model 801W,
Model 902, Model 801P

This instrument is manufactured by Houston Atlas and
utilizes lead acetate tape technology for the
determination of H2S levels.

Applied Automation - Process Gas Chromatograph
Applied Automation offers a number of models of gas
chromatographs for the detection of sulfur components.
Ionics - Sievers 355 Sulfur Chemiluminescence chromatograph for analysis of sulfur compounds.
Heath Consultants Incorporated / Chromatosud AirmoMedor
The original MEDOR was developed by Gaz de France
in the late 1970’s and manufactured by Heath
Consultants/Gastech through the 1980’s and early
1990’s. Most recently Heath Consultants has combined
efforts with Chromatosud the original manufacturer of
the MEDOR in France to distribute and upgrade existing
units in the United States. The original MEDOR in the
United States has gone through many transformations
utilizing interface operating systems from HewlettPackard, Spectra-Physics and Perkin-Elmer. Heath
Consultants / Chromatosud now offer a new “windows”
based system utilizing airmoVISTA software. This allows
upgrades of existing MEDOR technology with the
addition of an electronic interface module, airmoVISTA
software and the appropriate communications package
software. The airmoMEDOR continues to provide the
user a complete breakdown of individual mercaptan and
sulfide components utilizing an electrochemical detection
cell in a chromic acid solution.
These are primarily the more common titrators, analyzers
and chromatographs that are commonly seen in the
marketplace. We must remember that there are a wide
variety of manufacturer’s that custom configure
instrumentation for the detection of sulfur related
compounds for various pipeline, petrochemical and
refinery applications. Regardless of the manufacturer, the
information derived from this type of instrumentation
provides yet another piece of the puzzle to insure that
proper odorization is occurring.
CONCLUSIONS

This instrument is manufactured by Galvanic Applied
Sciences Inc. and have various models employing lead
acetate tape technology for the determination of H2S
levels and alternate readings between total sulfurs and
H2S.

We can now see that the huge task of insuring that a
proper odorization program has been implemented and
maintained involves information gathering from a number
of sources. There is actually no “one” piece of information

2003 PROCEEDINGS

PAGE 253

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

that solely allows us to see the effectiveness of our
odorization program but rather involves a combination of
“pieces” to complete the puzzle. In the world today we
must pay critical attention to our odorization programs to
protect life, property and insure complete PUBLIC
SAFETY. We must remember that odorant in the pipeline
is the public’s primary leak detector and without this
warning our public could be in serious danger in the event
a leak goes unnoticed. A well documented and maintained
program will certainly help us in the event of litigation.

4. Heath Consultants Odorator - Product Bulletin
5. YZ Industries DTEX - Product Bulletin
6. Del Mar - Product Bulletin
7. Barton - Product Bulletin
8. OdorEyes Systems - Product Bulletin
9. Galvanic Applied Sciences Inc., Product Bulletin
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PIPELINE SAFETY IMPROVEMENT ACT
and OPERATOR QUALIFICATION
Written by Jesus Ramos; Presented by Tom R. Cheney
Texas Gas Service
1301 South Mopac Expressway, #400, Austin, Texas 78746

INTRODUCTION
The Qualification of Pipeline Personnel (OQ) rule requires
pipeline Operators to develop and maintain a written
qualification program for individuals performing covered
tasks on pipeline facilities. The qualification rule intents
to ensure a qualified pipeline work force and to reduce
the probability and consequence of incidents caused by
human error. The final rule created new subparts in the
gas and hazardous liquid pipeline safety regulations. OQ
established qualification requirements for individuals
performing covered tasks, and amended certain training
requirements in the hazardous liquid regulations. The OQ
final rule was developed through a negotiation process
and was effective on August 26, 1999. The rule required
all individuals performing covered tasks to be qualified
by October 28, 2002. The Operators made a great effort
and investment to comply with the OQ rule. Operators
created their OQ program, implemented its processes,
generated evaluation records for employees and
contractors, and began to breathe a relieved sigh.
However, President Bush signed into law the Pipeline
Improvement Act on December 17, 2002.
PIPELINE IMPROVEMENT ACT
The new Act, HR 3609, has thirty-three sections mostly
addressing pipeline related topics such as One-Call
Notification Programs, Safety Orders, Penalties, National
Transportation Safety Broad (NTSB) Safety
Recommendations, Pipeline Qualification Programs, and
many other related subject matter such as Risk Analysis
and Integrity Management Programs for Gas Pipelines.
The Pipeline Improvement Act of 2002 amends Title 49
of the United State Code. Briefly, in one section OPS
requested a provision for the Secretary of Transportation
to have authority to order an Operator of a facility to
take corrective action if the Secretary decides that a
potential safety-related condition exists. Another section
requires Research of Special Program Administration
(RSPA) and Office of Pipeline Safety (OPS) to respond
to recommendations received from the NTSB within 90
days from receipt of such recommendations. Such
responses shall state the intentions of OPS with respect
to the recommendations and shall state the timetable
for completing the procedures and reasons for refusals
to so. The responses shall be made available to the
public. The OPS is required to submit an annual report
describing each recommendation received and the OPS
response to each recommendation for the previous year.

Most importantly, Section 13 (60131-Verification of
Pipeline Qualification Programs) expects the Secretary
of Transportation to require Operators of pipelines
facilities to develop qualification programs for their
personnel who perform covered tasks as define in the
Code of Federal Regulations Part 192 Subpart N or 195
Subpart G. This section also requires the Secretary to
have in place standards and criteria for such qualification
programs, including a method for examining or testing
the qualifications of individuals who perform covered
tasks. Such methods may include written examination,
oral examination, on-the-job training, simulations,
observation during on-the-job performance, and other
forms of assessment. The method may not be limited to
observation of on-the-job performance, except with
respect to tasks where the Secretary has determined
specifically that such observation is the best method of
examining or testing qualifications. Further, the Secretary
must ensure that the results of any such on-the-job
performance observations are documented in writing.
The Secretary may waive or modify requirements if not
inconsistent with pipeline safety. The Secretary is
required to verify each Operator’s qualification program,
including modifications to previously verified programs.
In the event the Secretary fails to establish standards
and criteria as set forth in this section, pipeline facility
Operators are required to develop and implement
qualification programs based on the requirements of this
section. The Secretary is required to report to Congress
within five years on the status and results of personnel
qualification regulations. Finally, this section also requires
a pilot program to be established for the certification of
individuals who operate computer-based systems for
controlling the operation of pipelines. The pilot program
seeks the participation of three pipeline facilities. Pipeline
improvement revolves on the standards and criteria
designed by OPS for inspecting OQ Programs and the
OQ established methods developed by the Operators
to comply with OQ Rule.
VIEW POINTS
A performance rule requires inspection of the approaches
through which the Operator expects to achieve
improvements to its pipeline system. The Operator
Qualification Rule was designed as a performance rule
with some limited prescriptive requirements. Inspection
against performance rule provisions is different from
inspection of a purely prescriptive rule. A performance
rule provides flexibility in how Operators evaluate, justify
and change their practices to satisfy the rule’s intent
within their unique operating environment. However, such
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changes will not immediately manifest themselves in
recognizable changes in performance, and performance
results will likely vary significantly from Operator to
Operator depending on factors such as the extent of
management involvement, the maturity of Operator
practices, and the commitment of individuals performing
covered tasks. The ultimate proof of the effectiveness of
Operator OQ programs will be through a continuing
review of performance trends. However, regulatory
bodies cannot await performance results to demonstrate
Operator program effectiveness. Therefore, OQ rule
implementation inspection must include not only
evaluation of compliance with its prescriptive provisions,
but also, evaluation of program completeness,
anticipated effectiveness of the documented approaches
designed to qualify individuals, and to ensure they remain
qualified. OPS expect to undertake a joint effort with
industry to clarify the ingredients in a successful OQ
program (criteria) and to document examples of practices
that satisfy these criteria (benchmarks). Protocol
questions are designed to support regulatory exploration
of Operators’ approaches used to address the OQ Rule
requirements. The protocols will assist to discover the
criteria and benchmarks in Operator OQ programs. The
questions will outline the ‘thinking trail’ used by the
Operator to develop and implement OQ programs.
At least three public meetings, as many workshops, and
numerous phone conferences were planned for a joint
effort between OPS, states, the pipeline industry, and
the public to describe approaches to inspecting
Operators against provisions in the OQ rule, that is, to
establish standards and criteria with benchmarks. Time
periods were considered between meetings for each
interested segment to group and discuss concerns and
develop positions addressing the approaches to the
issues and inspection methods from each segment’s
viewpoint. During the first of several public meetings
between the pipeline industry and OPS to discuss
‘standards and criteria’, OPS revealed its position by
indicating that the review of incident and accident history
for the pipeline industry illustrated that Operator errors
have contributed significantly to these events. OPS
further stated that the Qualification of Operator Personnel
rule is “intended to eliminate Operator errors and thereby
eliminate incidents and accidents to which Operator
errors contribute.” OQ was designed to allow Operators
almost total flexibility in their approach to address
individual qualification. The rule is characterized as a
performance type rule, but contained no measures by
which trends in performance could be monitored.
Therefore, OPS’ approach to inspecting compliance with
the rule’s provisions must ascertain that the safety
concerns initiating the rule are directly confronted. OPS
is “rigorously inspecting compliance with the rule’s
prescriptive requirements and evaluating the approaches
Operators have used to satisfy these requirements.” The
approach OPS has developed to inspect OQ Programs
makes use of a set of inspection protocols. These
protocols are simply questions organized into a line of
inquiry that seeks to examine how the Operator meets
OQ provisions. Assorted questions are designed to
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support regulatory exploration of the Operator’s
methodology utilized to address the OQ rule
requirements. OPS have developed other new
compliance tools to enforce OQ.
Several tools are needed to provide an option in promoting
improvement at Operators who are making a strong effort
to address the letter and spirit of OQ, but have not yet
completed development of a fully satisfactory Program.
One catalyst to change is the “Notice of Area of
Recommended Improvement” (NARI). If the Operator’s
procedures and processes required by the rule are not
adequate, but the Operator has demonstrated an
understanding and appreciation of what it would take to
produce adequate procedures and has indicated a
commitment to make such improvements, the new
compliance tool NARI will be used. If the Operator
procedures and practices required by the rule are not
adequate and the Operator has demonstrated little
understanding of what it would take to produce adequate
procedures (or no willingness to do so), then a “Notice of
Amendment” (NOA) will be pursued. If there is clear noncompliance with rule requirements that cannot be easily
remedied by the Operator and which indicate a lack of
serious intent to comply with the rule objectives, a Notice
of Probable Violation (NOPV) will be pursued. OPS
understand that the OQ rule, associated inspection
protocols, and other enforcement tools significantly raise
the bar for pipeline safety.
OPS is developing inspection protocols both to improve
the communication of regulatory expectations with states
and the industry, and to support improved consistency
of inspections conducted by various regulatory groups.
The inspection protocols provoked many issues, each
in different areas and were introduced and discussed
during the January 2003 San Antonio public meeting.
Following is the regulatory perspective on major topics
to be addressed. This perspective, which has been
discussed among regulatory members of the OQ
Developmental Team including representatives from five
states and each of the five OPS regions, has been
prepared to support discussions. OPS intent is for the
numbered topics below to be discussed by selected
individuals representing regulatory and industry
perspectives. Further, the thirteen issues have been
labeled into three impact categories: High Impact Issues,
Medium Impact Issues, and Low Impact Issues.
HIGH IMPACT ISSUES
Scope of OQ Inspections: Should inspections go beyond
evaluation of compliance with prescriptive requirements
of the Rule? Regulators cannot await performance trends
to show whether Operator programs are working. OPS
needs to examine compliance with the prescriptive
requirements as well as with the set of requirements
implied as necessary by the rule. An example of an
implied requirement is the need for a method to identify
individuals who may have contributed to an incident/
accident through performance of a covered task.
Operators need a way to characterize incident causes

and to identify individuals who performed covered tasks
that may have contributed to the incident/accident.
Inspections against provisions in the OQ Rule must
include evaluation of the approach Operators take to
satisfy those provisions.
Evaluation of Knowledge, Skills, and Abilities (KSAs):
Should evaluation leading to qualification consider
knowledge, skills and physical ability? The Rule requires
that individuals be evaluated for their ability to perform
covered tasks. Each covered task needs to be evaluated
in terms of the knowledge, skills and physical ability
required to successfully accomplish the covered task
performance. The importance of KSAs characteristics will
vary from task to task, but the evaluation process needs
to consider the need for each. Some concern has been
expressed regarding any reference in the protocols to the
use of training to support qualification of Operators.
Although these concerns correctly reflect that training is
not required by the Rule, they ignore the fact that training
is a major means to the end of qualifying individuals. In
addition, the recently passed amendment to the Pipeline
Safety Act states that one of the minimum elements of a
qualification program is “a program to provide training,
as appropriate, to ensure that individuals performing
covered tasks have the necessary knowledge and skills
to perform the tasks in a manner that ensures the safe
operation of pipeline facilities.” Protocols currently explore
the Operators’ use of training in their approach to
qualification and reevaluation. OPS need to understand
the role of training use to judge the approach adequacy
being taken by individual Operators. OPS have addressed
these comments by exploring the role of training using
protocol questions directed at Rule provisions.
Re-evaluation Intervals: How should re-evaluation
intervals be supported and justified? Regulatory
perspective on re-evaluation interval is that they can
initially be based on precedents from other regulatory
agencies. Ultimately, however, Operators must either
established conservative intervals or institute other
means to monitor trend performance resulting from
intervals selected. If longer intervals are desired,
performance trends must be used to adjust conservative
intervals as appropriate. Concerns have been expressed
on the extent of justification needed to establish
reevaluation intervals, and on the need for monitoring to
evaluate the appropriateness of the intervals selected.
Initial industry practice seems to support a three to five
year reevaluation interval based on reference to other
regulatory bodies practices. No justification for these
intervals based on actual data has yet been identified.
In addition, little formal monitoring of the effectiveness
of Operator performance is being planned to substantiate
intervals selected. Also, no significant activity has been
identified to differentiate reevaluation intervals of different
tasks based on task criticality, frequency of performance
or risk associated with the task. Differentiation of
reevaluation interval is rare even though the NTSB has
publicly supported a one-year reevaluation interval for
SCADA Operators. OPS’ position, in the absence of
substantive data on the impact of different reevaluation

intervals on Operator performance, performance
monitoring is needed to verify whatever intervals are
selected. Such monitoring may be used to selectively
lengthen the reevaluation intervals beyond those
currently envisioned should the data support such a
decision. However, the Industry has commented that
tracking performance of every task by every qualified
individual is burdensome and not practical. While such
tracking may be difficult, several rule provisions require
that, at a minimum, the Operator must be able to identify
persons who performed covered tasks that may have
contributed to an incident/accident. Therefore, the rule
implies the need for some monitoring of performance.
Maintenance versus New Construction: How should we
distinguish between maintenance and new construction
in defining covered tasks? New construction tasks are
not currently covered by the rule. The OPS perspective
is that tasks involving replacement of existing equipment
(e.g., replacement in kind of a corroded pipe segment)
should be covered. Additionally, tasks performed on the
right-of-way should be covered. Generally, if the pipeline
is to serve a new end user and/or the pipeline is in a
different direction, then, it is new construction. There are,
however, some ambiguities about how to differentiate
between O&M tasks and those associated with new
construction. The ambiguities are related both to the
tasks themselves and to the location where the tasks
are carried out. The Tasks: Initial inspections have
revealed significant differences in the definition of O&M
tasks among Operators as well as between Operators
and regulators. Often Operators restrict the definition of
O&M tasks to those performed on an existing portion of
a pipeline. Under this interpretation, in-kind replacement
of an existing pipe section necessitated by severe
corrosion would be considered new construction, and
related tasks would not be covered. However, this is not
a reasonable interpretation from OPS’ viewpoint. The
definition OPS is using include, as covered tasks work
to replace pipe segments if the pipe capacity segments
are maintained and service is not expanded. Task
Location: Initial industry comments object to the
interpretation that tasks performed on equipment that
has been disconnected from the pipeline may be either
covered or not depending on whether the task is
performed on the right-of-way or at a facility remote from
the right-of-way. The industry‘s position is that once an
equipment piece has been disconnected from the
pipeline, any subsequent work is not covered. OPS’
position is that tasks performed on the right-of-way are
covered because the right-of-way is part of the “pipeline
facility”. To be consistent with the spirit and intent of the
rule, qualified individuals should perform maintenance
or repair work performed on equipment pieces that are
intended to be part of the pipeline facility. In the final
analysis the debate may not be about task or task
location. It may simply be that the greater good, safety,
and the greater number, Operator customers, should be
the foundation for this deliberation.
Treatment of Emergency Response: Does the rule cover
emergency response tasks, if not, what are its bounds?
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Citing the rule’s Preamble, the Industry has stated that
any activity associated with emergency response should
be excluded from the OQ Rule’s scope. This position
documented in the rule’s Preamble is apparently based
on the differences in treatment of emergency response
for liquid and gas pipelines in the regulations. Excluding
emergency response activities may also be supported
by the fact that the congressional mandate for OQ
rulemaking omitted the need to include emergency
response tasks. The OPS perspective is the Rule’s
preamble inappropriately excludes emergency response
tasks from coverage by the rule. Emergency response
actions are included in the Operation & Maintenance
regulation sections, §192.615 and §195.402(e). The
actions that an Operator takes in responding to an
emergency condition are operating and maintenance
type actions, therefore, should be considered covered
tasks. It is inconsistent to allow covered tasks to be
performed by non-qualified individuals under emergency
conditions, and then require individuals to be qualified
to do those same tasks during normal O&M activities.
The OPS position is that Operators should anticipate the
possible occurrence of emergencies and make
contingency provisions by qualifying individuals to
address these conditions. Some concern has been
expressed about unnecessarily constraining Operator
individuals from responding to emergencies, as well as
extending the scope of the rule to include tasks that are
only performed during emergencies (e.g., fire fighting).
MEDIUM IMPACT ISSUES
Additional Covered Tasks: Is pipeline excavation a covered
task? Pipeline excavation is a major source of accidents/
incidents, it is included as an O&M task, and it should be
covered. Clearly, if regulators don’t have jurisdiction over
an Operator excavating a pipeline, they cannot require
them to qualify their workers. OPS note the requirements
of §195.442 and §192.614(a) to protect their facilities.
Coverage by the rule of at least one task that has
historically contributed significantly to severe pipeline
accidents is presently being debated. OPS believes
pipeline excavation is included as an O&M requirement in
the regulations and that its significance should dictate that
it be covered by the OQ program. Operators that are trying
to address the spirit of the rule have included excavation
as a covered task. If this task were considered to be
excluded from coverage by the rule, then it would either
need to be specifically added to the rule by supplementary
rulemaking, or incorporated by reference to the Integrity
Management Rules, or supported by an industry standard.
Future inspections may identify other tasks that are
debatable or clearly need to be added to the covered task
list to satisfy the intent and spirit of the Rule. As such
tasks are identified consideration will be given to requiring
their coverage under the OQ Rule through the use of
supplementary rulemaking.
Extent of Documentation: What OQ records must be
developed and maintained by Operators? The rule
requires the Operators to keep a minimum of four
records. During the inspection process, additional
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records, such as those referenced by the Operator’s OQ
Program, may need to be evaluated to verify compliance
with rule provisions. Such records may include evaluation
methods and root cause analysis. Documentation should
include decision-making processes involved in
development of the Operator’s program (e.g., covered
task identification, subsequent qualification interval,
method to incorporate newly recognized AOCs, and
training requirements for an individual no longer qualified
to perform a covered task).
Abnormal Operating Conditions - AOCs: Should the list
of AOCs be dynamic? There is a difference between OPS
and the industry position on abnormal operating
conditions. Operators want it clear that the AOCs listing
used in qualifying individuals cannot be comprehensive,
and must be limited to AOCs the Operator can reasonably
anticipate the individual will encounter while performing
the covered task. The rule requires that both generic and
task-specific AOCs be developed and used in evaluating
individuals to perform covered tasks. Developing a
complete list of AOCs is not possible, and an industry
standard list might not be appropriate for some Operators.
OPS agree that AOCs should be those conditions to which
a qualified individual can recognize and react to
appropriately. Developing a set of AOCs is certainly an
evolutionary process. The AOCs list should be dynamic
and Operators need a means to incorporate newly
recognized AOCs in the set used in qualifying individuals.
OPS expect practices to be in place, perhaps, part of the
Operator’s efforts is to identify and evaluate “near misses,”
to recognize newly identified AOCs. The practices should
also include these AOCs in continuing skill development
and evaluation activities. Such an effort should ultimately
lead to an increasingly comprehensive AOCs set and
individuals who are better prepared to address AOCs.
Treatment of Training: Should training practices be
evaluated during OQ inspections? While not explicitly
required by the OQ Rule, training is key to implementing
many steps in the OQ Rule. Inspection of evaluation
method effectiveness used to satisfy requirements of the
Rule must include the role of training in the Operator’s
program. Some concern has been expressed regarding
any reference in the protocols to the use of training to
support qualification of Operators. Although these
concerns correctly reflect that training is not required by
the Rule, they ignore the fact that training is a major
means to the end of qualifying individuals. In addition,
the recently passed amendment to the Pipeline
Improvement Act states that one of the minimum
elements of a qualification program is “a program to
provide training, as appropriate, to ensure that individuals
performing covered tasks have the necessary knowledge
and skills to perform the tasks in a manner that ensures
the safe operation of pipeline facilities.” Protocols
currently explore the Operators’ use of training in their
approach to qualification and reevaluation. Regulators’
need to understand the role and use of training to judge
the adequacy of the approach being taken by individual
Operators. OPS have addressed these comments by
exploring the role of training using protocol questions

directed at Rule provisions. There is a relationship
between KSA and the training issue. KSAs may be the
details of an effective training program with appropriate
subject content. This issue may be used to further define
knowledge factors to determine if training is
comprehensive to prevent human error.
LOW IMPACT ISSUES
Criteria for Small Operators: Will small Operator OQ
Programs be subject to the same criteria as large
Operators? Protocol review has revealed that most
questions apply to both large and small Operators. The
same criteria will apply to all. However, the practices used
by small Operators to address rule requirements are
expected to be significantly different from those used
by large Operators. The complexity of operations may
be key; smaller Operators do not confront the same daily
complex issues the larger Operator encounter.
Direction and Observation of Non-Qualified Individuals:
Is guidance needed to support supervisors in determining
how many non-qualified individuals can be directed and
observed by one qualified person? Different tasks can be
directed and observed differently. In defining span of
control, consideration must be given to time available to
recognize and correct errors. Guidance is needed to avoid
unnecessarily burdening supervisors. Operators inspected
to date have left the establishment of limitations on the
qualified persons’ ability to direct and observe nonqualified persons in covered task performance to the
discretion of the individuals in the field. Only very general
guidance has been provided, consistent with the general
provisions in the rule itself. OPS believes clear guidance
is needed to support decision-making in the field on the
appropriate limits on span of control of qualified persons
directing and observing non-qualified persons performing
covered tasks. The limits on span of control will likely vary
with the complexity and risk associated with covered
tasks. Another consideration to address is when the
qualified individual halts the work to correct or direct a
non-qualified individual; will the qualified person have
direct connection with the other non-qualified individuals
performing the same or different covered task in the work
vicinity?
Noteworthy Practices: Should regulators play a role in
the identification and communication of “Noteworthy
Practices”? Noteworthy practices should aid in improving
efficiency and effectiveness in satisfying requirements.
Recognition and communication of these practices is
all Operators’ best interest. Additionally, such practices
represent good examples of how to address the rule
requirements. Industry commented that noteworthy
practices should not be assembled and published since
they may not be applicable or relevant to all Operators,
and since they may become the defacto standards
against which program acceptability is judged. OPS
believe the assembly and communication of noteworthy
practices is valuable because it will support development
of more efficient and effective ways to minimize incidents
and accidents caused by Operator error. Experience with

the Common Ground initiative shows that identification
and broad communication of noteworthy practices does
not necessarily produce defacto standards. One way to
address this issue is through the development of one or
more consensus standards in which examples of
practices found to be suitable are documented. This
should be supplemented either by frequent revisions of
the consensus standards to reflect newly identified
practices; or by a continuing effort, perhaps sponsored
jointly by industry and regulatory bodies, for identifying,
documenting, and communicating noteworthy practices
developed by Operators.
Persons Contributing to an Incident or Accident: Should
Operators have documented means to identify a covered
task whose performance may have contributed to an
incident/accident along with individuals who performed
these tasks? OPS differ with the industry on whether
methods and documentation are needed to support
identifying individuals who performed covered tasks that
may have contributed to incidents or accidents.
Regulators will look for documentation to support the
investigative trail. Such documentation should be
referenced in Operator practices used to investigate the
causes of incidents. Prudent Operators must know the
origin and cause of an accident/incident in order to prevent
similar accident/incident reoccurrence. Documentation of
practices to support this knowledge is required by the
rule. Reference to existing practices may adequately
address this need in the interim; however, improvements
in these practices may be needed.
Generally, the Industry’s position on the thirteen issues is
concurrence with the regulators; the issues need to be
addressed. Industry’s primary strategy to address the issues
raised by OPS will be to develop OQ standards, embedded
in a nationally recognized standards group (e.g. ASME, API,
or other) that quantifies OQ compliance specifics.
THE PROTOCOLS
The following protocols have been written to assist
federal and state pipeline inspectors who are evaluating
Operator OQ programs. The protocols are not intended
as enforcement instruments or to provide inspectors with
additional enforcement authority, but rather are intended
to provide inspectors with a template that they can use
in the course of their inspections to ensure that Operators
comply with all OQ rule elements. The protocol’s
objective is to ensure that Operators have followed the
rule prescriptive requirements. This objective will be
accomplished by rigorously inspecting each Operator’s
records to ensure that all individuals performing covered
tasks on pipeline facilities are properly qualified and that
sufficient documentation is maintained for these
individuals. Proper recordkeeping is a key OQ rule
component. It is, therefore, important inspectors are able
to verify records that are maintained for all individuals
performing covered tasks.
The OQ inspection form is organized around nine
elements, including one for field verification. Each
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element has one or more associated protocol. Each
protocol consists of 4 boxes:
(1) A protocol number accompanied by the protocol
subject or topic;
(2) A protocol question(s) (sometimes followed by
‘Verify’ statements);
(3) Guidance topics; and
(4) The relevant rule language.
The protocol topics have been structured into ‘Protocol
Question(s)’ to guide inspectors through the OQ
inspection process. Each protocol question is followed
by ‘Guidance Topics.’ The guidance topics list
characteristics the inspector would typically expect to
find in an effective OQ Program, and are consistent with
the rule’s intent of the regulatory language that
accompanies each protocol. Some, all, or none of these
characteristics may be appropriate depending on factors
unique to each Operator’s OQ Program, pipeline assets,
and unique operating environment. Operators should be
prepared to demonstrate that their OQ programs address
each of these characteristics or to describe how their
program will be effective in their absence.
‘Verify’ statements follow many of the protocol questions.
These statements have been included because they can
be directly traced to specific rule language. Therefore,
compliance with each ‘verify’ statement should be
confirmed. Many ‘verify’ statements (and protocol
questions) are followed by a parenthetical statement that
indicates that the statement or question is either
‘enforceable’ or ‘non-enforceable’. If the ‘verify’
statement or protocol question is listed as nonenforceable, the statement or question is not enforceable
under the rule, but is nonetheless an important
consideration for the Operator. Finally, should the
inspection process reveal violations of prescriptive rule
requirements; inspectors will take appropriate
enforcement actions. Should deficiencies be identified
in how Operators address program characteristics,
inspectors will seek evidence of violations related to
these deficiencies. Significant inquiries seeking further
information related to program characteristics will be
communicated to the Operator as an integral inspection
process component.
Element 1 - Document Program Plan, Implementing
Procedures and Qualification Criteria.
1.01 Application and Customization of ‘Off-the-Shelf
Programs’.
Does the Operator’s plan identify covered tasks and does
it specify task-specific reevaluation intervals for
individuals performing covered tasks? [Enforceable]
1.02 Contractor Qualification
Does the Operator employ contractor organizations to
provide individuals to perform covered tasks? If so, what
are the methods used to qualify these individuals and
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how does the Operator ensure that contractor individuals
are qualified in accordance with the Operator’s OQ
program plan?
Verify that the Operator’s written program includes
provisions that require all contractor and subcontractor
individuals be evaluated and qualified prior to performing
covered tasks, unless the covered task is performed by
a non-qualified individual under the direction and
observation of a qualified individual. [Enforceable]
1.03 Management of Other Entities Performing Covered
Tasks
Has the Operator’s OQ program included provisions that
require individuals from any other entity performing
covered task(s) on behalf of the Operator (e.g., through
mutual assistance agreements) be evaluated and
qualified prior to task performance?
Verify that other entities that perform covered task(s) on
behalf of the Operator are addressed under the
Operator’s OQ program and that individuals from such
other entities performing covered tasks on behalf of the
Operator are evaluated and qualified consistent with the
Operator’s program requirements. [Enforceable]
1.04 Training Requirements (Initial Qualification,
Remedial if Initial Failure, and Reevaluation)
Does the Operator’s OQ program plan contain policy and
criteria for the use of training in initial qualification of
individuals performing covered tasks, and are criteria in
existence for re-training and re-evaluation of individuals
if qualifications are questioned? [Non-Enforceable]
1.05 Written Qualification Program
Did the Operator meet the OQ Rule requirements for
establishing a written Operator qualification program and
completing qualification of individuals performing
covered tasks? Verify that the Operator’s written
qualification program was established by April 27, 2001.
[Enforceable]
Verify that the written qualification program identified all
covered tasks for the Operator’s operations and
maintenance functions being conducted as of October
28, 2002. [Enforceable]
Verify that the written qualification program established
an evaluation method(s) to be used in the initial
qualification of individuals performing covered tasks as
of October 28, 2002. [Enforceable]
Verify that all individuals performing covered tasks as of
October 28, 2002, and not otherwise directed or
observed by a qualified individual were qualified in
accordance with the Operator’s written qualification
program. [Enforceable]

Element 2 - Identify Covered Tasks and Related
Evaluation Methods
2.01 Development of Covered Task List
How did the Operator develop its covered task list?
Verify that the Operator applied the four-part test to
determine whether 49 CFR Part 192 or 49 CFR Part 195
O&M activities applicable to the Operator are covered
tasks. [Enforceable]
Verify that the Operator has identified and documented
all applicable covered tasks. [Enforceable]
2.02 Evaluation Method(s) (Demonstration of Knowledge,
Skill and Ability) and Relationship to Covered Tasks. Has
the Operator established and documented the evaluation
method(s) appropriate to each covered task?

Does the Operator use work performance history review
as the sole method of qualification for individuals performing
covered tasks prior to October 26, 1999, and does the
Operator’s program specify that work performance history
review will not be used as the sole method of evaluation for
qualification after October 28, 2002?
Verify that after October 28, 2002, work performance
history is not used as a sole evaluation method.
[Enforceable]
Verify that individuals beginning work on covered tasks
after October 26, 1999 have not been qualified using
work performance history review as the sole method of
evaluation. [Enforceable]
4.02 Evaluation of Individual’s Capability to Recognize
and React to AOCs

Verify what evaluation method(s) has been established
and documented for each covered task. [Enforceable]
Verify that the Operator’s evaluation program ensures
that individuals can perform assigned covered tasks.
[Enforceable]

Are all qualified individuals able to recognize and react
to AOCs?

Element 3 - Identify Individuals Performing Covered
Tasks

Are the AOCs identified those that the individual may
reasonably anticipate and appropriately react to during
the performance of the covered task?

3.01 Development and Documentation of Areas of
Qualification for Individuals Performing Covered Tasks
Does the Operator’s program document the evaluation
and qualifications of individuals performing covered
tasks, and can the qualification of individuals performing
covered tasks be verified at the job site?
Verify that the Operator’s qualification program has
documented the evaluation of individuals performing
covered tasks. [Enforceable]

Has the Operator evaluated and qualified individuals for
their capability to recognize and react to AOCs?

Has the Operator established provisions for
communicating AOCs for the purpose of qualifying
individuals?
Verify that individuals performing covered tasks have
been qualified in recognizing and reacting to AOCs they
may encounter in performing such tasks. [Enforceable]
Element 5 - Continued/Periodic Evaluation of
Individuals Performing Covered Tasks

Verify that the Operator’s qualification program has
documented the qualifications of individuals performing
covered tasks. [Enforceable]

5.01 Personnel Performance Monitoring

3.02 Covered Task Performed by Non-Qualified
Individual

Does the Operator’s program include provisions to
evaluate an individual if the Operator has reason to
believe the individual is no longer qualified to perform a
covered task based on:

Has the Operator established provisions to allow nonqualified individuals to perform covered tasks while being
directed and observed by a qualified individual, and are
there restrictions and limitations placed on such activities?
Verify that the Operator’s program includes provisions
for the performance of a covered task by a non-qualified
individual under the direction and observation by a
qualified individual. [Enforceable]
Element 4 - Evaluate and Qualify Individuals
Performing Covered Tasks

•
•

Covered task performance by an individual
contributed to an incident or accident.
Other factors affecting the performance of
covered tasks.

Verify that the Operator’s program ensures evaluation of
individuals whose performance of a covered task may
have contributed to an incident or accident. [Enforceable]
Verify that the Operator has established provisions for
determining whether an individual is no longer qualified
to perform a covered task, and requires reevaluation.
[Enforceable]

4.01 Role of and Approach to ‘Work Performance
History Review’
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5.02 Reevaluation Interval and Methodology for
Determining the Interval.
Has the Operator established and justified requirements
for reevaluation of individuals performing covered tasks?
Verify that the Operator has established intervals for
reevaluating individuals performing covered tasks.
[Enforceable]
Element 6 - Monitor Program Performance; Seek
Improvement Opportunities
6.01 Program Performance and Improvement
Does the Operator have provisions to evaluate
performance of its OQ program and implement
improvements to enhance the effectiveness of its
program? [Non-Enforceable]
Element 7 - Maintain Program Records
7.01 Qualification ‘Trail’ (i.e., covered task; individual
performing; evaluation method(s); continuing
performance evaluation; reevaluation interval;
reevaluation records)
Does the Operator maintain records in accordance with
the requirements of 49 CFR 192, subpart N, and 49 CFR
195, subpart G, for all individuals performing covered
tasks, including contractor individuals?
Verify that qualification records for all individuals performing
covered tasks include the information identified in the
regulations. [Enforceable]Verify that the Operator’s program
ensures the retention of records of prior qualification and
records of individuals no longer performing covered tasks
for at least five years. [Enforceable]
Verify that the Operator’s program ensures the availability
of qualification records of individuals (employees and
contractors) currently performing covered tasks, or who
have previously performed covered tasks. [Enforceable]
Element 8 - Manage Change
8.01 Management of Changes (to Procedures, Tools,
Standards, etc.)
Does the Operator’s OQ program identify how changes
to procedures, tools standards and other elements used
by individuals in performing covered tasks are
communicated to the individuals, including contractor
individuals, and how these changes are implemented in
the evaluation method(s)?
Verify that the Operator’s program identifies changes that
affect covered tasks and how those changes are
communicated, when appropriate, to affected
individuals. [Enforceable]
Verify that the Operator’s program identifies and
incorporates changes that affect covered tasks.
[Enforceable]
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Verify that the Operator’s program includes provisions
for the communication of changes (e.g., who, what,
when, where, why) in the qualification program to the
affected individuals. [Enforceable]
Verify that the Operator incorporates changes into initial
and subsequent evaluations. [Enforceable]Verify that
contractors supplying individuals to perform covered
tasks for the Operator are notified of changes that affect
task performance and thereby the qualification of these
individuals. [Enforceable]
Element 9 - Field Verification
9.01 Are field/job supervisors aware of their responsibilities
as defined under the Operator’s OQ program?
9.02 Are the observed covered task(s) performed in
accordance with appropriate Operator-approved
procedures, and are the procedures present at the job site?
9.03 Are the individuals performing the observed covered
task(s) adhering to the Operator-approved procedures
as written?
9.04 Are the proper tools, techniques and processes
detailed in the Operator-approved procedures employed
in the performance of the observed covered task(s)?
9.05 Are the qualifications of all individuals involved in
performing the covered task(s) verified at the job site? Is
this verification process performed as detailed in the
Operator’s OQ program plan? Is this verification process
applied to employees and contractors alike?
9.06 Are the qualified individuals performing the observed
covered task(s) knowledgeable of how to recognize the
applicable AOCs and what their expected reaction to
the AOCs should be?
9.07 Are individuals not qualified to perform a covered
task performing a covered task? If so, are the non-qualified
individuals being directly observed by a qualified individual
in accordance with the requirements of the regulation?
9.08 How are field/job supervisors informed of changes
that affect the performance of covered tasks under their
responsibility?
9.09 In cases where the field office is part of a subsidiary
or separate district, is implementation of OQ program
requirements consistent with other districts and the
overall organization’s OQ program?
9.10 How is performance of the covered task(s) reviewed/
inspected in the field by internal auditors or third party
inspectors?
9.11 What problems have been experienced in the field
in implementing the Operator’s OQ program? If problems
have been experienced, how have they been

communicated back to the individual responsible for the
OQ program?
9.12 How are Control Center operations coordinated with
remote operations that are conducted with other
operations personnel? Are these ‘other operations
personnel’ qualified to perform the covered tasks being
performed?
THE FINAL MEETING UPDATES
During the last public meeting, key points were
presented. In the development of a National Consensus
Standard, it is very important both federal and state
representatives participate in the process with industry.
The Industry has formed a committee to author a national
OQ standard utilizing American Society of Mechanical
Engineers format (ASME B31Q). The standard is to
address all thirteen issues and it is targeted be completed
by June 2004. The American Public Gas Association is
authoring a guidance model for small operators to meet
OQ Rule requirements. Industry should agree on the need
of small Operator guidance. Some question the
guidance’s need because there should be no difference
with the compliance approach because of operator size.
A deliverable from OPS was the Frequent Asked
Questions (FQAs). The intend was to aid companies who
do not have the resources to interpret and understand
regulations, and the FAQs were intended to assist them
to effectively and efficiently implement OQ Programs.
The concern remains that the questions will greatly
influence enforcement techniques and restrict some
Operators in same manner. To some extend, the
conclusion on certain key definitions still needs
discussion and agreement between regulators and
industry. During federal field inspections, the states have
had representatives in the protocol process, and have
been asked by OPS to consider using the protocols in
intrastate inspections. The inspections should report
findings in a manner that can be added to a database
available to all inspectors. The states, however, are
independent and may or may not use the protocols as
defined. OPS intentions are to share inspection results
with states through a database system and is intended
to focus on findings but not on individual Operators. OPS
legal department is investigating if any constraints exist
with sharing findings between federal and non-interstate
agencies. The Notice of Area of Recommended
Improvement (NARI) mentioned earlier will not be used
for in the OQ inspection process. An Operator should
expect a Notice of Amendment or a Notice of Probable
Violation, if warrant. Concerns continue with contractor
qualifications and how the Operator accepts and reviews
contractors. Field verification inspections will be used
to validate if there are violations or issues. When the
method for performing covered tasks by contractor differ
from those methods performed by an operator employee,
the Operator should review and approve that different
method. The industry advocates reevaluation intervals
should be based on the risk involved in the task (a tiered
approach). A balanced approach to the subject of

reevaluation intervals is needed considering the safety
record, and what the payback may be for overly
concentrating on OQ in light of all other regulatory
requirements and competitive pressures faced by
industry. Statistics demonstrate pipeline industry fatalities
and incidence of operator error are relatively low
indicating longer subsequent qualification intervals.
There are many web sites to gather this and updated
information:
w w w . s g a l i n k . o r g / f o r u m /
messageview.cfm?catid=17&threadid=91
or
www.sgalink.org/fourm. Within this web site, there are
many individual’s names with e-mail addresses who have
been directly involved in all meetings, public, audio
conferences, and communicate with the public for
general information. Southern Gas Association offers
copies of all audio conferences as a product. This web
site offers copies all public meeting presentations,
meeting agendas, meeting handouts and meeting
summaries.
h t t p : / / w w w. t s i . d o t . g o v / d i v i s i o n s / p i p e l i n e /
pub_mtg_apr_03.htm or www.tsi.dot.gov
http://primis.rspa.dot.gov/oq/index.htm
http://ops.dot.gov/new.htm.
Following are the associations representing industry and
their web sites may offer other important information in
the future:
American Gas Association
American Petroleum Institute
American Public Gas Association
INGAA
Midwest Energy Association
Association Oil Pipe Lines
Northeast Gas Association
Western Energy Institute
Southern Gas Association
The final May 2003 public meeting in Washington DC
was cancelled.

Jesus Ramos
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ADVANCED COMMUNICATION DESIGN
Bob Halford
PathTech, Ltd.
Odessa, Texas

A part of the decision making process when selecting
the specific wireless communication devices for a project
should be a complete understanding of all the challenges
and needs of the project. If you have completed the
Telemetry Questionnaire outlined in the Basic paper, you
have answered most of the questions necessary to
understand the requirements needed from the
communication devices available to select from.
Possibly the most important issue to understand and
outline is the number of times per day you will request
data to be received and the amount of data to be
acquired per these times. These are called poll times
and poll data size. If you want to poll only once a day
and only get a status report that takes only a few kilobits
of data, many options are open. This would include
systems that only receive a data response if there are
issues to deal with such as high or low levels, open or
shut valves, etc. These are called status changes.
Devices are available to do this such as the CDPD
modems as well as the Burst Technology and Cellemetry
devices which operate on very low power and send only
very small packets of data. The value of these are in the
simplicity of installation and use. The backbone is taken
care of by the cellular carriers. Where available, the build
out is such that getting on a system is not an issue.
Wherever your cell phone works, you normally can use
the overhead part of the system for the Burst, Cellemetry
or CDPD systems.
Even when deciding to use these simple systems, having
a thorough knowledge of where each site in your system
is located is of vital importance for many reasons. Now,
when the project’s data requirements require a wireless
data system capable of being polled from once a day to
every few minutes with data sizes from 100 kilobits to a
couple of megs, obviously more care should be taken in
selecting the data hardware device. Again, before making
those decisions, understanding the needs and
requirements by completing the Telemetry Question are
is most important if not absolutely necessary. You cannot
design advanced systems before knowing where you
want to end up with the data and how you are going to
get there. Just like the importance of a good foundation
when building any structure, you must begin to consider
the design and installation of a wireless data
communication system as designing a structure which
also has to have a good foundation.
Just as you must have good blueprints to complete any
structure, you must have a blueprint of your wireless data
communications systems before you start. It is best to
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begin with the front end. How is the data going to be
brought in to a PC? Where is the PC going to be located
that is considered the Master Polling PC? Is the Master
Polling PC going to connect straight to the Master Polling
Data Radio Modem or will it remotely connect to the
Master Polling Data Radio Modem by the use of a
dedicated telephone line, satellite, Ethernet Serial
Converter Server or CDPD? Will the data be shared with
other offices, whether at that location or cities or states
away?
Besides the known telephone lines, satellite and CDPD,
Serial to Ethernet Servers are now available that can
interface between the Master Polling Radio Modem many
miles, cites or states away and allow for TCIP (Telnet)
connectivity to the Master Radio Modem. You can then
get the data back over the company network or TCIP
into the Master Radio Modem which then polls all the
remote radios and sends the data back through the
network to be shared by anyone with the right access.
We now have made the decision on how we are going to
get the data and view that data at some master site or
shared over many. What is next?
The remote system must be designed to best maximize
resources and for the most efficient and consistant
manner in which to poll the data. How do we do this?
We must know the exact physical location of each site.
Using portable GPS devices that can be purchased
anywhere is the most common method. You simply go
out to each site and write down the coordinates in
Latitudes and Longitudes. From now on, we will call this
the Lats and Longs.
Having the lats and longs is just the first step. What do
you do with them? This is where the Remote System
Design Process Begins. Here is the outline you will use
to go from basic raw data to a completed system design.
To professionally complete a system design, you need
two basic software packages. You first need a simple
Mapping Software and then a Propagation or Path Study
Software Package. The Mapping Software is about
$70.00. The Path Study software is from $1,500.00 to
$8,000.00.
WIRELESS RADIO MODEM DESIGN PROCESS
1. Acquire the lats and longs on a excel sheet. A latitude
will begin with the smaller of the two numbers. Example
31 34 45.6. This is a Latitude. 99 45 23.6. This is a
Longitude. Latitude is north and south on a map (up or

down) while Longitudes are east and west (right to left,
left to right). In North American, the farther north you go
the higher the latitude number. North Dakota has a
latitude of 48 degrees ….., while south Texas may be 26
degrees…… . The farther west you go, the higher the
longitude number. Western California is 116 degrees to
124 degrees while Maine is 67 degrees…. . You must
understand Lats and Longs to design wireless data
systems.
2. Use the notepad option found in the accessories of
any windows program to transpose the lats and longs
into a format that will be used to later Import the lats and
longs into a mapping software. Here is the example. Let’s
say that you acquired the lats and longs with your GPS
and they look like this: 35 43 51.5 N 99 14 6.3w To type
this into the format that the Delorme Mapping Software
can import to the map you do type the lats and longs
like this, paying careful attention to where the commas,
spaces, etc. go. If it is done like this, you cannot Import
the Notepad lats and longs into the map. N35 43
51.5,W99 14 6.3,SITE NAME. Whatever format you used
on your GPS to get the lats and longs is okay as long as
you get the spaces and commas correct and use the N
and W where they are located on this example.

7. Go back to the Draw Menu and click again on the
Flag and select the red flag icon. These will be the remote
slave sites you will link to the Master or through the
Repeater sites to the Master.

N35 43 51.5, W99 14 6.3, BAKER COMP STAT
N35 38 11.0, W99 12 35.9, CUSTER COMP
N35 40 28.8, W99 31 1.3, MERRICK COMP STAT
N35 46.80, W99 34.99, ROLL REPEATER
N35.74776.W99.21572.OFFICE
EXAMPLE 2. You acquired the lats and longs in degree
decimal. 32 16.27 102 09.22. Still type just as you took
the coordinates into Notepad like this: N32 16.27,W102
09.22, SITE NAME. Again, make sure the N and W are
in place correctly and use commas per the example.
Nothing else will work correctly.
3. Before begging the design, first, on a separate
notepad, list the lats and longs of known or available
repeater sites that may be used to aid in the design
process.
4. Open the mapping software. I use Delorme Topo USA.
You can purchase this at any chain electronics
businesses like BestBuy, Office Depot ,Circuit City, etc.,
for about $70.00.
5. Select the state for the project from the discs available
and open. Use the directions to go to the geo area in the
state opened where your sites are located and zoom in.
6. Go to the Draw Option and click on the Flag. This
brings up a menu to use that will allow you to select an
icon. Use the Yellow Box for Repeater Sites, Towers, the
Master Site, etc. These are the foundation sites for the
system.

Above: By importing the Notepad list of Slave Sites, the
Slave sites (red flags) are not visible with the Repeater
Sites in Yellow.

8. Go back to the Draw Menu item and click on the \ line
icon and highlight this. You are now ready to start trying
to Link the Sites back to the Master Site. Start with those
sites close to the Master and work your way out. You
first left click on the Master and let the mouse button
go. You then drag the line from the Master to the Slave
Site until you see a small highlight on the bottom of the
slave site (bottom of red flag).
9. You can now view the terrain between the two sites
for a general idea of what the link might look like, or the
general feasibility of the link. Once you feel the link is
feasible, you are ready to do a professional path study
with the use of the path study software. I use PathLoss.
There are several affordable ones on the market.
Micropath is another easy to use and affordable package.
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Above: All the sites have been linked back to the master
through repeaters which were linked first to the master
site.

You can review both or more on the internet using a
search for radio propagation software, path study
software, path analysis, etc.
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35 46 51 .90 N
099 34 59.70 W
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231 4 ft ASL
45.0 ftAGL
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35 38 11 .00 N
099 12 35.90 W
295 .53°
181 4 ft ASL
45.0 ftAGL
BJ

Above: A path study using professional software,
confirms if a good path exists and also indicates how to
point the antenna correctly. This is the Azimuth.

12. A System Architecture Drawing begins with a box at
the top of a page that represents the Master PC.
Remember this may or may not be the site of where the
master radio is located. If this represents the company
Network site where a Master PC is located that will
remotely poll the Slave through a Master remotely located
from the Master PC, then the first box is the Master
Polling PC and a description of the connectivity between
this site and the Master Polling Radio Modem. (REFER
TO APPENDIX A FOR THE ARCHITECTURE DRAWING).

Above: The Delorme allows to get a preliminary view of
how the path might look.

10. Follow the directions on data insertion into the Path
Study Software and complete a link study between the
Master and Slave icons on your mapping software
(Delorme). If you have a good path using the professional
software, you have a link. You will complete this process
over and over again until you have a link between each
slave site to the master or through the repeater or
repeaters on the system. Many times it takes going
through multiple repeaters to get from the last slave site
to the master.
11. Once you have completed Path Studies on all sites
in the project, that has all links joined and linked in some
way back to the master. Your project is now ready for a
System Architecture Drawing.
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13. Continue to go from the Master Polling Radio Modem
out to the first radio modems or repeaters linking each
system change as you go. Draw arrows between the
boxes to indicate how the linking system works its way
out from the start to the finish of the system. All data
radio products have unique capabilities that allow for
store and forward, etc. These options are what allow for
the more complex systems to be developed in the most
efficient and cost effective manner. Spending time in
research here is invaluable.
You must first understand the complexity of the system
you have now designed before you can understand if
the product you are going to select has all the options
that will be required to bring back you data from the
farthest site in the system back to where the data can
be viewed. Completing the Design Process above is the
only way to completely understand these needs. Either
the end user or a company that specializes in data design
must complete this process for the best system available
to be completed.
14. Understanding how to program each remote slave
site is important now. The company representative that
is providing the remote communication device should
now come to complete a seminar and teaching process

for your field techs. I highly suggest making up a Radio
Programming Template for whatever device selected.
From the System Architecture page, complete a program
page for each radio system change from the beginning
to the end of the system. Save these pages in a binder
and in a File to be used whenever needed. Use these
program templates per each system radio type to be
used in the system to pre-program the test radio and
then all radios in the field before they are installed. There
are times, when the program is completed on site. The
typed program page is especially important at these
times.
15. Once you have selected the radio modem hardware
that has the options need to best complete your system
design, pre-programming and testing the Master Polling
Software and any Network Interface or Ethernet network
servers needs to be done before the first remote radio is
installed. This is the time to install your polling software,
whether it is the Field Measurement Software of the
device installed on your remote sites or special MMI
packages available, now is the time to make sure you
can talk to the end devices. Set up the test measurement
or monitoring device you are using at the remote field
sites where your field techs can install the product polling
software or MMI interface software to a Master Polling
PC. If any other interfaces are going to be used, hook
them up to the system. Install a Master Polling Radio
Modem to the Master Polling PC or to the Interface Server
or other device such as satellite hardware or CDPD. Have
the end device company technician set up test numbers
in the end device and have your company IT person test
poll the end device until you know that all set up
parameters are understood. Pin outs are seriously
important to know between all devices. Baud rates,
protocols, and parities must match or you will not
correctly poll remote sites or get the data through all the
interfaces.

16. While this testing process is going on, it is the time
to make sure all repeater sites will be ready for the system
to be installed. If there is a need for antennas to be higher
than 50 ft or so, plans need to be made to ether lease
tower space or contract out for towers to be installed on
the recommended repeater lat and long sites.
17. Now is the time to make sure what the engineering
said and what is real both agree. Go to the sites and
make sure before you do the final investment on those
tower installations or install expensive coax and antennas
on lease towers that no man made obstacles exist which
the software did not see. Hidden interference issues such
as high gain paging and some cell sites issues cannot
be seen until you install the system, but make sure the
obvious is taken care of.
18. The Repeater Site towers and any needed coax and
antennas are now installed and tested. Test these with a
test radio installed and the polling software which you
will be using. Make sure you are getting the best “link”
possible. If problems exist between some individual sites,
now is the time to solve this. How do we do that?
19. All good radio modems now offer options that will
help direct the path of the data through further subnetting programming techniques. The important thing is
to plan ahead and understand the needs of the project
from beginning to end.
SUMMARY
The needs, requests and requirements of those using
wireless data devices are what continue to drive the
creation of the new options available for wireless data
modems. The fact is that those who have access to the
best data, have the tools needed to make timely
decisions in oil and gas that translates into profits and
growth.

Bob Halford
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APPENDIX A:
SYSTEM ARCHITECTURE

MASTER
FK 2 NET ID 2142
RX 0 TX 0

BAKER CO MP
SLAVE / REP
FK 2 ID 2142
RX 0 TX 1

BAKER SLAVES
BROADBENT 7-25
BAKER 1-31
BAKER 5-31
KILLHOFFER 2-23
WALKER 2-3
FK 2 ID 2142
RX 1 TX 0

CUSTE R COMP
SLAVE / REP
FK 5 ID 2142
REP FREQ 1
RX 0 TX 2

CUSTER COMP SLAVES
MULLINS 1-34
BAKER 2-4
WALKER 2-35
WALKER 3-35
GOODALL 1-35
CARPENTER 1 -28
FK 2 ID 2142
RX 2 TX 0

TRANSOK
SLAVE
FK 2 ID 2142
RX 0 TX 1

HUGHES CF
SLAVE / REP
FK 7 ID 2142
REP FREQ 1
RX 2 TX 3
HUGHES
SLAVES
FLICK CF
REDMOON 225
MOSELEY 125

FK 4 ID 2142
RX 3 TX 0
DEAN COMP
CHEYENNE COMP
SLAVE
FK 2 ID 2142
RX 6 TX 0

LOV ETT COMP
SLAVE
FK 2 ID 2142
RX 7 TX 0
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ROLL
REPEATER
REPEATER
FK 6 ID 2142
REP FREQ 1
RX 2 TX 6

BEALS CDP D
SLAVE / REP
FK 2 ID 2142
RX 6 TX 7

MERRICK COMP STAT
SLAVE / REP
FK 2 ID 2142
RX 2 TX 4

MERRICK SLAVES
SMITH 4-30
HAMMON COMP FUEL
DUPREE 6-36
MENNONITE 2-31
FK 2 ID 2142
RX 4 TX 0

MENNONITE 3 -31
SLAVE / REP
FK 2 ID 2142
RX 4 TX 5

MENNONITE SLAVES
DUPREE 5-36
SMITH 3-30
SLAVE
FK 2 ID 2142
RX 5 TX 0

D.O.T. TITLE 49 REGULATIONS FOR TRANSPORTATION OF
SAMPLE CONTAINERS
Tom Welker
Hydrocarbon Quality Associates
13806 Placid Woods, Sugar Land, TX 77478

During my travels around the United States talking about
sampling and sample containers, it has come to my
attention that the oil and gas industry in the United States
needs to be a little better informed on proper handling,
shipping, and transportation of sample containers of all
types. Since everybody in the oil, gas, and chemical
industry seems to be involved in taking samples and
handling sample containers, it behooves us to
understand the laws and rules that govern their
transportation.
The department of Transportation (D.O.T.) Title 49 covers
the rules and regulations for the manufacture, handling,
and transportation of sample containers of all types.
Whether you use specially-built sample containers, old
homemade sample containers, old World War II oxygen
bottles, gigantic sample containers, or very small
cylinders, if you are transporting those sample containers
in your vehicles or you are shipping them by common
carrier and they have hazardous materials in them, you
must be aware of the rules that govern the handling of
those cylinders.
This paper is for information only and certainly not meant
to be the last word on the use of sample cylinders as far
as transportation goes. Each company’s own legal
department must have their own interpretation of these
rules and abide by these rules. If local, state, or country
regulations are in force, they must also be adhered to.
However, the D.O.T. has the final say and certainly is the
most stringent in many, many cases. So, consequently,
you must understand how important it is that the handling
of sample cylinders must be carefully done.
The actual purpose of D.O.T. Title 49 is to ensure the
safety of the public, as well as the people directly involved
in handling hazardous materials in the sample cylinders.
Also, we put this information together so that you, as an
individual, and your company can avoid penalties that
might be imposed by law enforcement agencies and/or
the D.O.T. inspectors themselves for improper
transportation of these sample containers.
In January 1988 the D.O.T. informed the local law
enforcement agencies that anyone who had the authority
to write a citation for travel violations or anyone in the
law enforcement business, could also write a citation
for the improper transportation of sample containers. This
makes the enforcement arm much more encompassing
than it ever has been before. Up until that time only the
D.O.T. people themselves were concerned about these
sample containers. For your information, however, these

law enforcement people around the United States
normally are not aware of most of the rules that govern
these sample containers, nor are they aware of the fines
and penalties that can be involved; and, consequently,
many people would not necessarily write you a ticket if
you were stopped.
However, so you will understand the severity of the
situation, the fine for improper transportation of a sample
container can be as high as $25,000.00 per sample
cylinder for the company and as much s $500.00 for the
driver of a vehicle. Now remember, this is for each sample
container, not for a lot, or a bunch, or a wad, or a group,
or a box full, but for each sample container that is
improperly transported. Because of this, it certainly
behooves us all to understand this law and comply with
it.
As an example, the compliance to D.O.T. Title 29 involves
adherence to the following sections:
1. Hazardous Materials Table 49 CFR 172.101. The
Hazardous Materials Table describes what you have
in the sample container and how to handle it; whether
it is a hazardous flammable liquid or a flammable
gas, a poison, radioactive, and other classes.
2. With each sample container, there is a requirement
that Shipping Papers are covered in 172.200. On
the shipping papers, there must be information
regarding the proper shipping name, the hazard class
(flammable liquid, flammable gas), the U.N. number
or identification number, the quantity that is in the
sample container, and as of January 1991, an
emergency response number must be on the
shipping papers. All of these are covered in 172.101.
The emergency response number is 172.602. The
emergency response number is one of the newest
additions to the shipping papers and should be very
carefully looked at to determine its’ exact
requirements for your organization.
3. Packaging Reguirements. Each sample container
has specific packaging requirements. The
requirements vary as to what is in the sample
container, how it is being transported, and what its’
design and construction amount to. Those are also
covered in 172.101. They include general specific
exemptions and definitions for packaging.
4. Marking Requirements. The marking requirements
for sample containers (flammable liquid, flammable
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gas, etc.) is covered in 172.300.

4. Determine the hazard class — flammable gas,
flammable liquid, others.

5. Labeling Requirements. 172.400
6. Placarding Requirements. 172.500. At the writing of
this paper, for general transportation of sample
containers the way we will talk about it in this
particular instance for individuals collecting samples
for their own companies or small volumes of
samples, placarding requirements have been
delayed, so you will not have to have our vehicle
placarded.
7. Federal Motorcarrier Safety Regulations 39 CFR 390337.
In addition to these specific applications of D.O.T. Title
49, if you are a if a user of a sample container, (a standard
sample cylinder with 1 or 2 valves - not the special piston
style sample container, but the rolled-in standard
cylinder), if that cylinder is over 4-1/2" in diameter and/
or over 12" long, that ample container must have a relief
valve. If you are using constant pressure sample
containers, the CP cylinder must have a relief valve on
both ends. The relief vavles on sample containers must
conform to Compresses Gas Association publications
that are sample containers, sample containers must be
enclosed in some kind of carrying case, box, or
something that will protect that sample container in case
of an accident. This protection can also include caps
and collars on the larger cylinders that you may be
involved in using. That is also legal.
It is also a requirement that sample containers used in
liquid service should never be filled more than 80% full.
It is against the law to transport a sample container filled
with liquid completely full.
Who is affected by this? As you can tell, anyone who
handles these sample containers gives them to someone
else to handle, offers them for shipment, or is involved
in transportation is involved in the D.O.T. Title 49
compliance.
One of the most important considerations when talking
about D.O.T. Title 49 is to understand that whenever a
sample container is moved off of your property on to
any state, county, city, township, or local highway, you
must be in compliance with D.O.T. Title 49 and local
regulations.

5. Determine the identification number. This is the U.N.
number that is also in the Table.
6. Determine the proper packaging. Remember,
sometime in l992 or later there will be a requirement
that, in order to comply, a package must be
approved. At this writing there is no requirement, nor
is there even information on approved carrying cases
for sample containers.
7. Determine the proper marking or label and apply
them to the outside of the sample container. If sample
cylinders are transported individually, each sample
container must have an appropriate tag and/or
marking, and the proper paperwork must be filled
out for each sample container.
8. Prepare the proper shipping papers. Remember,
each sample container must have shipping papers
filled out on it and filled out completely. Attached to
this article you will find a typical shipping paper that
is just that. It is typical. You can design your own
shipping paper, but you must have papers that are
filled out for each sample container.
As a note of interest, if you have a product in your sample
container that meets more than one hazard classification;
for instance, sour gas is not only a flammable gas but it
is also a poison, it must have both labels on the carrying
case. It must also have that as a part of the paperwork.
Each package containing sample containers offered for
shipment or transported in your own vehicle must have
the owner’s name and address on them.
The person shipping the container must furnish and
attach the labels prescribed for in the shipping papers.
General requirements for transporting compressed gas
cylinders is covered in 173.301. Three of those specific
requirements are (1) gases shipped together must be
compatible, (2) pressure in the sample container at 70ºF.
shall not exceed the surface pressure of the sample
container, and (3) pressure in the sample container at
130ºF. shall not exceed 125% of the surface pressure of
that sample container.

2. Determine the quality to be shipped.

Another note: It is against the law to transport or offer
for transportation sample containers filled with hazardous
material that are not built to D.O.T. specifications. Any
sample container that is offered for transportation must
have the information that is required by the D.O.T.
stamped on that sample container. If re-testing is required
a re-testing date must also be stamped on the sample
container.

3. Determine the proper shipping name. Do not use
common names. Get the name of the product out of
the D.O.T. Table.

The rules that govern the transportation of sample
containers also apply to a sample cylinder that is made
overseas, or a foreign-made sample cylinder. If they are

The following is a checklist for your compliance
information:
1. Determine if the material that you are trying to ship
is regulated.
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offered for transportation or transported by you in your
own vehicle, you should be very cautious to be sure that
they meet the requirements for the use of foreign
cylinders.
This information is a general overview of the regulations
and should in no way be used as an interpretation by
your company of the requirements for D.O.T. Title 49.
Each company must interpret the rules for themselves
and adhere to those as best meets their needs. Since

the Title 49 regulations are updated periodically, care
should be taken to ensure that your company has the
latest revision of the rules and complies to each one of
those rules. I am not an authority on the transportation
of sample containers; however, I disseminate this
information for just that. Simply for your information - to
make it as easy as possible for you to comply with the
rules that govern the transportation and shipping of your
samples from the field to the laboratory. If we can assist
you further, please contact us.

Tom Welker
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SCADA AND TELEMETRY IN GAS TRANSMISSION SYSTEMS
Chris J. Smith
Invensys Production Management, The Foxboro Company
38 Neponset Ave., Foxboro, MA 02035

ABSTRACT
Modern business and security imperatives coupled with
rapid technological change require key new architectural
elements for SCADA systems These elements are
discussed along with more traditional block diagram
fundamentals, so that the reader might better understand
migration and adaptation strategies for their transmission
pipeline operations in the new millennium.
INTRODUCTION
Some SCADA system overviews might start with a
general block diagram of a SCADA system. I’m taking a
step back here and will start with the SCADA system as
it appears in the business of the operation. In the new
millennium, recognition of SCADA as an important
functional unit in the overall business supply chain makes
sense, as more and more business systems are more
tightly integrated to the SCADA system. SCADA systems
provide an operational platform to control and monitor
the pipeline. The classic SCADA architecture consisted
of a number of servers and network elements designed
to provide a real-time representation of the field and its
data as well as a control platform for closure of valves,
and operation of pump or compressor set point.
An important step in the understanding of SCADA
systems technology is to realize the placement of the
SCADA system in the overall business and operational
strategy of the pipeline. Pipelines are assets that need
to be monitored and protected. The product transferred
from supply to delivery point provides the economic
justification of the pipeline.

FIGURE 1.
Pipeline Product and SCADA Information Supply Chain

lifetime. At a higher level, once information is available,
energy costs can be optimized relating to the actual
transfer of product in the pipeline.
This paper looks at the variety of engineering and
business requirements, which form the basic
architectures of SCADA relating to gas transmission
pipelines. The paper is an overview, it will raise more
questions than it answers, however it should provide a
framework for understanding and development of
knowledge in the field for those who are possibly
newcomers to the field.

The tradition of SCADA involves continuous and reportby-exception scanning of low-level data from RTUs, Flow
Computers, Gas Chromatographs and PLCs. This data
is elaborated with locally and remotely hosted
configuration information to become basic real-time,
historical and measurement data for the operation of the
pipeline.
So in a SCADA system all the technology required to
get the data from the field, elaborate the data, store it,
display it, alert the operator, and provide real time
information to applications is provided. The SCADA
system is an essential component in normalizing and
centralizing data for the operational and business
systems that depend on it as well as the basis for
protection and control of the pipeline asset over its
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FIGURE 2.
Functional Elements of SCADA Block Diagram

BLOCK DIAGRAMS
The SCADA master is set up to provide a working
operational interface to allow operators, and master
sequence controls to create on-demand supervisory
controls which—when transmitted to the RTUs, switch
plant in or out of service and adjust operational conditions
to suit the requirements of the moment. This relatively
simple task involves the use of a wide range of
technology and interfaces spanning large distances.
Now looking at the functional block diagram in figure 2,
it is generally designed to show the physical connection
and communications from the field through to the control
room. When specifications are written and quoted, this
is generally what vendors and purchasers use to gain a
rapid understanding of the overall physical requirements
and communications interfaces of the SCADA system.
Key elements in Figure 2 are: •
•
•
•
•
•
•

Engineering Workstation
Operator Console
Dual Database Servers
Applications Station, Office PCs
Dual Local Area Network
Communications to field devices, PLCs, RTUs
Diverse set of field devices such as flow
computers, PLCs for compressor stations, and
remote terminal units

You do not get a great sense of ‘why’. What are the
requirements this block diagram satisfy? Connectivity is
one; with this you can see what is connected to what.
Availability is another. With this you can see, if an element
fails, which other element might take its place. Note the
dual network and diversity of communications. In this
case there is one communication path to a remote
terminal unit. There are often two, a main and backup.
Communications paths are expensive, so often the
backup is high cost, possibly a dial up line. Consider an
alternate block diagram Figure 3 In this example a pig
receiving station. Traditional SCADA system architectures
were developed to account for significant data speed
and reliability problems associated with low speed long
distance analog radio telemetry and transmission. Radio
communications are still used today, however much more
flexible and high bandwidth solutions are available with
the use of high-speed microwave, VSAT, and fiber optic
communications. The advent of TCP/IP protocols and
their logical connectivity, has allowed multiple application
requirements to coexist in the same communications
pathway. A layered communications protocol requires
much more bandwidth, but in turn allows for much more
flexible implementations and diversity of technology.
So the block diagram tells us about performance,
reliability, connectivity, availability and partition of function
in the control room. SCADA system designs in the 20th
century had to contend with reliability of computing and
communications equipment and pathways. Low
bandwidth radio channels were used and thus block
diagrams depicted solutions to the problems of the era.

FIGURE 3.
Pig Receiving Facilities Block Diagram

Another important point is that the main functional focus
is one of operations and engineering. These are the basic
requirements of SCADA. A system that will continually
provide and operations interface for day-to-day
operations and protection of the pipeline and pipeline
network.
BUSINESS AND OPERATIONAL REQUIREMENTS

FIGURE 4.
Example Supplier Consumer Pipeline Network

The simple pipeline network in Figure 4 represents a
typical business oriented arrangement between a
number of suppliers and consumers of Gas. In this case
connected by an undersea pipeline of about 150 miles.
The Gas Transmission Company develops a SCADA
system for the above network to satisfy the following
business oriented requirements.
•
•
•

Monitor, analyze quality, quantity of sales gas
from each receiving point up to delivery point
Monitor and control the contracted quality
throughput (gas quantity and quality) delivered
to gas buyer (s)
Manage hydraulic capacity to accommodate gas
buyer’s swing requirements in real time.
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•

Develop gas balance system for determining
daily/weekly/monthly/quarterly/annual gas
receipts and deliveries.

From this business-oriented set of requirements, a further
set can be developed: —
1. The software must have capability to collect data
from Gas SCADA, Gas metering, Gas
Chromatograph and instrument analysis.
2. From entire data, the software must produce:
• Phase envelope analysis every 5(five) minutes
• Hydrate formation Detection and location.
• Composition tracking
• Pipeline transient modeling including:
o What-if analysis
o Look ahead analysis
o Survival time
o Line pack calculation
o Process analysis
o Leak Detection
o Pipeline optimization
o Fire & safety analysis
o Pipeline optimization
3. Metering and Tariff Calculations
4. Management reporting
• Daily
• Weekly
• Monthly
• Annually
It would be reasonable to assume the block diagram in
Figure 2 could be applied to help solve the business
requirements in Figure 4. In engineering SCADA systems,
there are many more architectures involving data
structures and interfaces, which would couple these two
sets of requirements.
Engineers often contend with the data flow and timing
between applications to provide a gradual value add of
information relating to the pipeline state and the products
entrained commercial value and composition. Engineers
would require a data flow diagram like the one in Figure
5 This diagram shows the many interactions and data
paths for data in a typical Gas pipeline SCADA system.
The general grouping of applications is that of Real time
SCADA applications, an Applications database, a
measurement system, a real time modeling system, and
a nominations tracking system. All these systems would
generally run on the database and applications servers
provided at the master station as shown in Figure 2
What Figure 5 depicts are generally the static and
essential applications, often provided in the SCADA
system and which would form the economic basis of
operations in the system. There are many other
applications that would be developed by the engineering
and operational teams to aid and assist their work during
the lifetime of usage of the SCADA system. This brings
us to an important dynamic in information technology.
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FIGURE 5.
Logical Data Flow Diagram for Gas Applications

Constant change. How is this then to be handled in static
highly available systems?
In this paper I want to quickly bring to your attention,
problems of the 21st century just starting. This will bring
your overall understanding of SCADA systems to a
realistic level for understanding the systems you will be
seeing and working with. The requirements of availability,
reliability and connectivity of Figure 2 are still important
and provide the highest-level requirements of SCADA
systems today.
SCADA SYSTEM TECHNOLOGY LIFETIMES
The case we are building here is one where it can be
seen that the development of SCADA systems is a
continuous process. The lifetime of some applications
may be very short; the lifetime of the pipeline may be
well over forty years. How do these two factors affect
the operation and development of SCADA over the
lifetime of the pipeline?
Somewhere between the Database server and the field
equipment is the point at which internet access and
communications flexibility is required, which would help
to match the lifetimes of measurement equipment and
field installations and the SCADA data servers and
enterprise demands.

FIGURE 6.
Technology Lifetimes in SCADA

ENTERPRISE INFORMATION DEMAND
This increasing demand for information relating to the
operational and maintenance aspects of pipelines has
outpaced the ability to upgrade field device installations
and communications networks to supply the data. Deregulation, business mergers and acquisitions, and
supply chain optimization require a point of flexibility to
be created for supply of operational and field data. This
point becomes a provider of a variety of data relating to
the plant and equipment in the field, and therefore the
controlled process. Whilst the revamp and extension of
plant equipment may evolve slowly, the pace of business
and business model change is extreme and its demands
for data are only growing, not diminishing.

FIGURE 7.
The Internet vs. Electronic age

levels of security, availability and now, operations
responsiveness demanded by the fast changing internet
fueled business environment
An important realization in SCADA is generally in traditional
architectures, there is an information hierarchy. The
information is drawn up to a master station platform. The
MTU provides the only real access point or gateway to
the information. In the discussion on security this concept
is important. Figure 8 shows what I call the SCADAspace.

Whereas at some point in the near past, the demand for
SCADA data was seen as only few clients, adoption of
the internet has given new meaning to client server,
leaving the server or data source, with now middle tier
architectures, middleware, and web integration
technologies to deal with before actually reaching
possible the ‘ultimate thin client’ a voice activated control
session on a normal telephone. There is however a clear
point of demarcation which we can describe in terms of
industrial electronic measurement technology and the
realm of the Internet. For this purpose the Blue Water
Blue Sky Line in introduced as in Figure 7.
The rapid pace of change in Internet technology is in
contrast to the longevity and amount of installed industrial
control and measurement equipment in the field. SCADA
system components like RTU s and Flow computers
once installed tend to stay there and capture the state
of the art of SCADA and measurement circa the
installation date.
SCADA designers have had to come up with ways to
connect the myriad of now almost museum grade
technology installed since the 1970s boom in SCADA
with the newer technologies whilst still providing the high

FIGURE 8.
Defining the SCADA Information Space

Figure 3 details key components of a pipeline SCADA
architecture located in relation to cyber and
SCADAspace. The main communications pathways are
also indicated. SCADAspace is defined as that area of
information and technology, which is essentially private
and not accessible to or from the public Internet.
Cyberspace on the other hand is defined as the general
realm of the public Internet and the network of computers
and gateways serving it. One can see that in the
SCADAspace, devices are generally fixed with low-level
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data structures, communications and information
transfer protocols. In general the industry has suffered
few security breakdowns due to the essentially private
nature of SCADAspace.
Now you can see that the Internet is represented in
Figure 8 as Cyberspace. This is because it is generally
not a space under the control of the SCADA engineer,
designer, vendor, or anyone else. Whereas the
SCADAspace is architecturally controlled by the pipeline
operations people. Cyberspace is not. So why is it there?
Why access it? Business drivers as well as the
technology of the Internet are forcing engineers to include
access to the Internet in more and more components of
their SCADAspace. Business oriented measurement and
information was often handled by means of paper reports
and accumulations transferred from the SCADA
operations control room to the one or two clients who
needed it.
SECURITY
EVOLUTION

DEMANDS

AND

STANDARDS

Since the 1990s, SCADA systems and cyberspace have
become more widespread and sophisticated. As the
security of infrastructure such as pipelines and utility
equipment and services is now governed in part by the
Department of Homeland Security in the USA, the
development of component strategies such as those for
SCADAspace is an important link in the strategy. All
involved in the SCADA industry are, in part, responsible
for its development. Initiatives associated with the new
AGA Standard AGA12 are trying to capture these
requirements for pipeline infrastructure.
Market forces are shifting the reach of cyberspace further
into the low-level data hierarchy of SCADA. The advent
of disaster recovery, web-enablement, and PDAs laptop
computing, means that SCADA products will have a
higher degree of Internet capability and services
exposure at their access ports. Communications
technologies are rapidly improving to allow a higher level
of bandwidth and quality of packet information to be
transmitted to the field. All of this brings the relatively
insecure cyberspace into stronger and more elaborate
contact with the SCADAspace.
The public communications system remained vulnerable,
as did open analog communications, to a determined
attacker. Successful attacks required some insider
knowledge of the SCADA configuration and address
schemes as well as in depth knowledge of the function
and operation of the station equipment, programmable
logic controllers (PLCs) and RTUs.

FIGURE 9.
Current level of Cyber-SCADAspace Interoperation
(2002)

and PDA equipment, brings permanent and intermittent
contact with cyberspace into the general operation of
SCADA and the once secure SCADAspace. Another
development in the industry is the use of Disaster
Recovery servers, and VPN channeling of
communications, which use the Internet as the main
transfer of information and control from site to site. Thus,
the ease of use and flexibility of the Internet and
cyberspace tools and techniques in SCADA operations,
bring the attendant risk of security breaches and access
to “deny SCADA service” to the pipeline infrastructure.
Concentration and Aggregation of data in the field
Flow computer and or Remote Terminal Unit data can
either be aggregated in the field or directly polled by a
master station. Significant advantage can be gained by
the installation of intelligent data concentrators in the
field these would provide the following capabilities: •
•
•
•
•
•
•
•
•

Encroachment of cyberspace on the general operations,
maintenance, and control of SCADA components is
increasing in response to other user demands for SCADA.
New business processes now demand accessibility and
visibility of data at lower levels of the plant information
hierarchy. The proliferation of laptop computing, windows
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Give the remote site an IP Address
Direct connect 10BaseFl, Dial-up connections
Local polling and radio control in the legacy
‘electronic age protocol’
Multi-protocol handling
Data normalization
Report by exception to multiple masters with
independent IP connections
Remote configuration and download
Brokered secure information to non controlling
client applications such as measurement and
asset data handlers
A secure access point for low level data handling
[AGA12]

The application of Internet Protocol (IP) and (IPsec) based
data concentrators with speed, protocol, and data
transformation features provides a pivotal point at which
the legacy SCADA system components can be

incorporated into a more modern Internet based system.
These pivotal concentration points can be drawn on the
imaginary BWBSL in the communications architecture.
The further into the field these devices can be placed,
the more enhanced the visibility reach and security of
the replacement SCADA system.

•
•
•
•
•
•

In this architecture, the scanning and communication
modes below the BWBSL stay relatively fixed. Above
the BWBSL alternate communications pathways can be
established in real time to alternate centers and with
OPEN standard protocols compatible with the Internet
and standard networking equipment.
In modernizing SCADA system new data concentration
equipment placed provide the following functionality
desired by the newer architecture.
Communications Path Diversity
Whereby data trapped within a single or multi-drop path
‘owned’ by a particular channel master is made available
to one or more masters using TCP/IP connections at
the data concentrator.
Information Diversity and speed matching
Whereby disparate types of information and records
gained from multiple scanned legacy devices are
normalized and made available to higher speed
communications networks.
Protocol Diversity
Whereby legacy protocols are managed by the data
concentrator, often in polled mode on local private
networks, and thence after information normalization,
made available to higher-level Internet age protocols and
data messaging systems over generally leased and
public communications networks using Open SCADA
protocols to multiple masters.
Transparency and Pass through
Whereby file transfer aspects of legacy equipment and
remote configuration functions can be accommodated
by a pass through mode where the legacy protocol is
handled over supporting internet transport and
connection layers like TCP/IP.
STATION COMPUTING DEVICES
High power low cost computing technologies make it
feasible to configure data concentrators for deployment
to the field. A number of key features and benefits of
these are described here.

•

Benefits
• Enterprise access direct from the concentrator
position
• Measurement system access direct to the
concentrator
• Maintenance system access direct to the
concentrator
• Better security of open access
• Alternate control room access to data
• Ability to service rapidly changing data needs
and quantities
• Ability to incorporate standard or common
information models close to the legacy source
of data thus improving data consistency
between clients
THE DISASTER RESPONSE
Newer SCADA architectures are able to transfer response
from building to building, state to state, and country to
country. The ‘disaster’ is generally defined to be
something that prevents access to, disables, or destroys
the main SCADA master station and communications
infrastructure.
With the Internet age, the concept of operate from
anywhere is now realized. Software operator console
sessions can be created at the master station which may
provide for visualization on a web browser from anywhere
on the Internet.
Uncertainty in the connection and speed over a public
Internet which itself may be impacted by the disaster
makes the use of web based operations difficult to
sustain as key steps in an emergency operations plan.
This difficulty means that emergency operations plans
should be able to stand up without total reliance on web
based remote operations.
The following general themes need to be considered in
regard to disaster response and recovery.
•

Features
• Dual TCP/IP connections
• High performance processors
• Memory > 16MB
• Flash permanent memory- no moving parts
• Non Volatile Memory

Environmental durability
I/O Capability
Central database
Broker Technology
Variety of legacy communications media and
serial connectivity
Configurable protocol stack selection and
assignment
Low cost

Transfer of Master Operations on reliable leased
communications links.

Communications to a Control room building are probably
the most critical element for transfer. If the control
building can be networked to its communications
equipment then that equipment should be reachable from
an alternate control center. The placement of intelligent
IP connected data concentrators in the field at key
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locations helps provide a means of communications
transfer. The main and alternate master stations have
independent and simultaneously active communication
paths to the data concentration equipment. Health and
readiness checks on the alternate communications
pathways are required to ensure an emergency as well
as restoration path capability is maintained.
•

Transfer of Security to operate

With the extension of pipeline market areas by acquisition
there is a requirement to handle a large number of
operationally distinct areas, where individual personnel
in those areas are qualified and with permission to
operate. These areas of responsibility might overlap and
change during the transfer of operations under disaster
conditions.
The master station software and possibly the data
concentration software must resolve the permissions of
its clients for the area of responsibility both before during
and after the transfer of control. With more open
protocols and brokers allowing multiple subscribers and
masters, arbitration as to the permissions is an issue
that needs to be resolved as part of the design. It is no
longer sufficient to assume that logon permissions cover
operational permissions and that operational permissions
relate directly to servers hosting operational sessions.
•

Transfer of Engineering and Configuration

With the proliferation of numerous intelligent devices in
the field, management of engineered solutions and
configurations is becoming increasingly difficult. The
incorporation of file access and transfer to each intelligent
device from a single repository is key to the successful
management of operations philosophy and equipment
security.
•

possible solutions available to the SCADA engineering
community today.
AUTHORS BIOGRAPHY
Chris Smith M.E: University of NSW, Sydney, NSW,
Australia. Mr Smith has been working in the SCADA Oil
and Gas applications and modeling field for INVENYS
since 1990. He has an extensive technical background
and has held the position of SCADA system architect
for Invensys. He also has extensive experience with realtime electric power SCADA applications and modeling.
Currently Chris is the Invensys Channel and Marketing
manager for Invensys SCADA and resides in Foxboro,
Mass. USA Email: cjsmith@foxboro.com
Email: cjsmith@foxboro.com
REFERENCES
1. C. J. Smith, Disaster Recovery in Pipelines, Article,
World Pipelines, May June 2002
2. C. J. Smith, Connection To Public Communications
Increases Danger Of Pipeline Damage From
Cyberattacks, Article, Oil and Gas Journal, February
2003
3. Dr A Stanford-Clark, Integrating monitoring and
telemetry devices as part of Enterprise Information
Resources March 2002, Websphere MQ development,
IBM Software Group
4. W. Rush – Gas Technology Institute, AGA12-1 Can
Reduce SCADA Cyber-Attack Risks at low cost,
A presentation to the AGA Operations Conference,
April 28th 2003

Getting back to normal…

An important point for SCADA software requirements is
the ability to restore operations as well as handle the
failure. A two-step process is used where the restoration
of the operational system precedes a data resynchronization phase and then final transfer of control
back to its normal case. Care must be taken with transfer
of operational permissions in the sequence.
SUMMARY
This paper provides a general overview of SCADA and
telemetry and its use in the transmission system. Many
broad concepts of architecture and design are
introduced. Specific details of newer data concentration
devices are introduced, as these newer architectural
elements can aid in decoupling the business and disaster
recovery problems from the long lifecycle field equipment
measurement and communications infrastructure.
Understanding of these concepts will bring the reader
up to date with the requirements, market directions, and
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The purpose of this paper is to offer a brief explanation
and discussion of many key terms used in describing
instrument accuracy. The terms included within this
discussion are most commonly used for defining
performance standards with primary sensing elements
typically used in the measurement of flow, level pressure
and temperature instruments. Many of the terms used
may apply to controllers, recorders and final control
elements. However, the focus provided herein is the
primary element device. The specific devices include
transmitters (differential pressure and temperature) and
flow meters (e.g. magnetic, vortex, turbine, variable area
and positive displacement).
This paper is written for the benefit of the typical user of
instrumentation products to include instrument engineers
and technicians. A comprehensive discussion of
precision measurement must address calibration and
traceability issues. The scope of this paper will be limited
to discussing the terms associated with the application
of instruments rather than addressing the issues of
maintaining accuracy. Calibration is a key issue in
determining the continuous performance of an
instrument and is worthy of discussion. However, it is
complex enough to warrant a separate discussion.
A fundamental understanding of gas laws and the effects
of compressibility are necessary for selecting and
applying instruments used for gas measurement. This is
obvious since the majority of the flow measurement
devices used in industry are volumetric, and volume
changes under actual conditions. We will begin our
discussion with the assumption that this base
understanding exists. There will be no debate regarding
the merits of direct or indirect mass measurement
devices nor will there be a comparison of the advantages
of mass measurement over volumetric. The decision to
use any specific technology for a solution must be
weighed upon the need for mass measurement vs.
volumetric, the accuracy requirements from the
measurement and the overall installed cost of the solution
while taking into consideration user and industry
standards.

the true value of what is actually being measured.
Accuracy is normally expressed as plus or minus a
percentage of either reading, calibrated span or the full
scale of the instrument. Accuracy is one of the most
critical factors to consider when applying an instrument
for a given application. Accuracy is also a term that is
most misunderstood by the typical user. The reason for
this misunderstanding is due to the myriad of effects on
instrument accuracy and the ability of manufacturers to
offer var ying interpretations for the expression of
instrument accuracy. In the world of marketing this is
commonly known as creative “specmanship”.
Accuracy Statements
• % Reading (% Rate)
• % Calibrated Span
• % Full Scale

% Input
FIGURE 1

Many of the concepts discussed herein will be painfully
obvious to the experienced instrument user. The goal is
to provide a logical discussion of most key terms and
thereby offer a condensed reference guide for future use.

As stated in the discussion on accuracy, the specification
may be expressed in terms of a percentage of reading,
calibrated span or full scale. As illustrated in Figure 1,
the comparison is enlightening. An instrument with a
percent of reading accuracy statement maintains a
constant window of error throughout the measurement
range. A device with an accuracy expressed as a percent
of span or full scale possesses an ever-widening
envelope. This makes it imperative that the user should
take care to operate the instrument as high as possible
in the span in order to maintain accuracy.

Accuracy is a composite statement of performance that
defines the quality of the instrument measurement. It is
the difference between the reading of an instrument and

Absolute accuracy is a term that defines how the
performance of an instrument relates to a traceable
standard.
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Composite accuracy is a term that includes the total
effect of accuracy, linearity and repeatability on an
instrument at reference conditions.
Reproducibility is an ISA term that is the combination
of linearity, repeatability, hysteresis and drift.
Reference Accuracy is the baseline accuracy for many
instruments. This specification does not include some
of the effects that cause instrument error such as
temperature and pressure effects. Reference accuracy
is the percentage of error associated with the instrument
operating within designed constraints under reference
conditions. This is the most liberal of accuracy
statements and is commonly misinterpreted as a
benchmark for evaluating one instrument against another.
To further confuse the evaluator, this accuracy statement
may not take into consideration errors induced by the
output mode, such as the error associated with digital
to analog conversion necessary to obtain a current
output. However, most reference accuracy statements
do include the effects of linearity, hysteresis and
repeatability.
System Accuracy is a term used to define the overall
accuracy of a process measurement involving more than
one component used in series or parallel. This is an
excellent means to determine the total error induced on
a process variable that will be used for recording or
controlling purposes. Individual instrument errors must
be calculated as an error of reading (not a percentage
error) for a given measurement point. The combination
of errors then is averaged using a statistical approach
such as taking the square root of the sum of the squared
errors. For example, a flow instrument has an error of
plus or minus one percent of calibrated full scale. The
scale is 0-100 SCFH. The reading is 50 SCFH. The error
is plus or minus 1 SCFH. The recording or controlling
device has an error of plus or minus one half percent of
range. The range is 0-100 SCFH. The reading is 50 SCFH.
The error is plus or minus .5 SCFH. Using the formula:
(12 + .5 2)1/2 = a system accuracy of plus or minus 1.1
SCFH. This is more realistic than adding the total errors
(1.5 SCFH) because it is not likely that all instruments
would output their maximum errors at the same time.
Linearity is described in ISA Standard S51.1 as the
deviation from the calibration curve of an instrument from
a straight-line relationship between zero input and 100%
input. Ideally this is a forty-five degree slope. Most
instruments do not possess a linear output with respect
to input under reference or actual conditions.
Depending upon the instrument, there are many variables
that can affect linearity. For example, most differential
pressure transmitters use a sensor technology that is
inherently nonlinear under reference conditions. As
process and ambient temperature and static pressure
change during actual conditions, there are effects on
linearity. We are not talking here about the nonlinear
relationship of flow measurement from an orifice plate.
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We are talking about the actual nonlinear nature of the
sensor within the transmitter. Pressure transmitters vary
by class. A baseline for a pressure measurement is the
common pressure transducer that converts a pressure
signal input into a current signal output. The limiting
factors are that the input is a control signal (typically 315 psig and the output is a corresponding current output
(typically 4-20 mA). A pressure transmitter extends the
pressur e input range. The output remains most
commonly in the form of a current output. There is the
added value of compensation for these transmitters to
stabilize the output for the negative effect of temperature
on the linearity of the output. This transmitter class is
refer red to as conventional. The pressure effect is
compensated by zero adjustment while under static
pressure conditions. The top of the transmitter class is
referred to as “smart” due to the added capability of
higher performance standards and the ability to offer
intelligent communications from the transmitter for
configuration and diagnostics information. Smart
transmitters have multivariable sensors for temperature
and pressure compensation. The sensors feed
information to microprocessors that manipulate the
output by comparing the input process variable, ambient
temperature and static pressure (flow transmitters) with
a characterization algorithm stored in an EPROM within
the transmitter. The characterization feature of smart
transmitters offers the ability to accurately produce an
output as the actual environmental conditions change.
Repeatability is the ability of an instrument to precisely
duplicate a measurement while operating under the same
conditions while the input signal is made in the same
direction. The input signal may be consecutive
movements from zero to one hundred percent or vice
versa. Many individuals believe that repeatability is as
valuable as a high degree of accuracy. In actuality, good
accuracy cannot be achieved without good repeatability.
What causes poor repeatability? Either the instrument
has a poor repeatability specification, the instrument has
a defect, or there are one or more influences causing
the problem with a good instrument. Some of these
influences are piping installation problems, cavitation
from valves and pumps, hammering from vapor pressure
problems, temperature changes (ambient and process),
noisy power or grounding and vibration.
Uncertainty and accuracy are closely related. However,
uncertainty is more definitive when used in the context
of instrument and system errors. This is due to the strict
guidelines and equations associated with flow instrument
standards. Uncertainty must take into consideration the
actual operating conditions. Formulas used to calculate
are common in flow measurement. An example of a
standard formula can be obtained from ANSI/ASME
MFC-2M-1983 titled “Measurement Uncertainty for Fluid
Flow in Closed Conduits”. The uncertainty revealed in
these types of calculations are important in that they
take away the focus on individual instrument errors by
assigning a relative importance for each variable that
impacts the flow calculation. These formulas introduce

two very interesting concepts. First is the concept of
two types of errors: Bias vs. Precision. Bias error may
be obtained from the manufacturer specifications.
Precision error is calculated using independent
comparison tests. This concept is worthy of discussion
for two reasons. First, bias error is commonly referred to
as reference accuracy. Since instruments are not used
under reference conditions, this accuracy statement is
not valid. The errors associated with having an effect on
reference accuracy should be taken into consideration.
Second, not all manufacturers use the same standard to
publish specifications. Some are more conservative than
others in order to mass-produce instruments. For a given
product, there may be variance in absolute accuracy from
one instrument to the next, although all the instruments
in a particular class would meet the published
specification. This is obviously done with the intent to
reduce manufacturing costs. Precision error calculation
may allow for evaluation of a population of like-products
in order to determine worst case and average accuracy.
Taking into consideration the effects of temperature and
pressure on the accuracy requires some sophisticated
test equipment that is normally associated with
independent laboratories.
The second important concept revealed from the use of
standard flow calculations is the use of “square root of
the sum of the squares” for all errors after a weight has
been applied to the individual errors. Because of the fact
that errors are expressed in terms of plus or minus, it
can be argued that no instrument is likely to indicate a
worst-case scenario whereby all of the combined errors
will sum to a total error in one direction or the other. The
use of the square root of the sum of the squares offers a
fair averaging of these errors. A simple example of this
analysis is given under “system accuracy”.
Temperature effects must be broken into two categories:
process temperature effects and ambient temperature
effects. Process temperature af fects instrument
performance in two ways. For liquid pr ocesses
temperature variation has an affect on viscosity. For those
flow instruments that are viscosity sensitive, the variation
in viscosity must be understood and compensated for or
there will be an error associated with the viscosity shift.
Secondly, many sensors are located in close proximity to
the process so there is the potential for an effect on the
sensor with process temperature variation. In addition,
for gases there is an effect on the mass calculation with
respect to temperature changes.
Ambient temperature has an effect on many sensors and
electrical components. Those instruments with an analog
current output typically have a higher error associated
with ambient temperature changes than the instruments
that use either a pulse output or a digital communications
output. An instrument specification must be scrutinized
to determine if the accuracy statement is qualified to
include the temperature effect for the type of output
intended. Depending upon the technology, ambient
temperature may have an effect that is equal to or greater

than the reference accuracy of the instrument. Ambient
temperature may affect both zero and span of an
instrument.
Pressure effects on instrument accuracy typically apply
to the static pressure effect on zero or span of a
differential pressure transmitter. For conventional
transmitters, this error may be partially resolved by
adjusting the zero while the transmitter is under operating
line pressure. If there are swings in operating pressure,
then this error cannot be properly compensated for with
conventional transmitters. New generation smart
transmitters offer characterization with the ability to sense
pressure changes and automatically correct for the error
thereby minimizing the effect. Pressure also affects the
compressibility of gasses. Therefore, pressure
measurement compensation is necessary for accurate
gas and steam flow measurement.
Resolution is the ability of the instrument to continuously
measure and transmit all process variable data. In digital
systems the smallest interval that exists between two
measurement samples defines resolution. Most current
technologies offer microprocessors for the benefit of
enhanced performance. The tradeoff from the use of
micropr ocessors is speed and resolution. Digital
measurement involves sampling of the process variable.
While the process variable is being sampled, there may
be small dead spots where process data is lost. On many
smart instruments, there may be multivariable data
sampled. Microprocessor instruments typically process
input information via analog to digital converters. The
resolution of these types of instruments is dependent
upon the resolution of the converters. For example, a
twelve bit resolution A/D converter has the resolution to
within _ of 4,096 counts or in electrical terms 1 mV for a
2.048 volt input. Converters include signal conditioning,
sampling, multiplexing and conversion processes and
there are accuracy and linearity specifications tied to
converter. This may or may not be incorporated into the
accuracy specification of the instrument. In addition,
there are roundoff errors to consider with converters. New
technology enhances the ability to increase the resolution
and accuracy of converters. The fact that this resolution
error exists is not all bad. It must be considered however
in the application of the instrument.
Other sources of resolution errors involve the specific
technology used. DC Pulsed magnetic flowmeters
sample a portion of a process variable at a fixed
frequency typically between 7.5 Hz to 30 Hz. The lower
the frequency equals lower resolution and therefore
inadequate response time for noisy slurry applications
or fast acting positive displacement pumps. Vortex
flowmeters interpret vortex swirls commonly using piezoelectric sensors that appear to the electronics as a
square-wave pulse input. The frequency is directly
proportional with the velocity of the fluid. As line size
increase each pulse represents larger volumes of flow
thereby reducing resolution. Fieldbus networks offer an
advantage of transmitting multivariable data as well as
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diagnostics from instruments. The data obtained from
fieldbus instruments is valuable because the data is
intermixed with multivariable and diagnostic data. Since
this data is shared with data from other instruments over
the same wires, the application fieldbus strategies must
be weighed with the need for resolution and response
time. Smart instruments with built-in PID algorithms help
to address this issue by truly distributing the control to
the field where the primary and final elements are
collocated.
Many current technologies involve a means of sampling
data in order to provide an output that implies real
process conditions. Near instantaneous measurement
is possible with some analog instruments but is not
possible with instruments with digital electronics. Oddly
enough, there is an explosion of accuracy statements
that imply enhanced performance from smart (by default
digital) instruments. The accuracy statements are correct
but the response time and resolution of the instrument
must be taken into consideration to qualify performance.
The ability of an instrument to respond to and transmit
process data quickly is important for some critical flow
or pressure applications associated with fast-acting
positive displacement pumps, compressor control and
safety systems.
Response Time is the ability of an instrument to react
to process variable changes. This is closely related to
the terms resolution and damping. Most electronic
instruments have a delay from the moment the process
variable changes to the moment the change is indicated
by the output signal. This delay will depend upon the
type of instrument, the circuitry design (analog vs. digital),
the deadband for the measurement reading, and the
setting of damping adjustment that may exist on the
instrument. The time delay in producing an output signal
is typically expressed in terms of milliseconds. A very
fast response time will be less than ten milliseconds.
This type of device is appropriate for fast acting pressure
and flow control loops. Microprocessor instruments may
have a response time expressed in hundreds of
milliseconds. These instruments may be very accurate
and appropriate for many flow, level and pressure
applications. A common sense approach is to compare
the measuring instrument with the controller. Comparing
the response time of the instrument with the desired
sampling and execution rate of the controller provides
data that is helpful in making a qualified decision about
the use of that instrument for an application. A controller
with sampling and execution rates in excess of 500
milliseconds does not necessarily need an input device
with a response time of ten milliseconds.
Damping does not affect instrument accuracy but does
have an effect on the quality of the control loop. Damping
is used to slow the response of the instrument to process
changes. It is necessary to use damping when there is
process noise and/or input fluctuations that are
undesirable for control. Damping is a means to average
the process variable over time in order to stabilize the
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output to the controller. For that reason the adjustment
is expressed in terms of “seconds” of damping. Damping
may be applied to an instrument with poor installation
technique or inappropriate application of the instrument
for the process. For this reason, it is important to
recognize when applying damping that the need is valid.
Filtering is sometimes used synonymously with
damping. There is more than one interpretation for
filtering and instrument signal. As a simplistic definition,
filtering gives the instrument the ability to accept or reject
and input signal. This feature is most commonly used to
ignore intermittent spike input signals to the instrument
that may not be actual changes to the process input.
For example, noise may be measured by vortex flow
meters or magnetic flow meters from hard solids in a
liquid flow application. The solids interfere with the
continuous measurement of the flow signal by
introducing an error normally interpreted as a flow spike.
Damping of the signal may help to alleviate the problem.
However, this type of signal spike is irrelevant to the
measurement of the process. Therefore, the ability to
ignore the spike is advantageous.
Hysteresis: A true and accurate measurement of a
process variable shall yield a beginning measurement
and an ending measurement cycle that is equal. That is,
the upward curve from zero to one hundred percent and
the downward curve from one hundred percent back to
zero are identical. Any deviation from these two curves
is defined as hysteresis. Hysteresis is also linked to
deadband. Since deadband affects the ability of the
instrument to react to small instrument input signals, this
effect amplifies the hysteretic error.
Deadband: All instruments exhibit a point where some
change in process data cannot be measured. This error
is commonly expressed as a percent of reading.
Deadband is simply the ability of the instrument to react
to small process variable input changes. Deadband may
be associated with resolution because it does affect the
ability of an instrument to measure continuous data.
However, resolution addresses the ability to continuously
measure the process variable. Deadband only addresses
the ability to monitor minor changes from a given process
variable reading. An instrument with a deadband of plus
or minus one tenth of a percent and a span of 100 psi
has the inability to read small changes of plus or minus
1 psi at any reading point. If a resolution of plus or minus
1 psi is necessary, a tighter span or an alternate
technology is advised. Deadband has an effect on
instrument accuracy when very small changes are
expected.
Piping effects (flow profile effects): The installation of
the instrument has the potential for greatly affecting
accuracy. Whether the application is liquid, gas or steam,
the flow profile entering the instrument typically dictates
the ultimate performance. Reynolds number constraints,
turbulence, grounding, buildup on pipe walls,
degradation of orifice plates, positioning of elbows,

valves, reducers, cavitation, multiphase flow, internal pipe
imperfections and other variables all play into the ability
of a specific instrument technology to measure
accurately. It is beyond the scope of this paper to address
all these effects. There have been many instruments
blamed for incompetent measurement that have suffered
from incompetent installation guidelines. The guidelines
for standard installation applications are difficult to keep
up with. To complicate the issue, manufacturers vary on
the recommended installation practices for a given
technology. This adds to the confusion for users. The
point is that it is reasonable to adhere to the
manufacture’s recommended installation practices. This
should be compared with industry standards such as
those published by ISA and API.
Reynolds Number Effects: Reynolds number (Re) is
defined by formula as the velocity of the flow times
density times pipe diameter divided by viscosity for liquid
applications. This specification is important for flow meter
applications. A great deal of time may be used to discuss
Re. To keep it simple there are fundamentals that help to
keep this concept into perspective. First, there is the
difference between laminar and turbulent flow. Re
numbers below 2,000 are laminar. Between 2,000-4,000
the Re is transitional. Above 4,000 the Re is turbulent.
Most flow meters need a Re in the turbulent region to
operate accurately. The Re calculation is relatively
straightforward. If this calculation is strictly applied and
other installation requirements are adhered to, then the
instrument should be expected to perform within
specified tolerances.
Zero Shift is caused by numerous factors. What causes
this error? The answer should be evident within the
published product specifications. If there is zero shift
that is outside the specifications possible causes include
power or ground induced noise or a defect within the
product. Process and ambient temperature effects and
process pressure changes on some devices are common
sources of problems for the instrument to reproduce a
zero input. Some technologies offer a feature to perform
auto-zeroing to minimize zero shift. Smart transmitters
offer real-time temperature and pressure compensation
to help minimize the effect. The knowledge that zero drift
can affect your measurement will help to define a
calibration program to correct for this problem.
Span Shift may have a negative effect on the accuracy
of an instrument. If an instrument span is changed, there
needs to be a calibration verification of the change. The
instrument should be expected to perform within
published specifications providing that a calibration
device is used to confirm the zero and span of the
instrument. Again, on pressure transmitters, temperature
and pressure effects may cause span shift. Also,
adjustment of zero alone may affect the span.
Turndown may be expressed in more than one way
depending upon the instrument technology It may be
expressed as either the ratio of the maximum

measurement capability to the minimum measurement
capability while maintaining accuracy, or as the ratio of
the maximum span capability to the minimum span
capability while maintaining accuracy. The latter definition
normally applies to pressure transmitters and must be
carefully evaluated for a given application. Instruments
universally have a point on the low end of the scale where
accuracy degrades. Specifications must be qualified to
determine where accuracy falls off and to what degree
the degradation occurs. Turndown is a term where much
creativity is used with “specmanship”.
Rangeability is closely linked with turndown. Most
instrument technologies offer the ability to adjust the
measurement range. It is important to discuss
rangeability because the use of instruments is limited to
certain ranges in order to maintain accuracy. Instruments
may be over-ranged and operate reliably within design
limits. However this is often at the sacrifice of some
accuracy. The degree by which an instrument may be
over-ranged depends upon the technology and the
manufacturer of that technology. Under-ranging an
instrument often has negative effects on accuracy. Some
accuracy statements qualify the degree of accuracy
depending upon where the instrument is operated within
the span capabilities. A case can be made that liberal
use of range application can save the cost of ownership
by reducing the number of spares. After all, a transmitter
with a maximum range of 100 IWC and a minimum range
of 5 IWC can be used for the 70 IWC and the 10 IWC
applications. However, the combined possible errors as
stated in typical specifications will yield lesser
performance on the lower span. Prudent users will apply
the appropriate range as they would use the proper tool
for the job and carefully evaluate the desired results.
Other sources of error include mounting position effect
of the instrument, RFI interference, power supply
influenced error and gross calculation errors in the
controller. The terminology used to describe instrument
accuracy is broad with some overlap. There is casual
misuse of some of these terms by users and sales people
that create confusion in the marketplace. Care must be
exercised to learn the ter minology and apply it
appropriately.
The ability of an instrument to perform accurately is
dependent upon many variables. It is the human factor
in the equation that ultimately determines how well a
technology performs. Process knowledge must be
coupled with the knowledge of instrument technology
and proper installation techniques to ensure success.
Process operations and support personnel are living in
a world of ever tightening constraints with higher
performance expectations. The tools available to help
guide the way are imbedded in the knowledge base of
those who have been there before. A wealth of data is
available in the form of text books and technical papers
and bulletins. This author is grateful for the availability of
these tools and acknowledges authors of those sources
by offering a list of valuable references.

2003 PROCEEDINGS

PAGE 283

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

REFERENCES:
1. ABB Instrumentation Flow Products Bulletin 10E-12
“Predicting Flow Rate System Accuracy” as reprinted
from the proceedings of the 1979 ISA Symposium,
William S. Buzzard.
2. “How Accurate is Accurate?”, Control Magazine,
William L. Mostia Jr. PE, June 1996.
3. Flow Measurement, Practical Guides for
Measurement and Control, ISA Text, David W.
Spitzer, Editor, 1996.
4. Industrial Flow Measurement, ISA Text, David W.
Spitzer, 1995
5. Digital Control Devices, Equipment and Applications,
ISA Text, J.A. Moore, 1986.

PAGE 284

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

Rick Williams

ECONOMICS OF ELECTRONIC GAS MEASUREMENT
Tom R. Cheney
Anadarko Petroleum
1201 Lake Robbins Drive, The Woodlands, TX 77380

INTRODUCTION
There isn’t any one who isn’t impacted by the continuous
growth and changes in the world of technology. In today’s
world, we accept computers and the functions they
perform without question. In fact, we place our hardearned dollars and in some cases our very lives in their
care without a second thought. Computers and electronic
technologies have greatly impacted the way work is done
in the oil and gas industry. A good example of how these
changes have impacted this business is the use of
electronic gas measurement devices often called (EFM’s).
With the use of the EFM, and associated electronic
equipment, we not only have the option to measure gas
volumes but to retrieve required data instantly and
enhance production through well automation.
As in any business, before the decision is made to upgrade
or change from the standard method of measurement
using the typical dry flow chart recorder to EFM, the
economics of such a decision needs to be evaluated.

When the EFM’s first hit the market, many were
purchased and installed for the sake of testing
technology, rather than used for the proclaimed
improvements they brought to the table.
In time, the flaws of the electronic world surfaced — such
things as lack of enough battery power, too small of
computer memory, lost data, incorrect calculations, and
the lack of field personnel with the technical knowledge
to service the new devices, to name a few. The first
reaction was, “electronic equipment doesn’t work.”
Manufacturers went to work and soon came up with new
developments and improvements resulting mostly from
complaints of their users.
The current generation of EFM and the end devices have
made great improvements and are now widely accepted
by the industry as the meter of choice. This popularity is
due to the improvement in their electronics, improved
accuracy, ease of use, as well as the capability to link
with automation and instant data transmission.

It is becoming common practice to install EFM on all new
measurement stations. The real battle over economic
justification seems to be in the decision to replace meter
stations, which already have chart recorders in place with
EFM’s. You will find that the economic justification of using
EFM is often difficult to quantify.

Costs have come down; reliability has improved and the
growing use of wellhead automation is on the rise. These
combined elements, along with the acceptance of EFM
by the American Petroleum Institute (API 21.1), have
taken this technology from a choice by the users for the
sake of testing new technology to a choice based on
good business sense.

SCOPE

FIELD OPERATIONS AND EFFICENCIES

Over the last few years of sitting in many hours of
meetings trying to justify the conversion to EFM and
automation, I have concluded that there is not an offthe-shelf equation for determining this economic
justification. I feel there are five primary areas that must
be considered when making this evaluation. This paper
will focus on these main elements. These elements are
(A) Field operations and efficiencies, (B) Measurement
accuracy, (C) Initial costs of installation, (D) Future growth
or expansion, and (E) Standardization.

In the last few years, we have seen a movement in our
business to have the field operator become the jack of
all trades. In many cases, this transition has included
measurement duties and tasks. Let’s explore the pros
and cons as to how EFM has played into these decisions.

BACKGROUND

Charts are generally changed every seven to eight days.
On these chart days, the operator will normally zero the
meter and replace the chart. Past experience has
indicated that if the field operator is running behind,
performing the zeroing process is often put off until the
next visit or chart day. The chart that was changed is
then edited or reviewed for problems prior to being sent
to the chart integrator. If a recording problem is present,
then it must be corrected before the operator can leave

When we finally made the jump from mercury meters to
dry flow chart recorders, we were impressed with how
far technology had taken us. It didn’t take long until we
were introduced to the first electronic meter that not only
took the place of the dry flow meter, but would also
replace the chart and the need for chart integration.

When the field operator arrives at the production location
or measurement site, generally their task list is pretty large.
Not only do we expect more of them while on each location;
they are also asked to visit more locations each day.
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the location. Whenever the recording pens are changed,
this creates a need to check and adjust any incorrect
pen tension, time lag or pen-arch problems. Depending
on conditions, this work can be a time consuming task.
Of course, this is the problem of having a chart recorder.
However, before we move on to the pros of having an
EFM at these locations, keep this one point in mind. One
of the perceived advantages to having a chart recorder
is the quick ability to look at a week’s worth of data at
just one glance. This information can be a quick reference
for troubleshooting a problem or understanding the flow
patterns of a particular well. With EFM, this data is still
available, however, requires a series of additional steps
to view the data while on location. This step typically is
done once a month when the data is collected. What we
really have is a shift in a paradigm that has existed for
many years.
If all is working right, the EFM does offer the field operator
savings of time. With just a glance, flows and pressures
can be obtained. With the presence of remote data
transmission, this information can be collected daily and
often eliminates the need for a visit to the location. This
one option has proven to play a big role in making the
economic decision about electronics being used at many
locations.
When making the decision about installing EFM, take
into account the following items:
•

•

EFM allows you to store up to thirty-five days or
longer, of data. This can eliminate the need to
visit the location at least every chart period,
which typically is every seven to eight days.
If you tie radio telemetry to the EFM, you can
retrieve the data at any time.

•

If you tie in automation equipment, you can
operate the location from a remote location.

•

The cost of an EFM is still more expensive than
a dry flow chart recorder but is coming down in
price and has proven to be very reliable.

With all this information taken into account, it appears
that with careful planning and the proper equipment, you
can reduce manpower and the vehicle costs associated
with traveling to each location. These savings may be
redistributed to other important activities.
The need to keep technical expertise or training up to
speed is even more important with EFM than it was with
dry flow chart recorders. If a technician does not perform
the procedures correctly or understand the fundamentals
of what makes this complex system work together, many
dollars can be lost without someone even recognizing
the errors. Each method requires different knowledge
and skills.

PAGE 286

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

MEASUREMENT ACCURACIES
Let’s face it, accuracy is only as good as the equipment
and the technician who maintains the equipment. The
equipment in today’s market is top of the line. It is common
to see EFM manufacturers advertise very precise
accuracy. If all the other variables are maintained properly,
such as orifice plates, meter tubes, samples and
chromatographs, this improvement is a favorable one.
Whether you have chart recorders or EFM, the need for
accuracy remains the same. The advantage that EFM has
to offer is the ability to take readings every second if
required. If no future editing or recalculation is required, the
data can be downloaded directly into a data base system.
This process eliminates the need for someone to interpret
the data that has already been captured on a chart.
Wells with flowing characteristics that cause a wide range
of flow volumes can be a problem for a chart recorder
and integrator. It is difficult to determine flow volumes when
a chart is wiping a line from 0 to 100% of the chart range
every few minutes or even more often. Also, it is difficult
to determine accurate volumes when the well is producing
and recording very low readings on the chart. Not only
can it be difficult for the field operator to determine a flow
volume; it can be even more difficult for the chart integrator
to interpret where to trace the flow pattern.
With all things taken into consideration, the EFM
eliminates some of the opportunity for the introduction
of human error.
Many companies have become so confident in these
numbers generated from the field locations that direct
billing is often implemented as this data is received.
As mentioned in the previous section, many people hate
to see the chart recorders go away because of the
information they offer a field operator at a glance. On
the other hand, speed, accuracy, and the savings of
manpower costs, which the EFM offers is a big plus in
making the decision of which method to choose.
INITIAL COSTS OF INSTALLATION
If you are installing the basic measurement elements for
data capture or volume calculations, you will find the
initial cost for an EFM and Chart Recorder to be about
the same.
A chart recorder will cost you +/- $1500.00, while an
EFM with no additional I/O capabilities can be purchased
for +/- $3000.00
First glance of these numbers would lead you to believe
that there is no advantage to selecting EFM’s over a Chart
Recorder. Depending on your company’s overall goals
and plans, this situation may be the case. The next
section will lead you into some thoughts that should be
explored prior to making this decision.

FUTURE GROWTH OR EXPANSION
You should take a hard look at what your company
strategies are when it comes to future operations. Additional
money can be needlessly spent without proper planning.
There has been stand-alone EFM purchased for a location.
Later it was decided to install communications at the
location in order to obtain the flow data daily. The EFM had
to be upgraded along with the installation of the
communication equipment. At a later date, the decision to
automate the location was made; and again another EFM
with a larger memory and lower power demands was
installed. Good intentions were in place; however, the total
cost of the project turned out to be much higher than it
needed to be if proper planning had taken place.
Sometimes purchasing equipment that can easily be
expanded with minor changes may be the best and most
economical choice if the possibility of expansion is a reality.
There are several additional functions that may be added
to the location, all of which should be considered when
making the EFM hardware selection. Some of these
functions may include the following:
Flow Control (Maintaining flow within the range of the
meter.)
Plunger Lift Control
Production Optimization
Driving a Sampler
Valve Switching
Leak Detection
Emergency Shut-Downs (ESD)
Liquid Metering
Wellhead Monitoring
Downhole monitoring
Compressor Control and Monitoring
Pump Control
Gas Quality monitoring
Chromatography
If expansion is a possibility, the original set up should
also include considerations for the following:
Communication Requirements
Power Requirements
Host PC Selection
Technical Support

of parts and technical expertise that is required to
maintain different brands of equipment.
One economical consideration is standardizing one
brand or system to be used throughout your company.
This step can simplify training, manpower utilization,
parts inventory and troubleshooting problems. Also, this
process could give you an edge for obtaining a good
price on the equipment because of the volume of
equipment you control. Standardization also gives you
some leverage with the manufacturer in regards to
changes or improvements that you would like to see
made to the equipment or software.
CONCLUSION
Economic justification of EFM is not black and white. In
many cases, the dry flow chart recorder may be the most
economical choice. On the other hand, increasing
demands for instant reliable numbers, manpower
utilization, well optimization, and remote control or
automation of our equipment are all now a reality. It is
now common to find most large gas transmission
companies using EFM equipment. The focus is slowly
turning away from the decision between dry flow meters
and EFM and is focussing on what additional EFM
upgrades are needed to meet the future needs.
Usually there is no economical or single justification for
making the change. It often boils down to where you
want to be in the years to come.
This paper has attempted to point out the need to look
beyond your immediate needs and look into your future
needs when making this decision.
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There is nothing that a good manager or field operator
hates to hear more than, “Why didn’t we think of that
before?” If you are making the change to EFM, you might
want to consider spending the extra money up front if
growth or expansion is possible in the future. In the long
run, the cost may be lower.
STANDARDIZATION
Many companies have several different brands of EFM
at their locations. This may have been a decision based
on avoiding the trap of having all your eggs in one basket.
The down side to this scenario is the additional inventory

Tom R. Cheney
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ELECTRONIC CALIBRATORS
Betsy Murphy
M M Enterprises
Fort Worth, TX

Electronic calibrators are fast becoming the benchmark
for measurement and are replacing mechanical types of
instruments for testing and calibration checks.
Techniques, usage, traceability requirements, and
problems are changing quickly as technology advances
in the development of these instruments. Information
concerning these issues is often outdated by the time
the technician receives it.
Electronic calibrators use a microprocessor with digital
measurement. What is the difference between analog
and digital? Analog is a continuous signal whereas digital
is an analog signal converted into numerical data or bits
that computers can understand change and store. The
numerical values are converted from the analog signal
at intervals of time. As the amount of time becomes
shorter and shorter between the intervals of conversion,
it becomes close to impossible to distinguish it from the
original analog signal. Stephan Schuster chairman of the
Rainier Corp., summed it up as follows: “Analog is the
real world and digital is a numerical representation of
the real world.”
Computers are the driving force behind the digital
revolution because information must be digital to be used
on a computer. Just like any other computer, technology
is often obsolete by the time an instrument is designed,
manufactured, marketed, sold. and shipped to the end
user.
ASSOCIATED TECHNIQUES
the best technique for using an electronic calibrator is to
have a solid knowledge of the mechanical aspects of
the system it is being used on. There are some
procedures that can be implemented to save some time
and preserve the integrity of the information. Temperature
is of utmost importance for measuring pressure or
calculating flow. For temperature checks the most critical
aspect is to see the same temperature as the gas stream.
One method to ensure a closer test is to fill the test well
with a non-interfering liquid, such as a light oil, to maintain
a more constant measurement. In extreme ambient
temperature differences with the gas, the measurement
temperature is lost very quickly when the test well is
opened to atmosphere. The result can be an average
temperature shown instead of the actual gas
temperature.
Temperature drift plays a significant role in the operation
of pressure calibrators. Most portable electronic
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calibrators should remain at ambient temperature for a
period of time before the test is performed in order to
allow the sensor to adjust changes between the
temperature inside the vehicle and ambient. To avoid
this time lag, the calibrator could be placed in a location
in the vehicle that is neither cooled nor heated. Another
technique to help avoid temperature drift is to insulate
the tubing from the line to the instrument For low
pressures, a refrigerant type of hose can be used and
for higher pressures a material such as Armaflex could
be placed on the outside of the tubing or hose to insulate
the gas temperature from ambient warming or cooling.
USES
Electronic calibrators are used for a variety of applications
from flow measurement to safety monitors. Electronic
flow meters require pressure, temperature, and
differential. Many manufacturers are offering an all in one
instrument and some are adding communication
capabilities. Most offer the option of passing data through
to a computer. Fixed monitoring equipment is the most
common application that comes to mind for portable
calibrators, but they are also being used to test the
integrity of other portable instrumentation with lesser
accuracy. Transmitters require not only pressure or
temperature, but also electrical. The onset of calibrators
with both capabilities has become very useful for this
application. New portable calibrators on the market
include chromatographs and high flow samplers. The
uses of electronic calibrators are becoming infinite and
present many challenges to the technician trying to keep
up with changing technology while maintaining good
mechanical aptitude.
TRACEABILITY
Traceability as it applies to the natural gas industry means
that an instrument has been tested at the National
Institute of Standards Technology with the numbered
report of the test on file at NIST Once an instrument has
been tested and has received this report number, this
instrument can then be used to test other instruments
that can also become traceable to the same test report
number as the original instrument tested at N.I.S.T.
Generally, a standards lab’ uses instruments for testing
which have been tested against an instrument that has
been sent to N.I.S.T. and are not necessarily the original
ones tested at N.I.S.T. with the report number assigned.
Having a definition of the term doesn’t mean that the
traceability of the instrument is understandable to the

lay person with any certainty. Accuracy statements made
by the manufacturers of electronic calibrators play an
important and significant role in determining what
instrument to use in different applications but does not
indicate the actual performance in a particular situation.
An accuracy statement made by a manufacturer is the
theoretical accuracy” compiled by taking physical
uncertainties into consideration. Actual accuracy would
include all of the measurement uncertainties such as
operator bias, leaks, temperature gradients, gravity
changes, barometric pressure. etc. The Federal Energy
Regulatory Commission (F has determined that
instruments being used for test purposes must have
traceability and must be twice as accurate as the item
being tested, for example: Electronic flow meters have
a stated accuracy 0.1% for pressure, meaning that the
calibrator being used for testing should be 0.05% or
better. Many manufacturers are offering calibrators with
stated accuracies of 0.025%. It is important to note how
the manufacturer arrived at this statement. Accuracies
are determined in a laboratory environment and these
laboratory conditions are usually mentioned in
conjunction with this accuracy statement of the calibrator.
These conditions are sometimes impossible to duplicate
in the field giving a very real potential far a much greater
error that the technician expects. Often the technician
doesn realize an error is present unless the test
instrument is drifting or the results vary greatly from
previous tests. Temperature is the leadIng culprit in
pressure measurement errors using electronic
calibrators. Accuracy is usually stated as percent full
scale, percent span, or percent of reading. Percent full
scale and percent span are the same. Accuracy
statements do not mean that the instrument has an error
equal to the stated tolerance, but rather will not have an
error greater than the stated accuracy. Example one: If
the full scale range is 1000 psi and the stated accuracy
is percent of reading. then the reading shown would be
multiplied by 0.0005 to determine if the instrument is
within tolerance. Then when temperature specifications
are thrown in, an instrument with a stated accuracy of
0.05% and is temperature compensated from 30 to 130
deg. F could be much more accurate and reliable than
an instrument with a stated accuracy of 0.02 and is
calibrated at 60 deg F without compensation. It is
important to remember the differences In accuracies
between the test instrument and the instrument being
tested, testing an instrument with a stated accuracy of
0.1% with an instrument with a stated accuracy of
0.025% gives the potential for thinking there may be a
problem with the instrument being tested, when in reality
it is well within the stated tolerance.
The instrument being tested probably would not show
the error anyway because the decimal place digits
wouldn’t be available. The resolution of a calibrator is
the number of digits available on the display. Some have
four-digit display some have five digits, and some even
six digit. Testing an instrument with a four-digit display
with an instrument that has six, gives information that
can neither be substantiated nor used.

PROBLEMS
Just as mechanical instruments have a set of problems
connected with use, so do electronic calibrators.
Electronic calibrators will show better results in
measurement testing than will mechanical
instrumentation except in extreme ambient temperature
conditions. In the techniques section a few ways to
overcome these problems were discussed, but
temperature extreme is a serious problem with all
electronic instruments.
Isolated sensors are almost mandatory in electronic
calibrators because of liquids in the gas. Many sensor
replacements are caused by liquid destruction rather than
overpressure. A major problem is dust, dirt, and/or sand.
This problem is very prominent in instruments with
changeable modules. Field change outs of modules
causes a buildup of grit or dust around the pins. After a
period of time the instrument ceases to perform well or
not at all. There is no way to prevent this from happening.
Careful use and module changes will prolong the ill
effects. Build up along the walls of the line in valve trees,
straightening vanes, and etc. are not seen by electronic
instruments. Changes in metal thickness, or orifice plates
are also a factor. Volumes are calculated based on the
meter tube size with at particular orifice. Electronic flow
meters are calibrated based on these calculations. When
build up or corrosion/erosion changes occur, tile
instrumentation cannot compensate for these changes.
A lot of lost or unaccounted for gas is shown because of
these changes. Pipeline maintenance is very critical when
using electronic instruments. Even though accounting
procedures may show a tremendous amount of “lug”,
the truth is there is probably less now than ever before
due to new technology showing where it is or that it’s
there at an. User friendliness is extremely important, Too
many buttons to push, buttons being to small, too difficult
to program, pods not labeled correctly, these issues are
at the top of the list when selecting an electronic
calibrator, If the instrument is too complicated for quick,
efficient learning curves, the full potential of the purchase
cannot be realized. The technician has so many different
applications and/or instruments to keep up with, along
with the integrity of mechanical parts, that ease of
operation is primary to saving time and labor to get the
job done correctly and efficiently.
Measurement uncertainties are showing up in areas
where local gravity is being implemented on dead weight
and pk testers. Most all electronic calibrators are
calibrated to a national or international standard for
gravity and temperature. When dw or pk testers are set
to local gravity standards, the temperature used is
generally still 80 degrees F, but the gravity difference can
show an error where there really isn’t one according to
manufacturers’ specifications. If a primary standard is
used to calibrate an electronic calibrator, the primary
standard should be in a climate controlled area and in a
fixed position, with the gravity correction being the same
as the electronic calibrator or corrections should be
applied to the results before the measurement is
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assumed correct. According to many manufacturers, the
gravity reference cannot be changed on electronic
calibrators, therefore a correction factor should be used
when using a primary standard set for local gravity.
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LOW POWER FLOW COMPUTERS
Greg Phillips
Bristol Babcock Inc.
2000 Governors Circle West, Suite F, Houston, TX 77092

INTRODUCTION
Flow computers, themselves, are undergoing an
evolution. One challenge for most vendors will be to offer
a low power flow computer whose pricing approaches
that of a three variable chart recorder. Many companies
in the gas transmission, gas distribution and production
industry; expect such a flow computer to be an evolution
from today’s smart transmitter technology, because of
improved accuracy and innovation of multi-variable
transmitters. That is to say, differential pressure, static
pressure and temperature all in one transmitter.

battery powering the flow computer. The output voltage
is 6vdc and should provide usually 30 days of autonomy.
A typical LPFC offered by most vendors will include the
following:
•
•
•
•

REQUIREMENTS
•
The key operations, performed by low power flow
computers include calculations, historical data storage,
alarm/event logging, network communications for realtime or near-time data acquisition, trending of variables
and flow rate to include data editing capability. Each of
today’s flow computers offers some subset of the
following calculations:
•
•
•
•
•

AGA3: Corrected flow for orifice meters. (Orifice)
1992 edition
AGA5: Energy content (BTU)
AGA7: Corrected flow for linear meters. (Turbine,
PD)
NX19: Compressibility
AGA8: Super compressibility (Detailed and
Gross)

The low power flow computer (LPFC) of today requires
that it be designed to provide high performance while
minimizing the overall EGM installation cost. These
electronic gas measurement locations vary from site to
site; in most cases commercial power is not available,
thus the need for LPFC’s that can operate on direct
current (DC) power sources.
These power sources for remote locations can be battery
power, for instance a lithium battery or alkaline battery.
The lithium battery can provide longer life over a greater
temperature range, while the alkaline battery is limited.
The other most commonly used are the solar panel with
lead acid or gel cell battery, this power source usually
offered as an integral package with the LPFC includes
panel, charger/regulator, battery, cabling and mounting
hardware. The size and cost of the solar array will depend
on the geographical location and power requirements
of the LPFC. The energy from the sun creates a
photovoltaic effect in solar panels that charges a storage

•
•

Microprocessor capable of performing
necessary equations and calculations.
Capability to accept smart transmitter or analog
transducer inputs.
The ability to store historical data, hourly, daily,
event and alarm logs.
Capable of displaying real-time as well as
historical data via a display or handheld.
Able to be configured via a laptop computer or
terminal interface by menu selection.
Class 1, Div. 1, explosion proof, or intrinsically
safe certified for hazardous areas.
DC power source, internal lithium or alkaline
battery, and solar array powered.

Figure 1 shows an “RTU-style” single-run flow computer.
This configuration includes a single-board RTU that is
programmed to perform flow calculations and interfaces
to differential pressure, pressure, and temperature
transmitters. The transmitters are included in the
package, but mount external to the flow computer.
Optional items shown include the handheld terminal and
internal modem. The hand-held terminal functions as
both an operator interface/configurator and a data
transfer medium. This same transfer medium might also
be performed by a laptop computer. By adding a private
line modem for telephone line communications or a
switched network modem for dial-up phone
communication wide-area networking to these remote
sites can be achieved.

FIGURE 1
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Since this type of flow computer is based on a singleboard RTU, it will, typically, include extra input/output
points. For example, the unit shown in figure 1 includes
eight analog inputs (4-20madc or 1-5vdc), three of which
are interfaced to transmitters. The five remaining could
be used to interface to additional transmitters for a multirun meter station. This RTU can also accommodate
Digital I/O capability to perform run-switching valve
status, valve control and gas sampling Instrumentation.
While the additional I/O points imply that the flow
computer can accommodate two or more meter-runs, if
sufficient RAM (random access memory) is not available
to store additional historical data, then the processing
capability is limited. With today’s technology and most
vendors using 16 bit or 32 bit microprocessors’ data
storage has not been a problem.

FIGURE 2

Figure 2 shows an arrangement that is representative of
the new trend in flow computers. DP and pressure
transducers not transmitters, have been integrated into
the LPFC package. That is to say that the secondary
measuring device is mounted internally to the LPFC
packaging not external. The amplifier electronics is
included on the computer CPU (central processing unit)
board. While figure 2 represents a single run application,
some vendors can introduce dual-run capabilities by
simply adding additional transmitters or one single multivariable transmitter.
TOTAL MEASUREMENT ACCURACY
A discussion of gas measurement accuracy must
encompass all the stages of conversions and calculations
there are in a LPFC system. Since each stage introduces
error, the overall accuracy of the LPFC depends on the
accumulated errors of all stages. The API has defined
three stages in a flow computer system as “primary,”
“secondary,” and “tertiary.”
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PRIMARY MEASUREMENT
The orifice and the positive displacement meter or turbine
has been the two primary methods of gas measurement
in the United States. Some estimates put the number
above half a million or more. These primary measuring
elements impact the LPFC’s performance greatly and
must be inspected or verified as to their compliance to
accuracy specifications.
Remembering that the flow computer itself is considered
a tertiary device that is responsible for correctly
calculating flow based on information that it processes
from secondary measuring devices such as transmitters
or transducers. All together these three devices are
critical to the overall accuracy of measurement we
require.
Positive displacement meters and turbines should
normally be sized to operate between 60% to 90% of
their maximum linear capacity. With proper maintenance
with respect to mechanical drives, pitting, scratches, or
deposits these inspections can normally be somewhat
easily performed. On a scheduled basis these meters
should be proven to insure accuracy and credibility not
only to their mechanical but also electrical frequency
output integrity. For instance two types of known provers
are pipe and tank type. They provide a known volume
against which the volume indicated by the flow meter
can be compared. Both these provers are volumetric with
respect to comparison results established. With proper
maintenance and proving these P.D. and turbine meters
should maintain accuracy to within plus or minus 1/4 %.
Orifice meters are generally inspected to ensure
compliance with ANSI/API 2530 established tolerances.
These tolerances include orifice diameter, edge width,
edge sharpness, surface finish, flatness, and
concentricity. There are several defects that can cause
adverse effects on the meter’s accuracy such as a bent
plate, a nicked bore or rough surface. Also, if it has
residue build up or is dirty this needs to be cleaned.
SECONDARY MEASUREMENT
Most LPFC packages include secondary and tertiary
devices: DP, pressure and temperature transmitters that
which are interfaced to a digital flow computer.
Transmitter specification provides the accuracy of
conversion to a 1-5vdc or 4-20mA dc analog signal. To
determine the accuracy (or really, “uncertainty” or
probable error”) introduced by all three transmitters, the
“square root of the sum of the squares” method is used.
For example, if the accuracy of each transmitter is 0.25%,
the total probable error of the secondary stage is
approximately 0.43% (this method is accepted by the
industry even though it weighs each input DP, pressure,
and temperature the same).
E=

DP + P + T

=0.43

Further errors are introduced when the transmitter
outputs are interfaced to A/D’s (analog to digital
converters). Typical accuracy for the input conversion is
0.025%. Again using the square root method, the total
probable error for all three inputs is 0.043%

In general the LPFC of today will require it execute input
sampling, alarming averaging, totalizing, PID control if
required, and all calculations, except AGA8, once per
second. Due to the intense calculation required by AGA8
for compressibility using detailed gas composition this
could be performed once per minute.

E=

AUDIT TRAIL ALARM/EVENT LOG

DP + P + T

=0.43

The mathematically correct way to account for the
combined uncertainty of the transmitters and analog
inputs is to add them together: 0.43% to 0.043% =
0.473%. If you doubt this method, an alternative is to
treat each of the three inputs separately. The 0.25% for
the transmitter should be added to the 0.025% for the
input, for a total error of 0.275% per input. The square
root method for all three is still 0.473%.
Advantages of figure 2 depend upon the strategy the
particular vendor uses to process the data from the three
variables DP, pressure and temperature. If the LPFC
processing this data uses an A/D (Analog/Digital) converter
the accuracy of that data may represent what is stated in
the above paragraph using analog transmitter technology.
If the vendor utilizes smart transmitter technology with
digitized communication of the values presented, first,
there is no secondary/tertiary conversion. There is no 15vdc or 4-20mA dc output and no A/D conversion, as
performed by an analog input. Thus, the typical 0.025%
uncertainty is eliminated. In addition, the smart transmitter
accuracy is increased. For example, if the smart transmitter
had an accuracy of 0.1%, then the square root summed
for all three variables would equal 0.17%, compared with
0.473% for the aforementioned system.
E=

DP + P + T

A requirement apparent to vendors that manufacture
LPFC’s is the audit trail. This is a log that will keep track
of alarms and events that occur within the LPFC system.
An example of alarms that may appear in the alarm log
would be:
•
•
•
•
•
•
•

System power down
System power restore
Low system power level
DP, Pressure, Temp, and Turbine High alarm High
high alarm Low alarm Low low alarm Out of
range Rate of change Return to normal
Power down
Power restore
Low RAM battery level

Examples of events:
•
•
•
•
•
•
•
•
•
•

Operator sign-on (laptop)
Operator sign-off (laptop)
Low flow cut-in
Low flow cut-off
Override mode on
Override mode off
Maintenance on (calibration)
Maintenance off (calibration)
Orifice plate change
Value change of constant

=0.43
(Alarm and events should have the capability of being
reported over the wide area network (WAN).

If this transmitter was to be a multi-variable three in one
transmitter such as some vendors supply today, the DP
sensor is fully static pressure compensated.
TERTIARY MEASUREMENT
The tertiary stage comprises the calculations within the
LPFC. It is relatively easy to accurately perform an
instantaneous AGA3 or AGA7 flow equation as most
vendors do not consider this a problem. Compared with
the input accuracy, the calculation accuracy is
insignificant. However, how often are the calculations
done? That is the main concern of manufactures of
LPFC’s. A further issue is averaging and totalizing over
times such as an hour and a day. While some people
think that calculations performed inside a flow computer
are extremely accurate, the truth is precision can fall off
in time-based averaging and totalizing. By using double
precision (64 bit) floating-point math for all averaging and
totalizing, these averages and totals are usually updated
once per second.

SNAPSHOT LOG
Upon certain alarms and events, some LPFC’s will not
only log an alarm message, but will store the entire list
of input, flow, and configurable constant values. This
allows the user to see the entire station status, rather
than a single message, when an exception condition
occurs.
INSTANTANEOUS/HISTORICAL LOG
In addition to storing alarm and event audit trail
information a LPFC will have the capability to store
current as well as historical information. A LPFC will
typically store 35 days of information, the amount of
information stored in an hourly or daily log varies and
depends on what the vendor may offer. Information that
may be available in the hourly, daily as well as quarter
hour logs are:
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•
•
•
•
•
•
•
•
•
•
•
•
•
•
•
•
•

Date start
Time start
Flowing time
Average Differential pressure
Average Static pressure
Average Temperature
Average Specific gravity
Average BTU
Flow extension
Flow Rate
Energy Rate
Alarms occurred
Events occurred
Compressibility (FPV)
Average C-prime
Average CO2 (Carbon dioxide)
Average N2 (nitrogen)

These items will also include station identification, station
tag and meter identification.
COMMUNICATIONS
Requirements for LPFC’s at a minimum, is to provide a
RS-232 Port capable of interfacing with a laptop
computer or a handheld device. This interface would
enable the user to configure, monitor, and change
parameters specific to the measurement requirements
of the LPFC. It would also provide the capability to up
dump or collect historical logs, such as daily, hourly and
audit/event logs.
RS-232C is a serial asynchronous communications
standard used to connect modems, terminals and
printers with serial interfaces. The Electronic Industries
Association (EIA) developed the recommended
Standard-232 to define a serial communication interface.
This standard is referred to as RS-232/ RS232-C, and
RS-232-D. The “C” and “D” refers to particular versions
of the standard. Although RS232C is only specified for
use in transmission lengths up to 50 feet, it is often used
for greater distances at lower baud rates. An additional
RS-232 port has to be made available for network
communication for local area networks (LAN) and wide
area networks (WAN).
LPFC’s in the digital communications world are defined
as DTE (data terminal equipment) devices. Modems,
radio modems and other communication media are
considered DCE (data communication equipment). The
main difference between DTE and a DCE device is
definitions of their respective transmit and receive pins.
Pins’ two and three have opposite meanings, the DTE
device transmits to the DCE receive pin, and the DTE
receives data from the DCE transmit pin. The other pins
defined on a DB-9, DB-15 or a DB-25 pin connector
refers to control or handshaking signals. These are used
to control the timing between device’s for transmitting
and receiving data. To better define the operation of
digital data exchange RS-232 link signaling is
accomplished with voltages that range from +or –3vdc
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to +or- 25vdc. If the voltage on the transmit or receive
lines is positive (between +3vdc and +25vdc) this
represents a “0” bit; if the voltage is negative (between 3vdc and -25vdc), this represents a “1” bit, both with
reference to the signal ground pin. RS-232
communication is most used in implementing wide area
networks where linking several LPFC’s is required over
many miles. This wide area link is accomplished via the
DTE to DCE (modem/radio modem interface. RS-485
on the other hand is a EIA standard for serial
communications that uses a balanced system for
signaling and basically the same signaling voltages. The
RS-485 link can be used over fairly long distances (1000
ft.) and at high baud rates such as 38.4 KB. This form of
communication is normally used for local area networks,
offshore platforms, gas plants, etc. The link is established
by using a single twisted pair (both transmit and receive
on the same set of wires) that is connected to each device
and each device on the network having its own distinct
hardware and/or software address, (this also applies to
RS-232 as well). This forms a bus topology that can be
made use of by network protocols. Since it is a very
simple and inexpensive topology, RS-485 is used
frequently in the field connecting LPFC’s over a local
area network.
TELEMETRY
Various types of communication media are available to
us today. An example of the types range from the
following:
•
•

•
•

(PLM) Private line modem, communications a
form of DCE that modulates over leased or
private telephone lines.
(SNM)
Switched
network
modem,
communication over the PSTN (public switched
telephone network) modulate over PSTN for
cellular or dial-up communication links.
(FOM) Fiber optic modem, communication over
fiber-optic cable usually 64 micron or 200 micron
thickness cable.
(Radio/Microwave, Spread Spectrum) These
types of communication are capable of
extending long distances, with wireless
capability.

INPUT/OUTPUT CAPABILITY
Additional demands have been placed on LPFC’s to
provide I/O capable to perform various functions. This I/
O capability is performed by analog inputs and outputs
(1-5 vdc or 4-20 mA dc) or discrete inputs and outputs
(open collector or relay).
INPUTS
An example of signal inputs that may be interfaced with
LPFC’s are digital or discrete open/close contact
closures.

WELL TEST

SAMPLERS

In the production industry for example a separator is used
to separate condensate, water, and oil from the well.
Normally measured in barrels or tenths of barrels,
accumulators register the amount of liquid passing
through a turbine and produce frequency and or contact
closure outputs proportional to the amount of product
produced. The LPFC can register these outputs from
these accumulators and present hourly, daily and monthly
totals.

Almost all LPFC manufactures offer the digital output
configured as a standard to pulse a gas sampler. Using
a predetermined volume of natural gas the user can
configure a rate where which a digital output will activate
a sampler. The rate or sampler activation interval is based
on the cylinder size and the amount of time it will take to
fill the sample cylinder.

Some LPFC’s based on a demand requested either
locally through a laptop computer or globally over the
network communication media may invoke a well test.
While normal EGM calculations are occurring, a well test
can be initiated where over a predetermined amount of
time usually hours, a totalization of average DP, P, T, flow
rate, total volume, condensate total, and water total can
be determined.

In recent years, it has become apparent that the gas
production, distribution and transmission companies
require greater accuracy and low power consumption.
A rather extensive amount of gas research and standards
committee activity is pointing to higher raw input
sampling rates, higher calculation frequencies, more
intensive calculations, more data storage, and, in general,
considerably more work for the processors used in flow
computers.

Contact closures from various alarms may be monitored
by the LPFC as well.
•
•
•
•
•
•

Valve status
Security hatch
Gas level detection
Intrusion alarms
High levels
Low levels

These are just a few examples of inputs that may be
monitored by the LPFC.
OUTPUTS
An example of signal outputs that may be produced by
LPFC’s are analog and digital.
VALVE CONTROL
Some LPFC’s provide analog outputs in the form of
voltage or current, and digital output in the form of
contact open collector or pulses. The output selected
will depend on the actuator controlling the valve, usually
a electronic to pneumatic converter is used.

SUMMARY

With deregulation, gas marketing and contract
agreements are placing their own demands on the
LPFC’s. They are now used for custody transfer. Specific
data must be available for billing and auditing. Flow
computers must reside on communication networks to
provide data “now,” not “two weeks from now.” The
contracts also dictate accuracy, which, in turn, dictates
sampling rates of DP, pressure, temperature to include
AGA calculations.
To make matters worse for LPFC vendors, there is no
uniformity in gas industry requirements. Every company
seems to have a unique need, be it the data that is stored,
on what interval, how to do averaging and integration,
what information is required over a communication
network, the communication protocol, and so forth.
In addition, the field measurement personnel have their
requirements. The flow computer should be easily
installed, calibrated, and started up. Ideally, it should
install like a smart DP transmitter, not three transmitters
plus a computer. The unit must also be low enough in
power consumption to make solar power or batteries
viable.

Analog output PID (Proportional, Integral, Derivative)
control is a continuous signal to the valve, either 1-5vdc
or 4-20madc. This output is usually determined manually
by the user or automatic by the LPFC in that the valve
may be controlled based on a pressure variable or flow
rate. This term is based on which variable is chosen to
be primary. The selection would be either pressure
control with flow override or flow control with pressure
override.
Digital control uses a pulsed or intermittent voltage output
to control the valve. Both outputs analog or digital are
based on a variable chosen, pressure or flow and a set
point at which the valve will be positioned.

Greg Phillips
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NEW TRENDS IN MEASURING NATURAL GAS FLOW RATES
Charlie Harris
Honeywell Industrial Automation & Control
1250 W. Sam Houston Pkwy., Houston, TX 77042

HISTORICAL PERSPECTIVE
Traditionally, the flow of natural gas has been measured
by a combination of pressure transducers, smart
transmitters, and flow computers. In the earliest types
of natural gas flow measurement, transducers and
transmitters were connected to flow computers to
calculate natural gas flow rates. In terms of the real
measurements, these transducers and transmitters
served as the heart of flow computers. They still do in
newer, smarter forms.
The pressure transducer is basically a sensor that
converts one form of energy, pressure or mechanical, to
an electrical form of energy. These early transducers
provided a low-level analog input, which limited the
amount of information available to the flow computer or
control system.
INTRODUCTION OF NEW DEVICES
Once smart transmitters were introduced to the process
industry, they became the instruments of choice. A bonus
for the natural gas industry is that smart transmitters are
able to accommodate the longer geographic distances
required for accurate measurement of natural gas.

number of field devices needed and importantly, provides
a mass flow measurement that is highly accurate.
While smart transmitters could always measure absolute
pressure (AP), they were only sensitive and accurate
enough to be used to compensate the DP measurement
for static pressure changes. In the same way, a
temperature sensor on the same silicon (dye) is used to
measure temperature and compensate the DP
measurement for ambient temperature changes.
With the advent of the new SMV 3000 multivariable
transmitter, a revolutionary new sensor was employed.
This increased sensitivity sensor provides a highly
accurate static pressure measurement also; a 0 - 400
inch DP measurement with 0.075% of span accuracy
and 0 - 1500 psia AP measurement with 0.075% of span
accuracy. Dynamic flow compensation is supplied by
calculating in real time the discharge coefficient, gas
expansion factor and thermal expansion factor. Figure 1
below shows a multivariable transmitter sensor.
PV diaphragm and
sensing elements

High Pressure

A smart transmitter accepts a signal from an internal
transducer, digitizes it, compensates for temperature and
pressure changes and generates a scaled signal strong
enough for transmission over long distances.
Initially and in most transmitters available today,
piezoresistive and capacitance technology was used. A
true smart transmitter using piezoresistive technology is
microprocessor-based, provides remote, digital, bidirectional communication, employs enhanced selfdiagnostics, and is characterized for pressure and
temperature compensation.
Smart transmitters enable the accurate measurement of
differential pressure (DP) across an orifice for example,
from which the flow rate is then inferred.

Static Pressure
Measurement

Meter Body
Temperature
Measurement
Low
Pressure

FIGURE 1.
Multivariable DP-AP Sensor

Unfortunately, this measurement is often flawed unless
pressure and temperature transmitters are also used.

A multivariable sensor measures differential pressure,
gauge or absolute pressure, and meter body
temperature. The absolute pressure and meter body
temperature measurements are also used in a process
call characterization.

With the introduction to the market of smart multivariable
transmitters and transducers, the mass flow
measurement of natural gas has become much more
economical. With one device, the temperature, pressure
and mass flow is directly calculated. This reduces the

Characterization involves measuring the DP at different
static pressures and temperatures as well as measuring
the static pressure at different temperatures. The data
collected from this characterization process is stored in
the transmitter. When a DP or AP measurement is made
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in the field, this characterization process ensures an
accurate measurement under changing pressure and
ambient temperature conditions.

RS-485
Modbus

RTU

For reverse flow applications, this type of characterization
is important because it will allow negative DP ranges (0
- negative 400" H2O). This capability for measuring
reverse flows can be an important advantage in the
natural gas industry.
In addition, new applications with these instruments allow
the meter body to connect up with almost any electronics
used by flow computer manufacturers for a
straightforward, uncomplicated mass flow rate solution.

Temp.

ACCURATE MASS FLOW CALCULATIONS
Many flow measurement applications are inaccurate, as
there are no compensation calculations for density
changes. The historically common use of a single variable
DP transmitter to calculate volumetric flow, without
compensating for temperature and other effects, can
provide a highly inaccurate flow measurement.
The new trend is towards multivariable transmitters that
not only measure DP, but temperature and pressure as
well. Using all these variables, the multivariable
transmitter is able to accurately compensate for any
changes in temperature and pressure to provide a much
more accurate flow rate reading. Because these variables
can fluctuate considerably, the flow rates, either in mass
or volume, are considerably more accurate.

FIGURE 2.
Multivariable transmitters and flow computers are the
cost-effective, mass flow measurement trend in the
natural gas industry.

With the use of a multivariable transmitters and
transducers in conjunction with flow computers, natural
gas producers and transmission companies have been
able to realize lower overall costs of ownership for
electronic flow measurements.
New multivariable transducer and transmitter technology
will continue to be introduced to the market and will boost
the efficiency of the natural gas industry, which translates
into better business results and a greater competitive
advantage.

BENEFITS TO THE NATURAL GAS INDUSTRY
What does the increased capability of multivariable
transmitters and transducers mean for the natural gas
industry? It means that a complete mass flow
measurement is readily available and much less costly
than ever before.
These costs savings are included in the purchase price,
installation, reduced number of instruments needed, less
maintenance due to less instruments, and the often
incalculable benefits of having accurate flow rates
available for custody transfer billings, accurate process
control, and the like. These types of benefits can be
obtained in applications such as shown in Figure 2 below.
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AUTOMATING GAS MEASUREMENT
Richard L. Cline
Integrated Information Technologies
10960 Stancliff Road, Houston, TX 77099

INTRODUCTION
Since the discovery of oil and gas and the advent of
commercial conveniences, which use oil and gas,
companies have been confronted with the need to
accurately measure the oil and gas bought and sold in
the marketplace. And, as usual, the technology available
at the time was brought to bear on the measurement
process.

ultimate success of the project. Some of the more critical
questions are:
•

What are the short term and long term corporate
objectives? Is the proposed automation step
consistent with these objectives?

•

What are the shortcomings and inefficiencies in
the company’s current measurement process?

All gas companies must, of course, deal with gas
measurement and are positioned somewhere on the
automation curve. As time moves forward, so does the
technology. New products and measurement techniques
are constantly being offered to improve the gas
measurement process. Unfortunately, adopting the new
technology always brings with it a price. And the price is
not only measured in dollars, but in ever increasing
difficulty in making intelligent decisions and choices.

•

Is the proposed new technology well
understood? How closely does it match the
desired solution? How much of it is enticing
chrome or dazzle which is generally of shortterm value. What kind of functionality is “under
the hood” that will really help the business over
the long haul? Does the technology offer real
benefits and meaningful features to the current
measurement process?

So how does a company, with the need to progress on
the automation curve, sort through the many options
available today? The effort requires a continuing
education process. The decision maker must understand
not only what the available technology can do for his
company today but must understand its future impact
on the company.

•

Will the technology eliminate or reduce current
inefficiencies and costs? If so, how and at what
price?

•

Is the technology both a good short-term and
long-term solution?

THE RACE TOWARD AUTOMATION
The Gas Company cannot stand still, but must continue
to push toward increased automation utilizing the
continually changing technology. The question “Should
I automate or not?” is no longer a valid question. The
answer has to be “Yes” as competition and government
regulation requires it. The new computer technology
offers us ways to improve measurement accuracy and
to reduce the amount of human resource required to
manage and complete the measurement process. By
incorporating the new technology, our cost is reduced.
So, faced with the need to automate, the more relevant
question is “How do I design my system and choose the
proper system components to meet my corporate
objectives?”
PROBLEMS FACED WITH AUTOMATION
During the course of an automation project a number of
questions, issues, and problems will surface and have
to be addressed. How they are resolved will dictate the
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Most technological advances are geared toward
particular markets and may not provide the best solution
for a particular application. This can be particularly true
with software.
No solution comes without a price. This phrase applies
heavily to the gas measurement system solution and it
is imperative that the decision-maker who is responsible
for selecting the right system components evaluate all
aspects of a particular solution.
A pertinent example is the continuing rush to adapt the
latest graphical user interface (GUI) advances to SCADA
or communications intensive functions at the expense
of operational functionality. Standardized point-and-click
interface benefits are recognized and are essential in
operating today’s systems. Operators not familiar with
computers can quickly become computer literate and
learn to operate new programs. But what about the ongoing long-term price to be paid after the operator has
achieved computer literacy and familiarity and is now
looking for functionality related to his or her day-to-day
tasks? Experience may indicate that added graphic
“flash” in an already user-friendly system may just create

more layers between the operator and important data
and may steal valuable “horsepower” from the
communications-intensive system environment.

•

Let the accumulated data lead you to the best
solution.

GAS SYSTEM COMPONENTS
So an objective of the successful project must therefore
be to keep operational functionality at the top of the
priority list.
The project’s scope must be defined. Is the focus on
procuring a “system” solution to meet “system
requirements or is the decision-maker focusing only on
individual components without thought toward how they
will be integrated and work together?
A system solution requires the right mix of components
and, more importantly, an appropriate amount of system
engineering to ensure that the various components play
together properly. Is the Company going to do the system
engineering? If not, then the level of required outside
engineering and integration services needed must be
factored into the process. The required level and cost of
outside engineering will be greatly impacted by the
selection of software and hardware components and
vendors.
THE CHALLENGE
Why is the planned automation path such a risky
endeavor? Because the right answers to the questions
and issues encountered during the project are not easy
to come by. Several major reasons can be identified.
•

The technology is changing so fast that even
vendors in the business find it hard to keep up.

•

Vendors bombard the decision-maker with a
wealth of confusing information and complex
products, all seemingly designed to solve every
current and even future problem.

•

Most vendors prefer to sell components and
tend to avoid the responsibility of offering a total
system solution as this requires a diversity of
expertise and technologies which typically goes
beyond the vendor’s product line.

The following approach or process, if followed, will help
the decision-maker wade through the confusion in a
constructive manner. This process leads to intelligent
decisions based on real data. Key steps in the process
are:
•

Remain focused on the basics, the Company’s
objectives and the desired functional solution.

•

Assess and evaluate all available system
components in terms of the basics and how they
contribute to the overall system solution.

•

Ask vendors the right questions.

A technical evaluation of the components in the gas
measurement system requires that the decision-maker
understand fundamentally how they work and what they
contribute to the process. The following discussion not
only provides this overview, but more importantly,
identifies some pertinent system related questions which
should be asked as part of the evaluation. Assessing
the answers to these questions will lead to the best
choices in selecting the system components.
SENSORS AND TRANSMITTERS
The computation of gas flow, i.e. flow rate, through a
pipeline by an electronic flow meter (EFM) or a smart
transmitter requires various measurement inputs such
as gas temperature and static pressure.
Several standard technologies have been around for a
number of years. Orifice measurement, the most
common, uses the principle that the gas pressure
measured via a differential sensor behind a restriction in
the pipeline (the orifice plate), is inversely proportional
to the velocity of the gas through the orifice. This
measurement when compared to the static pressure in
front of the orifice is used to compute the flow rate. A
second common technique uses the number of
revolutions of a rotary or turbine meter sensor in the
pipeline to compute the flow rate.
The technology associated with pressure and
temperature sensors is, today, quite well understood.
However, advances are continually surfacing in regard
to design, accuracy, and cost. Traditional sensors output
a current or voltage which is proportional to the measured
item and is used by the EFM to obtain the measurement.
A new trend today involves “smart” sensors or
transmitters with a digital interface. This type of sensor
can be useful for applications where the measurements
obtained from the sensor or transmitter are the only
measurements required from the field. The host
communications system can interface directly to the
sensor without requiring intermediate RTU or EFM
equipment.
Another new class of smart transmitter is available and
can be useful in applications such as plant automation.
These transmitters actually perform the American Gas
Association Report No. 3 (AGA-3) flow rate calculation
and maintain a history of hourly and daily flow. These
sensors, however, cannot be considered functionally
redundant to EFMs until they fully implement all required
calculations, e.g. the AGA-8 compressibility calculation.
Use of this transmitter is generally limited to applications
where the gas composition is relatively constant or where
the host system can automatically download new
composition and compressibility information. Future
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benefits to gas measurement from smart transmitters
will be the improved accuracy and lower cost as they
evolve into functional replacements for the traditional
EFM.

measurement into the same box will be a priority to
reduce hardware and communications costs.

A relatively new technology is available today and can
offer cost effective benefits in certain applications. The
ultrasonic flow meter, although costly compared to the
above more common technologies, offers substantial
indirect cost savings as this technology uses sound
waves to measure flow rate and therefore does not
restrict the gas flow. This can mean real savings in the
cost of compressor stations on long transmission
pipelines.

The system solution requires that EFM data be
transmitted to the user’s office. This requires a comm
media link between the office and the field site. In general,
an RS-232 asynchronous interface on the EFM will be
acceptable for the communications interface; however,
should the site be such that multiple “clustered” devices
need to be interfaced in the future, then an RS-485 multidrop interface in the EFM will be useful. A single
communications link could, via a data concentrator, be
used to link the clustered devices to the remote office.

System issues related to sensor technology are as
follows:
•

•

PHYSICAL COMM LINK SUPPORT

PROGRAMMABILITY

Typical interface between the standard sensor
and the EFM is a wiring interface adhering to a
standard current of 4 to 20 milliamps or a voltage
of 1 to 5 volts.

The selected EFM unit should offer the end-user the
ability to easily configure the unit.

As the sensor must be installed in hazardous
areas, equipment must be selected which
adheres to applicable ANSI and NFPA standards
for those areas.

The host communications software periodically accesses
the EFM to upload the archived hourly and daily
information. The EFM must retain ample hourly and daily
information to compensate for a worst-case scenario
where the host cannot access the data for a period of
time. Most units today archive at least a month of hourly
and daily data.

ELECTRONIC FLOW METER (EFM)
An essential component of the measurement system,
this computer-based device computes the flow rate
based on sensor inputs. AGA has defined the
computations to be used for flow calculation for custody
transfer. The AGA-3 standard relates to orifice
measurement calculations and AGA-7 to turbine meter
calculations. A relatively new standard, AGA-8, more
accurately computes the compressability factor to yield
a more accurate flow rate calculation.

ARCHIVAL STORAGE

SUPPORTED COMMUNICATIONS PROTOCOL
Communications to the host communications software
is via a language or protocol. This issue is important
enough to be discussed later as a key system
component.
HAZARDOUS RATING

EFM technology is as well understood as sensor
technology and does not pose much mystery to the
decision-maker. There are, however, major systemrelated issues which must be addressed when selecting
EFM equipment:

As the equipment may need to be installed in hazardous
areas, equipment must be selected which adheres to
applicable ANSI and NFPA standards for those areas.

I/O CAPACITY

Technology is available today to allow multiple site
devices to be polled locally by a data concentrator in
the field. This device can offer a number of advantages
in certain applications:

The move today is toward integration of technologies to
reduce costs. Flow-related data represent only a part of
the information desired from the some field sites.
Interfaces for compressor alarms, valve controllers, tank
level sensors, and fugitive emission sensors, e.g. H2S
“sniffers”, are being integrated for transmission over a
common comm link to the field office or central host
system.
In the past, both EFM equipment and RTUs or PLCs
had to be installed at the same site to gather the required
data. This approach also required a duplication of comm
media. In the future, the need to consolidate all
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DATA CONCENTRATION DEVICES

•

Reduced communications costs. Interface to the
host system communications software is via a
single communications media link.

•

Report-by-exception, whereby alarms are
reported to the host when they are detected,
can be supported by the concentrator.

•

Native protocols for the field devices and for the
host can be supported. The concentrator can

gather data from the field devices using the
native protocols of the devices and report the
data to the host using the native protocol of the
host thus allowing an already in-place host
system to gather data from multi-vendor field
devices.
THE COMMUNICATION PROTOCOL
The communication protocol is the language used to
communicate with the host communications software.
Supported communication protocols are an extremely
important issue for consideration when choosing EFMs.
Unfortunately, the required system solution often involves
multi-vendor equipment in the field with different
protocols. The consequences of this and suggested
solutions are discussed later while looking at the host
communications software component. Here are general
guidelines for the decision-maker:

The original standard MODBUS protocol, as defined by
the Gould Modicon specification, only supports the
acquisition of integer data from registers. That is, one
can only ask for “single layer” data from the device. Some
time ago it was recognized that this specification needed
to be expanded to accommodate the need for floating
point measurement data and for “multi-layer” historical
data. An example of an extended MODBUS definition,
which is widely used today, is the non-proprietary Daniel
Extended MODBUS protocol. An EFM supporting
MODBUS without extensions may need to be called
every hour if hourly data is needed, whereas, an EFM
supporting the Daniel Extended MODBUS protocol can
be accessed infrequently, e.g. daily or weekly, to acquire
multiple hours of historical data. This type of access is
essential where hundreds of EFMs must be contacted
via long distance phone calls.
THE COMMUNICATIONS MEDIA

•

Avoid proprietary protocols. Arguments that a
proprietary protocol is desirable or necessary to
provide data security are not significant enough
to offset the ultimate cost of this decision. A
closed protocol is not necessary to provide a
secure interface to EFM data. Many EFMs
require a security password to allow login and
will reject any attempt to login without the
appropriate password. The consequence of a
closed protocol is to leave the end-user with
fewer options for integrating equipment from
multiple vendors.

Host-to-EFM links can use phone lines, cellular, radio,
and satellite interfaces. Selecting the proper
communications media for the office to EFM link must
first be based on the type of interface required to satisfy
company objectives. Do the planned system functions
require that the interface be a dedicated real-time twoway interface such as for the gas control function; or,
can the system needs be met by a once-a-day or oncean-hour data acquisition approach. Once the candidate
media are defined, the decision is usually based on a
consideration of initial installation cost and on-going
operational cost.

•

Acquisition of data from multi-vendor equipment
is greatly simplified if a common protocol can
be used for interface to the equipment.

Some other system related issues should be considered.

Select, when possible, equipment which
supports a well-behaved, open protocol, e.g.
MODBUS. A well-behaved protocol would be
one which supports relatively small message
packets rather than large data dumps. Reliable
transmission of data dumps over potentially
unreliable comm links such as cellular can be
very difficult. An open protocol would be one
which is non-proprietary, well documented, and
supported by a large number of vendors.

Does the site have cellular coverage, satellite coverage,
power, available and line?

•

•

Use fully implemented robust protocols rather
that partial implementations. An EFM vendor
may support a particular protocol but in reality
cannot provide a robust interface to the host
software using that protocol. For example, the
support may only provide access to
instantaneous data and not archived historical
data. Access to the historical may require the
vendor’s proprietary protocol.

The industry familiar MODBUS protocol can provide an
example of these criteria. Access to EFMs is often by
dialup telephone requiring a long distance phone call.

Site limitations.

Data reliability.
How reliable is the media for data? This is primarily as
issue with media such as landline telephone and cellular
telephone, which were initially designed for voice
communications. Landline modems used in the system
should, where possible, support error correction
algorithms. Cellular links can suffer special problems
such as signal fade and cell switching requiring the use
of special cellular modem protocols such as MNP-10 to
handle these problems effectively.
Host limitations and issues.
How many communication ports are available in the
host? Each type of media to be used will typically require
at least one dedicated port on the host.
Can the host software handle different protocols over
the same comm port?
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Can the host support different poll frequencies over the
same comm port? Can the user relax the timeouts in the
host if needed to accommodate retry delays in error
correcting modems?
Governmental restrictions.
Is FCC licensing required for the media as is the case for
900 MHz standard radios? Can the license be obtained
and how long does it take?
HOST SYSTEM SOFTWARE
Selecting the best host system software to support the
company objectives is perhaps the most difficult task in
configuring the gas measurement system. This
technology, involving both hardware and software, is
changing daily. The decision-maker is constantly being
enticed to accept new “state-of-the-art” capabilities.
In this environment, some practical advice is to not forget
the company’s fundamental objectives and requirements
for the system. These basics are the major functions
which should be provided by the host software:
•

Field Communications

•

Data Archival

•

Data Presentation

•

Data Editing

•

Data Distribution

•

Custom Reporting

•

Applications Platform

adequate or whether an integrated system concept is
required.
The integrated system concept is one where the selected
host system is really an integration of several different
software packages, each dedicated to a particular
system function. For example, communications
processors, a master station server, and console stations
for the operators can together comprise the host system.
The communications processors handle
communications efficiently, the master station has
responsibility for data applications, data archiving, data
reporting and data distribution functions, and the
consoles provide the user-friendly GUI interface for the
operator.
Selecting the best host components should be based
on an evaluation of available functionality, design, and
performance for each of these areas. For example, the
master station server should offer a large number and
variety of available vendor applications to do the needed
data manipulation. Selecting an integrated system from
a single vendor offers the advantage of proven
component interfaces but a possible disadvantage of
limiting functionality. Choosing to integrate components
from multiple vendors allows more freedom in selecting
the best functionality but will require considerable system
engineering to integrate the system.
Seeking to answer key design-related questions in each
functional area will help the decision-maker identify
potential constraints and pitfalls in selecting the host
system.
COMMUNICATIONS

These functions are applicable to all gas measurement
systems encompassing the smallest single PC system
with few EFMs to those running on networks with
hundreds of EFMs.
No single host software package can provide the best in
each area. Choosing the perceived best in one area may
impose constraints in another. For example, assigning
the communications function to the GUI presentation
software with the most “flash” may not provide the
desired system solution to support future growth in the
communications and applications arena.
So how does the decision-maker deal with this dilemma?
A good starting point is to define explicitly the current
and future requirements in each basic area and then to
use this as a yardstick in evaluating each software
package. Do not hesitate to press for benchmark
information documenting the expected communications
performance once the system expands to its largest
planned size. From this evaluation, the decision-maker
will understand whether a single system package is
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The design of this function in the gas measurement
system is crucial and the capabilities of the selected host
software in this area should be closely scrutinized.
The vendor’s operating system platform for this host
component should also be closely scrutinized. A
continuously operating, reliable and field-proven
environment is required. Avoid initial releases of the latest
and greatest versions of any operating system until bugfixing revisions are available. A nuisance bug in the
operating system can bring down your communications
and the only fix may be a work-around by the host
software vendor.
The communications software component should, if at
all possible, be assigned to a dedicated platform with
unneeded options de-activated in the operating system.
No potentially interfering software should be installed
on the platform. Pertinent communications-related
questions are:
•

What is the priority of the communication
function relative to operator keyboard activity?
Can operator or network-related activity impact
the system’s ability to efficiently acquire
necessary data from the field?

•

•

Does the system provide online communications
analysis tools to support troubleshooting? Does
it allow the system administrator to capture and
review
bi-directional
asynchronous
communications at the port level?
What is the practical limit on the number of EFMs
with which the system can communicate? Can
the vendor provide benchmark test data
quantifying performance when communicating
with the planned number of EFM devices?

•

How does one add a new EFM device to the
system? Is this task simple or complicated?

•

Are operator-initiated communications requests
handled at higher priority than scheduled
communications tasks?

•

Can the system support multiple communication
ports with the same field device protocol? With
different protocols? How many ports can be
used for concurrent communications?

•

Can the system support concurrent interface to
multiple types of communications media?

•

Can the system support different protocols to
different types of equipment on the same
communication port?

•

Can the user fine-tune communications by
configuring command timeouts, retries and
polling frequencies at the command and device
level, or only at the port level?

•

Can the system support unsolicited
communications or just solicited master/slave
communications? For example, can it listen for
and respond to a field device calling in with a
report-by-exception alarm?

DATA ARCHIVAL
The system must archive all received historical EFM
hourly and daily data. Here are important questions for
the decision-maker:
•

Is received hourly and daily data archived in such
a way as to eliminate duplicate data should the
same data be received more than once?

•

Is the data archived and reported with the date/
time stamp from the EFM rather than the host
system time stamp?

•

Can the system be configured to archive the
collected data directly to folders on a network
server? If so, are the files treated by the system
in a network-aware fashion to allow multiple
network users to access the archive files
concurrently?

DATA PRESENTATION
Some data presentation requirements will be a function
of the available system environment. Whether this
environment is Windows, Unix, DOS or LAN-based, the
selected MMI interface software for the gas controller or
measurement operator should provide a meaningful and
user-friendly access to current and archived EFM data.
Decision-maker questions are:
•

Is the operator’s access to the information
intuitive? How long is the vendor’s suggested
operator training program? Is it reasonable
considering program content? An unusally long
program can indicate lack of intuitive design.

•

Is the data presentation and arrangement logical
and pertinent to the operator’s day-to-day
function?

•

Does the system support download of date/time
and configuration data to the EFM?

•

How many layers, or clicks, does the operator
have to pass through to review correlated data?

•

After a communications failure period, does the
system automatically access historical data
archives in the EFM to acquire uncollected hourly
and daily data?

•

Does the system provide a mechanism for
reviewing and analyzing historical data trends,
i.e. changes in measurements over time?

•
•

Is information from different types of field devices
integrated and archived into a single non-vendor
specific format?

How are detected alarms annunciated to the
operator? Can alarms and their annunciation be
prioritized from non-critical to critical?

•

Can the presentation be customized? Are tools
provided with the system to allow the user to
implement a hierarchy of overview displays?

Figure II shows a multi-component project where master
station software is responsible for collecting data from a
number of different field devices.

The user friendliness of the interface and the functional
design features available for interfacing with the archived
data are areas of major importance as they define the
ease with which daily measurement tasks will be
accomplished.
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For users of Windows presentation software who wish
to access EFM data via the Microsoft DDE interface, the
selected host server software must be able to act as a
DDE server or to pass the data to a separate DDE server
program.

•

Can the data be directed automatically to a web
site for internet access by gas brokers,
marketers, and producers?

•

What network interfaces are possible with the
system? Can the system function as a TCP/IP
server to deliver archived data to other users?
Can the system function as a TCP/IP client to
deliver data to a server?

DATA EDITING
The selected host software must provide a mechanism
for copying the acquired EFM hourly and daily data into
an area for editing and for AGA-3, AGA-7 re-calculation.
There will be times when the EFM field data is found to
be erroneous and flow rates and volumes must be recomputed in the host system. An example would be a
change to a different size orifice plate and the new size
is accidentally not updated in the EFM. Decision-maker
questions are:
•

•

Does the editing interface prevent the user from
modifying raw field data? This is essential as the
field data must be preserved in its unaltered
form.
Is the operator interface to the archive data for
copying, editing, and re-calculation userfriendly? Although this is a subjective measure,
the interface which the measurement operator
uses day-after-day should be logical and easy
to use.

•

Does the system in a LAN environment allow
multiple measurement personnel to work
concurrently on pre-defined subsets of the
archive data?

•

Does the system provide an audit function to
check received field archive data for consistency
and to flag data deemed incomplete or
questionable? This function is highly desirable
in a system with many EFMs.

DATA DISTRIBUTION
After the measurement data has been reconciled
(checked, edited, and saved), others in the organization,
particularly the accounting group, need to have access
to the information. The mechanisms available in the host
system for distribution of this data should be evaluated.
Some pertinent decision-maker questions are:
•

Can the reconciled measurement data be stored
on a LAN server for access by any and all
authorized persons on the network?

•

Can the data be automatically transferred to the
accounting mainframe in a usable format?

•

Can the data be automatically stored in a
corporate database?
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CUSTOM REPORTING
The host system should provide features for installing
custom reports to be printed automatically and on
operator demand. Pertinent decision-maker questions
are:
•

Can the system support multiple printers, such
as one for reports and one for alarms and audit
events?

•

Can the system automatically direct reports to
a TCP print server on the network?

APPLICATIONS PLATFORM
The selected host system platform design should support
ongoing installation of add-on applications. Ideally, the
user should be able to install both new applications
available from the host vendor and custom applications
developed in-house. Some systems today offer the user
a large selection of applications from the vendor’s
application library, e.g. accounting applications to
manipulate and analyze EFM data and energy deregulation related applications for handling gas
nominations and gas marketing. These features allow
the user to enhance the system as needs change without
vendor support.
Selecting the right host software is a difficult task. The
variety of host system capabilities and options make the
task even more difficult.
An additional important issue relating to the overall host
system is that of vendor support. Decision-maker
questions are:
•

How many software vendors are represented by
the proposed components of the host system?
If multiple vendors are represented, then the
interfaces between the software products must
be well defined to minimize finger pointing when
a need for vendor support arises.

•

What kind of support will be available after-thesale to fix problems or implement
enhancements?

In general, obtaining timely and relevant support from
vendors of commercial “off-the-shelf” software may be
difficult. If the decision-maker intends to utilize this type

of software in the measurement process, he should make
sure that the software contains the necessary functions
and features to meet his current and future expectations.

•

Console stations are used by measurement
personnel to reconcile the data. The reconciled
data is again stored on the LAN Server.

On the other hand, one should expect and demand
quality support from a vendor offering software
specifically designed for the gas measurement system.
The decision-maker should ask for and check references
regarding software performance and the quality of aftersale vendor support.

•

SCADA gas control stations provide for gas
control functions with communications via the
communications servers.

Vendors whose primary product is field hardware may
be reluctant to provide software enhancement support.
Although some software packages from EFM vendors
are highly functional for their equipment, the decisionmaker cannot generally count on the vendor to develop
driver interfaces to competitors’ EFM equipment. Also,
as this software is generally offered free or at low price,
the adage “you get what you pay for” may apply. These
vendors will typically not be eager to implement
enhancements. The decision-maker should investigate
software sources for the host software whose specialty
and primary product is the software itself.
HOST SYSTEM ARCHITECTURE
Figure 1 shows an integrated concept gas measurement
system configured for a LAN network platform.
Component functions are as follows:
•

Host Communications master stations or servers
are responsible for collecting and archiving all
field EFM data. These stations can also serve
as front-end communications processors
responsible for the interface to gas control RTUs
and PLCs in the field. As the network grows in
size, additional master stations can be added
easily. Measurement data is archived on the LAN
Network Server.

Important advantages of the integrated concept
architecture are:
•

No duplicate hardware function
communications media links are needed.

or

•

Architecture is applicable to small or large
networks.

•

Architecture can combine the benefits of a highperformance master station server and
communications platform with GUI based
platforms for operator stations.

CONCLUSION
The task of designing, procuring, and commissioning a
gas measurement system is complex and tedious. Asking
vendors the right questions and seeking information from
others with experience will lead to the right system for
the decision-maker. The key components and basic
features required in a gas measurement system are the
same whether the system is small with a single PC
platform or is large with a LAN network. Keep the focus
on the required basic system functions to be provided
and evaluate the system in regard to them. This is far
more important than being influenced by the day-to-day
bells and whistles offered by vendors to hock their wares.
Don’t be afraid to ask to see “under the hood”.

2003 PROCEEDINGS

PAGE 305

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

FIGURE 1

Richard L. Cline
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TRAINING FIELD MEASUREMENT PERSONNEL
Russel W. Treat
Gas Certification Institute, LLC
P.O. Box 131525, Houston, TX 77219-1525

INTRODUCTION
Technology in the field of gas measurement and control
is constantly evolving. While many are well training in
the specific equipment used in their own company’s
operation, it is important to have a solid understanding
of the fundamentals and theory of operation of the
mechanical and physical process involved as well.
Therefore, the training of field measurement technicians
is of the utmost importance. These technicians must be
continually educated in order to possess the most current
knowledge of the latest equipment, electronics,
communications and metering devices on the market.
Also, it is essential that this type of instruction should be
taught in a controlled environment where the technicians
can learn and develop the necessary skills with the least
amount of interruptions from external sources.
REASONS & BENEFITS
Listed below are some of the most significant reasons
for training field measurement personnel.
1. To develop a thorough understanding of gas
measurement in order that each technician can
contribute to maximizing measurement accuracy
thereby directly affecting the revenue generated
through the sales, purchase or transportation of
natural gas.
2. Gas measurement equipment is consistently being
upgraded to accommodate for the changes in
technology and the rule making policies required by
FERC. Therefore, the technician has more
responsibility to operate and maintain the
measurement equipment according to the
manufacture’s specifications and the standards
mandated by the Commission.
3. Formal classroom training provides better control for
consistently implementation of company policy and
procedure than “On the job training” where senior
technicians pass the “tricks of the trade” down to
an apprentice, are no longer an accepted
methodology for training gas measurement
personnel.
4. Hands On Training in a “Live Gas” environment is
superior to classroom training only, as training is
delivered in virtually the same environment as the
technician faces in the field.

5. Training on the most current measurement devices,
electronics and software provides even the senior
technician with the skill to properly and efficiently
implement state of the art techniques into their daily
roles and responsibilities.
HANDS ON & LIVE GAS
The most effective method of teaching and training
should be done under actual operating conditions. This
type of learning technique has a greater impact on the
technicians because all the training utilizes equipment
that is under line pressure and contains natural gas. When
a technician is wearing their safety equipment and
working on flow or pressure controllers in a live gas
environment, the schooling procedures of “hands on
training” create a realistic atmosphere where the
technicians learns to perform their tasks under actual
conditions.
It is clearly apparent that learning under authentic
working conditions in a controlled training environment
has a definite advantage. Through this training
experience, technicians learn through experience to
develop the problem solving expertise that is necessary
to develop and enhance their troubleshooting
techniques. At the same time, technicians learn proper
safety procedures.
In this way, newly developed skill are immediately
transferred to daily operations for resolution of operating
and/or maintenance problems as they arise in the field.
Each technician should be trained so that he or she can
handle and resolve a wide range of complex problems
when working with gas measurement and control
equipment.
In order to be a productive employee in today’s market,
it is imperative that each technician receives training on
different types of measurement equipment available in
the gas industry. These diversified skills and knowledge
will enable each technician to be a valuable employee
who has the ability to increase their company’s net profit.
EXAMPLE CURRICULUM
The following is an example curriculum for training a
measurement technician “from scratch” to a complete
and certified measurement technician.

2003 PROCEEDINGS

PAGE 307

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

Course No.

Description

Prereq.

MATH 101
VCAL 102
ORIF 103
CHRT 104

Principles of Gas Measurement
(Basic Mathematics & Fundamental Gas Laws)
Natural Gas Volume Calculations
Orifice Metering
Chart Changing

SMPL 201
MOIS 202
SPGR 203
TURB 204
POSM 205
CONT 206
REGL 207
ODOR 208
CALO 209

Gas Sampling
Determining of Moisture Content
Specific Gravity
Turbine Meter
Positive Displacement Meter
Principles of Automatic Control (Controllers)
Control Equipment
Natural Gas Odorization
Calorimeter

DCEL 301
ELTR 302
INST 303
CHRM 304

Basic DC Electricity
Basic Electronics
Electronic Instrumentation
Chromatograph

Length

Basic
10 days
MATH 101
VCAL 102

5 days
5 days

Intermediate
SMPL 201
SMPL 201
VCAL 102
VCAL 102
CONT 206
SMPL 201

2 days
2 days
5 days
2 days
3 days
5 days
3.5 days
5 days
3 days

Advanced

FCOM 305

Basics of Flow Computer Operation & Maintenance

Any training curriculum should include testing and skills
demonstration to assure effective learning by the
students. In addition, it is important to note that a
curriculum should be tailored to the needs of the student
population to optimize investment in the program.
MATH 101 — Basic Principles of Gas Measurement
This course is designed for classroom presentation as
well as for “on the job” study. It deals with both principles
and details including hands-on training.
This course develops skills in basic mathematics. This
ability enables the student to understand and use the
simple equations encountered through the course of
further training.
Part 1 — Basic Math
A great deal of work done in the measurement of natural
gas cannot be accomplished without a general
knowledge of mathematics. The mathematical functions
necessary to calculate areas, volumes and flow through
a pipeline or an orifice plate are presented in this course.
Part 2 — Fundamental Gas Law
The absolute pressure, absolute temperature and volume
of gas are very closely linked. Changes in any of these
variables cause changes in one or both of the others.
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DCEL 301
ELTR 302
DCEL 301
SMPL 201
INST 303

10 days
10 days
10 days
3 days
10 days

Therefore the behavior of the gas is reviewed in order to
enable visualization of physical processes involved when
these changes occur.
The study includes purpose and principles of
measurement equipment such as manometers, pressure
gauges, dead weight testers and recording
thermometers.
Boyle’s Law, Charles Law, deviation from Boyle’s Law,
and standard units of measurement are the particulars
studied in order to obtain a working knowledge of the
relationship between pressure, temperature and volume.
VCAL 102 — Volume Calculation
In this course, the various correction factors used to
calculate gas flow through an orifice are studied in detail.
Also calculations pertaining to gas flow through positive
and turbine meters are studied.
ORIF 103 — Orifice Metering
Flow measurement by means of an orifice is studied in
detail in this course. Also, the theories of orifice
measurement and the physical application are presented.
AGA-3 guidelines pertaining to actual dimensions of
orifice meter runs and their appurtenances are reviewed.
The bellows type orifice meter is also studied in detail.

This “hands-on” training course provides the participant
the opportunity to perform inspections to determine if
an orifice meter meets AGA-3 specifications. The orifice
meters are also inspected, adjusted, and calibrated under
actual (gas flowing) conditions in order to teach normal
operating and safety procedures to the participants.
CHRT 104 — Chart Changing
In this course the importance of good chart changing
practice is discussed. The responsibilities of a “chart
changer” are reviewed and how the work is related to
the other measurement functions. Also, the proper
operation of equipment used by a chart changer is
studied and performed by each student.
SMPL 201 — Gas Sampling
Natural gas is sampled for many reasons to determine
quality and quantity. Techniques for sampling must vary
according to the type of test for which the sampling is
done. Locations of sampling points, sample size, sample
pressure, when and how the sample is taken are all
dependent on the desired end result. Participants will
acquire knowledge of the general purpose for which a
sample is being taken prior to actually taking the sample.
Participants will then learn industry accented methods:
to transfer a representative sample from a source (usually
a pipeline) into a transporting device (usually a sample
cylinder), to transport the gas from the source to the lab
without affecting the representative sample, and to
remove the sample from the transporting device and
divert it to the measuring device without distorting the
sample.
MOIS 202 — Determination of Moisture Content
Excessive amounts of water vapor in gas can condense
and form liquid or ice-like hydrates which inhibit the flow
of gas. Even as a vapor it takes up space, which could
be occupied by gas. Water can also combine with other
contaminates such as CO2 and H2S and form acids that
can corrode the pipe. For these reasons, water vapor
must be removed from the gas stream. This course
discusses in detail the methods used for determining
water vapor content and the industry standard “7 lbs of
water per MMCF.”
SPGR 302 — Specific Gravity
By definition, specific gravity of gas is the ratio of its
density - or weight per volume - to the density of air. In
measurement work, especially when using formulas for
calculating amounts of flowing gas, the specific gravity
of the gas is an important factor. This course discusses
how specific gravity is measured and used and discusses
the equipment used to determine specific gravity.
TURB 204 — Turbine Meters

disadvantages of using a turbine meter, along with its
operating principles are presented. AGA-7 guidelines for
turbine meter runs and their appurtenances are reviewed.
POSM 205 — Positive Displacement Meter
This course begins with understanding the principles of
a positive displacement meter and how its individual
parts operate. The “Mcf” and how to read the Positive
Meter Index are discussed. Much time is devoted to
learning the best techniques for repairing positive
displacement meters.
CONT 206 — Principles of Automatic Control
(Controllers)
Automatic controllers to control pressure and flow rate
are useful tools, but to use them one must understand
the basis principles of automatic control. In this course,
the basic principles are given in everyday words. Basic
responses of controllers are illustrated with common,
familiar devices. Simple graphs show how the measured
variable acts under regulation by an automatic controller.
“Proportional band, reset action, derivative response,
offset” and other terms in the language of instrumentation
are simply explained to help people who are not
instrument specialists.
REGL 207 — Control Equipment
(Valves and Regulators)
This course encompasses the study of fundamental gas
pressure regulation with special emphasis on the
regulator’s operation. The essential elements of a
regulator and function of each element are thoroughly
discussed. The first part of the course is devoted to “selfoperated” and “pilot loaded” regulators. The course then
goes into a thorough investigation of the operation and
different applications of expansible tube type regulators
(for examples, the Grove Flexflo).
The third part of the course deals with the selection of
control valves. Special attention is given to Fisher
diaphragm operated globe valves and also ball valve
regulators. Split range control and valve positioners are
discussed.
This is primarily a “hands-on” course where the students
disassemble and reassemble regulation equipment in
order to gain complete understanding of their operation.
Students will also field adjust regulators, relief valves,
and control equipment on a live natural gas station.
ODOR 208 — Odorization
This course is intended to provide a complete
understanding of natural gas odorization. Information is
presented on the many aspects of odorization including
odorant compounds, odorization equipment, test
methods, and appropriate record keeping.

Flow measurement by means of turbine metering is
studied in detail in this course. Also, the advantages and
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In order to comply with Department of Transportation’s
Part 192.625, odor level instruments must be used to
assure proper concentration of odorant. Therefore
several odorant level test instruments are discussed and
actual tests performed to provide training, utilizing the
best industry accepted methods.
CALO 209 — Calorimetry
Most natural gas is used as a fuel to produce heat or to
produce energy in some other form such as steam or
electricity. Since the heating value of natural gas varies
depending on its composition, we must have some
method of determining the heating value of the particular
gas being delivered. In today’s gas industry, the
measurement of heating value is of major importance.
Correction factors for heating values are being included
in many contracts when buying, selling or transporting
natural gas.

INST 303 — Electronic Instrumentation
Measurement technology is rapidly changing and often
in today’s environment physical variables are obtained
electronically. With the electronic system, the variables
are measured and calculations are made instantaneously.
The variable measurements (differential, temperature,
etc.) are made by a variety of transmitters or transducers.
These devices along with their practical applications and
operations are thoroughly reviewed.
CHRM 304 — Chromatograph
A chromatographic gas analysis provides a quantitative
breakdown of gas composition. It is therefore the
purpose of this course to provide an understanding of
the principles involved and training in the operation of
special equipment used to obtain a gas analysis.
FCOM 305 — Electronic Flow Computer

There are several instruments on the market today that
can be used to obtain the needed information from a
sample of natural gas to calculate a heating value. This
course studies and elaborates on one of these - the
Cutler-Hammer Recording Calorimeter.
DCEL 301 — Basic DC Electricity
This course is primarily designed for the entry-level
student, where no sophisticated math background or
previous knowledge of electricity is assumed. Therefore,
he or she will be able to learn the basic concepts that
have enabled man to harness and control DC electricity.

This course has been prepared to teach operations and
maintenance of electronic digital field computers with
special emphasis on gas flow computers. The content
of this course assumes understanding of basic DC
electricity, the use of volt ohm and current meters, and
familiarity with basic circuit components. However, no
knowledge of computers on the part of the participant is
required, as this course develops a fundamental
understanding of an electronic computer. Specifications,
flow calculations, installation, operation and maintenance
are discussed along with “hands on” training, with special
emphasis on the Bristol Model 3310 and 3330 flow
computers.

ELTR 302 — Basic Electronics
CONCLUSION
Electronics is a field of study that comprises many
different components, circuits, and systems. In the
interest of time, only those areas that affect electronic
measurement equipment will be studied; however, other
items may be briefly discussed. Digital electronics will
be the main emphasis of this course.
After some preliminary material is covered, a variety of
electronic components will be studied (i.e., diodes,
transistors, integrated circuits, etc.). Then, some
electronic circuits will be presented (i.e., amplifiers,
oscillators, power supplies, etc.). The bulk of the course
will be devoted to digital electronics (i.e., number system,
logic circuits, counters, registers, memories, etc.). Also,
analog to digital (A/D) and digital to analog (D/A)
conversion will be included.

Today’s field of gas measurement has created an
environment where the “learning curve” is no longer a
“variable” in the gas industry, but a “constant.” Training
has evolved into a continuous learning process that
proceeds throughout one’s professional career.
Technology is forever changing to accommodate the world
of gas measurement; and as a result, the technician’s
expertise must be constantly developed and promoted
to a level that enables him or her to function according to
today’s standards. For, it is through these learning and
training processes that a measurement technician in
today’s market, can build a foundation and a desire to
gain a greater knowledge.

Electronic test equipment i.e.: multimeter, oscilloscope,
etc.) usage will be included in the laboratory type
experiments. Overall, this course will provide a very good
understanding of the workings of electronic systems.

Russel W. Treat
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BASIC APPLICATIONS OF TELEMETERING SYSTEMS
CLASS #3050
Stephen R. Cree
ABB Inc., Totalflow Division
P.O. Box 60427, Midland, TX 79711-0427

Telemetering, or transporting information, has been with
man from the first days of recorded history, at first in
primitive forms such as grunts and smoke signals; more
recently [in the past hundred years] in progressively
sophisticated forms including radio and satellite systems.
Harnessing electricity led to the “magic” of telephony.
Telegraphs, and later telephones employ a technology
so fundamental as to be the cornerstone of the telemetry
process.
The creation of a carrier signal is foundational to any
telemetry signaling whose information is modulated
[rides] upon it. Telegraphs employed a process of using
current flowing through a wire as the carrier upon which
a manually operated key shifted the transmitted
frequency in coded fashion [intelligence]. More
sophisticated systems of FSK [frequency shift keying]
used electronically keyed devices.
East coast gas pipelines were among the earliest to use
telemetry up and down the miles of pipeline system. The
system used two “devices”, a telephone line to provide
the carrier and a man to voice modulate the data
[information read from gauges] to people in towns with
strange names like Philadelphia and Boston.
As radio systems were being developed using a
transmitted signal of a single frequency, a technique
known as amplitude modulation was employed. AM is a
technique to which many owed a great debt of gratitude
including Bing Crosby, Jack Benny and others. More
recently frequency modulation upon a radio carrier [FM]
has been far more popular, in part due to its greater signal
to noise ratio properties within its range of frequencies.
Radio frequency bands have been organized into
segments allocated by the Federal Communications
Commission [FCC] for various activities. AM radio 5351600 kilocycles per second, or Kilohertz is used for radio
broadcasting by licensed stations. 50- 54 Megahertz is
allocated to amateur radio operators and low band
commercial users, while 54- 108 Mh. is used by television
broadcasters.
These bands, with bending wavelengths, offer long-range
communications capabilities which make them attractive
for such uses. All of the channels on these frequencies,
when use industrially, were obtained by FCC licensing.
For many years it was thought that only by licensing could
interference issues be held to a manageable level.
Therefore, much planning and time went into getting any

system on the “air”. The next question that came to the
forefront when radio was being designed for data use
was “what frequency do we use for this?”
Each frequency band has it’s own advantages and
disadvantages relative to distances signals can be
transmitted, susceptibility to RF interference, and
attenuation by objects such as buildings, trees, barns
and hills. Additionally, the elements required to reliably
sustain a suitable level of effective radiated power {ERP},
and the designs of receivers with adequate sensitivity or
signal to noise rejection capabilities must be considered.
Problems with each band are “seen “ in the way signals
behave in travel and require their own unique solutions,
including those used in our industry.
Circa 1935 the most pivotal device of all modern
telemetry systems was first designed. Devices that could
electronically modulate and demodulate intelligence, in
effect convert intelligence found in analog values to digital
values and back again! Reliable, accurate and cost
effective means of communicating! Even the sky is no
longer the limit in a sense. Modems have become the
centerpiece of all industrial communications systems,
whether telephone lines, microwave, or other wireless
systems are used.
Networking computers in local area or wide area
configurations also utilize modems extensively and
employ a widely used electrical connection standard
known as RS232, or in some cases, for relatively short
distances, RS485.
Supervisory Control and Data Acquisition systems
[SCADA] systems use several communications platforms
– hardwire, two-way radio, telephone, cell phone
[including CDPD radios] digital wireless radios,
microwave, fiber optics, and satellite.
Protocol [prearranged method of communication, or
convention] must be resolved, and transmission speed
[baud rate] must be agreed upon as well. Obviously the
faster you can transmit [simplex] and receive [half duplex],
or send and receive simultaneously [full duplex] the more
you can accomplish in time. Some modems can do data
file compression, and have flash memory, as opposed
to the legacy read only memory [RAM] still in use. Not
too many years ago when modems could ask how
another modem was equipped, then adjusted itself
automatically to be compatible with its conversation

2003 PROCEEDINGS

PAGE 311

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

partner we called them “smart modems”, and we were
right to do so.
The 450 MHz band was among the first to be widely
used in modern oil and gas applications, largely because
of its distance of travel attributes. After this came the
use of 800 MHz. Their shortcomings, however are
significant. Among them are power consumption,
especially at remote locations, susceptibility to R.F.
interference, and timing issues relative to “request to
send” and “clear to send “ handshaking and the delays
they require. Additionally, the band is relatively full. If you
have a license it can be useful but many repeaters cost
the user recurring fees in the $10-30 dollar / month range.
much like cell phone, CDPD, satellite and microwave
systems.
The diagram below is intended to give the reader an
overview of some system possibilities and configurations.
Many systems demand the use of more than one type
or mode of communications, and many hybrid systems
perform quite acceptably.

Direct
Connect

Satellite

...

Phone
Line

SCADA
CDPD
Internet

Modem

Radio

SO WHAT ELSE IS AVAILABLE?
Enter 900 Mhz. This is perhaps the most interesting and
practical radio band on the planet. It is interesting
because of its wide spread applicability including sports
[auto racing] and military [army cavalry] functions. An
army may march on its stomach but it achieves its
objectives with good communications. For us, however,
900 MHz. provides excellent low cost solutions to most
of our telemetry problems.
There are frequencies allocated for licensed 900 Mhz.
and unlicensed 900 Mhz. Spread Spectrum radio. Both
can be successfully deployed. It largely depends on
individual preference more than communications
engineering.

licenses are available on a somewhat limited basis,
depending on your area ‘s density of existing license
holders, it takes some time to procure one. The 5 watt
licensed radio is capable of operating over significant
distance, although it is important to remember that the
higher the frequency the less “flexible “ the wavelengths
behave. In the 900 Mhz. Band there is virtually no bending
of the waves. It is line of sight only. This is a quality of
great strength in many systems. There is some
interference protection, but if it does occur there seem
to be reports of difficulty in getting it resolved.
In properly designed spread spectrum systems,
unlicensed 1 watt radios, where each radio can be used
as a remote point, or as a repeater, another attractive
element is seen. As the number of points of contact in
the system increase, the more cost effective the solution
becomes. Other attributes include higher baud rates,
resistance to R.F. interference, full duplex capabilities,
low power requirements, tiny size transceivers, low
polling overhead or turn on/ turn off times and most have
integrated diagnostics that are quite sophisticated.
The frequency hopping techniques of one manufacture’s
spread spectrum radio are well established, providing
uncommonly reliable communications especially when
packet protocols are provided. Communications are
secure enough to prevent enemy interception, which was
the original spread spectrum design objective for the
military, and rugged enough for torturous applications
such a NASCAR racing and natural gas measurement in
West Texas.
This frequency hopping feature allows, as is the case in
the Powder River Basin of Wyoming, literally thousands
of radios to be operated by several end users in a few
square mile areas. Serious user density can be realized
where repeater resources are often shared resulting in
efficiencies previously unknown. One hundred percent
reliability in telemetry systems was considered
unattainable a few years ago, but considered nominal
performance in several North American systems today.
But, the kind of success seen in the Powder River basin
didn’t just happened. As with any engineered system, it,
by definition, requires planning and attention to detail to
bring smiles to faces on “opening day.” For any given
Primary Users of the Data
Data
User of Data

Operations and
Maintenance
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Trend Data

Daily
Operations

Monitor
Changes —
Schedule
Repairs

Yes

Yes

Billing
Management
Marketing

Other
Historical Data

EFM Audit
Trail Data
Correct and
Verify

Yes

Business Planning

Yes
Yes

Yes

Sales Yes
Engineering

Licensed 900 Mhz may be a good choice for your needs.
The radios are licensed for 5-watt transmission, and while

Current
Data

Yes

Yes

Yes

new system a number of questions should be asked as
a first step, and the famous “do you feel lucky? “ should
not be among them.
Questions that you’ll be glad you got answers for
include but are not necessarily limited to the
following:

WHY DO PATH STUDIES?
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1. What is your objective – not generally, but with
sufficient specificity to know when you have completed
at least the first phase of the project. Into whose hands
must what type of data be delivered and when? To whom
shall be given what type of controls, if any? The chart
shows some who are normally included in the plans.
2. What resources are available? A/C power, a small
building, a large building, cell phone service, tower space
available for rent in the older 450Mhz. Or 800 Mhz. bands,
licenses, protocol requirements, the compatibility of field
devices with telemetry choices and most important—
communications knowledgeable people, either yours or
those from outside. Site survey work is nearly imperative.

4. What are you willing to invest in a Measurement/
SCADA telemetry system to get the results you need or
want? Have you and those you work with discerned the
differences between needs and wants and what are
acceptable costs for each? How much dependency on
vendors are you willing to accept? That is to say, to what
extent are you willing to design a system predicated on
the viability of one central provider as opposed to leaving
your options open with regard to expansion and vendor
choice.
5. Once the field data is retrieved what will you do with
it? The following diagram may provide a good starting
point for discussing your needs.

The data is in the Field Office Computer, Now What?

3. In what environment must your system perform? At
sea there are still distance limitations, especially in
900Mhz whose wavelengths provide line of sight
operation. Do you have miles and miles of only miles
and miles, or do you have trees and barns and mountains
to deal with. Objects can stop; yes stop communications
between two points requiring a repeater in some cases,
or only an antenna height adjustment in others. How can
you know the difference? Again, site surveys are nearly
imperative.
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The future of telemetry systems carries an element of
further excitement, but should also be viewed with a
degree of caution. Historically, there have been cases of
premature exuberance, leaving buyers disappointed.
Some of the future will likely materialize nicely, rewarding
the participants handsomely.
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Our industry has been committed to the advancement
of technology for many years. We have set new standards
of excellence in areas ranging from pipeline construction,
to cat cracker operation, to hydrocarbon measurement
and control systems. Often utilizing advanced software
in remote devices and in telemetry, we get operating
efficiencies elevated to higher levels with each passing
year. Other hydrocarbon producing countries may not
admit it, but this Yankee ingenuity has been and
continues to be home in the USA.
Credits and many thanks to Freewave Technologies, Inc,
Boulder Co. and particularly to Bob Halford of Pathtech
Ltd., Odessa, Texas.
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COMMUNICATION BETWEEN OFFICE AND FIELD
Duane A. Harris
CMS Energy Corp.
P.O. Box 4967, Houston, TX 77210-4967

INTRODUCTION
The gas industry today is constantly changing, with
increasing demands on office and field personnel. Initially
there was FERC (Federal Energy Regulatory Commission)
Order 636 that forced the gas measurement departments
into the electronic age. Next came corporate slashing
that has required the gas measurement groups to
perform at the same level of integrity in the measurement
of gas with reductions in staff of up to 60%. Then GISB
(Gas Industry Standards Board) made its way into the
gas measurement department through proposed
standardization. Today hourly processing requirements
with a daily a closing schedule is knocking on the door
and has already arrived at some locations. To meet these
demands timely communication between the office and
field employees is required. Both of these locations (field
and office) have been impacted with increased workloads
and constant upgrades in equipment and software. With
all of this occurring, it is very easy to overlook one of the
key links to accurate measurement and that is
communication.
By the time that a gas day has started at a meter site on
a chart recorder or an RTU (Remote Transmitting Unit)
until the volume has been calculated or verified in the
corporate office, anywhere from 1 to 35 days can pass
with as many as 8 to 10 people handling each individual
volume record. With this many people involved covering
that span of time, communication becomes a vital part
of the measurement process.

8.
9.
10.
11.
12.
13.
14.
15.
16.
17.
18.

Temperature Range
Actual/Square Root/Percentage Charts
Positive Displacement/Turbine/Ultrasonic Meters
Positive Displacement/Turbine/Ultrasonic Meter
Multipliers
Mcf/MMcf/MMbtu/Dth
Absolute vs. Gauge Pressure
Specific Gravity
BTU (British Thermal Unit)
Inerts–CO2 and N2
Current AGA Standards
Current Industry Standards

There have been numerous occasions that a clear
understanding of these areas had not been attained,
thereby causing many costly mistakes and corrections in
the measurement department. One example of this error
relates to flange taps and pipe taps coded incorrectly in a
measurement system. This error can cause and error
resulting in an 8% adjustment to the volume due to lack
of training in the gas measurement area.
WHO IS RESPONSIBLE
Who is responsible, is a battle today that is being fought
with a mediocre success rate. I find it more difficult each
year to keep track of the person who is responsible to
answer specific questions regarding key areas in the work
force today. The best way to solve this problem is to
develop your own list of names for each specific area.
Who handles:

TRAINING
In order to communicate effectively you must first have
an understanding about what you are talking about.
Training has become even more critical with the
consolidations and heavy turnover that numerous
production and pipeline companies have experienced
over the last few years.
Below is a list of terms that you must be familiar with to
communicate effectively between the office and field:

Gas Quality Sampling Issues–Lab, Measurement
Technicians
New Station Turn-Ons–Regulatory Affairs, Marketing
Operations, Marketing Sales, Gas Control,
Engineering
Chart Meter Problems–Area Technicians or Chart
Changer
EFM Meter Problems–Area Technician

1.
2.
3.
4.
5.
6.
7.

Plate Size
Tube ID
Beta Ratio
Flange Taps vs. Pipe Taps
Mercury/Dry/EFM Meters
Differential Pressure Range
Static Pressure Range

EFM Meter Communication Problems–Area
Technician or Communications Technician
Ordering Charts
Etc..
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CHARTS

TELEPHONE

The best way to communicate on chart based stations
is by using the chart itself. Most questions that originate
from the office could be answered before they are asked
by the measurement technician and/or chart changer
by simply detailing key events of what happened on the
chart.

Telephone communication has been a source of constant
irritation between the staff in the office and field locations.
Continually talking to someone’s voice-mail, to finding
someone just to “Answer” the phone has caused the
telephone to move from being one of the most
instrumental forms of communication to being an area
of complete frustration. One key factor in using the phone
is to keep track of the best time to call the person you
are trying to reach, especially someone that you call
frequently, and set that time aside to reach them daily or
weekly.

1. Back-Flow situations should always be noted around
the hub of the chart.
2. Liquid in the meter should also be noted around the
hub or under remarks on the back of the chart.
3. Whenever a meter is zeroed or tested and the pens
are recording low or high this should be noted under
the remark’s section on the back of the chart.
4. Low flow or no flow should be noted in the remark’s
section especially if this is a station that may be hard
to distinguish between the two. There is a significant
difference between low flow and zero flow.
5. Actual chart changing time (placed and removed)
should be recorded on the chart.
6. Any clock problems (slow, fast, stopped) or hub
problems (loose, too tight) should be noted under
remarks.
EFM
Electronic Flow Measurement (EFM) requires almost
immediate response for resolving measurement issues
between both the office and field locations. Typically the
volume received on an hourly basis from the field RTU is
being posted on the internet for customers to review.
Each company should have their own method in place
to resolve the issue and minimize the time effect to all
internal and external customers. One key area to identify
EFM problems is the review of an alarm report that
summarizes errors and potential problems that have
occurred during the previous and current gas day for all
RTU’s, transmitters, and all critical volume calculation
components. You must rely on the raw data, audit trails,
prior station history, check measurement, and
information from the measurement technician in order
to troubleshoot potential problems. Trying to
communicate between the field and office can be difficult
at times even with the many modes of communication
that exist between between the office phone, cell phone,
pager, email and fax. Timely communication is required
in this area to meet the demands of verified measurement
data on a daily basis. Regular mail is really a slow process
when trying to resolve any problems with EFM. The
telephone and E-Mail will be discussed in greater detail
in the next section. The trend in the industry today is to
rely on a rules based software package to validate all of
the raw electronic measured data that is received from
the RTU’s in the field. Only the meters that due not pass
the validation checks are individually reviewed for
accuracy.
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Most field employees are more easily reached early in
the morning or later in the afternoon at the field office. It
is also worth noting, the typical lunch and break times
for office employees if they are taken at regularly
scheduled times.
Although the voice-mail systems can be rather
impersonal, they are an excellent tool to exchange
information back and forth. Sometimes it takes several
days before you can reach the individual in person. But,
you can in effect communicate back and forth by leaving
voice-mail messages with detailed information included
until you get the problem resolved.
WRITTEN DOCUMENTATION
The written document is probably the oldest and one of
the most effective ways to communicate. Letters can
always be archived and referred to at a later date. Written
documentation is a necessity for audit purposes. The
only problem is that you generally find out that you need
the documentation after it is already too late. Planning
ahead is essential and knowing what key areas need to
be documented for archiving purposes will be time well
spent. This process is really too slow today for a large
percentage of internal correspondence due to
distribution and mail time.
ELECTRONIC - MAIL (E-MAIL)
Electronic mail has become one of the key forms of
communication of today. These mail systems are
sometimes interfaced into your SCADA or EFM systems,
which can be extremely helpful in troubleshooting EFM
problems. Other systems are usually connected to a
network system of their own. Today the majority of
companies’ internal E-Mail systems are interfaced into
the Internet. The Internet has significantly enhanced this
area of communication by opening up to not only internal
company employees but everyone that you are currently
doing business with. E-Mail is basically the same as a
letter except you save the distribution and mail time. One
key advantage to this system is that you can print and
archive the message from the PC. In some cases you
can certify your message so that you will know when
the person receives it.

ACCURATE RECORDS

CONCLUSION

There is still one more area that has not been discussed
yet and is extremely important. This area is keeping
accurate records on all of the key measurement devices.
These records should be kept in the office and the field
for verification purposes. Such as Orifice Plate Size, Tube
I. D’s, Etc... Some of the new measurement systems give
the ability for the office and field to view the same
database for verification purposes.

In today’s changing gas industry, you must have a
working form of communication between the field and
office. With the impact of FERC Order 636, GISB,
unaccounted for gas loss, and proposed hourly
processing gas companies must verify and process data
with more accuracy faster than ever before. The changing
environment that we are operating in has not seemed to
slow down yet. Effective communication is a requirement
in order to stay competitive in the industry. You absolutely
must have effective Communication links between the
office and field to meet the challenge placed upon the
Gas Measurement area.

Duane A. Harris
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OVERALL MEASUREMENT ACCURACY —
DETERMINATION AND INFLUENCE
Paul J. La Nasa
CPL & Associates
P.O. Box 801304, Houston, TX 77280-1304

ABSTRACT
This paper presents methods for determining the
uncertainty of both differential and positive metering
stations. It takes into account the type of meter, number
of meters in parallel, type of secondary instruments, and
the determination of physical properties. The paper then
relates this information to potential influence on system
balance.
INTRODUCTION
Gas measurement uncertainty is a function of the
following items:
•
•
•
•

Selection of the appropriate metering device
Correct Installation of the metering device
Proper operation and processing of the metering
information
Proper maintenance of the metering device

Understanding how measurement uncertainty applies to
metering requires a basic knowledge of the terminology
and assumptions used in the calculation of measurement
uncertainty.
Measurement uncertainties can be categorized as the
following:
Pseudo

Pseudo uncertainties are potential human
errors or those associated with the
malfunction of an instrument. Once
identified, these errors can usually be
corrected and are not included in the
calculation of measurement uncertainty.

Random

Random uncertainties are potential
measurement errors that have an equal
chance of being higher or lower than the
true value of the measured variable. If a
large number of measurements are made,
the random error in the individual
measurements cancel and the mean of the
measurements will be approximate to the
correct value.

Systematic Systematic uncertainties are measurement
errors that are directional or contain a bias.
Because these errors are directional, they
do not cancel as additional measurements
are made.
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Random uncertainty reduces as the number of
measurements increases. However, additional
measurements will not reduce the systematic uncertainty.
Because the random and systematic uncertainties are
characteristically different, the calculation of each must
be performed independently. The combination of the two
independently performed calculations then forms the
total measurement uncertainty.
The elements of the random and systematic uncertainties
are classified as either independent or dependent and
must be determined before the total measurement
uncertainty can be obtained. The determination of gas
measurement uncertainty has been and is addressed in
numerous industry articles and standards publications.
Three such articles and publications that were referenced
in the preparation of this paper are: (1) Norman and
Jepson, (2) Tiemstra, Rans, and Backus, (3) AGA Report
No.3 Part 1 — 1990. However, for the purposes of
evaluation, this paper will not concern itself with the
influence of the interdependence of variables but will
utilize the calculation procedure given in A.G.A. Report
No. 3 (API MPMS 14.3, ANSI 2530, GPA 8185-90) Part I
— 1990 to determine the orifice meter measurement
uncertainty and will apply the same metrology to the
positive meter (turbine, rotary, or diaphragm meter)
measurement uncertainty.
The uncertainty for a single meter run is evaluated from
the random and systematic uncertainty of the primary
element (orifice, turbine, rotary, or diaphragm meter) and
its instrumentation. The uncertainty of the primary
element includes the uncertainty associated with the flow
coefficient, expansion factor, diameter of the meter run,
diameter of the orifice plate bore, and calibration of the
positive meters.
For an Individual meter run:
UTM = URM + USM
Where
UTM = Total meter run uncertainty
URM = Meter run random uncertainty
URM = √ Σ(URi )
USM = Meter run systematic uncertainty —
USM = √ Σ(USi )

The percent random uncertainty contributed by each
variable, URi , is defined as follows:

The total systematic uncertainty is determined using the
USM equation.

URi = ( Xi × Ai )2

USM = √ Σ(USi )

The sensitivity coefficient of each variable at the point of
evaluation, Xi, can be determined by calculating the
results for the conditions of evaluation, R, and the change
in the result, DR, produced independently by the
accuracy variation of each variable at the conditions of
evaluation and substituting into the following equation:

However, since the criteria applied for the determination
of the sensitivity coefficient, can vary and is specific to
an application, the sensitivity coefficients used for the
orifice meter uncertainty were chosen from A.G.A. Report
No.3 (API MPMS 14.3, ANSI 2530, GPA 8185-90), Part
1 — 1990 and similar sensitivity coefficient were
developed for the positive meters. The use of these
particular sensitivity coefficients can result in a small
understatement of the uncertainty estimates resulting
from not accounting for the interdependence of some of
the elements.

(∆RR )

Xi =

The percent accuracy of each variable at the point of
evaluation, e.g., average differential pressure, is
determined as follows:
For variables whose accuracy is stated as function of its
full-scale value, the percent accuracy is the value of the
accuracy at full scale, AF, divided by the value of the
variable at the conditions of evaluation, VCE.
Ai =

(VA ) × 100
F

CE

As an example, assume that one of the variables is a
differential pressure value whose accuracy is stated as
0.1% of full scale, its full scale is 100 and the point of
evaluation is 50. The percent accuracy of the variable at
the point of evaluation, Ai, would be:
Ai =

( 0.00150× 100 ) × 100 = 0.2%

The sensitivity coefficient of the variable at the point of
evaluation, Xi , could be determined by calculating the
results, R, using the point of evaluation value of 50, then
calculating the change in results, ∆R, using the point of
evaluation value, 50, changed by 0.2%. These two
numbers would be inserted into the equation for Xi to
determine the sensitivity coefficient of the variable at the
point of evaluation.
For variables whose accuracy is stated as a function of
reading, the percent accuracy is the same though out
its range.
The systematic uncertainty of each variable is determined
using the accuracy of the calibration standards as an estimate
of its contribution to the total systematic uncertainty (USM ).
USi = ( Xi × Ai )2
The accuracy of the calibration standards (A i ) are
expressed as a percent of reading so they can be
substituted directly into the USi equation along with the
sensitivity coefficients (Xi ) calculated for the appropriate
element to determine the systematic uncertainty
contribution by each variable.

DIFFERENTIAL METER UNCERTAINTY
The variable elements of a gas orifice meter measurement
uncertainty calculation are as follows:
Differential Pressure, dp
Static Pressure, Pf
Flowing Temperature, Tf
Gas Relative Density, Gr
Gas Compressibility Factor, Zf & Zb (Fpv)
Orifice Meter Coefficient of Discharge, Cd
Orifice Bore Diameter, d
Meter Tube inside Diameter, D
Expansion Factor, Y
Differential Pressure Calibrator, dpc
Static Pressure Calibrator, Pfc
Flowing Temperature Calibrator, Tfc
Gas Relative Density Calibrator, Grc
To calculate the measurement uncertainty for a multiple
meter run station, the variables that are independent on
a per run basis are differential pressure, static pressure,
temperature, and meter run tolerances. The variables
common to all runs in the station are the relative density
(specific gravity), gas composition, and calibration
standards.
The total percent measurement uncertainty for a meter
station is as follows:
UTS = URS + USS
Where
UTS = Total orifice meter station uncertainty
URS = Total orifice meter station random uncertainty
USS = Total orifice meter systematic uncertainty
The total orifice meter station random uncertainty is given as:
URS =

√( )
Σ

URi 2 
2 
per Run + Σ(U )
per Station
Ri
√n
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Where n is the number of meter runs. And the total orifice
meter station systematic uncertainty, USS, as:

√

USS = Σ(URi )2  per Run
Since there are numerous combinations of equipment,
operating conditions, and calculation methods existing
for orifice metering, it is impossible to establish a single
base line uncertainty relationship. The most practical
approach is to provide uncertainty ranges for the most
typical orifice metering combinations.
POSITIVE METER UNCERTAINTY (ULTRASONIC,
TURBINE, ROTARY, AND DIAPHRAGM)
The variable elements of a gas positive meter
measurement uncertainty calculation are as follows:
Static Pressure, Pf
Flowing Temperature, Tf
Gas Relative Density, Gr
Gas Compressibility Factor, Zf & Zb
Positive Meter Linearity, PML
Positive Meter Calibrator, PMpc
Static Pressure Calibrator, Pfc
Flowing Temperature Calibrator, Tfc
Gas Relative Density Calibrator, Grc
To calculate the measurement uncertainty for a multiple
meter run station, the variables that are independent on
a per run basis are positive meter calibration or proof,
static pressure, and temperature. The variables common
to all runs in the station are the relative density (specific
gravity), gas composition, and calibration standards.
The total percent measurement uncertainty for a meter
station is as follows:
UTS = URS + USS
Where
UTS = Total orifice meter station uncertainty
URS = Total orifice meter station random uncertainty
USS = Total orifice meter systematic uncertainty
The total positive meter station random uncertainty is
given as:
URS =

√( )
Σ

URi 2 
2 
per Run + Σ(U )
per Station
Ri
√n

Where n is the number of meter runs. And the total orifice
meter station systematic uncertainty, USS, as:

√

USS = Σ(USM )2  per Run
Since there are numerous combinations of equipment,
operating conditions, and calculation methods existing
for positive metering, it is impossible to establish a single
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uncertainty relationship. The most practical approach is
to provide uncertainty ranges for the most typical positive
metering combinations.
ENERGY DETERMINATION UNCERTAINTY
The measurement of total energy received or delivered
is customarily the product of the measured volume and
the heating value (Hv) per unit volume. The heating value
per unit volume is typically an inferred measurement
resulting from a chromatographic analysis of a
representative sample of the gas being received or
delivered. In addition to heating value per unit volume,
relative density (specific gravity) used in the determination
of volume is also obtained from the chromatographic
analysis. Industry standards, which address the
performance of chromatographic analysis, the
calculation of heating value per unit volume, and relative
density of a gas sample, are:
•
•

(4)ASTM D 1945-96 (GPA 2261-95) — Standard
Test Method Analysis of Natural Gas by Gas
Chromatography
(5)ASTM D 3588-98 (GPA 2172-96) — Standard
Practice for Calculating Heat Value,
Compressibility Factor, and Relative Density
(Specific Gravity) of Gaseous Fuels

The industry standards, ASTM D 1945-96 (GPA 226195) and ASTM D 3588-98 (GPA 2172-96) provide a
precision statement for repeatability and reproducibility
as a function of the mole fraction of each component in
the gas mixture. The repeatability is the expected
precision within a laboratory using the same equipment
and the same analyst. The reproducibility is the expected
precision when different laboratories using different
equipment and different analysts use the same method.
Tables 1 and 2 provide the given repeatability and
reproducibility tolerances.
Component
Mole %

Repeatability
%

0 to 0.1
0.1 to 1.0
1.0 to 5.0
5.0 to 10
Over 10

0.01
0.04
0.07
0.08
0.10

TABLE 1.
ASTM D 1945-96 Precision Repeatability Criteria

Component
Mole %

Reproducibility
%

0 to 0.1
0.1 to 1.0
1.0 to 5.0
5.0 to 10
Over 10

0.02
0.07
0.10
0.12
0.15

TABLE 2.
ASTM D 1945-96 Precision Reproducibility Criteria

The individual component reproducibility tolerances were
combined using the square root of the sum of the squares
method as shown in ASTM D 3588-98 (GPA 2172-96) to
obtain a precision statement. This is a common
methodology employed when determining the tolerance
of calculated values containing random individual
elemental tolerances. Chromatographic analysis and the
calculations of Hv and relative density performed using
industry standards, ASTM D 1945-96 (GPA 2261-95) and
ASTM D 3588-98 (GPA 2172-96), will produce heating
value results to within ± 0.25% and relative density results
to within 0.003 relative density units for a typical pipeline
natural gas having the following composition:
Mixture
Component
Methane
Ethane
Propane
Isobutane
n-Butane
Isopentane
n-Pentane
n-Hexane
Nitrogen
Carbon Dioxide
BTU/Ft3

1036.06
0.582

Mole
%
96.5222
1.8186
0.4596
0.0977
0.1007
0.0473
0.0324
0.0664
0.2595
0.5956

Ideal Gross Hv per Real Ft3
@14.73 & 60°F
Real Relative Density
@14.73 & 60°F

Since the ASTM D 1945-96 repeatability and
reproducibility criteria originated from a statistical
examination of interlaboratory test results, it includes the
influences of properly prepared calibration gas standards.
The Hv and relative density precision values assume that
the sampling methods and sampling systems utilized
provide a representative sample of the flowing gas stream
for analysis.

SYSTEM BALANCE INFLUENCE
Engineering departments can use metering station
uncertainty information in selecting the type of equipment
to be use in a meter station. Equipment can be selected
to meet a system balance expectation or uncertainty. It
can be used by gas control departments to estimate
when the uncertainty of a meter station’s measurement
is increasing. It can be used to help manage lost and
unaccounted-for numbers. If all one type of equipment
is installed on the inlet and all of another type on the
outlet, the metering system may not produce the desired
system balance results. It can be used by maintenance
to understand on which pieces of equipment to
concentrate their efforts.
REFERENCES
1. Calculation defines uncertainty of unaccounted-for
gas, Norman, R and Jepson, P., Oil & Gas Journal Report
April 6, 1987
2. Comparison of Orifice and Turbine Meter Accuracy,
Tiemsyra, P., Rans, R., and Bacus, H., American Gas
Association Distribution/Transmission Conference April,
1991, Nashville, Tennessee
3. Orifice Metering of Natural Gas and Other Related
Hydrocarbon Fluids, Part 1 — 1990, General equations
and uncertainty guidelines. American Gas Association
Report No. 3, Third Edition, Arlington, VA, October 1990.
4. Standard Test Method Analysis of Natural Gas by Gas
Chromatography — ASTM D 1945-96 (GPA 2261-95)
5. Standard Practice for Calculating Heat Value,
Compressibility Factor, and Relative Density (Specific
Gravity) of Gaseous Fuels — ASTM D 3588-98 (GPA
2172-96)

Paul J. LaNasa
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FROM PEN TIP TO VOLUME STATEMENT
David Pulley
Metron Gas Measurement
P.O. Box 2029, Tyler, TX 75710

INTRODUCTION
Accurate and reliable gas measurement depends on a
combination of efforts from two groups of people. First,
we have the field personnel. They have the responsibility
of seeing that a readable chart is produced and that all
information pertinent to volume calculation is supplied
to our next group, which is the office personnel. This
group will read the chart, apply information supplied by
the field, calculate the amount of gas delivered, and
generate and deliver volume statements to the customer.
It must be recognized that the office group can not
calculate volumes until it receives the charts and other
required data from the field, and that the volumes are
only as accurate as the data received.
With this in mind, let’s look at the two separate groups
and see the team effort involved in producing accurate
and reliable measurement from Pen tip to Volume
Statement.
FIELD SERVICES
To produce accountable volumes, it is imperative to
receive the correct information from the field. This is
obtained from the Field Measurement Technician who
submits an installation and/or inspection report on the
metering station that he is testing or placing in service.
Listed below is the data that must be furnished to the
office group before an orifice meter chart can be read
and the volume calculated accurately.

1.
2.
3.
4.
5.
6.
7.
8.
9.

High or Low differential zeros
Fast or slow clocks
Wrong orifice size
Orifice in backwards
Pulsation
Liquid in line
Blown Bellows
Freezing causing erratic pattern
Etc.

If the technician notices any of the above, then it should
be noted on the chart or field inspection report to the
attention of the office personnel.
If the information supplied to the measurement office is
not correct, or is incomplete, then reported volumes are
unaccountable. Therefore, it is vital for the field personnel
to work closely with the office personnel to determine
what is needed to produce accurate volumes.
RECEIVING AND PROCESSING CHARTS
Once the measurement office receives the above
information, then master files are set up for all involved
meter stations. These master files are then updated on
a regular basis from new information received via field
reports, gas analysis, etc. Once all master files are in
place and correct and current information has been
entered, then we are ready to start processing charts.
The actual step by step procedures for processing charts
may differ from company to company, but the basics
are generally as follows:

FIELD DATA REQUIRED
CHART CENSORING
1.
2.
3.
4.
5.
6.

Station Name and I.D. number
Meter tube inside diameter size
Orifice Plate size
Tap connection (flange or pipe)
Differential and Static ranges of the meter
Temperature range (if recorded) or an estimate
of flowing temperature.
7. Chart rotation (7 day, 8 day, 24 hour, etc.)
8. Gas Analysis for gravity, BTU and FPV
calculation
9. Correct Dates and Times
It is also important to know if there are any problems
with the equipment, meter calibration or outside
influences that would affect accurate measurement.
Some examples are as follows:
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1. Receive and Identify stations
2. Put in processing order and verify information
against the master files.
3. Censor for incorrect dates, times or erratic
patterns
4. Check meter inspection reports for any
information that would effect calculation.
5. Highlight any changes or notations for chart
integrator.
6. Send to Integration Department
CHART INTEGRATION
The chart is placed on the integrator processor and an
operator traces the original differential and static
recordings. The integrator count or index represents the

square root of the differential times the square root of
the static pressure over time; the result is the chart
extension:
Chart Extension = √Hw x Pf x T
Where:
Chart Extension = Integrator Reading
Hw = Differential Recording
Pf = Absolute Pressure Recording
T = Chart Rotation
I think it is important to note here that the personnel at
this level are a vital part of the overall process. It is
extremely important for them to have gas measurement
knowledge and proper training. Accurate integration of
a chart is more that just tracing lines. The operator must
also be able to recognize flow pattern irregularities such
as meter freeze, fast or slow clocks, orifice plate changes,
etc. If the process breaks down at this level, the overall
process is affected.
VOLUME CALCULATION

VOLUME STATEMENT
The calculated volumes are censored for any
discrepancies or unusual fluctuations in flow rate. Once
satisfied, then a Volume Statement is generated. The
purpose of this statement is to furnish the customer with
a report on volume of gas delivered for a particular
measurement station during a specific period of time.
This statement is compared to master file information
and against any special instructions that were noted by
the field. If everything is correct, then the statement is
sent to the customer and the month is closed out.
CONCLUSION
As stated above, the overall measurement process is a
team effort that begins in the field before the pen tip is
ever placed on the chart and ends with the generation
of the volume statement. Therefore, it is essential to have
good communication between the field technicians and
the office personnel to keep the overall process smooth
and accurate.

Once integration of the charts is completed, then the
integrator extension and field data are used to calculate
a gas volume for the chart period.

David Pulley
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CHART AUDITING
Tom Tauer
Southern Flow Companies
P.O. Box 66190, Houston, Texas 77266

PREFACE
Gas chart auditing can be one of the more interesting
and rewarding segments of chart processing. While
performing a valuable service for the customer or person
requesting the audit, it can give the auditor a chance to
use his or her chart expertise that could become stagnate
with only routine chart processing. The chart auditor
becomes part accountant, part detective, and part
mathematician. The purpose of the chart audit is normally
to insure that the volumes have been reported as
accurately and objectively as possible. Production
companies and operators have a responsibility to lease
owners, state agencies, and themselves to report
volumes that are truly representative of the amount of
gas that passed a particular point.
PREPARATION
Normally a service company would not be the one to
request an audit. The producer or transmission company
would be the one to initiate the audit by sending a letter
to the company to be audited. This letter would request
all the necessary information needed to perform the audit.
This would include the orifice charts, any temperature
or gravity charts, the original gas volume statement, all
meter inspection reports relevant to the time period to
be audited, and gas analysis. Also, any fast clock tests
would be required if they exist. Without the ability to
double check the physical meter data, you are just
recreating volumes based on possible erroneous data.
While integration errors or differences in interpretation
would show up in the volume calculations, a real problem
involving the tube size, orifice plate size etc., would go
undetected.
THE AUDIT BEGINS
Once you are satisfied that you have obtained all the
information that you will need, you can set up the station
in your own system and begin the audit. Missing charts
should be noted and their treatment on the supplied
volume statement should be noted. The customer or
person requesting the audit should be notified if any of
the requested information is unsubstantial for performing
a full audit.
The normal steps in censoring a chart should be followed
to insure the accuracy of the audit. This means that the
following possible problem areas should be observed:
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1. Failure of chart to record fully — this can be the
result of chart drive failure, pens not inking, or a
slow clock
2. Low or high zeros — this can be confirmed with
the supplied test report.
3. Meter being left out of service — this could be
the result of a field person leaving manifold
valves open or a gap, such as during a meter
test.
4. Meter freezing — often occurs during the coldest
months but can occur at any time conditions
are right for hydrate formation.
5. Ruptured bellows — would be noted on test
report; could result in erratic pattern or meter
recording below zero.
6. Meter over ranging — could result in
unaccounted for gas.
7. Orifice plate too large — could result in lower
than desirable differential reading with
opportunity for interpretation errors and flow
being considered “no flow.”
8. Orifice plate damage or reversal — the
inspection report should be reviewed for orifice
plate size, placement, and nicks etc. A plate with
the bevel placed upstream would give you a
lower than appropriate differential. The flow
pattern should be observed after any of these
problems are found to determine the true
differential.
9. Time on and off — could reveal fast or slow chart
drive and confirm overlap situation.
CHART INTEGRATION
Most companies express concern that the charts not be
altered which would include marking on the chart or using
ink in your reintegration. Some companies will request
that the charts be run “dry.” The draw back with running
the charts “dry” would be that you would have no record
of where on the differential you integrated the charts other
than your composite integrator number. There are some
companies that do not considered rerunning the charts
with ink a problem.
The integrator operator should maintain his or her
objectivity in the integration based on the information
provided and the recording as it appears on the chart.
You would not want the auditor to just retrace the original
integration. The integration portion of the audit is critical
and losing your independence would serve no one.

THE COMPARISON AND HUNT
After you have your volume calculations in hand, a
comparison sheet can be written and problems or
differences noted. A good working knowledge of the
calculation factors and how they affect the volumetric
outcome is now critical in finding any problems and their
solutions. Following are some differences and their
approximate affect on their calculation:
1. Incorrect orifice plate used — percentage of error
would depend on plate variance but differences
will be sizable.
2. Incorrect tube size used in calculations —
differences will depend upon plate size and tube
variance.
3. Machine constant — this involves differential
range, static range and rotation. The difference
between the calculations using a 100 inch verses
a 50 inch would be 41%. The same percentage
would be for 200 inch vs. a 100 inch range
spring.
4. Incorrect specific gravity — will result in about a
.8 of 1% difference for every 10 point of gravity.
5. Temperature difference — an error or difference
of 10 degrees will result in a 1% difference in
volume.
6. Supercompressibility — every one hundred
pounds of pressure will yield about a 1% Fpv
correction factor.
7. Tap connection location — Flange vs. Pipe Taps
— on just a 3 x 1 (tube and orifice) the Pipe tap
connection would result in a 7% greater volume.
The Orifice Meter Constants E-2 Handbook can be
invaluable in tracking down differences and their
percentages. The tables for gravity, temperature, and the
basic orifice factors are all clearly listed in the E-2
Handbook and percentages of error/difference can be
figured from these tables.
Armed with your knowledge of the different factors, a
calculator, and the E-2 Handbook you can start a
systematic approach to finding any errors or differences
in the volumes.
You would want to ascertain whether or not the volume
difference is in all the chart entries or only one. If only
one volume entry is affected, you ask what is different
about this one. If all chart entries have a variance of the
same size this would rule out some types of errors such
as individual chart data entry or a misidentified chart.

the middle when a fast clock test actually showed that
the recording was staying near the lower side and just
kicking up enough to leave a solid red band? Was an
already lower than appropriate differential misread by a
pen width? Was an intermittent type of flow pattern
overstated because the integrator operator did not return
the pen to zero between the kicks?
THE FINAL PRODUCT
A volume comparison report is written upon completion
of the audit. This can list the original reported volume,
the audited volume, the MCF difference and the
percentage difference. This would be accompanied by
a letter to the customer or person requesting the audit.
The language should be strait forward and objective in
nature. It should be mentioned if the auditor believes
that further action or a correction would be in order. It is
up to the customer to decide what to do with the
information. If errors are found, they should be spelled
out without finger pointing or speculation as to reasons
for the errors.
If a meter malfunction is clear, it is reasonable to suggest
alternated methods of determining the flow rate on the
days that were not representative of the actual flow. This
could include such alternatives as using the check meter
volume or if the flow in consistent, an average of the day
before the problem and the day after the problem was
corrected.
CONCLUSION
This report can only scratch the surface of the many
different circumstances that will arise when performing
gas chart audits. The auditor will quickly learn that there
are as many different types and forms of volume reporting
as there are companies reporting them. From an auditor’s
viewpoint, the statement with the most usable
information is the best. While come volume statements
offer meter data, hours of flow, factors,, analysis
information and a virtual cornucopia of information;
others offer very little in the way of useful calculation
information.
Chart auditing is critical to the parties involved not only
because of the economic impact but as a method of
maintaining checks and balances within the system.

Sometimes you will find oversights such as missing chart
dates, orifice plate changes picked up on the wrong date
or charts misidentified as belonging to that particular
station. You could be looking at the June 2002 charts
and have been given the June 2001 volume statement.
Differences that arise in chart integration or interpretation
would have to justified by a realistic and objective review
of how the charts were originally integrated and your
interpretation of the same. Was the wide band run down

Tom Tauer
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NORTH AMERICAN ENERGY STANDARS BOARD
AS A CASE STUDY
Cynthia Corcoran
BTU Watch, Inc.
2939 Ferndale St., Houston, TX 77098

WHY STANDARDS?
•

Commercial interest: to facilitate commerce by
lowering transaction (production/distribution,
etc.) costs

•

Governmental interest: to facilitate a competitive
commercial environment and serve the
governmental interests of public health, safety
and preservation of competition

WHO SETS STANDARDS?
Governmental bodies
• Legislatures
• Federal, state, local agencies
Standards development organizations
• Voluntary standards through consensus based
effort involving all interested parties
• Development of consensus-based, voluntary
standards is uniquely American contribution to
standards-setting
STANDARDS-SETTING POP QUIZ:
Answer “Yes” or “No” to each of the following pairs of
statements:
Standards stifle innovation.
Standards are platforms for innovation.
Standards promote trade.
Standards impede access to export markets.
Standards are for the market to decide.
Standards are matters of public interest and even
geopolitical interest.
Standards foster monopolization.
Standards lower barriers to market entry.
THE PARADOX OF STANDARDS:
It’s all about how you set them.
• Objectives
• Process
LEGAL CONSTRAINTS ON STANDARD SETTING:
•

Federal antitrust law prohibits unreasonable
restraints of trade.

•

•

Standard setting judged under “rule of reason”
to determine whether the challenged conduct
“promotes competition or . . . suppresses
competition.” National Society of Professional
Engineers v. United States, 435 U.S. 679, 691
(1978).
In part, to facilitate compliance with federal
antitrust law, the standards set by many
American standards development organizations
are voluntary.

PROCESS FOR STANDARD-SETTING:
•

The process for setting standards must
engender credibility with industry, with
governmental regulators and with the public at
large in order for standards to be accepted.

American National Standards Institute (“ANSI”) Model
for standards development
• ANSI is private sector offshoot of five engineering
societies and the National Bureau of Standards
(now known as National Institute of Standards and
Technology) of U.S. Department of Commerce.
• ANSI accredits organizations as Standards
Development Organizations (“SDO”) based on
their adherence to ANSI’s cardinal principles of
standards-setting.
ANSI Cardinal Principles of Standard-setting
• Open. Any materially affected and interested
party has the ability to participate.
• Balance and Lack of Dominance. The consensus
body shall be balanced and shall not be
dominated by any single interest category or
organization.
• Due Process. All objections shall have an
attempt made towards their resolution. Interests
who believe they have been treated unfairly shall
have a right to appeal.
• Consensus. More than a majority but not
necessarily unanimity.
• Voluntary. Standards are not binding unless
adopted by a governmental entity as part of a
code or set of regulations.
ANSI standards development:
• ANSI started with development of standards for
pipe threads in 1919.
• ANSI has now accredited 268 organizations
either as SDOs, accredited committees or
through canvassing in:
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• Safety
• Fire, building codes
• Manufacturing

• Information technology
• Energy
• Equipment

Standards development organizations involved with
buildings and public works:
• ASTM
• American Society of Mechanical Engineeers
(“ASME”)
• National Fire Protection Association
• American Society of Civil Engineers
• American Concrete Institute
NAESB as a case study of how an ANSI standards
development organization operates:
• NAESB started in 1994 as the Gas Industry
Standards Board to develop business practice
standards and communications and ecommerce protocols for the natural gas industry.
• NAESB expanded effective January 1, 2002 to
include wholesale gas and electricity and retail
gas and electricity.

Executive Committee — Focuses on standards
development
Membership — Ratifies selected actions of Board
(changes to Certificate) and Executive Committee
(adoption of standards)
ORGANIZATION OF MEMBERSHIP
Quadrants — Broad market sectors, i.e., Wholesale Gas,
Wholesale Electric, Retail Gas, Retail Electric
Segments — Defined areas of interest within each broad
sector — e.g., producers, distributors, marketers, end users
Quadrant & Segment Organization — Structure
(See Figure 1)

WHAT IS NAESB?
The objects and purposes of NAESB are to propose and
adopt voluntary standards and model business practices
designed to promote more competitive and efficient
natural gas and electric service, as such standards apply
to electronic data interchange (“EDI”) record formats and
communications protocols and related business
practices that streamline the transactional processes of
the natural gas and electric industries.
(NAESB Certificate of Incorporation, Art. II, Section 1.)
WHY NAESB?
• Uniform standards necessary to a national
energy market
• Standards lower transaction costs
• Standards give regulators comfort that markets
can function effectively
• NAESB provides a tested and credible process
for developing standards
HALLMARKS OF THE NAESB PROCESS:
• Independent
• Open
• Inclusive of all affected interests
• Membership-driven
• Consensus-based
• Balance of interests
• Focus on practices, not policy
End Result = Industry Credibility

FIGURE 1

Wholesale Gas — 5 Segments
• End Users
• Local Distribution
• Pipelines
• Producers
• Services
Retail Gas — 4 Segments
• End Users
• Distributors
• Service Providers
• Suppliers
Wholesale Electric — 5 Segments
• Transmission
• Generation
• Marketers/Brokers
• Distribution/Load Serving Entities
• End Users
Retail Electric — 4 Segments
• End Users
• Distributors
• Service Providers
• Suppliers

NAESB GOVERNANCE
Board of Directors — Focuses on broad policy issues,
i.e., changes to Certificate/Bylaws, annual plan, budget,
membership, and communications with regulators
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CRITICAL MASS
SEGMENTS
•

FOR

NEW

QUADRANTS/

For representation on Board and Executive
Committee, each Quadrant must have at least

•

(i) 40 Voting Members, (ii) four Segments, and
(iii) five Voting Members in each Segment
In addition, Board must approve Quadrant and
Segment procedures and, thereafter, Quadrants/
Segments must conduct elections to select
Board and Executive Committee members

GOVERNANCE AND AUTONOMY OF QUADRANTS
NAESB as a Whole
• Board of Directors
• Executive Committee for triage
Quadrants
• Determine Segment make-up
• Each Quadrant develops standards applicable
only to its own sector
• Set own pace for standards development
Balanced Voting
• All Quadrants have equal voting weight at the
Board level, regardless of the number of
Directors from each Quadrant
• All Segments have equal voting rights within a
particular Quadrant
• Board may amend Certificate or Bylaws only with
a super-majority vote: 75% of the Board and at
least 40% of Directors representing each
Segment of each Quadrant
• Executive Committee (as a whole or for each
Quadrant) may adopt, modify, interpret or
rescind standards only with a super-majority
vote: 67% of the EC members and at least 40%
of the EC Members representing each Segment
Balanced Voting/Veto Rights
Board of Directors — 75% of Board
(governance) 40% of each Segment
Executive Committee — 67% of each Quadrant
(standards)
40% of each Segment
Subcommittees — >50% Balanced Across Segments
of each Quadrant
(proposed standards) balanced voting in the segments**
** Each Segment has up to two votes apportioned equally
over those Segment attendees present; one company –
one vote
Standards Development Tenets
• Standards development based on an Annual
Plan
• Balanced voting structure at EC and
subcommittees
• Multiple opportunities for involvement and
comment
• Defined process for standards development with
several tiers of voting to ensure broad based
support

EC VOTING RULES
Voting Rules
• Business subcommittees utilize a “balanced”
segment voting process to forward
recommendations on standards development;
all Segments have equal voting strength so that
no one Segment can dominate by sending the
most representatives to meetings
— Members and non-members may vote at the
subcommittee level
— Executive Committee approval requires a supermajority
— Membership ultimately ratifies all action on standards
A “DAY IN THE LIFE” OF A STANDARD
(see Figure 2)
Request for Standard

Balanced
Vote

Executive Committee
Balanced
Vote

Triage Subcommittee
Balanced
Vote

Membership Ratification
by applicable Quadrants

Executive Committee
Balanced
Vote
Balanced
Vote

Standards Development
Subcommittees

Recommendation

Industry Comment
NAESB

FIGURE 2

Joint Development, Reconsideration
The NAESB structure provides flexibility for Quadrants
to jointly develop standards in two ways:
• When the EC determines from the request that
it is in their best interest to do so, they jointly
develop the standards
• When EC Quadrants other than the Quadrant(s)
to which the request was assigned determine
from the subcommittee’s recommended
standards or action by the affected Quadrant’s
EC that such standards could apply to them,
such Quadrants may ask for reconsideration.
The Executive Committee as a whole may then
direct that multiple Quadrants consider the
standard
VOLUNTARY NATURE OF STANDARDS
Voluntary Standards
• From NAESB’s perspective, all standards are
voluntary and may be provided to regulatory
agencies to consider as they are published
• Regulatory agencies may choose to adopt
standards

2003 PROCEEDINGS

PAGE 324

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

•
•
•

NAESB will not monitor for compliance, provide
performance measures for compliance, or define
sanctions for non-compliance
NAESB will not advocate
Voluntary, non-advocacy approach is typical of
ANSI accredited Standards Development
Organizations

•

NEXT STEPS
•

MILESTONES IN NAESB CREATION
•
•
•
•
•
•
•
•
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September 19, 2001 — Board adopted
certificate changes to transform GISB to NAESB
on January 1, 2002
December 5, 2001 — Board adopted new
Bylaws for NAESB
December 19, 2001 — FERC issued Order on
guidance for an organization to address
wholesale electric market standards
January 1, 2002 — GISB officially changed to
NAESB
March 7, 2002 — Board approved procedures
for the two retail quadrants
May 16, 2002 — FERC issued Order explaining
need for WEQ to organize under NAESB, and to
coordinate on reliability issues with NERC
June 2002 — Elections held in Retail Electric
Quadrant to determine Board and EC members;
NAESB retail quadrants prepare annual plans
June 28, 2002 — NAESB Board meeting in
Seattle; REQ is represented; Board approves
Segment procedures for REQ and extends time
until September 23, 2002 for REQ to be fully
populated
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July 29, 2002 — NAESB Board approves
procedures for WEQ.

•

September 2002 — Advisory Council meeting
set for before September 23 Board meeting;
finish work on organization of WEQ and RGQ
and hold WEQ and RGQ elections for Board and
EC seats
September 23, 2002 — Annual meeting and
Board meeting at Hunt Valley, Maryland

HOW TO FIND OUT MORE INFORMATION
Web Sites:
www.naesb.org
• Bylaws, Strawman, Certificate for NAESB
www.ansi.org
• Background on ANSI
Contact Information
NAESB
• Phone — 713-356-0060
• Fax — 713-356-0067
• Email — naesb@aol.com
ANSI
•
•
•

Phone — 212-642-6000
Fax — 212-398-0023
Email — info@ansi.org

REQUIREMENTS OF AN EGM EDITOR
R. Michael Squyres
Flow-Cal Inc.
P.O. Box 58965, Houston, TX 77258-8965

ABSTRACT

For installations with numerous flow computers, the
ability to process in batches provides faster processing.

The natural gas industry has adopted EGM as a means
of increasing the speed and accuracy with which
measurement information is obtained. This has created
the need for an electronic data management system.
These systems, if not properly designed and
implemented, could potentially render the entire process
useless. Therefore, it is essential that the system add
functionality that complements the power of the
hardware. With proper implementation, such a system
will not only facilitate operations in today's fast paced,
post-FERC 636 environment, but also will establish a
foundation for meeting tomorrow's measurement
challenges.
A good EGM data editing software package should
provide a suite of tools to facilitate accurate and timely
data processing. It should do this in a structured, feature
rich, well designed environment. The program should
include functions to do the following: import the data,
recognize, review, and correct anomalies report, export,
as well as provide advanced ad hoc query capabilities.
Other considerations should include the developer's
commitment, resources, and long term strategy, vis-àvis electronic gas measurement, as well as industry's
overall acceptance of the package.
INTRODUCTION
The natural gas industry is currently racing to update its
downstream data handling capabilities to keep up with
the technological advances of field automation. One area
of concentration is electronic gas measurement (EGM)
editing, recalculation, and reporting programs.
Fundamental to all measurement systems is the ability
to accurately measure, review, correct, and report the
data. Any weakness in this chain undermines the speed
and accuracy of the system, the primary reasons for
automation. In this paper, I attempt to identify the ideal
attributes necessary to streamline this process.

EGM Event Flow Diagram

This requirement exists in each phase, starting with the
import process and ending with the report and export
functions. Without batch capabilities, the process
becomes too labor intensive and reduces the system’s
effectiveness.
DATA IMPORT
The first step in operating an effective data management
system is to import the data. The editor must have the
ability to import the data from a variety of meters and
manufacturers. This allows the user to combine all the
data into a single system, and affords more options when
replacing or acquiring additional field hardware. Importing
is a critical step since any mistake made here ensures
an incorrect output, which is why clean imports that
include all pertinent data are an absolute necessity.

One common thread among all successful programs is
a good basic design that is easy to understand and use.
This intuitive design, when combined with good
documentation, helps to minimize training requirements
and reduce problems. The documentation should include
hard copy, as well as on-line, context-sensitive help. This
can reduce mistakes and technical support requirements,
fostering a more productive environment.
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FIGURE 1.
Statistical Expert System Data Scan

The import files should be binary or encrypted, as
opposed to ASCII, to provide a more secure audit trail.
ASCII files can be easily and undetectably altered, using
any standard word processor. Deceptively altering a
binary or encrypted file is much more difficult, since it
involves a time-consuming process of reverse
engineering.
Ideally, all import routines should be written and
supported directly by the meter manufacturers. The data
import requirements include not only the flowing
parameters and meter station characteristics, but also
the data points used in the evaluation process. These
include such items as the alarm setpoints, and the
calibration and transmitter ranges.
I will not attempt to list all of these data items; however,
the five data categories include: characteristics, gas
quality, event and alarm data, as well as the flowing
parameters. Additionally, the program should facilitate
the import of on-line gas chromatographic data, when
applicable. In fact, every variable and value used in the
computation of the volume and MMBTU, including
calculation methodologies, should be imported to ensure
data integrity.
IDENTIFICATION OF POTENTIAL PROBLEMS
The second step is a means of identifying the missing or
suspect data. Locating missing data involves not only a
data scan to find unaccounted for flowing parameters,
but also includes an event/characteristic audit to identify
any discrepancies between a characteristic file
constr ucted from logged events, and the actual
characteristic file.
Identifying the suspect data is somewhat more
complicated and should include a number of configurable
parameters that are used in a statistical data scan. These
parameters should be retained for each meter
individually, reflecting each meter’s unique flow
characteristics and history (see Figure 1). This process
is an electronic equivalent to chart censoring.
With conventional meters, when a field technician notices
erroneous or missing data he makes a note on the chart
and possibly includes a field estimate of the needed
correction. This procedure requires an electronic
counterpart in the data management system, since
erroneous data can easily go undetected by normal
statistical methods.
The next step in electronic data management is review
and editing of the data, as required. The review process
should allow the user to readily review every variable and
calculation methodology used in the volume and MMBTU
determinations. In addition, each alarm and its associated
setpoints should be available for data validation. This data
should be presented in a tabular environment, and also
graphically for pattern recognition and visual identification
of cycles or trends (see Figure 2).

FIGURE 2.
Data Graph

When the data requires editing, the user must be able to
make changes to an individual record or to a date span,
in either the graphical or tabular environment. Any
changes to the data must be recorded and flagged, along
with an associated reason for the change. However, the
original data should always be maintained, thus allowing
the system to produce reports based on the modified
data, while preserving the original data for audit trail
purposes.
The user should have the option of multiple editing
techniques, depending upon the type of error. Among
the available methods are: a cut and paste, point to point,
freeform, and some means of creating shifts or offsets
for instances of calibration error.
The technique employed should be determined by the
user, based on the type of error, information available,
and flow history.
Part of the editing process involves the recalculation of
the volume and associated MMBTU. The editing program
should allow for recalculation using the 1985 and 1992
AGA-3 algorithms, with super-compressibility (Fpv)
options of NX-19, AGA-8 GROSS 1, AGA-8 GROSS 2,
or AGA-8 DETAIL methods. Data that has not been edited
should never be recalculated, since the original
calculations are always more accurate.
The flow computer performs its calculations every
second, based on live values, and accrues the volume
and MMBTU; however, the editor must recalculate based
on hourly averages. For this reason, the data manager’s
recalculation routines should employ some type of
skewing technique to more closely approximate what
the flow computer would have calculated had the error
not existed in the original data.
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REPORTING
The data management system should provide for a
number of standard reports. Each of these reports should
include the ability to process meters individually or in
batch. Probably the most basic of all reports is the daily
volume statement. The user should have the option to
produce the original or a revised version. Some of the
additional standard reports include: volume summary,
event report, alarm report, missing data, suspect data,
and characteristics.
Although the program provides most standard reports,
there are always special ad hoc reports required. For
this reason, the data manager should provide some
means of allowing the user to extract specific data from
the database using some standard means, such as
Structured Query Language (SOL). This allows a user to
create unique repor ts based on some very specific
criteria. [For example: generate a report showing all
meters exceeding 4 ppm H2S or greater than 3% CO2
for the last year, sorted in descending order, based on
volume.] By allowing this type of access by the users,
custom programming for unique applications is not
required. This means end users can remain as
autonomous as necessary or desired. It also means that
no source code is required for modifications, should the
editor be a third-party product.
DATA EXPORT
Once all data has been corrected and validated, some
means of providing the pertinent data (electronically) to
the gas accounting group and to third parties must exist.
In today's environment, it is no longer acceptable
to manually re-enter existing data. Therefore, the data
management system must provide comprehensive,
flexible data export capabilities.
The ability to provide audit data that is compliant with
AGA Chapter 21 is mandatory, especially for custody

transfer applications. The package should readily support
an automated means of bundling the data in an electronic
format and/or producing it as hard copy. By automating
this process, the user can substantially reduce the time
required to individually identify and pr oduce the
necessary reports and files.
Some of the more generic attributes needed for the ideal
system is network support and an archiving tool for file
size management. The system should have an easy
means of archiving and retrieving the old data since the
quantity of data for EGM meters can quickly exceed
storage space. Network support is an important
consideration, since most companies already operate
on LANs/WANs and most others probably will in the near
future.
SUPPORT
The last and perhaps most important consideration for
any mission critical data management system is technical
support, with regular software updates. When entering
closeout, it is essential to have access to a technical
support team to assist with any unforeseen problems.
The support team must have the tools to remotely
diagnose and quickly resolve problems. Routine software
updates are necessary, not only to correct minor
problems, but to add additional functionality and
enhancements. Ongoing development ensures against
software obsolescence by continuing to meet any new
AGA/API standards and requirements.
CONCLUSION
A good EGM editor should facilitate quick and accurate
data processing with a suite of tools for recognizing and
correcting anomalies. It should have complete reporting
and exporting functions, with advanced ad hoc querying
capabilities. In addition to a well designed, feature rich
program, one should feel comfor table with the
developer's commitment, resources, and long term
strategy.

R. Michael Squyres
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GAS CONTRACTS: THEN AND NOW
Mark B. Fillman and Gary P. Menzel
Coastal Flow Measurement, Inc.
P.O. Box 58965, Houston, TX 77258-8965

Our industry has seen tremendous progress in the
accuracy of natural gas measurement since the
implementation of electronic gas measurement (EGM) in
the 1980s. With respect to orifice measurement, the
transition from mechanical chart recorders to EGM had
an unprecedented impact on our ability to measure natural
gas and adjust to market demands throughout the country.
In order to realize the benefits of EGM, gas contracts
should include measurement provisions specific to this
technology and its downstream data management
requirements. Furthermore, they should represent both
buyer and seller in the most equitable manner possible.
This writing discusses some of the challenges in our
industry, both then and now, while recommending
measurement provisions for gas contracts.
In the era dominated by circular orifice charts, the gas
measurement industry was often described as part art—
part science. Interpreting recorded variables during chart
integration is subjective, at best. The subjective nature
of this phase of the measurement process has been a
major point of contention between buyers and sellers.
Few contracts addressed this matter or offered any
practical dispute resolution provisions. Consequently,
whoever took responsibility for determining the gas
volume at the sales point had discretionary control over
this important data. Needless to say, buyers and sellers
were typically at odds over this measurement issue.
The most immediate benefit of electronic gas
measurement has been the elimination of subjective

interpretation from chart integration. Despite widespread
awareness of this problem, even current contracts fail
to provide suitable guidelines for processing orifice
charts. Since the methods for resolving these issues are
fairly expensive and imprecise, we highly recommend
utilizing EGM wherever custody transfer measurement
is performed. EGM equipment records the flow variables
with greater resolution and accuracy than mechanical
chart recorders. Accordingly, approximately one-third of
all measurement disputes could be averted using
electronic gas measurement.
Currently, one of the most neglected issues within the
industry is auditing. In our opinion, the party responsible
for managing measurement data should furnish audit
data to each participant in the transaction. That
information should be in a mutually acceptable format
that allows for detailed verification of the volume.
Because auditing yields an average four-to-one return
on the investment, the right to audit should be explicit in
every gas contract written.
The measurement provision of your gas contract should
comprise a fundamental agreement between buyer and
seller to employ acceptable standards and procedures
for measurement, sampling, auditing, and dispute
resolution. Even today, most contracts do not contain
the necessary language to meet these objectives. We
believe the following provision will serve to improve the
quality of gas measurement and the relationship of trust
between buyer and seller.

2002 ASGMT SAMPLE EGM CONTRACT
1.00

For purposes of this contract, volumes will be calculated and reported on a calendar month basis, from 9:00
a.m. on the 1st of each month through 9:00 a.m. on the 1st of the following month.

1.01

The unit of volume for measurement of gas delivered hereunder shall be one thousand (1,000) cubic feet of
gas at a base temperature of sixty (60°F) degrees Fahrenheit and at an absolute pressure of fourteen and
sixty-five hundredths pounds per square inch, absolute [14.65 psia (Texas state requirement)]. All volumes
shall be measured and calculated according to the current standards prescribed in the American Gas
Association Report No. 3, Orifice Metering of Natural Gas and Other Hydrocarbon Fluids, Parts 1-4, as
amended from time to time or as mutually agreed upon between the parties hereto. Any volume recalculation
shall utilize a mutually agreeable technique to compensate for the inherent inaccuracy associated with
calculating volumes from averages of the flowing parameters as opposed to the actual instantaneous values
used by the original flow computing device.

1.02

The Electronic Gas Measurement (EGM) system shall be capable of establishing an audit trail by compiling and
retaining sufficient electronic data and information for the purpose of verifying daily and hourly quantities, and shall
comply with the American Petroleum Institute — Manual of Petroleum Measurement Standards, Chapter 21, Section
1 — Electronic Gas Measurement (API Chapter 21), or other mutually agreeable standards. Pipeline shall preserve
audit trail information for a minimum of 4 years or the time required by any governmental agency, whichever is greater.
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1.03

Upon request, the measurement data described in paragraph 1.02 of this article and calculated by the meter
shall be preserved and provided for auditing purposes in a mutually agreeable standard format. Standard
format shall mean the API Chapter 21 compliant electronic format provided by the manufacturer of the meter
or another format for which commercially available EGM Review and Recalculation software exists and is
mutually agreed upon by the parties hereto. Printed paper data is not acceptable for audit purposes. In addition,
the final custody transfer volumes and MMBtus and a log of the changes made between the amounts calculated
by the meter and the settlement amounts shall be provided. Unless a currently unresolved exception exists, all
volumes shall be considered final after 3 years.

1.04

Pipeline, or its designee, shall be responsible for measurement at the point of delivery. Measurement station
shall operate within a .25 to .60 Beta Ratio range with an Electronic Gas Measurement (EGM) recording device.
This device shall utilize close-mount transmitters installed on an orifice meter run whose orifice taps are in the
vertical plane, along with all related equipment necessary to accurately measure the gas delivered hereunder.
Close-mount shall mean that the distance between the orifice tap and the transmitter will not exceed 24
inches. The differential pressure measuring range shall not exceed 300 inches of water. Alarm limits shall be
set in the meter and all alarm conditions shall be logged so as to identify flow conditions which are outside the
proper operating conditions of the meter. The alarm report shall be made a part of the standard audit trail
including all alarm conditions.
The calibration and programming of and data collection from the recorder and related equipment shall be
the responsibility of Pipeline or its designee. All calibration and adjustment of this equipment shall be in
accordance with Paragraph 1.08 of this article.

1.05

Producer may, at its option and expense, install check meter equipment upstream of Pipeline’s measurement
station for checking the Pipeline’s metering equipment. Such measurement equipment shall be installed so as
not to interfere with the operation of Pipeline’s facilities and shall comply with the standards set forth in this
contract. In addition, producer may install a check recorder on pipeline’s meter run utilizing a dual-mount
manifold system on the same orifice taps which provides independent isolation between each parties respective
recording devices. This system shall be installed so as not to interfere with the operation of pipeline’s facility.

1.06

The temperature of the gas flowing through each of the meters at these stations shall be measured with a temperature
element so installed as to provide an accurate measurement of the flowing temperature at the primary device.

1.07

The specific gravity, gross heating value, and composition of the gas will be determined by Pipeline by taking
a representative sample once Monthly at Pipeline’s meter tube. Sampling or collection shall be performed
during the Pipeline’s scheduled meter inspection and calibration test and all samples shall be obtained and
analyzed using current Gas Processors Association (GPA) standards. These analytical results shall be applied
at the beginning of the month the sample was taken and until a subsequent representative sample is applied.
Producer shall have the right to obtain a duplicate sample of the pipeline’s gas. If a difference between the
pipeline and producer’s duplicate sample exceeds one-half percent (.5%) in MMBtu, then the Producer shall
have the right to call for a retest and the analysis from the preceding period shall be used until the results can be
verified or a representative sample is obtained and applied. Upon written request, pipeline or producer shall
furnish the requesting party with their natural gas sample, chromatographic gas analysis report, or any other
information which may be required to verify the other party’s analytical procedures or results.

1.08

Producer shall have the right to have a representative present at the time of any installing, cleaning, changing,
repairing, inspecting, testing, calibrating, or adjusting done in connection with the equipment used in
measuring gas deliveries hereunder. The records from such measurement equipment shall remain the property
of Pipeline, or its designee, but Pipeline will make information available in accordance with Paragraph 1.03.

1.09

At least Monthly Pipeline shall calibrate or cause to be calibrated the meters and instruments used for
measurement hereunder. Pipeline shall give Producer sufficient advance notice so the Producer may, at its
election, have a representative present at such tests. For purposes of measurement hereunder, the
atmospheric pressure shall be assumed to be fourteen and forty hundredths per square inch (14.40 psia)
irrespective of variations in the actual atmospheric pressure from time to time. If the transmitter measures
actual atmospheric pressure, then actual atmospheric pressure shall be used.
Where unacceptable measurement differences exist and all other tests have been conducted to remedy the
error, the orifice meter run shall be inspected and tests shall be performed to verify compliance with current
AGA Committee Report No. 3, Part 2, Specification and Installation Requirements, as amended from time to
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time. The expense shall be shared equally between pipeline and producer if the error is not discovered in this
process, but if the problem is found in the tube or its accessories, costs for the inspection, repair, and/or replacement
of the tube shall be born by the pipeline unless it can be determined that the malfunction was caused by the
producer’s gas. At least once every 3 years, this inspection and test procedure shall be conducted at the pipeline’s
expense regardless of any apparent discrepancies, unless such right is waived by both parties hereto.
1.10

If, upon any test, the metering equipment in aggregate is found to be recording inaccurately by one-half percent
(0.5%) or more of the correct rate in MMBtu under actual flowing conditions, registration thereof and payment
based upon such registration shall be corrected at the rate of such inaccuracy for any period of inaccuracy that
is definitely known and/or agreed upon. In the event such period of inaccuracy is not definitely known and/or
agreed upon, the adjustment will be made halfway back to the preceding test. Following any test, any metering
equipment found to be inaccurate to any degree shall be adjusted immediately to record accurately. The maximum
zero-cutoff value which may be programmed for the differential transmitter reading is .25 inches.
If for any reason the meter is out of service or repair so that the quantity of gas deliveries through such meter
cannot be ascertained or computed from the readings thereof, the quantity of gas so delivered during the
period when the meter is out of service or repair shall be determined on the basis of the first of the following
methods which is feasible, as agreed between the parties hereto.
a.) By using the registration of the Producer’s check measuring equipment, if such equipment is recording
accurately. The Producer agrees to allow the same provisions for the Pipeline to witness and audit such
measurement that the Pipeline allows on the custody transfer measurement equipment;
b.) By using the cumulative volumes from any field measurement source adjusting for historical differences
and/or fuel consumption between the field meters and sales. The Producer agrees to allow the same
provisions for the Pipeline to witness and audit such measurement that the Pipeline allows on the custody
transfer measurement equipment;
c.) By correcting the error mathematically if the amount of such error is ascertainable by calibration, test, or
calculation;
d.) By estimating the quantity from the amount of deliveries during, preceding, and/or following periods
where the delivery conditions were similar and the meters were recording accurately or;
e.) By any other method which is mutually agreeable.

1.11

Any error resulting from a source other than meter calibration shall be corrected retroactive to the date from
which the error began, regardless of percent error, unless other arrangements are made by mutual consent
between Pipeline and Producer.

1.12

Any volume or energy revision made by the measurement party following initial close-out, shall not be made
without a detailed written explanation of the revision and such changes must be mutually agreed upon between
the parties. Also, measurement party shall respond in writing within 30 days following receipt of any adjustment
request, either by making the requested volume adjustment or by stating its reasons for not doing so.

1.13

The heating value of the gas delivered hereunder shall be determined from the analysis by calculating the
gross heating value of the gas in Btu per real cubic foot at a pressure base of fourteen and sixty-five hundredths
pounds per square inch absolute (14.65 psia (Texas state requirement)) and a temperature base of sixty (60°F)
degrees Fahrenheit with the gas assumed to be As Delivered. Such Btu shall be multiplied by each hourly
volume in Mcf and divided by one-thousand (1,000) to yield the MMBtu for that hour.

Commercial software is available to create similar documentation customized to your
needs and conditions. Our company recommends that you have your legal department
approve the language used in any commercial software purchased; however, no change
should be made without consulting with your measurement department.

Gary P. Menzel
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TRAINING OF OFFICE MEASUREMENT PERSONNEL
Tom Cleveland
Hanover Measurement Services
2100 West Loop South, Suite 1450, Houston, TX 77027

INTRODUCTION
It has long been held that the measurement function is
the “cash register” for the energy industry. Other facts
that relate to measurement are that it involves the
application of scientific laws, knowledge of physical
properties, application of mathematics, and facilitated
in an environment based on industry standards and
company policies and procedures. Also, ask someone
who is not employed in the energy industry what that
person knows about energy measurement. Chances are
that he or she will know very little. So, the energy
measurement function, while a “cash register” for the
industry and based on science, is also a unique activity
that requires specific knowledge, skills and experience.
What types of unique qualifications are needed will be
identified and some methods for providing training for
measurement personnel will be discussed.
The “cash register” reference also implies a financial
implication to the organization, whether it is an internal
measurement function of an energy company, or a
service provider that performs the measurement function
as an outsourced service offering to energy organizations.
This financial implication will require that proper
accounting controls be present and that all procedures
are auditable, all reported volumes are reproducible from
the sources of raw data, and that documentation is kept
that has accompanied the data through the process of
being converted from raw data to reportable numbers.
Those who perform these processes must understand
the importance of the financial implication and the
potential impact of measurement uncertainty to their
customers.
MEASUREMENT OFFICE ACTIVITIES
A small percentage of the activity in the measurement
office is somewhat routine and clerical in nature.
However, the remainder is unique to the measurement
function and can be considered a trade, or even an art,
such as running a chart integrator. Since the final product,
a volume statement, contains information that will be
tied to the financial function of the organization, and the
technology utilized to record and calculate the numbers
provided on the volume statement is based on the
science and technology of measurement, some activities
unique to the measurement office organization will be
performed that require some specific technical
knowledge.
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The data are typically received in a raw form, such as
recorded on a paper chart, or electronically, such as EFM
or gas analysis data. The raw data must be screened for
validity, missing or erroneous data, etc. Data must be
entered, either via manual data entry, or electronic import,
into a measurement system. If the data are received in
the form of paper charts, they must be censored,
integrated, and the data passed on to the measurement
system. If the data are electronic, they must be in the
correct format for import into the measurement system.
Meter stations must be correctly set up in the
measurement system prior to any data import and
measurement changes, such as orifice size changes,
etc., must be entered to ensure data is handled correctly
and the results will match reality.
Practically all measurement office activities are driven
forward by a monthly business cycle. The raw data are
collected throughout the calendar month, and then final
volume statements are delivered by a deadline in the
following month. Efficient processes must be in place to
receive the data and put the processes in motion to meet
the closing deadlines. Along the way, various activities
will take place to provide validation. These activities
require various amounts of skill, specific knowledge and
experience. Some require the basic knowledge of the
environment of the recording device, such as the ability
to visually inspect the chart, marking with a pencil, things
that will help guide the chart integration and identify
anomalies that need the integrator’s attention. EFM data
must typically be imported into the measurement system.
There are typically tools built into the import process
that flag anomalies such as missing data, out-of-range
values, unrecognizable digital characters, etc. Someone
familiar with how to handle these flags is required to
perform or monitor the import function.
Gas analysis information is typically applied in the
measurement system to the volume data and
recalculations are performed per some effective date.
Personnel who are familiar with valid gas analysis data
ranges and the proper effective dates are required to
perform and monitor this function. Actions by the field
personnel that could potentially change the volume value
outcome, such as recording instrument range changes
or calibrations, will trigger a notification to the
measurement office to apply the changes to the data
based on an effective date. Field personnel may provide
information to the measurement office to “alibi” problems
with the data, such as when a chart clock stops, an EFM
battery experiences low voltage, the recording gauge

lines freeze or experience leaks, and other problem
situations that require manual intervention of the data in
the measurement office. These all require some
familiarization in the measurement office with the proper
procedures to maintain audit trail requirements.

disappeared. Downsized organizations have shed many
older, experienced workers and allowed untold number
of years of experience to walk out the door. Younger
workers that have been hired in recent years are typically
placed directly into vacancies without the opportunity
to develop skills and experience over a longer time.

TRAINING REQUIREMENTS
As mentioned earlier, a small percentage of the activity
in the measurement office is considered routine and
clerical. That means there is a large percentage that is
considered specialized or requiring a higher level of skills.
To meet the requirements of the financial implication of
the measurement work taking place, there will need to
be employees that know exactly what they are doing.
There will need to be supervisory employees that take
accountability for the office’s output and for keeping the
workload flowing through the office, meeting the deadline
needs of the internal and external customers.
Measurement office work, whether integrating charts,
manipulating volumetric and gas quality data, querying
databases for validation and troubleshooting purposes,
due to the skill requirements, is not something a novice
can step immediately into. It is not as simple as handing
a new employee a manual or instruction sheet. There
must be experienced mentors available for new
employees to have the measurement trade passed on
to them by and hopefully develop the art in those that
have the aptitude for it. The mentors, based on the
financial reporting requirements of the organization, must
reinforce the measurement accuracy and uncertainty
requirements for the data. It must be ingrained with the
trainee the importance of meeting closing deadlines and
the downstream commercial costs associated with
having to make adjustments to prior periods.
TRAINING METHODS
One of the most tried and true forms of training that has
been around for centuries is through apprenticeship. The
Webster’s Dictionary definition is: apprentice 1.a: one
bound by indenture to serve another for a prescribed
period with a view to learning an art or trade b: one
who is learning by practical experience under skilled
workers a trade, art or calling. Another Webster’s
definition is: art 1: skill acquired by experience, study,
or observation. Still another applicable definition from
Webster’s is: trade 3.a: the business or work in which
one engages regularly b: an occupation requiring
manual or mechanical skill. The ideal situation for
training entry-level measurement office employees is to
set up an apprenticeship-like system whereby seasoned
employees that are considered experts in the various
parts of the process can work along side the new
employee. The expertise of the trainer can be passed
along to the beginner in digestible portions, without the
pressure of being totally being accountable for the
volume statement accuracy. With organizational changes
that have evolved over the last 20 years as a result of
deregulation, the apprentice approach has almost

The more routine activities of the measurement office,
such as organizing charts and statements, looking over
data for obvious anomalies, filing, etc., are more easily
passed on to new employees with a minimum of training
involved. Manuals, including step-by-step instructions,
screen-prints, examples, etc. are very effective training
tools and are actually a collection of the knowledge and
experience gaining by others, placed in a binder that
can be accessed by lesser-experienced employees. The
methodical ramping up of responsibilities, along with the
encouragement in the trainee building his or her own
instruction manuals, is a confidence-building approach
to helping make a seasoned, productive employee that
can develop the skills needed in the measurement trade,
and potentially become proficient in one or more activities
of the process.
When a beginning employee has been given a digestible
portion of the process to take over and given continuous
feedback on performance, the confidence builds and a
knowledge base builds. Once the supervisor is confident
that a person is ready to take on additional challenges,
it may be the right time to turn over more duties that
require additional responsibilities. The goal is for that
employee to learn the process from one end to the other.
Then, at the point that the employee is familiar and has
developed the skills to handle the entire process, a single
client, project, or other dividable portion may be handed
off to that employee. The supervisor may review the final
work product, which is usually the volume statement,
for a period of time to provide final QA/QC, along with
immediate feedback to the employee to point out the
good and the needs for improvement, to polish the
employee’s knowledge and skills.
Once employees have been exposed to the basic
fundamentals of measurement office activities, they
should be somehow exposed to field measurement
activities, which is the source of their raw data that is
the starting point of their process. Whether this exposure
to field measurement is through field trips whereby they
ride around with field measurement personnel, or where
field measurement personnel come into the office to
share their trade with the office personnel, it is most
valuable to see another perspective. Also, any exposure
to the fundamentals of measurement that can be
provided, which is the same type of fundamentals that
the field measurement personnel are taught early on, is
very valuable and will be worth the time and investment
to provide.
In addition to consideration of the specific training
methods, management and supervisory personnel
should continuously be considering succession planning
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and the training that goes along with it. Positions of
increasing responsibility in the measurement office
processes should have someone identified to be
preparing for those roles and learning the additional
duties and developing the knowledge, skills and
experience that will be required. The normal attrition for
employees in critical roles or the possibility that
something unforeseen may happen put a high level of
importance to identifying successors and making sure
that a sudden vacancy will not put the processes in a
situation of high risk of failure.
TRAINING RESULTS
The results of proper and adequate training of
measurement office personnel will include the ability to
meet aggressive closing schedules routinely and with
few prior period adjustments necessary. The ability of a
measurement organization to accomplish this feat is
going to have a significant effect on the bottom line,
whether the measurement office function is an in-house
measurement department, or a third-party service
provider. Employees who know what they are doing are
more comfortable with their day-to-day duties and are
happier and less stressed. Morale issues caused by
stress and dependence on inexperienced or undertrained employees are a drain on the organization and
lead to turnover. A churn of employees in a field such as
gas measurement that takes time to develop the
knowledge, skills and experience is a detrimental
situation. As mentioned earlier, measurement is not a
well-known discipline outside of the energy industry and

it is not easy to bring someone in “off of the street” that
can step right in and contribute without some intensive
orientation and fundamentals training up front.
Well-trained employees are required for measurement
office operations when those operations are driven by
closing deadlines, especially when the receipt schedule
of most of the raw measurement data is out of their
control. The processes must run efficiently and be able
to self-correct for situations such as late-delivered charts,
or system malfunctions, etc. Trained employees can
adapt to adverse situations, when required, where
untrained employees may not be able to function.
CONCLUSION
Entry-level positions in most measurement organizations
that are truly “trainee” positions are almost a thing of the
past. Positions are typically filled based on potential to
learn, so basic on-the-job training programs must be in
place. There is nothing more valuable in measurement
offices than highly seasoned, highly skilled employees
that can pass their knowledge, skills and experience on
to new employees. At the same time they are providing
this mentoring role, they are also ensuring that the final
product, volume statements, are meeting the stringent
quality control requirements and meeting the aggressive
deadlines typically imposed.
REFERENCES
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CONVERSION FROM VOLUME TO ENERGY MEASUREMENT
Radhey S. Thakral
Duke Energy Gas Transmission
P.O. Box 1642, Houston, TX 77251

The purchase, transport, and sale of natural gas as a
commodity with a specific energy value per cubic foot
has transformed the natural gas industry from one of a
system based on volume measurement to a system
based on energy measurement. The following discussion
will review the evolution of natural gas industry from a
system of volume measurement to the present system
of energy measurement.
Natural gas has served as an important fuel through the
centuries. It is believed that the first commercial use of
natural gas was by the Chinese in 900 BC. The Chinese
used a system of hollow bamboo to transport the natural
gas from shallow wells. The gas was used as a fuel to
extract salt from sea water. In 1816 manufactured gas
from coal was first used in the United States to fuel gas
lights. In 1821 near Fredonia, New York the first natural
gas well was drilled in the United States. William Hart, a
gunsmith, drilled the twenty-seven foot deep well near a
creek outside Fredonia where gas bubbles had been
noticed. As a result of this well, Hart is considered the
father of the natural gas industry in the United Sates. In
1843 cast iron pipe started replacing wooden pipelines
and the use of iron pipe provided the first reliable and
safe method of transporting gas to market.
As the industrial revolution progressed in the United
States, the need for natural gas as a fuel also developed.
After the commercial discovery of crude oil at Titusville,
PA in 1859, oil was produced as a primary fuel and natural
gas was produced as a by-product. The natural gas had
little value as compared to oil and there were only
rudimentary pipelines to transport natural gas to market.
Crude oil, on the other hand, was sold by the wooden
barrel and could be easily transported by wagon, barge,
or rail car.
In the early 1900s, with advances in drilling technology
and the invention of the rotary drill, wells could be drilled
faster and deeper. As a result, more and more gas was
discovered which had no market. Much of the gas was
just flared and wasted to continue oil production.
Entrepreneurs saw a business opportunity here. They
reasoned that pipelines could be built to the gas fields,
the gas bought for pennies per thousand cubic foot, and
then transported and sold for a profit. This was the
beginning of a viable new gas transmission industry.
The natural gas bought at the wellhead by pipelines was
measured by volume in cubic feet and was considered
to have a standard heating value range suitable for
marketing. The gas was treated as a commodity

transported in a regulated pipeline environment. Typically,
the federal government regulated the interstate gas
moved across state lines and the state governments
regulated the intrastate gas moved within the state. The
gas was bought and sold by volume and the energy value
of the gas was determined only on a limited basis by
calorimeter.
In 1978 The Natural Gas Policy Act was passed by
Congress as a method of leveling out the large price
difference between the state and federally regulated gas.
This act also specified that natural gas was to be bought
and sold on the basis of its actual energy content per
cubic foot. As a result, The Natural Act Policy Act of
1978 changed the way gas was valued as a commodity.
The new standard combined volume measurement and
gas heating value measurement to produce an energy
measurement system for natural gas.
TERMS USED IN ENERGY MEASUREMENT
Btu (British Thermal Unit) — A Btu is defined as the
quantity of heat that must be added to one pound of
pure water to raise its temperature from 58.5 degrees
Fahrenheit to 59.5 degrees Fahrenheit under standard
pressure. A Btu is generally thought of as the heat
required to raise the temperature of one pound of water
one degree Fahrenheit.
Standard Cubic Foot — A standard cubic foot is defined
as the quantity of gas occupying a cubic foot of space
at a specified temperature and pressure.
Total or Gross Heating Value — The total heating value
is defined as the number of British Thermal Units
produced by combustion of gas at constant pressure of
the amount of gas which will occupy a volume of one
cubic foot at 60 degrees Fahrenheit at the reference base
pressure, with air at the same temperature and pressure
as the gas, when the products of combustion are cooled
to the initial temperature of the gas and air, and the water
vapor formed by combustion is condensed to the liquid
state.
Net Heating Value — The net heating value is defined as
the number of British Thermal units produced by the
combustion of gas at a constant pressure of the amount
of gas which will occupy a volume of one cubic foot at
60 degrees Fahrenheit at the reference base pressure,
with air at the same temperature and pressure as the
gas, when the water vapor formed as product of
combustion remains in the vapor state. As a result, the
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Net Value is less than the Gross Heating Value by an
amount equal to the heat evolved by the condensation
of the water from a vapor state to a liquid state.
Saturated Gas Heating Value — The saturated gas
heating value may be defined as either the Gross or Net
heating Value of a standard cubic foot of gas at base
conditions which is saturated with water.
Dry Gas Heating Value — The dry gas heating value may
be defined as either Gross or Net Heating Value of a
standard cubic foot of gas at base conditions which
contains no water vapor. The Dry Gas heating Value is a
larger amount than the Saturated Gas Heating Value of
a standard cubic foot of gas because the dry cubic foot
contains no water vapor molecules.
Standard Base Conditions — The standard temperature
base is 60 degrees Fahrenheit. Standard pressure is
typically referred to as 14.73 PSIA.
Dekatherm — A dekatherm (dth) is a unit of heat
equivalent in energy to 10 therms or 1,000,000 Btu. One
dekatherm is equivalent to 1,000 cubic feet of 1000 Btu
per cubic foot gas.
EQUIPMENT USED
DETERMINATION

FOR

HEATING

VALUE

Three types of equipment used for heating value
determination in natural gas are the Cutler-Hammer type
recording calorimeter, the gas chromatograph, and the
inferential calorimeter. The Cutlter-Hammer and the
inferential calorimeter have an operating principle based
on the actual combustion of gas where as the gas
chromatograph operates on a principle based on the
measurement of the molecular composition of the gas.
A review of each of these three types of analytical
instruments is as follows:
Cutler-Hammer Recording Calorimeter — The CutlerHammer type of calorimeter is composed of a tank unit
and a recorder. Within the tank unit the actual caloric
measurement takes place. The tank is filled with water
which is maintained at a constant temperature. A flow of
test gas and a separate flow of heat absorbing air are
passed through water sealed meters in the tank unit.
The test gas and the heat absorbing are maintained at a
fixed ratio. As the test gas is burned its heat is thermally
transferred to the heat absorbing air. The water vapor
formed from the combustion process is allowed to
condense to its liquid state and release its latent heat of
vaporization. As a result, all the heat produced by
combustion of the gas, including the latent heat of
vaporization of the water vapor, is a measurement of the
total heating value of the gas. This instrument is
calibrated with a natural gas standard of certified heating
value.
Gas Chromatography — Gas chromatography is a
physical method of separating a gas into its components
and then measuring the quantity of each component in
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the gas mixture to determine its molecular composition.
Once the molecular composition is determined the
heating value of the gas is determined by calculation. In
practice the gas chromatograph is composed of a
sample injection system with a regulated carrier gas
supply, thermally stabilized separation columns, a
detector, and a recorder. The analytical results from the
gas chromatograph can be used to calculate
supercompressibility, specific gravity, gallons per
thousand cubic feet of liquids, and heating value. The
gas chromatograph is calibrated using a natural gas
standard with a certified mol composition for each
component in the gas.
Inferential Calorimeter — The inferential calorimeter is a
combustion type instrument. In practice, the test gas is
burned at it stoichiometric or perfect combustion point
to obtain an inferred or deduced heating value. This
instrument is calibrated with a gas standard of certified
heating value.
ENERGY VALUE CALCULATION
When calculating the energy value, it is of utmost
importance to have the volume per cubic foot and the
Btu per cubic foot on the same pressure base. Also note
that a dry Btu per cubic foot has a larger heating value
than a saturated Btu per cubic foot and that a cubic foot
of gas on a higher pressure base has a larger Btu per
cubic foot.
Thermal Calculation Using Volume and Btu - The thermal
value for a gas at a standard temperature and pressure
is calculated by multiplying the gas volume in cubic feet
by its Btu per cubic foot. Standard conditions are 60
degrees and 14.73 PSIA.
Example: What is the energy value of 1,000 cubic foot of
gas with a heating value of 1050 Btu per cubic foot.
Energy value = (1,000 cf) (1050 Btu/cf)
= 1,050,000 Btu
= 1.05 MMBtu
= 1.05 Dekatherms
Thermal Correction Factor Using Volume and Btu — The
thermal correction factor for a gas at standard
temperature and pressure is calculated by dividing the
measured heating value per cubic foot by a base of 1,000
Btu per cubic foot. Standard conditions are 60 degrees
and 14.73 PSIA.
Example: What is the energy value factor for a gas having
a heating value of 1050 Btu per cubic foot at a base
heating value of 1000 Btu per cubic foot.
Energy value factor

= 1050 Btu/cf
1,000 Btu/cf
= 1.050

Example: What is the energy value of 1,000 cubic foot of
gas which has an energy value factor of 1.050.

Btu Energy value

= (1,000 cf) (1.050)
= 1,050

Example; What is the energy value of 1,000 cubic feet of
gas which has an energy value factor of 1.050.
Btu Energy value

= (1,000 cf) (1.050)
= 1,050

Pressure Base Correction - The measured pressure base
may be different from the contract pressure base. Due
to the different pressure bases used for reporting volume
and heating value, it is usually necessary to put these
numbers into a standard base for energy measurement.
Example: What is the heating value and pressure base
correction factor for gas measured at a meter pressure
base of 14.65 PSIA which has a contract pressure base
of 14.73 PSIA at constant temperature.
Heating value correction factor
= 14.73 PSIA = 1.0054
14.65 PSIA
Volume correction factor
= 14.65 PSIA = 0.9946
14.73 PSIA
Water Vapor Correction - The heating value of natural
gas can be calculated on a saturated base, an actual
base, or a saturated base depending on contract
requirements. The saturated or the dry heating value
factor at a pressure base of 14.73 PSIA and 60 degrees
Fahrenheit can be calculated from the partial pressure
of water vapor, 0.2563 PSIA, at saturation. The actual
heating value is first determined as if dry and then its
corrected to actual.

Saturated heating value correction factor
= (14.73 PSIA - 0.2563 PSIA)
14.73 PSIA
= 0.9826
Example: Determine the dry heating value of a gas having
a saturated Btu of 1000 at 14.73 PSIA and 60 degrees.
Dry heating value = (1.0177) (1000 Btu/cf)
= 1018 Btu/cf
Example: Determine the actual heating value for a gas
having a 45 lbs./MMcf water vapor content. The dry
heating value was 1018 at 14.73 PSIA.
Water Vapor Correction Factor (F) is
F = 1 - (45 lbs) (21.0181 cf)
(MMcf)
( lbs )
F = 1 - 945.815
1,000,000
F = 1 - 0.000946
F = 0.999054
Actual heating value
= (1018) (0.99905)
= 1017 Btu/cf
CONCLUSION
This discussion has covered the early history and
development of the natural gas industry and the transition
of natural gas from a volume based to an energy based
commodity. Three types of instruments used to
determine the heating value of gas were discussed. Also
the definitions used in energy measurement were
reviewed and some examples were presented of the
calculations which are typically used to convert gas
volume to an energy value.

Example: Determine the dry and saturated heating value
correction factor at 14.73 PSIA and 60 degrees
Fahrenheit.
Dry heating value correction factor
=
14.73 PSIA
(14.73 PSIA - 0.2563 PSIA)
= 1.0177

Radhey S. Thakral
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ELECTRONIC GAS MEASUREMENT AUDITING
Kenneth W. Blackburn
Houston Flow Measurement, Inc.
4116 Roseway, Houston, TX 77025

INTRODUCTION
It has been stated that measurement is the cash register
in the exchange of natural gas. The natural gas business
is based on the buying and selling of this commodity.
Measurement is responsible for balancing the input
(buying) and output (selling). Errors, on either side of this
equation, affect the balance the entire business is based
upon. Add the fact that natural gas measurement can
be extremely complicated, auditing not only becomes
desirable, but necessary. As it implies, auditing an
electronic gas meter (EGM) requires careful examination
of large amounts of data in order to verify volumes and
to verify the cash register. An experienced auditor is the
most valuable tool in this process. In order to maintain
the scope of this paper, a general knowledge of natural
gas measurement and EGM fundamentals will be
assumed.
STANDARDS USED
It is not necessary for the auditor to be an expert, but it
is very helpful for the auditor to at least be aware of
standards used in natural gas measurement and volume
calculation.
Field specifications and calculation specifications used
are the American Gas Association (AGA) Report 3 Orifice
Metering of Natural Gas or the American Petroleum
Institute (API) 14.3. This report details manufacturing,
installation, operation, and calculation guidelines used
throughout the natural gas industry. EGM manufacturers
follow guidelines or standards published by the American
Petroleum Institute (API). This standard is known as the
API 21.1 Flow Measurement Using Electronic Metering
Systems — Electronic Gas Measurement. These
standards were developed by the natural gas industry
and manufacturers in order to set minimum standards
regarding EGM and providing for EGM audit trails. For
this paper, we will assume the meter station and data
meet AGA/API specifications.

Many of the same processes used in auditing of chart
recorders also apply to EGM auditing. Parameters and
data that are applied in the calculation of volumes must
be verified in both cases. The differences in auditing are
found in the characteristics of the devices themselves.
Chart recorders provide visible records that can be
reinterpreted and recalculated. EGM volume report
variables are often averaged daily or hourly at best. This
often makes recalculation of EGM volumes become
uncertain on varying flow rates.
One of the best possible tools used in auditing EGM
volumes is a check meter measuring the exact same
gas. Check meter volumes and all other data can be
directly compared to the audit station, increasing the
probability of detecting errors and increasing the
likelihood of settlement of a discrepancy. If the check
station consists of an entirely separate meter tube and
plate, most errors can be traced. If the check meter is
located on the same meter tube, error detection is
reduced to the secondary devices (recording equipment)
since both meters use the same primary element (i.e.,
meter tube, orifice plate). If a meter is located on the
same physical orifice taps, then effectiveness of the
check meter is reduced even further. A chart recorder,
used as a check meter, often becomes helpful when
determining errors in measurement. We often
recommend using a chart recorder backup, in the event
that the EGM becomes unreliable or inoperable. If check
measurement is not available then a balance may be
used from other meters. As in any balancing process,
care must be taken to account for all gas. This also opens
the scope of the audit and possible error points to the
other measuring stations included in the balance.

AUDITING PROCEDURES

In summary, it is extremely valuable, from an audit
perspective, to have some form of check metering in
place. Ideally, the best form of check measurement is
achieved using an entirely separate station (meter tube
& meter), measuring the exact same gas. Realistically,
any form of check measurement is better than nothing
at all. The effectiveness and reliability of the check
measurement, just as with the station being audited, is
totally dependent on the quality of the measurement.
For the check measurement to have credibility, check
stations should follow the exact same AGA/API
guidelines as applied to the audit station.

With the introduction of electronics in gas measurement,
new challenges were encountered in volume auditing.

Proper meter testing, sampling, and reporting in the field
are the most important exercises in preventing problems

A knowledge of company policy and contract guidelines
will also be required. Policies and contracts vary widely
regarding auditing, corrections, and settlements.
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from occurring in the first place. Good practices in these
areas will directly affect the outcome of volumes and
the frequency of errors found in auditing. It is also good
to witness meter tests to reduce the chance of mistakes
made by the tester. This also gives the auditor one more
source of information when problems arise.
AUDIT DATA
EGM auditing requires careful scrutiny of an array of data.
In order to complete an audit, the first step is to acquire
all existing information used in the determination of
volumes. EGM data usually consist of reports generated
directly by the EGM, field location, or office. These reports
provide volume information and other details used in
volume determination. Reports differ by manufacturer
and company, but most provide similar basic reports.
The following are typical EGM reports and other data
required to perform a complete audit.
•

Characteristic Report — Provides details on
station name, location, calculation factors, AGA
data, analysis data, alarm data, and calibration
data.

•

Volume Report — Provides daily (or hourly)
volumetric readings with averaged differential
pressure (DP), static pressure (AP), and
temperature.

•

Alarm Summary — List daily alarm conditions
such as low differential, high differential, low
static pressure, high static pressure, low power,
and many others.

•

Event Report — Details all station activity such
as meter tests, calibrations, plate changes, and
any other change made to the station
parameters.

•

Meter Test Reports — Along with the events
report, most companies complete hard copy
meter test reports when tests are performed or
changes are made to the station. This is
absolutely necessary to maintain the audit trail.

•

Change Reports — Some companies use
separate reports when changes are made (i.e.,
plate change, meter tube change, range change,
etc.).

•

Witness Reports — Meter tests witness report
verifying tester’s results.

•

Analysis Reports — Gas composition information
taken from spot samples, composite samples,
or on-line chromatography.

•

Check Station Data — Volume and other reports
from any check stations available.

Once all of the related reports and data are obtained,
the actual audit begins. Always verify station name and
ID. Volume reports should be reviewed for obvious errors,
such as missing days or any abnormal data. The
characteristic report should be reviewed to determine
that proper composition data was used, and that all other
station parameters are correct. This should be done for
each audit, even if the audit is on a continuous basis.
Occasionally, parameters are unintentionally modified or
lost due to meter problems.
Review alarm summary to detect problems in the EGM.
EGM manufacturers provide daily alarm summaries that
can be a valuable audit tool. The alarm summary details
many conditions of interest to the operator as well as
the auditor. If there are numerous low DP alarms, the
orifice plate may be too large. If there are high DP alarms,
the orifice plate is too small. These conditions may not
be corrected by orifice plate changes if parameters fall
outside allowable beta ratio (orifice plate/meter tube) or
uncontrollable flow conditions. Generally, the differential
should be kept above 30% of differential scale to
maximize orifice accuracy. However, this is not always
obtainable due to flow characteristics of the station. The
alarm limits are reported in the characteristic report and
should be verified. The alarm summary also reports errors
in the EGM transducer signals, caused by over-ranging
transducer or other transducer trouble. Alarm summary
reveals errors in the calculation process that can be
caused by invalid parameters or meter problems.
Review event reports to ensure proper calibrations and
that changes (i.e., plate changes, composition, etc.) are
posted properly. Most manufacturers provide detailed
events in this report that can often explain discrepancies.
Any changes made to the station should be verified
closely. Any time changes are made, volume
accumulators should be reset in order to ensure that
correct parameters are used for calculations from the
time of the change forward. Depending on contractual
tolerances and obligations, corrections or adjustments
may be required from meter tests. This can be
determined from the events reports. Test and found
points should be recorded during each meter test to
provide this audit trail.
Volumetric data can often be obtained in electronic
format allowing for integration, recalculation, and
comparison by computer. The computer will reduce time
spent on audits by automatically flagging potential
problems. Volumes should be compared to check
station, if available. If a problem is detected through
reviewing the volumes or by check meter comparison,
more detailed research should follow. Measurement
problems and/or errors can result from a wide variety of
sources. Some problems are easily detected and
corrected, others are impossible to correct. This is where
experience is beneficial to the auditor. For the sake of
this paper, we will divide errors into two categories, Field
and Office.
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FIELD ERRORS
With EGM, the bulk of responsibility of the meter station
and resulting volumes is with the field personnel. With
this added responsibility and the inherent dynamics
involved in measuring natural gas, most, but not all, errors
can be traced to the field. For this reason, adequate
training and clear communication with field personnel
are essential ingredients in the natural gas measurement
process.
With any type of measurement, unique characteristics
of the measurement devices in use and the actual gas
being measured all affect the measurement results.
Primary Element
Many errors or discrepancies are a result of operational
or physical properties. Fluids in the gas stream can render
false differential readings. Fluids in gauge lines can cause
differential zero shifts. Pulsation, caused by compression,
can result in differential error. Gauge line error due to
compression, flow obstructions, or piping, can also cause
differential error that is sometimes difficult to detect.
Freezing causes problems when liquids or hydrates form
solids in piping or gauge lines. This condition can occur
even when ambient temperatures are above freezing
(32°F), as long as hydrates are present in the gas stream.
This freezing typically results in a shifting zero or
“wandering” differential. This is often difficult to detect
on EGMs unless the data is graphed or carefully
reviewed. Most EGM data will be averaged over daily
periods, so this differential error can easily be overlooked.
This is especially true when there is no check
measurement or balancing available.
Not only do physical properties of the gas affect
measurement, but also flow characteristics. When flow
patterns are steady and pressures are constant, any type
of applicable gas measurement device is capable of
measuring gas accurately. Typically, our chart recorder
check meters will run well less than 0.5% of EGM
volumes, even with nominal fluctuations in flow patterns.
When flow patterns become erratic, measurement
becomes more difficult. Initially, it is sometimes difficult
to properly size the orifice plate when the differential is
extremely erratic. Stations on intermitter controlled wells
are examples of this situation. These erratic flow patterns
are difficult to measure and even more difficult to audit
accurately. These extremes in flow rates often make
recalculation difficult if not impossible. EGMs normally
calculate volumes once per second, but accumulate
volumes and averages on an hourly or daily basis. This
makes recalculation of EGM data somewhat inaccurate.
The best practice, in every case, is to work towards
designs and policies that prevent and eliminate the
possibility of these errors.
The meter tube and orifice plate are absolutely essential
elements. AGA-3 report, as mentioned previously,
provides specifications for meter tubes, orifice plates,
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as well as piping configurations. This is normally handled
during design and installation, or handled in the field.
Meter test reports and change reports should all be
reviewed to verify meter tube and orifice plate
information. It is good practice to inspect the orifice plate
and orifice seal ring each meter test. This will help find
any mystery plate changes. Often errors occur when
changes are made. Sustained changes in differential are
suspect when they occur at the time of a meter test or
other meter work. Occasionally, the tester or operator
may change the orifice plate without properly reporting
it or possibly replace the orifice plate backwards. Orifice
plates are installed with bevel downstream. When an
orifice plate is installed backwards, the differential will
be reduced. This error is difficult to measure because it
depends on the meter tube, orifice plate size, and
applicable flow rates. Most often, corrections are made
by comparing the error reading with the corrected
reading.
Plate changes, as well as all other changes, are
automatically reported in the events report. Use the events
report to verify that the orifice plate change was recorded
and applied properly. Volume accumulators should be
reset any time any change is made, in order to ensure
that correct parameters are used in calculations.
Secondary Element
Always verify the meter station ID. Using incorrect data
or volumes can prove tiresome in the auditing process.
The characteristics report defines all parameters used
in the calculation of volumes by the EGM. All of these
parameters must be verified as correct. With EGM, field
personnel are often charged with not only testing, but
also updating plate changes, compositional data, and
other calculation parameters. Often, data is entered
incorrectly or omitted entirely. Care must be taken when
heating values (Btu) are entered. The heating value
entered must be as set forth by contract (saturated, dry,
or actual) and at the same pressure base as was the
volume computation. It is a common mistake to disregard
pressure base for Btu resulting in an error in MMBtu.
The Btu is not used in EGM calculations; however, they
are often collected with the rest of the EGM data and
imported into reporting systems where MMBtu is
calculated.
EGMs typically have a zero cutoff feature, which is used
to prevent calculation of volume when there are slight
zero shifts in transducers. If this option is set too high
and low flow conditions exist, it is possible for the meter
to ignore this low flow. Conversely, transducer zero shift
above zero cutoff can result in calculating flow during
no flow conditions. Always verify zero cutoff and
differential recordings, along with low DP alarms. Overranging of the meter is also a severe problem. If this
occurs, volumes will be understated. Check
measurement or estimates must be used. Always check
high DP alarms in the alarm summary to verify that the
differential is not being over-ranged.

EGM has become very reliable; however, as with any
electronic device, failures will occur. Transducer or
transmitter failures are usually detected during the meter
test or by erroneous readings reported by the EGM.
Occasionally, boards or power supplies will fail resulting
in missing data. Most EGMs are battery powered with
solar charging systems. With long periods of cloudy
weather, units will power down (“sleep”) in order to
conserve power. Batteries also malfunction, resulting in
loss of power. These situations can usually be detected
by missing data. Occasionally, meters will report
erroneous readings, especially after “sleep” periods, board
malfunctions, lightning strikes, or other environmental
damage. In either case, check measurement or estimated
volumes must be used.

applied and volumes recalculated in the office. Analysis
or composition reports should be reviewed carefully to
ensure application of correct specific gravity, components,
and Btu values.
Estimates are often inserted in the office. Estimates
should come from check measurement or third parties if
possible. Company policies regarding volume estimates
vary widely.
Incorrect volume calculations can result from
recalculating with incorrect or incomplete data. Since
raw unedited data is the most accurate, data should not
be recalculated unless absolutely necessary.
CONCLUSION

OFFICE ERRORS
Most EGM errors do originate in the field; however,
problems do occur in the office. EGM data is collected
in the field or by remote, imported into data handling
systems, edited, manipulated, recalculated, and sent out
in reports. There are many potholes along this highway
of data.
Depending upon company policy, contract requirements,
and availability, composite compositional data is often

The business of natural gas measurement is truly a
complicated, specialized task. The fact is that mistakes
will be made no matter who is measuring, what is being
measured, or how it is being measured. This fact makes
auditing absolutely necessary. The auditor must be
knowledgeable in all aspects of measurement, from the
field to the office. The obvious goal in natural gas
measurement should be accuracy and it is up to the
auditor to verify the measurement accuracy.

Kenneth W. Blackburn
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INTERNET BASED MEASUREMENT MONITORING & CONTROL
Jeffery Perrin
eLynx Technologies
Houston, Texas

Bringing measurement and control to the Internet gives
companies more cost effective systems for measuring,
monitoring and controlling of oil and gas processes.
These types of systems help companies with their current
optimized resources by providing their employees data
anywhere and anytime.
Outsourced Internet based Supervisory Control and Data
Acquisition (SCADA) systems have proven to reduce the
overall maintenance cost to companies. Instead of
companies relying on proprietary based systems for
upgrades and enhancements, the Internet based
systems are thin client based and rely only on java and
active X based add-ins to a standard browser, i.e. Internet
Explorer 6.0. Increases in enterprise wide data has also
proven to reduce costs due to employee efficiencies in
gathering data for compiling reports for marketing and
engineering departments.
SCADA HISTORY
Years ago monitoring and control of remote facilities
meant crews spending hours driving from one remote
facility to the next, often on a full-time basis. Once a
problem at a facility was found, they fixed it, which often
meant making an adjustment to a piece of equipment
such as a pump or a valve. One of the first steps forward
was equipping these crews with radios so as to call into
headquarters when a problem was located, or to call for
additional crews when needed.
Another step in automating this process was by simply
adding a monitoring and alarm system. These were
typically electro-mechanical devices at remote sites that
would send a signal back to a control center via radio or
leased telephone lines. While these systems were a step
forward, the high cost of the computing technology often
made them a tough sell to management on a purely cost/
benefit basis. After all, once a problem was reported, a
crew still needed to be dispatched to correct the
deficiency.

Over time the price and size of computing power
continued to be driven lower, and as computing
standards emerged, the market for SCADA systems grew
significantly. Now, even small and medium sized oil and
gas companies and utilities could afford these systems.
Lower computing costs also opened the door to added
functionality, such as modeling and analysis software,
at a relatively small incremental cost. One key result of
this phenomenon is that the price for SCADA solutions
is bottoming out, but technical innovation continues at
a fairly constant rate.
BENEFITS
Today the SCADA users are looking for dependability,
scalability, and flexibility. One avenue for this powerful
mix that has appeared on the horizon is the use of the
Internet and Web-based technology. While delivering
SCADA applications via the Internet can ultimately have
the same effect as a traditional rollout, a number of
advantages exist in considering Web-based SCADA
applications, such as:
•

Next generation Web-based applications will
offer easy to use comprehensive configuration
tools so as to allow users to design their own
Web screen and applications. Assigned
customer administrators have full access to
these tools to address their needs without having
to rely on an outside source.
•

Cost: The cost of using standard Internet
technologies (PPP, TCP/IP networks, browsers)
greatly reduces the investment in proprietary
hardware and software as typically supplied.
Web-delivered SCADA can also turn a large
capital investment in communication hardware
and analytical software into an affordable
monthly expense.

•

Cost Savings: Some producer companies have
experienced up to a 25% overall cost reduction

SCADA AND CONTROL
Most of these systems evolved into SCADA systems with
capabilities that enable remote control of facilities, not
just monitoring. This added ability to control facilities
(open/close, on/off, up/down, etc.) within specific
parameters via an automated system is when SCADA
made sense to corporate management and not just
operations staff.

Scalability: SCADA applications accessible on
a corporate intranet make the information
available to all in the organization that needs this
data to do their job. By providing this data via
the Internet to their desktop, the cost of
personnel doing their job (i.e. time to perform
tasks) is greatly reduced, opening the door to
new business applications for this data.
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in operating costs compared to other
conventional non-SCADA systems. Although
they can not quantify the exact cost savings
connected to each system benefit derived from
automation, they do know that most of the
savings come from these improvements in field
operations:
o Measurement data once made available
across the Internet, offers producers
marketing, production control, and instant
access to volumes from their wells.
o Prevention of catastrophic equipment failure
from improved alarm monitoring.
o Reduced fuel consumption from remote
controlling of compressor speed to maintain
desired suction pressure. Continuous
remote control through Internet Web based
systems prevents the machines from
running at higher rates than intended.
o Reduced downtime at field compressor
sites. Prompt notification of compressor
shutdowns in the field allows for corrective
action to the site of the problem.
o Many producers experience up to 99.9%
run-time out of their compressors with real
time monitoring systems provided by
SCADA. Internet access allows more of the
Enterprise to be involved with decisions
pertaining to compressors, etc.
o Improved scheduling of preventative
maintenance. For both compressors and
metering systems offers continuous
monitoring of compressor valve
temperatures, engine cylinder temperatures,
engine air/fuel ratios, fuel consumption rates
and similar operating parameters permits
graphic display of equipment operating
trends. Potential problems are identified for
scheduled maintenance before a breakdown
occurs that requires emergency measures.
•

•
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Faster deployment: The use of industry
standard networking technologies that are
familiar to a broader group of engineer’s means
it is easier to make in-house modifications and
deployments or find local expertise that can learn
the system.
Enhanced production: The benefits of
efficiency are nice in terms of cost. But most
producers find that by far the greatest benefit of
Internet based systems goes to the top line:
increased revenue from rising production. For a
gas producer, the greatest benefit of having a
highly efficient gathering system is reduced
downtime at the metering and compressor
stations. When compressors stop, the
backpressure shuts in the wells. With the quick
response and widespread availability of the
Internet, operators can respond to the
compressors problems, thus reduce downtime.
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When a production well shuts in due to problems
associated with the well, operators can be
alerted to respond in a timely manner as to
reinstate production.
SECURITY
Two types of security are used. First is user authentication
utilizing an assigned user name and password. Second
is data encryption for information transferred utilizing the
web pages.
•

User Authentication: Users of the web-based
system will be assigned a username and
password. Each user has specific rights
assigned to view reports, view trends, view
alarms and/or edit alarms. These can be specific
to each well location viewed from the web site.

•

Data Encryption: Data encryption has become
very important these days as we continue to
increase the uses and expose more confidential
and valuable data to the Internet. Secure
Sockets Layer (SSL) protocol has become the
standard in the industry in providing secure
information transfer through the Internet. SSL
provides a range of security services including
server authentication, client authentication, data
integrity and confidentiality. Most data centers
use 128-bit SSL encryption with a digital
certificate registered through Verisign Inc.

OPERATIONAL ADVANTAGES
Given that delivering SCADA via the Internet is
technologically and economically possible, what are the
operational advantages? Consider for example, an
interstate pipeline system. With facilities equipment and
custody transfer points across literally hundreds of miles,
the ability to access and manage real-time system
operating data and customer data 24/7 is critical.
Accomplishing all of this via the Web increases the
availability of this data quickly and cost-effectively to
the complete Enterprise.
A few examples demonstrate the practical application
of these systems. Consider maintenance crews assigned
to a section of pipeline. Having expedited access to any
problems would save time and money, maintain product
flow and ensure maximum revenue. A crew could access
this information from a desktop at the office or via a handheld device (such as a PDA) while out in the field. This
data can also be managed to send a page or email to
on-call workers when operating parameters are outside
of predetermined levels.
Another example is tracking data at custody transfer
points. Web-based SCADA would make this valuable
business data available ‘round the clock’ to all requiring
this information for a variety of reporting needs. This
information could also be managed to send messages

to customers or pipeline marketing staff when usage
patterns fall outside of predetermined levels. Additional
services are available to the end user of the data.
Businesses that quantify, scan, and adjust final billing
numbers can replace the usual integration departments
or outside services. Once the measurement data is
available on the net, many third party services can be
performed on this data in an expedient manner.
Web-based SCADA applications are a reality today.
Vendors have developed a solution that is being deployed
in the field across the nation on production locations.
Operations and maintenance personnel are using the
system to save time and money on operating and
maintaining their remote pumping facilities and to keep
the gas flowing at or near capacity, thus impacting the
gas company’s top and bottom line performance.
Operation staff can access the report any time from
virtually any location (see Monthly Total Report below).

Overview Display (Groups)

The ability to view production data in graphic form and
set operating parameters can also be executed via the
Web (see Trend Display below).
DATA PRESENTATION
The data will be present via a standard web browser
with HTML developed web pages. These types of pages
are usually developed with standard software like
Microsoft FrontPage or Adobe Page Mill. These software
tools create web pages in a graphics environment and
output HTML.
Java can also be used in the web environment to create
applications that run over the Internet, i.e. historical
trending application.

Group Summary Display

The following is a list of operational data that will be made
available to the user through the user interface. Each of
these values are available for display, trending and
reporting.
• Meter Name
• Date/Time stamp
• Instantaneous Flow Rate (MCFD)
• Previous Day Accumulated Volume (MSCF)
• BTU
• Differential Pressure
• Static Pressure
• Temperature
• Battery Voltage
The following is a list of types of web pages available to
the user through the user interface:
• Overview Display (Groups)
• Group Summary Display (tabular overview)
• Graphic Well Display
• Trending Display (per location)
• Alarm Display (per location)
• Monthly Total Report (per location)

Graphic Well Display
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Trend Display

Alarm Display

Monthly Total Report

CONCLUSION
Internet based measurement and control systems have
proven to provide a solution for more cost sensitive
companies with personnel operating in multiple locations.
Jeffery Perrin

PAGE 345

2003 PROCEEDINGS

AMERICAN SCHOOL OF GAS MEASUREMENT TECHNOLOGY

METHODS OF GATHERING EGM DATA
Dennis Kline
TXU Business Services
1601 Bryan St., Suite 26-034, Dallas, TX 75201-3411

INTRODUCTION
As competition, deregulation and economic health
among utilities becomes more intense, capital
expenditures and cost reductions become high priorities
— yet operational control and system reliability are more
important today than ever before. Coupled with rapidly
changing technology, this paradox presents a unique
challenge for the efficient design and operation of a
remote Electronic Gas Measurement (EGM) system.
Capturing remote data and the method of transporting
the data back to a central host essentially falls into two
basic categories, or a combination of these two
categories:
•
•

wireline — such as telephone facilities, copper
based facilities, or fiber optic cable
wireless — such as satellite, cellular, PCS, or a
utility owned radio networks such as MAS or
SCADA.

In this paper, we will discuss some of the advantages,
efficiencies, costs and risks associated with these
technologies, and how each can be utilized in Electronic
Gas Measurement applications.
WIRELINE TECHNOLOGIES
Copper Plant
Copper infrastructure is widespread, readily available,
and easy to commission. It has been estimated that in
the United States alone, over $100 billion has been
invested in the existing copper infrastructure. Even with
aggressive alternative access deployment, most areas
will be copper-served for years to come. In urban
installations with minimal data requirements, the initial
installation costs associated with copper can be far less
than other technologies. However, for rural installations,
special construction charges such as trenching can be
cost prohibitive.
POTS (Plain Old Telephone Service) dial up technology
is readily understood and has been used for EGM
applications for many years. Little, if any, capital expense
is required. Recurring monthly fees are typically charged
against operational costs and one time installation costs
can be minimal. In urban areas, a simple facility order to
the incumbent Local Exchange Carrier (LEC) or
Competitive Local Exchange Carrier (CLEC) schedules
both installation and service.
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But even though copper is “everywhere,” it is rapidly
running out of both capacity and bandwidth. Copper can
competently handle bandwidth speeds up to 56 kb/s
and Digital Loop Carrier (DLC) technology can provide
temporary relief from congestion. Yet the demand for
higher connectivity is dramatically increasing, with the
imbedded copper cable plant becoming the bottleneck.
Coupled with old and aging cables, copper may be
rapidly reaching capacity, bandwidth limitations and
reliability.
Often times, remote gas measurement locations are in
inaccessible environments. As such, facility costs,
installation costs, reliability and mean time to repair
become significantly more critical. Rural installations may
involve multiple LECs, CLECs and Inter-Exchange
Carriers (IXCs), and may include significant special
construction installation charges. In rural applications,
where multiple LECs are often involved, the “Mom and
Pop” telephone companies can become your worst
maintenance nightmare.
Copper facilities typically represent the area where the
utility has the least amount of control, highest recurring
costs, and least reliability. The most frequent cause of
service disruption in a facility based network is not
equipment failures — it is leased line facility outages!
While cable cuts are arguably the most disruptive, other
factors, such as wet cables, human error, equipment
problems, or dribbling data errors can all be equally
troublesome and difficult to correct. Resolving such
impairments can be time consuming, even in major
metropolitan areas where facility maintenance is best.
xDSL Vegetable Soup
From the general consumer perspective, xDSL
technology is certainly the most widely recognized, with
Asynchronous Digital Subscriber Line (ADSL) being the
most popular. ADSL technology can typically offer data
rates up to 512 kb/s, with subscription costs of $50$100 per month. Higher bandwidths can be attained,
but with significant distance limitations.
Execution and deployment, however, has not been easy.
While some market projections indicate that over 70%
of existing worldwide telephone lines are ADSL capable,
the reality is that older copper infrastructure, bridge taps,
incomplete cable records, impedance mismatches,
excessive cable distances from the central office, and
maintenance issues have all contributed to both
customer and carrier frustrations.

For Gas Measurement applications, xDSL may be a
viable option in major metropolitan that are close to the
serving telephone offices, where high data rates may be
desired, or for locations where multiple EGM sites hub
together. In rural applications, where remote gas
locations are often located, xDSL is not feasible because
of distance limitations from the central office.
Fiber Optics
When compared to other technologies, fiber offers
distinct advantages, such as high bandwidth,
insignificant distance limitations, low monthly recurring
costs for existing terminations, and no blind spots in
coverage. Additionally, with an excess of available fiber
in many cities around the country, the monthly leasing
costs for existing fiber terminations will continue to erode.
While fiber offers extremely high bandwidth and
potentially low monthly leasing costs, it is estimated that
less than 5% of commercial sites are actually touched
by fiber. Fiber may run down the middle of the right-ofway, but the actual entrance link into a specific
commercial location may not exist. Fiber is more suitable
for large industrial sites or dense campus locations
requiring significant data throughput, such as hub
locations used for backhaul. Though the cost of fiber
termination equipment has gone down, the construction,
trenching, civil engineering, right-of-way, and labor costs
have all increased with inflation — making the cost of
extending fiber for most gas measurement applications
prohibitive.

agencies. The cable industry must change from a
regulated to an entrepreneurial technology, and operators
will be challenged to overcome the public’s general
perception of poor customer service, as well as an
existing employee base somewhat inexperienced in
telephony and data applications.
As with fiber and xDSL, Hybrid Fiber Coax solutions are
technically and economically feasible only within major
metropolitan areas, and generally not suitable for most
gas measurement applications.
WIRELESS TECHNOLOGIES
Rising wireline facility costs coupled with the ever
increasing desire for higher data speeds has necessitated
that many utilities investigate ways to reduce existing
monthly operating costs, improve network reliability,
accommodate higher data rates, and better manage
installation schedules
Management and control of facilities in a wireless network
must address the real-time operational elements in
providing reliable service. The principal objectives in
deploying a wireless network is to provide maximum uptime, proactive restoration of network impairments and
failures, self-control of the network, and elimination of
monthly recurring costs.
Wireless networks for gas measurement essentially fall
into two categories:
•

Hybrid Fiber Coax (Cable Modems)
•
With widely deployed cable systems already in place and
high penetration into the urban marketplace, cable TV
systems offer the potential for high bandwidth at an
affordable price. Data rates of 1.544 Mb/s can be readily
accommodated, with monthly fees in the $50 range.
However, in the US, most cable television systems are
analog one-way systems serving the residential market,
not businesses applications. Upgrading the analog
infrastructure to digital represents a major capital
investment to cable operators who are already facing
stiff competition from the home satellite industry.
Security and privacy issues are also concerns, as cable
systems are essentially a “party line”. Residential and
business subscribers are on the same cable, having
potential access to all traffic, regardless of the owner.
Individual connections are maintained by using different
time slots on the cable, but it would not be technically
difficult to break into this rudimentary encoding. Privacy
issues, such as credit card numbers and eavesdropping,
require more powerful encryption methods.
Equally daunting, the cable industry is typically working
in a regulated monopoly environment. Competing
technologies, particularly wireless technologies, are most
often not burdened by local, municipal, or state regulatory

public networks — such as Sprint PCS, AT&T
Wireless, Verizon Wireless, etc.
private networks — such as utility owned
microwave systems, Multiple Address Systems,
or SCADA.

Public Networks (Wireless Alphabet Soup )
When considering the use of PCS or Cellular systems
for gas measurement applications, monthly subscription
rates, footprint coverage, modem costs, and the cost of
air time all become distinguishing factors. Equally
important, as parity among service providers levels out,
somewhat less intangible factors include: customer
service, billing accuracy, network reliability, and migration
paths towards next generation technology.
Analog cellular technology, such as Cellular Digital Packet
Data (CDPD), has been used in gas measurement
applications for many years. CDPD can be economical
and somewhat easy to deploy. In many cases, a modem
board mounted in a weatherproof box with a small
“button” antenna is all that is needed. While CDPD is a
packetsized data technology, it resides on an analog
overlay and is therefore indelibly tied to the analog cellular
network.
Despite the sales and marketing pitch a local carrier may
present, all analog technology (which includes CDPD) is
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being rapidly phased out. Wireless carriers are in the
process of implementing the next generation digital
networks towards an ultimate goal, which is 3G (Third
Generation) technology. Market data shows that 3G,
which offers high speed data throughput, has
substantially more profit margin than the voice and data
offerings available today. Thus, regardless of technology
platform, all carriers will eventually migrate to a 3G
network.
For gas measurement, this creates an enormous
challenge in developing a long term strategy and budget
As each carrier migrates towards 3G, many questions
are left unanswered. Should a utility deploy a TDMA
solution or would a CDMA solution be more prudent ?
As public carriers drive towards 3G, will the cost of each
migration step be passed on to the end users? Will the
equipment purchase today be obsolete after the
transition process? Will the coverage the carrier offers
today be the same footprint after 3G is deployed? A long
term, carefully thought out business plan should be made
before utilizing a public wireless carrier for EGM
applications.
Utilities should be cautious of the long term viability of
TDMA (Time Division Multiple Access). An increasing
number of equipment manufacturers and cellular carriers
have already announced their intentions to eventually
migrate away from TDMA as they plan for 3G. The
migration path for TDMA based carriers might be: CDPD
(still offered today); Global System for Mobile
Communications (GSM); General Packet Radios Service
(GPRS); then Enhanced Data Rates for Global Evolution
(EDGE); and finally Wideband CDMA (W-CDMA). Not all
of these technologies are backwards compatible meaning that with each migration step the customer (ie:
the utility) will have to retrofit or replace existing modems.
Even if carriers offer some form of negotiated
concessions (such as modem trade-in plans), the utility
will still experience equipment and installation expenses.

flat monthly rate are quickly disappearing from major
carrier rate plans. As carriers implement 3G, rate plans
will evolve with much higher minimum data requirements
as well as costs. Are significantly higher data rates really
necessary for gas measurement applications? Are utilities
willing to pay substantially higher monthly fees just to
have the ability to send data at 384 kb/s or 2 mb/s, when
the actual requirement is much lower?
Unfortunately, unless a utility negotiates a strategic
partnership with a carrier, the cost of 3G service may be
overly prohibitive. The minimum data usage for 3G
services may start far above what gas measurement
typically requires. Below are two examples of air time
rates recently quoted by a major carrier (not including
the cost of the modem):
•
•

CDPD $8 per month, plus $0.05 per kb of data
GPRS $20 per month for 3 mb of data

With these prices, CDPD (which is going away) may be
cost effective, but GPRS (the replacement technology)
is substantially more expensive, and a utility would pay
for 3 mb of data that it would never need or use for an
individual meter. Possibly by bundling all measurement
requirements in one “bucket”, the aggregate amount of
all metering devises together may justify the cost of
service. Carriers will undoubtedly segregate voice and
data usage separately in an attempt to increase revenue.
By bundling all wireless needs under one Corporate
contract, the utility may be able to lower costs to an
acceptable level. Or, perhaps as an incentive, a utility
could negotiate for the carrier to subsidize the cost of
data modems, such as they do today with cell phones.
Without question, when it comes to using public carriers,
every utility will be faced with tough economic decisions.
Prudent cost management will be critical for gas
measurement systems in this environment.
Short Message Service (SMS)

While existing CDMA based carriers have a less
disruptive 3G migration path, it will not be totally pain
free. CDMA migration will typically consist of IS-95,
1XRTT (already available in most locations today) and
then directly to CDMA2000. The good news is that all
devices are expected to be backward compatible. As
such, CDMA migration is expected to be significantly
less disruptive than TDMA, and should be less costly for
the end user.
EGM applications deployed today typically require low
data rates. In a dial up or CDPD application, it only takes
a few minutes to capture and transport metered data
back to the central processing point. When using CDPD,
the utility usually pays a flat monthly fee for sufficient air
time to meet metering requirements. However, the high
data rates proposed by 3G represent a two-edged sword.
While everyone likes the idea of high data throughput,
there is a definitive cost associated with this new
technology. The days of “all you can eat” air time for a
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Short message text service is packetized data sent over
the public carrier network. It is the text messaging that
you see on your PCS cell phone, and can have 1-way or
2-way capability. SMS uses only short bursts of data
(typically from 160 characters to about 255 characters,
depending upon the carrier). SMS text messages are
not sent on the same channels as voice or even data,
but ride the control channel, which limits the available
capacity. Typical latency delay is about 4 seconds from
the time a message is sent to the time it is received, but
this is dependant upon available capacity on the control
channel at the time the message is sent. Some carriers
offer “store and forward” capability, which means that
the system will hold an undelivered message for several
days until retrieved. SMS service can be more expensive
that CDPD, and most carriers only offer SMS as an
additional feature on top of other rate plans. As such, a
utility may not be able to negotiate a favorable rate plan
for stand alone SMS service. As carriers migrate from

one technology to the next in an effort to reach 3G,
customers will face many of the same upgrade issues
noted earlier.

•

Remote Terminal Units (RTUs) — located at the
metered point, the remote terminal collects data
information from the metered device, which is
then transported back to a Sub-Master or Master
Station

•

Sub-Master — The Sub-Master polls and
collects data from surrounding RTUs. It will then
pass this data back to the Master Station.
Because the Sub-Master talks to many
surrounding RTUs, it requires an omni-directional
antenna and a directional antenna (yagi) to
communicate with the Master Station.

•

Master — The Master station communicates
with surrounding Sub-Master stations. It may
also poll RTUs in close vicinity to the Master.
When a Master polls both Sub-Master stations
and local RTUs, it will typically do so with the
same omni-directional antenna. Thus, a Master
station may have only one omni-directional
antenna for multi-purpose applications. The
collected data is sent back to the centralized
data host via telco land lines, microwave radio,
Internet, Satellite or other means.

Satellites — ( LEOs, MEOs and GEOs )
Satellite technology has the ability to offer large
footprints, but with trade offs in high operating cost and
latency. Geostationary Earth Orbiting Satellites (GEOS)
are parked at a specific point along the Equator and are
synchronized to track the Earth’s rotation. While GEOS
offer large coverage zones, by their very nature they must
maintain a high altitude stationary orbit (about 25,000
miles above the earth) which causes an inherent delay
in the signal and is intolerable for high-speed data. This
inherent delay, called latency, is approximately 250
milliseconds roundtrip. For voice applications, using echo
cancellers can compensate for this delay. Data
applications, however, suffer dramatically. For example,
Transmission Control Protocol (TCP), which is widely
used for Internet data transfers such as Web files and
email, does not respond well to high latency links and
variable round trip times. When utilized over links
exhibiting these characteristics, the result is generally
low throughput and inefficient use of bandwidth.
Low Earth Orbiting Satellites (LEOS) are only a few
hundred miles above the earth. While LEOS have minimal
delay characteristics because they are not in a
synchronous orbit (about 110 milliseconds roundtrip),
there must be a fleet of satellites in simultaneous orbit
to ensure connectivity. This fleet of satellites increases
the overall operational costs of the satellite system, which
in turn is passed on to the individual users (ie: the utility).
Medium Earth Orbiting Satellites(MEOS) are located
between 6,000 miles and 10,000 miles above the earth,
and exhibit characteristics intermediate between GEOS
and LEOS — that is, modest latency but higher
operational costs.
Some data oriented satellite systems provide only 1-way
data transmission; others provide bidirectional
communications with either symmetric or asymmetrical
bandwidth. For extremely remote EGM locations, satellite
technology can provide a viable means of retrieving
metered data, but not without a price. The cost of terminal
equipment can approach $2,000, with minimum monthly
air time charges starting at $20 per month, making it
cost prohibitive for many metering applications.
Multiple Address Systems (MAS)
MAS has been widely used by utilities for many years, is
a field proven technology, and is readily understood.
MAS is often deployed in a hierarchical topology - that
is, a remote station sends data back to a nearby SubMaster, who in turn sends the data to a Master Station,
who in turn sends the data back to the main host or
central collection point. A typical system might include:

Each MAS radio has a unique address, which allows data
to be polled for each individual RTU /meter. Polling data
for one individual device takes only a few milliseconds,
but a dozen or so RTUs may take up to one minute. The
entire system polling time (sometimes referred to as
polling latency or delay) depends upon how many unique
address are assigned throughout the entire system.
Theoretically, the number of remote stations
communicating with one Master station is unlimited.
However, in real life applications, the amount of
acceptable delay to poll an entire system is often the
limiting factor.
Multiple Address Systems are fairly inexpensive to deploy
It is not uncommon for the remote, sub-master and
master radios to all be the same type and model of radios.
This allows for common spares and easy maintenance.
MAS radios can be purchased in the $500 to $1,000
price range, and come in numerous flavors and options
to enhance reliability, performance, maintenance and
costs.
MAS radios are available in several frequencies, both
licensed and unlicensed, but all require near line of sight.
In the Untied States, the frequency bands typically used
are:
•

450 MHz — because this band requires a FCC
license, operation is protected from interference.
This band is the most “forgiving”, in that true
line-of-sight is not always mandatory. Slight path
obstructions and blockage can occur while still
maintaining good signal continuity.
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•

•

2.4 GHz Spread Spectrum — this band is
“license free” and does not require an FCC
license. However, this band is subject to
interference from other communications devices
and should be used with great caution. In rural
locations, interference issues may be minimal.
For metropolitan areas the potential for
interference significantly increases. Other
devices operating in this same band include
microwave ovens, cordless telephones, garage
door openers, wireless LANs, laptop modems,
etc. If interference should be encountered, there
are limited options available to mitigate the
interference and continue operating as normal.
In most cases, the presence of strong
interference will mean that the site cannot
continue to be serviced by unlicensed radios.
900 MHz — this band is available in licensed
and unlicensed frequencies. True line of sight is
almost always required for stable operation. The
potential for interference noted for 2.4 GHz as
well as the protection from interference noted
at 450 MHz also apply.

Many utilities already have existing Multiple Address
Systems in place. When deploying EGM applications,
careful consideration should be given to utilizing these
systems. MAS typically offer robust response times, easy
installation, easy expansion, and in the case of licensed

1st day

Commercial CDPD

18 months

Satellite Modem

3 years

systems, protection from interference. MAS has little or
no costs beyond the initial equipment deployment. Once
in operation, there is no further expense beyond periodic
maintenance. Other solutions, both wireline and wireless,
often involve equipment and /or installation costs PLUS
monthly recurring costs. A Net Present Value projection
can demonstrate that MAS can easily have a payback
of 12 -18 months.
SUMMARY
An investigation of these different technologies shows
that each has opportunities, challenges, advantages, and
disadvantages. Figure 1 compares a real-life example
for cost per monitored point verses technology and time.
Solutions considered for this application were: CDPD;
Satellite; Telco leased lines; and MAS. In this example,
installation costs were assumed to be similar for all
solutions. As shown. the cost and payback of a Multiple
Address System is 18 months.
Deployment decisions for EGM applications will include
many drivers, such as: initial equipment costs, monthly
recurring charges, capital constraints, life expectancy,
reliability, and availability. This is particularly true in the
Wireless Public Carrier domain, where technology
decisions made today will have significant implications
for the future. Utilities need to avoid locking themselves
into a wireless platform that has a limited life expectancy
or that will require painful and costly upgrades.

5 years

Dial-Up Leased Lines Multiple Address System

FIGURE 1. Cost Per Monitor Point
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